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Preface
 

The Petroleum Well Construction Book was published by John 
Wiley and Sons. Content provided has been authored or co-

authored by Halliburton employees to be used for educational 
purposes. 

 

Introduction 

Halliburton is pleased to contribute to this important volume addressing vital 
technologies of the petroleum industry. Well construction represents a 
formidable investment for our customers and we are committed to providing 
high-value solutions encompassing the entire spectrum of the field. 

This work represents joint authorship by some of the finest experts in our 
organization and recognized experts from our client's organizations and 
other institutions. I am particularly grateful for the contributions of the 
editors, Profs. Michael J. Economides of Texas A&M University, Shari Dunn-
Norman of the University of Missouri, Rolla and Larry Watters from 
Halliburton's Duncan Technology Center. 

The transfer of knowledge is essential to the health and success of an 
industry. It is our hope that this book will contribute to that success. 

 

 

Dick Cheney 
CEO and Chairman of Halliburton Company 
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Nomenclature 

Symbol   

A  area, m2 

A0  fracture area at TSO 

Ac cross-sectional area 

Acem cross-sectional area that is cemented 

Ah surface area of hole for heat transfer 

Ai surface area of inner casing for heat transfer 

B formation volume factor  

b1 radial damage radius, ft 

b2 fracture-face damage depth, ft 

bN intercept, Nolte method, Pa 

c line crack half-length, m 

c specific heat capacity 

c compressibility, psi-1 

cb bulk compressibility psi-1 

cma matrix compressibility, psi-1 

ct total reservoir compressibility 

C cohesive strength (cohesion), psi 

CfD dimensionless fracture conductivity 

Cj cohesion for jointed rocks 

CL Carter leakoff coefficient m/s1/2 

CL,p Carter leakoff coefficient (with respect to permeable layer), m/s1/2 

Co uniaxial compressive strength, psi 

Cs concentration of solids by volume in the fluid 

Cw wall component of leakoff coefficient , m/s1/2 

D equivalent diameter 

Di inner diameter of pipe 

Do outer or cut diameter of pipe 

Dw hole diameter 

e eccentricity 

E Young's modulus 

E´ plane strain modulus, Pa  

f friction factor 

g acceleration of gravity, ft/sec2 

gc units conversion factor, 32.17 lbm ft/(lbfsec2) 

h formation thickness, ft 

h heat transfer coefficient 

hf fracture height, m 

hp permeable height, m 

H depth, ft 

i injection rate per one wing, m3s-1 

 
first invariant of the stress tensor (mean effective stress), psi 

ISIP instantaneous shut-in pressure, psi 
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J Productivity index, m3s-1Pa-1  

J2 second invariant of deviatoric stress tensor root-mean-square shear 
stress), psi 

k reservoir permeability 

k1 permeability in the equivalent radial damaged zone, md 

k2 permeability in the zone of fracture-face invasion (outside the radial 
damage zone), md 

k3 permeability in the zone of fracture-face invasion (inside the radial 
damage zone), md 

kf fracture permeability, md 

kf proppant-pack permeability, m2 

kf fracture permeability, md 

kfor thermal conductivity of a formation 

kg effective permeability to gas, md 

K fluid consistency index, Pasn  

K permeability, md 

KI stress intensity factor in Mode I, psi 

KIC critical stress intensity factor (fracture toughness), psi 

KL opening-time distribution factor, dimensionless 

ko effective permeability to oil, md 

kr reservoir permeability, md 

kw effective permeability to water, md  

l half-length of an existing crack, in. 

L length of pipe or of an annulus 

L horizontal well length, ft 

LD dimensionless horizontal well length 

Lf fracture half-length, ft 

m mass flow rate of fluid (Primary Cementing) 

m or s dimensionless empirical parameters that depend on the interlocking 
forces among the blocks in the naturally fractured system 

m(p) gas pseudopressure, psia2/cp 

mbf slope, bilinear flow specialized plot, Pas-1/4 

mN slope, Nolte method, Pa 

M mass of fluid 

Mtso  total sand weight 

n  flow behavior index, dimensionless 

Nre Reynolds number 

NReBP Reynolds number of a Bingham plastic fluid 

p pressure, psi 

pBHP bottomhole pressure, psi  

pC closure pressure, Pa 

pc confining pressure, psi 

pD dimensionless pressure  

pe outer boundary constant pressure, Pa 

pf fracture propagation pressure for a given rate, psi 

pi initial pressure 
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pi effective wellbore pressure, psi 

pm mud pressure required to prevent plastic zone generation, psi 

pnw non-wet fracture pressure 

pr reservoir pressure, psi 

pw wellbore pressure, psi 

pwf flowing bottomhole pressure, Pa 

 average reservoir pressure, Pa 

p friction pressure 

p pressure change, psi 

p drawdown pressure 

pn net pressure during fracturing 

pnw pressure drawdown in the fracture caused by nonwetting tip, psi 

p(t0) net pressure at TSO 

q  production rate (standard conditions), m3s-1 

q volumetric flow rate 

q flow rate of oil or gas, STB/D or Mscf/D 

qL  leakoff rate (1 wing, through 2 faces) m3/s 

r distance from fracture tip 

re drainage radius 

Rf radius of a radial fracture, m  

ri inner radius of casing 

ro outer radius of casing 

Ro filter-cake resistance, Pasm-1 

rp radius of plastic zone, ft 

rp ratio of permeable to fracture area 

rw well radius 

s skin factor 

sd effective skin factor caused by radial damage and fracture-face 
damage 

sf  fracture pseudo-skin 

sf skin accounting for finite conductivity fracture with no fracture-face 
skin and no radial damage 

sND skin due to non-Darcy flow 

st total composite skin 

Sf  fracture stiffness, Pam-1 

Sp spurt-loss coefficient (apparent), m  

Sp,p spurt loss coefficient (with respect to permeable layer), m  

t time 

t0  total time to TSO 

ta pseudotime, hr-psia/cp 

T tensile strength, psi 

T torque 

T temperature, °R 

T temperature, K 

To temperature of outgoing fluid 
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Ta temperature in annulus 

Tc temperature in casing 

tD dimensionless time (with respect to well radius) 

tDxf dimensionless time (with respect to fracture half-length) 

te equivalent pseudotime, hr-psia/cp  

te time at end of pumping, s  

tp production time, hr 

Tfor temperature in formation 

Ti temperature of incoming fluid 

Uh overall heat transfer coefficient based on hole area 

Ui overall heat transfer coefficient based on inside area 

Uo overall heat transfer coefficient based on outside area 

V volume of one fracture wing, m3  

v velocity 

vd deposition velocity 

V volume of one fracture wing, m3  

VF(t0) fracture volume at TSO 

Vi volume of injected fluid into 1 wing, m3  

Vu pipe capacity, bbl/ft 

w fracture width, m  

we average fracture width at end of pumping, m  

wnw fracture width at the beginning of the nonwetting tip, in. 

wp average propped width, m  

x effective formation thickness for heat transfer 

xf fracture half-length, m  

z z coordinate 

Z gas compressibility factor (-) 
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Addendum 
 
 
 
The following items are missing from the pages of Petroleum Well Construction. 
When and if it becomes available, the pages will be updated to reflect the changes. 

 
Chapter 4  Figure  4.8     Missing 

 
Chapter 9  Table 9.4     Missing 

 
Chapter 14  Figure 14.7 to 14.9    Missing 

 
Table 14.7     Missing 
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Chapter 1 - Introduction to Drilling and Well 
Completions

 

The Petroleum Well Construction Book was published by John 
Wiley and Sons. Content provided has been authored or co-

authored by Halliburton employees to be used for educational 
purposes. 

Michael J. Economides, Texas A&M University 
Shari Dunn-Norman, University of Missouri-Rolla 

Larry T. Watters, Halliburton Energy Services 

 

Importance of Oil and Gas Wells 

Few industries and certainly no other materials have played such a profound 
role in modern world history and economic development as petroleum.  

Yet deliberate access to geologic formations bearing petroleum through 
drilled wells is relatively recent. The "Drake well," drilled in the United States 
by Colonel Edwin L. Drake in 1859, is considered by many to be the first 
commercial well drilled and completed. It heralded the creation of an 
industry whose history is replete with international adventure, color, 
frequent intrigue, and extraordinary characters. Many believe that the 
majority of twentieth century social and political events, including two World 
Wars, a Cold War, and many regional conflicts are intimately connected to 
petroleum.  

Until the late 1950s, much petroleum activity was originated and based in 
the U.S. Amyx, et al. (1960) reported that through 1956, the cumulative 
world crude-oil production was 95 billion bbl, of which 55 billion had been 
produced in the U.S. 

Beginning tenuously in the early 1900s, speeding up in the period between 
the World Wars, and accelerating in the 1960s, petroleum exploration and 
production became a widely international activity. In the late 1990s, the U.S. 
is still the world's largest oil consumer both in terms of shear volume (18.2 
million bbl/d) and, overwhelmingly, per capita (28 bbl/person/year 
compared to 1 bbl/person/year in China). The U.S. is also the largest 
petroleum importer (9.5 million bbl/d, representing over 50% of 
consumption); worldwide production is about 62 million bbl/d. The bulk of 
petroleum reserves is clearly outside the industrialized world of North 
America and Western Europe (combined 57 billion bbl vs. 1.1 trillion bbl 
worldwide). The majority of petroleum is found in the Middle East, where 
600 billion bbl are produced, 260 billion of which are from Saudi Arabia 
alone.  

Drilling activity is reflected by the geographical shifting of petroleum 
operations. The numbers of drilling rigs are now roughly equally distributed 
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between North America and the remainder of the world, although this 
statistic is somewhat misleading. Wells drilled in mature petroleum 
environments, such as the continental U.S., are far less expensive, and 
drilling prices rely on mass utilization but, of course, production rewards are 
lackluster. In the U.S. and Canada, approximately 34,000 wells were drilled 
during 1995 and 1996, representing almost 60% of all wells drilled 
worldwide (about 58,000). Yet the United States and Canada, combined, 
account for only 13% of the world's petroleum production. 

On the contrary, offshore drilling from either platforms or drill ships, drilling 
in remote locations, or drilling in industrially and developmentally deficient 
countries is far more expensive and involved.  

Maturity in petroleum production is characterized by a marked decrease in 
both the total production rate and the petroleum rate per well, in addition to 
an increase in the water-oil ratio. "Stripper wells," representing the vast 
majority of wells in the USA, imply a production of less than 20 bbl/d of 
petroleum and a total production rate where water constitutes more than 
90%.  

Darcy's law, the most fundamentally basic petroleum engineering 
relationship, suggests that the production rate is proportional to the 
pressure driving force (drawdown) and the reservoir permeability: 

(1-1) 

This law can readily explain current worldwide petroleum activities and the 
petroleum industry's shifting focus. Mature petroleum provinces are 
characterized by depletion in the reservoir pressure or by the necessity to 
exploit less attractive geologic structures with lower permeability, k.  

The permeability in Equation 1-1 is effective; that is, it is the product of the 
absolute permeability and the relative permeability of a flowing fluid 
competing with other fluids for the same flow paths. The relative 
permeability is a function of saturation. Thus, water influx from an 
underlying aquifer not only results in an increase in water production (which 
is a nuisance in itself) but an associated decrease in petroleum relative 
permeability and the petroleum portion of the total production rate. 

Although such problems do not burden newer reservoirs to the same extent, 
it must be emphasized that all petroleum reservoirs will follow essentially the 
same fate.  

The two extreme fields of operation, mature reservoirs on land in developed 
nations and newer discoveries either offshore or in developing countries, 
result in very different well construction costs. 

These costs range from a few hundred thousand dollars to several million 
dollars. (Or tens of millions if ancillary costs such as the extraordinary 
testing or the building of an artificial island in the Arctic are considered.) 
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The total annual worldwide expenditure for petroleum well construction is 
estimated at over $100 billion. To give a relative measure for this figure 
(and to avoid a misunderstanding from a reader) only a handful of nations 
have national budgets of larger magnitude. This book will provide a 
comprehensive and integrated treatment of today's technology for the 
substantial and profoundly international industrial activity of constructing oil 
and gas wells. 

Petroleum Formations 

Because the development of well construction technology has had a rather 
fragmented past and many practitioners are not trained as either reservoir 
or production engineers, it is worthwhile here to provide an elementary 
description of the targets that the drilling of a well is supposed to reach.  

Petroleum Fluids 

Petroleum is a mixture of hydrocarbons consisting of about 11 to 13% (by 
weight) hydrogen and 84 to 87% carbon. Chemically, "crude" petroleum 
may include several hundred compounds, encompassing practically all open-
chain and cyclic hydrocarbons of single, double, and triple bonds.  

A description of these mixtures by composition was abandoned early in 
industry history with the exception of very generic divisions that denote 
important distinguishing content (such as, paraffinic or asphaltenic crudes). 
Instead, bulk physical properties such as density and viscosity have been 
used to describe crude behavior.  

Specifically, the phase and thermodynamic behavior has been reduced to the 
simplifying division of crude petroleum into (liquid) oil and (natural) gas. 
While such a description is apparent and relatively easy to comprehend 
given a temperature and pressure, crude petroleum content is generally 
referred to as volumes at some standard conditions (for example, 60°F and 
atmospheric pressure). With the definition of pressure and temperature, a 
volume unit also clearly denotes mass. 

Oil, then, consists of higher-order hydrocarbons such as C6+ with much 
smaller and decreasing quantities of lower-order hydrocarbons, while gas 
consists of lower order hydrocarbons—primarily methane, and some 
ethane—with much smaller amounts of higher-order hydrocarbons.  

An important variable is the bubblepoint pressure, which, for a given 
temperature, denotes the onset of free-gas appearance. At lower pressures, 
oil and gas coexist.  

Petroleum found at conditions above the bubblepoint pressure is all liquid 
and is referred to as undersaturated. Below the bubble point, the petroleum 
is referred to as two-phased or saturated. At considerably lower pressure 
and below the dew point pressure, hydrocarbons are all in the gaseous state.  
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In all natural petroleum accumulations, water is always present either as 
interstitial, cohabiting with the hydrocarbons, or underlying, in the form of 
(at times very large) aquifers.  

The Geology of Petroleum Accumulation 

Petroleum is found chiefly in sedimentary basins, and although fanciful 
theories of inorganic origin have surfaced in the past, it is almost universally 
accepted that petroleum has its organic origin in a source rock. 

Decay of organic remains under pressure and temperature and under 
conditions preventing oxidation and evaporation has been the most likely 
process in the formation of petroleum. Associated saline water suggests 
environments near ancient seas and, thus, a plausible and often repeated 
scenario is one of ancient rivers carrying organic matter along with 
sediments and depositing successive layers, eventually buried by substantial 
overburden.  

The formation of petroleum was followed by accumulation. The gravity 
contrast between hydrocarbons and water, along with capillary effects, 
would force oil and gas to migrate upward through rock pores. Connected 
pores provide permeability, and the ratio of pore volume to the bulk volume, 
the porosity, is one of the most important variables characterizing a 
petroleum reservoir.  

The natural tendency of hydrocarbons to migrate upward would continue to 
the surface unless a trapping mechanism intercedes. This is precisely what 
happened.  

At depths as shallow as a few tens of feet to over 30,000 ft, natural traps, 
which are special geological formations, allowed the accumulation of the 
migrating hydrocarbons. Common to all cases is an overlain impermeable 
layer forming a caprock. 

Figure 1-1 (after Wilhelm, 1945) sketches some of the most common 
petroleum traps. Convex traps, either by simple folding (Figure 1-1A) or 
because of differences in reservoir thickness (Figure 1-1B) and overlain by 
an impermeable layer are the easiest to intersect with drilling. 
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Figure 1-1 Petroleum trapping mechanisms (eco1f01.jpg) 

A permeability trap (Figure 1-1C) and a pinchout trap (Figure 1-1D) denote 
that laterally and upward the permeable rock vanishes. Such traps may have 
been created by the rotation of layers, and they can sometimes be 
associated with continental rift and subsequent drift.  

An interesting trapping mechanism is provided by the movement of faults 
(Figure 1-1E). Upward or downward motion of the layers on one side of the 
fault may bring an impermeable layer against a permeable one, and this 
interface can form a very effective trap. At times, the "sister" formation of a 
structure can be found several hundred feet above or below, and it may also 
contain attractive quantities of petroleum.  

Finally, piercement traps (Figure 1-1F), formed by the intrusion of a material 
of different lithological composition, may form an effective seal to a 
petroleum trap. 

While a trap may contain a petroleum reservoir (defined as a structure in 
hydraulic communication), oil may coexist with overlain gas, gas may be the 
only hydrocarbon, and in all cases, water is likely to underlie the 
hydrocarbons. 

An oil field (or a gas field) may contain many reservoirs distributed either 
laterally or in layers, often separated by nonhydrocarbon formations that 
may be considerably thicker than the reservoirs themselves. Furthermore, 
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the contained hydrocarbons, reflecting geological eras that may be 
separated by millions of years, may have considerably differing makeups. 
Coupled with different lithological properties and reservoir pressures, more 
often that not, petroleum production from multilayered formations may 
preclude the commingling of produced fluids for a variety of operational 
reasons (including the danger of fluid crossflow through the well from higher 
to lower pressure zones). 

A reservoir itself may be separated into different geological flow units, 
reflecting the varying concentration of heterogeneities, anisotropies, and 
reservoir quality, such as thickness, porosity, and lithological content.  

The era of finding petroleum reservoirs through surface indicators (such as 
outcrops), conjecture, and intelligent guesses has been replaced by the 
introduction of seismic measurements, which have had one of the most 
profound influences on modern petroleum exploration and, in recent years, 
on petroleum production. 

Artificially created seismic events (air bubbles offshore, large vibrators on 
land) send seismic waves downward. Reflected and refracted through 
formations, these vibrations are detected back on the surface. Processing of 
the signals results in the construction of seismic response images that can 
be two-dimensional (2D), three-dimensional (3D), or even four-dimensional 
(4D), if taken at different time intervals. 

Seismic measurements are then processed and can be represented by a 3D 
visualization (Figure 1-2). For such an image to be constructed, massive 
amounts of data are collected and processed through very powerful 
computers that use sophisticated algorithms.  

Figure 1-2 displays a typical, processed seismic 3D volume of amplitude vs. 
time. Much more data is collected than what is displayed in Figure 1-2. 
Seismic attributes such as reflection, strength, phase frequency, and others 
may be correlated with several reservoir properties such as porosity, net 
pay, fluid saturation, and lithological content. 
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Figure 1-2 3D seismic volume  

Modern formation characterization is the integration of many measurements 
that allow for a more appropriate reservoir description and improved 
reservoir exploitation strategies. Formation characterization involves the 
combination of various modeling approaches, including geological 
descriptions and pore volumes, and it is often combined with production 
history matching.  

With powerful visualization and interpretation technologies, as shown in 
Figure 1-3, geoscientists and engineers can examine a seismic or geological 
data volume and identify and isolate significant features in ways not possible 
before. This new means of geological visualization is the basis of modern 
formation characterization; it is rapidly forcing the abandonment of the 
traditional, yet simplistic reservoir approximations of parallelepiped boxes or 
cylinders. While single-well drainages can be tolerably considered through 
the use of simple approximations, reservoir-wide estimates of hydrocarbons-
in-place can now be far more realistic and inclusive of heterogeneities. 
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Figure 1-3 3D seismic visualization and interpretation showing significant features  

The expression for oil (or gas) in place is provided in Equation 1-2. 

(1-2) 

This expression may now make use of seismic measurements that can 
provide A (area) and h (thickness).  

Obviously, better formation description can allow for targeted drilling. The 
fraction of dry holes is likely to be reduced and optimum reservoir 
exploitation can be envisioned, especially with the emergence of horizontal 
and multilateral/multibranched wells. Along with seismic images, these wells 
constitute the two most important technologies of the last decade, if not the 
entire post-World War petroleum era. 

Drilling Fundamentals 

The basic principles and technology of drilling an oil or gas well are 
established and are described in texts (Bourgoyne et al., 1991; Mitchell, 
1993; Gatlin, 1960). The following is a brief overview of drilling 
fundamentals. 
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Equipment 

Drilling a petroleum well is a complex process that requires large, heavy-
duty equipment. A conventional drilling rig consists first of a structure that 
can support several hundred tons. A "million-pound" rig is routinely 
supposed to support 10,000 ft and, in some cases, as much as 30,000 ft of 
drillpipe and additional equipment.  

A drill bit (Figure 1-4) is attached to the bottom of the drillpipe by one or 
more drill collars. The entire assembly ends at the floor of a drilling rig and is 
connected to a rotary table. This table, along with a special joint called the 
kelly, provides rotational motion to the drilling assembly. 

 

Figure 1-4 Rotary drilling rig with the important components  

While rotary drilling has dominated the petroleum industry in the last 50 
years, cable-tool drilling preceded it and was the mainstay of early drilling. 
In some rare cases, it is still used today. For cable-tool drilling, the drilling 
assembly is suspended from a wire rope. The assembly is then reciprocated, 
striking blows to the formation, which becomes fragmented. The drilling 
assembly is retrieved, and cuttings are brought to the surface with a lowered 
bailer. 
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Rotary drilling can continue uninterrupted unless a worn-out drill bit must be 
replaced. Manufacturers have conducted extensive research to improve the 
durability of drill bits so that the number of trips (pulling the drilling 
assembly out and then running it in the hole) can be reduced, which results 
in reduced drilling time. 

Drilling Fluids 

A critical component of drilling is the drilling fluid, which is also widely 
referred to in the industry as drilling mud. One of the main roles of drilling 
fluid is to lift the drilling-rock cuttings to the surface and to lubricate the bit 
in its grinding, rotary action against the rock.  

The drilling fluid has other important functions. The weight of the drilling 
fluid (the fluid density) and the resulting hydrostatic pressure at the drilling 
point are supposed to impart a positive pressure into the formation. 
Otherwise, formation fluids under pressure may cause a kick, which is an 
involuntary influx of fluids into the well. Under extreme circumstances, a 
kick may cause a catastrophic blowout. 

To provide drilling fluids with the appropriate density for the pressure ranges 
that will likely be encountered, drilling operators must select the appropriate 
weighting agent. Drilling fluid weights have ranged from about 8.5 lb/gal 
(almost neat water) to as much as 15 lb/gal for highly overpressured and 
deep reservoirs.  

Although bentonite clay has been widely used as the main constituent in 
water-based drilling fluids, other drilling-fluid formulations have been used. 
General families include oil-based and gas-liquid-based fluids. These fluids 
are supposed to reduce the formation damage caused by water-based fluids 
and their contained solids when they penetrate the porous medium. One 
mechanism of controlling formation damage is the formation of a filter cake, 
which coats the walls of the well, thus reducing fluid leakoff.  

Vertical, Deviated, And Horizontal Wells  

Through the mid-1980s, vertical wells were drilled almost exclusively. 
Earlier, deviated wells were introduced, which allowed for the use of surface 
drilling sites that could be a considerable distance from the targeted 
formation. This type of well became particularly useful both offshore, where 
drilling from platforms is necessary, and in the Arctic and other 
environmentally sensitive areas, where drilling pads can be used.  

Although Soviet engineers had drilled several horizontal wells in the 1950s, 
such activity was limited until the early 1980s, when two western 
companies, Agip and Elf, reported some impressive results with horizontal 
wells in an offshore Adriatic oil field. Not only was oil production from the 
horizontal well several times greater than that of vertical wells in the same 
field, but the water-oil ratio, a considerable problem with vertical wells, was 
significantly reduced with the horizontal wells.  
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This success literally ushered a new era in the petroleum industry, and 
although horizontal wells today account for perhaps 10% of all wells drilled, 
their share is steadily increasing. More important, their share in new 
hydrocarbons produced is disproportionately favorable. Estimates suggest 
that by the year 2000, perhaps 50% of all new hydrocarbons will come from 
horizontal and multilateral wells. 

The following three categories of horizontal wells are based on the rate of 
angle buildup in the well trajectory from vertical to horizontal:  

• Long-radius wells may turn the angle at a rate of 2 to 8°/100 ft; 
thus, they require a vertical entry point about 1500 ft away from 
the desired reservoir target. For these wells, conventional drilling 
assemblies can be used, and conventional well sizes can be 
constructed. The horizontal lengths of such wells can be 
considerable; records have been established at over 10,000 ft, but 
typical horizontal lengths range between 3000 and 4000 ft.  

• Medium-radius wells require approximately 300 ft to complete a 
turn from vertical to horizontal. Medium-radius wells use 
directional control equipment similar to that used in long-radius 
wells, but drilling practices for such wells are somewhat different.  

• Short-radius wells can go from vertical to horizontal in 50 ft or 
less. Specialized, articulated drilling assemblies are needed, and 
typical well diameters are generally smaller than those for 
conventional wells. For these wells, coiled tubing drilling is often 
used. Ultrashort-radius drilling technology is available, which 
allows a well to run from vertical to horizontal within a few feet.  

A good driller, aided by modern measurement-while-drilling (MWD) 
equipment and an appropriate reservoir description, can maintain a well 
trajectory within ± 2 ft from the target. Therefore, if the well is intended to 
be perfectly horizontal or slightly dipping to reflect reservoir dipping, the 
departure from the well trajectory can be controlled and minimized. 

Once a well is drilled, it must be completed. Section 1-4 provides an 
overview of well completions.  

Well Completions 

The purpose of drilling oil and gas wells is to produce hydrocarbons from, or 
to inject fluids into, hydrocarbon-bearing formations beneath the earth's 
surface. The borehole, described previously, provides a conduit for the flow 
of fluids either to or from the surface. Certain equipment must be placed in 
the wellbore, and various other items and procedures must also be used to 
sustain or control the fluid flow. This equipment and any procedures or items 
necessary to install it are collectively referred to as a well completion. 

In the early twentieth century, oil and gas wells were commonly completed 
with only a single string of casing. The casing was a large diameter (e.g. 7-
in.) string of steel pipe, consisting of threaded sections. Initially, casing was 
set with drilling fluid only.  
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A casing string in a well extends from the surface to some setting depth. If 
the top of a casing string is set at a depth below the surface, it is referred to 
as a liner. Liners are commonly found in wells completed during the early 
part of the twentieth century. 

Cementing technology evolved in the 1920s, and by the 1930s, most casing 
strings were set with some cement. Cementing a well is an essential step in 
almost all well completions, irrespective of whether a perfect bond is 
achieved between the reservoir and the casing. Currently, most wells are 
cemented at least some distance above the target reservoir. 

In early completions, casing was either set at the top of the producing zone 
as an openhole completion (Figure 1-5) or set through the producing 
reservoir. 

 

Figure 1-5 Openhole completions  



 26 

Openhole completions minimize expenses and allow for flexible treatment 
options if the well is deepened later, but such completions limit the control of 
well fluids. Phillips and Whitt (1986) show that openhole completions can 
also reduce sand and water production. Although many wells completed in 
this manner are still operating today, this method of completion has been 
superseded by cased completions (Figure 1-6). 

 

Figure 1-6 Cased-hole completions with perforations  

In a cased completion, casing is set through the producing reservoir and 
cemented in place. Fluid flow is established by the creation of holes or 
perforations that extend beyond the casing and cement sheath, thereby 
connecting and opening the reservoir to the wellbore (Figure 1-6). Wells that 
are cased through the producing reservoir provide greater control of 
reservoir fluids because some or all of the perforations can be cemented off 
or downhole devices can be used to shut off bottom perforations. However, 
openhole wireline logs must be run before the casing is set so that the exact 
perforation interval is known.  

Cased-hole completions are more susceptible to formation damage than 
openhole completions. Formation damage refers to a loss in reservoir 
productivity, normally associated with fluid invasion, fines migration, 
precipitates, or the formation of emulsions in the reservoir. Loss of 
productivity is expressed as a skin factor, s, in Darcy's equation as follows: 
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(1-3) 

A positive skin value indicates that a well is damaged. 

Formation damage can be removed or bypassed through the use of 
stimulation techniques. In instances where the formation damage extends 
only a few feet from the wellbore, the well may be acidized to dissolve or 
remove the damage. Matrix acidizing is used to restore initial productivity. 
Hydraulic fracturing is a stimulation technique that creates a fracture that is 
intended to extend beyond the damage area. Significant advances in well 
stimulation have been made since the early part of this century, when 
openhole completions were stimulated by jars of nitroglycerin that were 
placed and detonated downhole.  

As noted previously, reservoir pressure will decline as hydrocarbons are 
produced. Many of the wells completed in the early part of the twentieth 
century were produced through the casing, and the reservoirs had sufficient 
pressure for the hydrocarbons to flow to the surface. With declining reservoir 
pressures and producing volumes, production through smaller-diameter 
tubing became necessary, since the velocity through the casing could not 
sufficiently sustain natural flow.  

Figure 1-7 shows a simple cased-hole completion with tubing.  

 

Figure 1-7 Cased completion with tubing  
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These early completion techniques proved adequate in relatively shallow 
wells. However, as deeper, multiple, and higher-pressure reservoirs were 
encountered, it was recognized that the completions imposed limitations on 
well servicing and control and designs would require improvement to meet 
increasing requirements for wellbore re-entry and workover operations. 

A wide range of downhole equipment has been designed and manufactured 
to meet the needs of more complex well completions. In situations where 
multiple reservoirs cannot be commingled, the zones are separated with a 
production packer. Packers are devices that are run on, or in conjunction 
with, a string of tubing. The packer has a rubber element that is extruded by 
compression to form a seal between the tubing and the casing (Figure 1-8). 
Packers are used for a variety of reasons in well completions. 

 

Figure 1-8 Production packer with detail of annular seal  

Another component that has become an integral part of well completions is 
the sliding sleeve. The sliding sleeve provides annular access between the 
tubing and the casing. It is used to produce a reservoir isolated between two 
production packers and for circulating a well above the uppermost packer. 
The sleeve is opened or closed through the use of wireline servicing 
methods. Many other functions can be performed with wireline devices set in 
landing nipples. 
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The evolution of offshore drilling in the 1930s (ETA, 1976) and the 
production of wells from offshore platforms in the 1940s (Graf, 1981) 
demanded methods of well shut-in for safety and environmental concerns. 
Storm chokes were pressure-controlled devices set inside the tubing string. 
These devices were intended to shut in wellflow during storms or a major 
platform catastrophe. At today's offshore locations, these direct-control 
devices have been supplanted by surface-controlled subsurface safety valves 
(SCSSVs).  

Equipment such as packers, sleeves, landing nipples, and safety valves 
provide various functions for well control. These devices are only a few 
examples of an extensive range of equipment that enables engineers to 
control fluid flow selectively and to stimulate producing reservoirs. 

Many reservoirs contain sediments that are so poorly consolidated that sand 
will be produced along with the reservoir fluids unless the production rate is 
severely restricted. Sand production may erode the tubing or surface valves 
and flowlines. In addition, sand could accumulate in downhole equipment 
and create problems in wireline servicing. Gravel-packing was devised as a 
means of eliminating sand production without greatly restricting production 
rates. In a gravel-pack completion (Figure 1-9), sand with a grain size larger 
than the average formation sand grain is placed between the formation and 
a screen or slotted liner (Economides et al., 1994). More recently, high-
permeability fracturing (fracpacking) has been proven as a technique for 
sand control. 
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Figure 1-9 Gravel-pack completions  

Engineers designing well completions must consider that the wells will 
eventually be unable to flow naturally to the surface. The loss of natural flow 
occurs because the reservoir pressure declines with production and 
reservoirs produce increasing amounts of water with time, which increases 
the density of the flowing fluid. Various techniques of artificially lifting fluids 
from the wellbore have been developed. Artificial lift techniques include 
sucker rod pumping, electrical submersible pumps, gas lift, and other types 
of hydraulic lift. Each method of artificial lift requires unique downhole and 
surface equipment that must be considered during the design of the well 
completion.  

Well stimulation techniques introduced in the early part of the twentieth 
century have been improved through a more complete understanding of the 
processes involved. Acidizing models have been developed to describe the 
use of various types of acids in a range of lithologies. Hydraulic fracturing 
has experienced even more dramatic improvements since the introduction of 
crosslinked polymer fluids, high-strength proppants, and analytical 
techniques, such as the net pressure plot. Such techniques have enabled 
engineers to substantially improve the flow from both low-permeability and 
high-permeability reservoirs. 



 31 

Another notable advance in well completion design is the evolution of coiled 
tubing for servicing and completing wells. Coiled tubing servicing involves 
the deployment of a continuous string of small-diameter tubing into the 
wellbore. This coiled tubing is run concentric to existing tubulars, is used for 
the required service, and is then removed without damaging the existing 
completion. Coiled tubing servicing is of increasing importance in highly 
deviated and horizontal wells, since wireline servicing poses problems at 
angles greater than 50o.  

Completion methods such as gravel-packing and stimulation, a variety of 
downhole equipment, and enhancements to servicing methods have enabled 
engineers to design more complex well completions, which offer greater fluid 
flow control, stimulation alternatives, and operational flexibility. An 
extensive range of downhole designs has been implemented to meet a 
number of producing requirements. Example designs include dual 
completions, slimhole and monobore completions (Ross et al., 1992; 
Robison, 1994), completions for high-pressure, high-temperature (HPHT) 
reservoirs (Schulz et al., 1988), subsea completions (Cooke, 1992) whose 
wellheads are located on the seafloor, and waterflood or CO2 injection 
applications (Stone et al., 1989). Two examples, a dual completion (Figure 
1-10) and a subsea completion with gravel-packing and artificial lift (Figure 
1-11), illustrate the wide range of well completion designs available today.  

Figure 1-10 depicts a dual completion. Dual completions are used when 
multiple reservoirs will be produced. Two tubing strings and at least two 
production packers are included. The packers may separate two or more 
producing reservoirs. A sliding sleeve can be included between or above 
packers so that one or more reservoirs can be selectively produced at any 
time. Other downhole equipment, such as landing nipples, safety valves, or 
side-pocket mandrels (for gas lift) may be included in a dual completion. 
Sanku et al. (1990) shows the use of a dual completion with gas lift in the 
Sockeye Field, offshore California (Figure 1-10A). Farid et al. (1989) shows 
the application of a dual completion for gas injection in a three-layered 
reservoir in Abu Dhabi (Figure 1-10B). 
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Figure 1-10 Dual completions 

Figure 1-11 depicts a single-string subsea completion. This completion has 
been run in the Balmoral Field in the North Sea (Shepherd, 1987). Initial 
test data indicated that the Balmoral wells would produce significant 
amounts of sand, and it was decided to gravel-pack the wells to control sand 
production. The gravel screen is set across the producing zone and a packer 
is set above the gravel pack. A tubing expansion joint, run above the packer, 
allows the tubing to expand or contract with changes in downhole pressure 
or temperature. A sleeve is run above the expansion joint to circulate the 
well, and a number of gas-lift mandrels, equipped with dummy valves, are 
included in the tubing above the sleeve. The gas-lift mandrels were included 
in the Balmoral design to provide for future gas lift, since reservoir models 
predicted a rapid onset of water production and the need for artificial lift. 
This type of forward planning is crucial in subsea wells, where the cost of 
mobilizing offshore rigs is substantial. 

The evolution and growing application of horizontal drilling techniques has 
provided additional challenges in well completion design.  
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Figure 1-11 Balmoral subsea completion (Shepherd, 1987)  

At present, most horizontal wells are either completed with an openhole 
horizontal section, with a slotted liner laid in the openhole section (Cooper 
and Troncoso, 1988; Lessi and Spreux, 1988), or with a gravel-pack screen 
(McLarty et al., 1993). To date, the use of casing, production packers, 
sleeves, and other downhole devices has been limited because they cannot 
provide a mechanical/hydraulic seal at the junction between the vertical 
wellbore and the horizontal hole. Completion technology in this area is 
evolving rapidly, and such capabilities will likely be available in the near 
future, enabling the use of downhole devices and techniques that will 
provide greater control of fluid flow and stimulation in horizontal and 
multilateral wells. 

Organization of this Book 

The following chapters were written by experts from various Halliburton 
companies, operating companies, and academia. This book is divided into 
two major categories: drilling and well completions . A brief overview of each 
chapter is provided in the following paragraphs. 
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Drilling 

Directional Drilling describes technologies for drilling-trajectory monitoring 
and control, drilling assemblies, and requirements for the complicated well 
systems of today.  

Horizontal, Multilateral, and Multibranch Wells in Petroleum Production 
Engineeting describes the wide variety of well configurations possible with 
drilling systems today. Horizontal, multilateral, and multibranch wells are 
explained, and their applications for a variety of reservoir management 
problems are outlined. 

Measurement-while-drilling (MWD) and logging-while-drilling (LWD) 
equipment and techniques are discussed in Measurement-While-Drilling 
(MWD), Logging-While Drilling (LWD), and Geosteering. The formation 
characterization that these methods allow and the ability to drill complex 
well systems intelligently are the two most important new technologies in 
the petroleum industry.  

Rock mechanics principles have several applications during drilling, well 
completion, and subsequent production. Rock Mechanics in Wellbore 
Construction lists and explains most rock mechanics-related problems 
associated with well construction.  

Well Completions 

Primary Cementing, Formation-Fluid Migration After Cementing, Cement-
Sheath Evaluation, and Remedial Cementing describe, respectively, primary 
cementing, gas-migration problems, cement sheath evaluation, and in the 
case of detected problems, remedial cementing. 

All cased-hole completions must be perforated, and these perforations can 
affect the well's capacity to produce reservoir fluids. Perforating describes 
perforating technology, which has evolved considerably in recent years in 
terms of diameter, density (shots per foot), tunnel length of the perforation, 
and orientation.  

A wide variety of completion hardware is available for controlling fluid flow or 
providing operational flexibility in a well. Completion Hardware describes 
attributes of basic downhole equipment, such as packers, sliding side-doors, 
landing nipples, side-pocket mandrels, and SCSSVs. 

Well performance is dominated by two main components: reservoir 
deliverability, described traditionally by the well inflow performance 
relationship (IPR), and flow in the production string. The combination of 
these two components is well deliverability. Inflow Performance/Tubing 
Performance provides a comprehensive description of these concepts for oil, 
gas, and two-phase reservoirs fitted with vertical, deviated, or horizontal 
wells. 
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Artificial-Lift Competions describes fundamental methods of artificial lift. 
Artificial lift must be included in completions in which the reservoirs no 
longer have sufficient pressure to sustain natural flow. Artificial lift can also 
be used to enhance production in flowing wells by augmenting the natural 
reservoir pressure. Challenges of applying artificial lift systems in horizontal 
and multilateral wells are also discussed. 

Stimulation can also improve well productivity. Stimulation includes both 
acidizing and fracturing a reservoir. Stimulation improves a well's ability to 
flow by providing a more direct flowpath, which results in more production 
per unit of drawdown. The main concepts of stimulation are discussed in 
Well Stimulation.  

Sand production is a significant problem in many wells, particularly wells 
producing from incompetent reservoirs or reservoirs that have experienced 
pressure depletion. Sand production is a serious concern because it affects 
the completion and surface facilities and may also deconsolidate the 
formation with a potentially catastrophic collapse.  

Two general approaches to solving sand production problems are available: 
sand exclusion techniques, which require the use of filters, and sand-
production control techniques, which affect the sand production mechanisms 
within the pore structures. The prominent sand exclusion technique is 
gravel-packing augmented by screens, as described in Sand Stabilization 
and Exclusion. Sand-production control has been demonstrated by high-
permeability fracturing or fracpack processes (High-Permeability Fracturing). 

Water production and its control is the other great, persistent problem in 
reservoir management. Water Control describes the mechanisms of water 
production and a holistic approach to water-production management.  

Finally, proper engineering suggests that well construction must be based on 
the entire life of the well. Thus, planning completions for such well 
management is essential. Designing Well Completions for the Life of the 
Field provides such an approach and combines several of the concepts 
previously presented in this book. 
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Introduction 

Directional drilling began with the use of devices such as whipstocks or 
techniques such as jetting to kick off, rotary assemblies to control inclination 
in tangent sections, and wireline steering tools to orient and survey. These 
tools possessed limited directional control capabilities, required frequent 
tripping of the drillstring, and made directional drilling an expensive, 
difficult, and sometimes risky proposition. Directional well planning was 
more an art than a science, and capabilities and boundaries were based 
largely on empirical observations and historical tool performance. 

Recently, technological advances have contributed to a significant increase in 
the use and scale of directional drilling. Perhaps the technologies with the 
highest impact have been steerable mud motors, measurement-while-drilling 
(MWD) tools, and logging-while-drilling (LWD) tools. These tools in 
combination have provided the ability to follow complex, 3D well profiles 
without changing bottomhole assemblies (BHAs), and to measure where the 
bit has drilled without having to run a wireline to survey or log. Equally 
important, engineering models have provided the fundamental tools for 
evaluating drillstrings, hydraulics, BHAs, and the drilled formations 
themselves. These advances have enabled the drilling of extended-reach, 
horizontal, and multiple-target well profiles once thought impractical, 
uneconomical, or impossible. 

Most books currently available either discuss deviation control—the attempt 
to keep vertical wells truly vertical—or discuss older directional-drilling 
practices, such as whipstocks, jetting, or the use of straight mud motors 
with bent subs. These practices, while still in use, are now the exception 
rather than the rule. This chapter, then, primarily discusses directional 
drilling as it is performed today. Emphasis will be placed on identifying the 
principles and mechanics that define the capabilities and limitations of 
current directional-drilling technology. 

Well Planning 

Planning even the simplest vertical well is a task that involves multiple 
disciplines. A casual observer might think that planning a directional well 
would require only a few geometry calculations in addition to the usual 
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tasks. On the contrary, almost every aspect of well planning is affected when 
a directional well is planned. Various software systems are available to assist 
in these engineering efforts, but effective application of such software 
requires a good understanding of the underlying engineering principles. The 
fundamental variables that dictate the planned wellpath are the surface 
location for the rig and wellhead and the location(s) of the target(s) 
downhole. However, many other variables also impact the final wellpath 
chosen. 

Well Profiles and Terminology 

A simple build/hold/drop well profile, known as an "S" well, is shown in 
Figure 2-1. The kickoff point (KOP) is the beginning of the build section. A 
build section is frequently designed at a constant buildup rate (BUR) until 
the desired hole angle or end-of-build (EOB) target location is achieved. BUR 
is normally expressed in terms of degrees per hundred feet (°/100 ft), which 
is simply the measured change in angle divided by the measured depth (MD) 
drilled.  

 

Figure 2-1 Well profile terminology 

Hole angle, or inclination, is always expressed in terms of the angle of the 
wellbore from vertical. The direction, or azimuth of the well is expressed 
with respect to some reference plane, usually true north. The location of a 
point in the well is generally expressed in Cartesian coordinates with the 
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wellhead or the rig's rotary kelly bushing (RKB) as the reference location. 
True vertical depth (TVD) is usually expressed as the vertical distance below 
RKB. Departure is the distance between two survey points as projected onto 
the horizontal plane. The EOB is defined in terms of its location in space as 
expressed by coordinates and TVD. The EOB specification also contains 
another important requirement, which is the angle and direction of the well 
at that point. The correct angle and direction are critical in allowing the next 
target to be achieved; also, it may be necessary to penetrate the payzone at 
some optimum angle for production purposes.  

A tangent section is shown after the build section. The purpose of the 
tangent is to maintain angle and direction until the next target is reached. In 
the example well, a drop section is shown at the end of the tangent. The 
purpose of a drop is usually to place the wellbore in the reservoir in the 
optimum orientation with respect to formation permeability or in-situ 
formation stress; alternatively, a horizontal extension may be the preferred 
orientation in the case of a payzone that contains multiple vertical fractures 
or that has potential for gas or water coning. 

A general classification of build rates is shown in Figure 2-2. See Bourgoyne 
et al. (1991) and Le Peuvedic et al. (1990) for further information 
concerning well profiles and the various reasons to drill directionally. 

 

Figure 2-2 Build-rate classification 

Factors in Wellpath Design 

Completion and reservoir drainage considerations are key factors in wellpath 
design. For fracturing, gravel-packing, completion in weak formations, or 
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depletion-induced compaction, it may be desirable to limit the inclination of 
the well through the reservoir or even to require a vertical or near-vertical 
trajectory. These conditions are also true in laminated or layered reservoirs. 
Often, it may be desirable for the wellpath in the reservoir to be horizontal 
to provide as much reservoir drainage and production rate as possible. In 
horizontal wells, correct TVD placement will minimize gas coning or water 
production. In vertically fractured formations in which the fractures may aid 
in the flow of hydrocarbons, the direction of the wellpath in the reservoir 
may be chosen to intersect multiple fractures. Alternatively, it may be 
desirable to place the wellbore in a given direction to avoid faults that are 
expected to allow water migration. Optimal placement of the wellbore in the 
reservoir will result in maximum production and should actually be the 
starting point for wellpath design. These issues are addressed in Chapters 3 
and 15. 

Additional considerations will influence the design of the trajectory from the 
surface location to the reservoir-target entry point. Some shallow formations 
in sedimentary geologies are weak, and, as a result, building inclination is 
difficult because of the lack of reactive forces against the BHA. If this 
condition is anticipated, the KOP should be designed deeper, where 
formations are more competent.  

The interrelationship of the wellpath design and the casing/hole program 
must also be recognized. The casing/hole program for the well is generally 
designed on the basis of the desired completion, the pore pressure regimes 
for the well, the presence of trouble zones, and regulatory requirements. 
The casing program influences the planned trajectory in several ways. For a 
given casing design, the trajectory plan should be optimized for operational 
efficiency. For example, required builds and turns should be executed fully 
within a single hole section. When this method is used, the well will be "lined 
out" towards the reservoir target, and the remaining hole section can be 
drilled as a straight tangent section without additional directional work. 
Likewise, in troublesome zones, such as underpressured sands or reactive 
shales that can increase the risk of stuck pipe, it may be desirable to avoid 
directional work that requires sliding (drilling without rotating the drillstring). 
Thus, the design of a build section may need to include a short tangent 
through the troublesome section that will allow it to be rotary-drilled as 
rapidly as possible. 

When the various constraints are considered, a feasible and optimized 
directional trajectory plan should result. An optimized wellpath often cannot 
be described by the simplest geometry that can be conceived to connect a 
series of targets. Even with a simple build-and-hold profile, additional 
wellpath optimization is possible. For example, drilling experience in an area 
should allow for the definition of the typical walk rate (the tendency of the 
BHA to turn slightly in the azimuthal direction) for certain BHAs in that area. 
With walk rates defined, the well can and should be "led," or initially directed 
away from the target in the direction opposite to the anticipated walk. If the 
well is properly led, steering will not be required in this interval, since the 
natural walk tendency will gradually bring the well into the target. If the 
wellpath had been designed as a straight line from one target to the next, 
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frequent steering would be required throughout the interval to counteract 
the natural walk tendency. 

Modeling the Wellpath 

In addition to refining the trajectory plan to account for drilling tendencies 
such as walk, trajectory planning in development projects must also account 
for the location of existing wells and the requirement that the planned well 
safely bypasses all existing wellbores. This aspect of planning, known as 
"collision avoidance," must account for the uncertainty associated with the 
ability to survey the well.  

Wellbore trajectory calculation methods use data points called survey 
stations, each of which consists of inclination, azimuth, and measured depth. 
Directional measurements are normally provided by MWD sensors, and 
measured depth is provided by traveling block sensors or by pipe tally. Many 
survey models are available (Bourgoyne et al., 1991; Craig and Randall, 
1976), and each is based on different assumptions on the shape of the 
wellbore between survey stations. Except for the tangent method, most 
models provide virtually identical results. The most commonly used survey 
calculation method is the minimum curvature method (Figure 2-3).  

 

Figure 2-3 Survey calculation model-minimum curvature method 

This method assumes that the wellbore is a constant curve between survey 
stations, and that it is tangent to the measured angle at each station. The 
minimum survey calculation is as follows: 
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(2-1) 

(2-2) 

and 

(2-3) 

where 

(2-4) 

and 

(2-5) 

In Eqs. 2-1 through 2-5, North is the change in the north coordinate (ft), 
East is the change in the east coordinate (ft), Vert is the change in the TVD 
coordinate (ft), MD is the change in measured depth (ft), is the inclination 
angle, is the azimuth angle, RF is the ratio factor, and DL is the dogleg (the 
total angle change over the interval). 

While various calculation methods give near-identical results with the same 
raw survey data, the accuracy of the data itself can cause uncertainty as to 
the precise location of a wellbore. All surveying instruments (MWD, single- 
and multi-shots, and gyros) have accuracy tolerances and biases. The 
subject of surveying uncertainty is complex, and readers are encouraged to 
review Wolff and de Wardt (1981) and Thorogood (1990). In our book, the 
issue is considered only qualitatively in terms of its impact on trajectory 
design. To account for uncertainty, the trajectory path is plotted in terms of 
its possible location by expanding the nominal (planned) trajectory by the 
tolerances associated with azimuthal and inclination surveying 
measurements. Azimuthal survey uncertainty is greater than inclination 
survey uncertainty. As a result, the possible wellpath at any depth can be 
plotted as an elliptical envelope, often called the ellipse of uncertainty, 
(Figure 2-4). Cumulative uncertainty causes the size of the ellipse to 
increase with drilled depth. Although the most likely location of the well is 
near the center of the ellipse, it could be located anywhere within the area of 
the ellipse. Thus, the ellipse must be calculated and used for evaluating 
whether the planned well might intersect any existing wells. 
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Figure 2-4 Wellpath with superimposed ellipses of uncertainy 

The surveying uncertainty that impacts the ability to locate the planned well 
precisely also impacts the ability to describe the precise location of existing 
wells. As a result, collision avoidance planning on large development 
projects, such as offshore platforms and onshore drillpads, is complex. 
Special computing and plotting techniques assist in such efforts. Traveling 
cylinder plots (Thorogood and Sawaryn, 1991) serve to describe how close 
the planned wellpath will come to existing wells. As shown in Figure 2-5, the 
plot is generated based on the wellpath of interest being the centerline of 
the cylinder. Offsets of increasing distances are plotted radially around this 
centerline as a measure of clearance from existing wells. The wellpaths of 
the existing wells are then plotted with this radial grid as a function of the 
drilled depth of the current well. The plot allows engineers and operators to 
monitor the proximity to other wells while drilling and to exercise additional 
caution when drilling by close approaches.  
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Figure 2-5 Traveling cylinder plot 

Traveling cylinder plots can be generated on the basis of nominal well 
locations, but they are usually generated in a manner that already accounts 
for the surveying uncertainty of the planned and existing wells. These 
uncertainties are determined by statistical survey tool variation and each 
operating company's policy with regard to risk management.  

Individual wells are usually described in two plots: the profile view and the 
plan view. Each view is two-dimensional. Spider plots and 3D views (Figure 
2-6) provide an additional tool to assist in planning and visualizing the 
trajectories of multiple wells in a development project. These views show the 
paths of existing wells and how the planned trajectory will be drilled through 
them. 
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Figure 2-6 3D view-multiwell platform 

Torque and Drag 

Torque and drag may be critical factors in determining whether the desired 
wellpath can actually be drilled and cased. Torque/drag models consider well 
trajectory, drillstring configuration, doglegs, friction factors, and casing 
depth to predict torque and drag in the well. Torque-and-drag modeling is 
used for various purposes, including:  

• evaluating and optimizing wellpaths to minimize torque and 
drag  

• fine-tuning wellpaths to minimize local effects, such as 
excessive normal loads  

• providing normal force loads for inputs into other programs, 
such as casing wear models  

• identifying depth or reach capabilities or limitations, both for 
drilling and running casing/tubing  

• matching the strength of drillstring components to the loads 
(axial, torsional, or lateral) in the wellbore  

• identifying the hoisting and torque requirements of the drilling 
rig  
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The most commonly used torque/drag models are based on the "soft-string" 
model developed by Johancsik et al. (1983). The drillstring is modeled as a 
string or cable that is capable of carrying axial loads but not bending 
moments (Section 2-2.5). Friction is the product of normal forces and a 
coefficient of friction. The normal force at each calculation node has two 
components: (1) the buoyed weight of the pipe in drilling fluid, and (2) the 
lateral reaction force resulting from drillstring tension through curved 
sections of the wellbore. A simplified drillstring element, shown in Figure 2-
7, has net axial forces and normal forces acting upon it. 

 

Figure 2-7 Drillstring element for "softstring" torque-and-drag model (from 
Johancsik et al., 1983) 

The equations for these forces are 

(2-6) 

(2-7) 

(2-8)  

and 
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(2-9) 

where FN is the net normal force, T is the axial tension at the lower end of 
the element, W is the buoyed weight of drillstring element, FF is the sliding 
friction force acting on the element, R is the characteristic radius of element, 
M is the torsion at the lower end of element, is the inclination angle at 
lower end of element, is the azimuth angle at lower end of element, f is the 
coefficient of friction, and  
(T,M, , ) is the change in those values over the length of the element.  

In Eq. 2-7, the product fFn can be positive or negative, depending on 
whether the drillstring is advancing into the hole or being pulled out of the 
hole. 

If accurate friction factors are derived from existing field data, soft-string 
models yield reasonably accurate results for most sizes of drillpipe and hole 
curvatures. However, since the soft-string model does not consider the 
stiffness of the drillstring, its accuracy will degrade as drillpipe diameter 
increases and as hole curvature increases. Both of these increases result in 
high normal forces and increased torque/drag. Finite-element models that 
incorporate drillstring properties are available for such applications, and they 
may be necessary for modeling casing. Neither type of model can 
accommodate localized hole and drillstring/BHA mechanical interactions (for 
example, a stabilizer hanging up on a ledge or a dogleg). Such a model 
would require much more information about actual hole geometry than what 
is available. However, empirically derived macrolevel friction factors are 
adequate for predictive analysis, since these factors are calculated from 
wells that include similar localized geometry.  

Friction factors should be derived from analogous case histories. The 
properties of the drilling fluid used in the baseline wells and the planned well 
should be similar. However, the ranges in Table 2-1 can be used as starting 
points if prior experience is unavailable (Johancsik et al., 1983; Rasmussen 
et al., 1991). 

Table 2-1 Ranges of Friction Factors in the Casing and the Formation (from 
Johancsik et al., 1983 and Rasmussen et al., 1991) 

Drilling Fluid f in casing f in formation 

Oil-based 0.16 to 0.20 0.17 to 0.25 

Water-based 0.25 to 0.35 0.25 to 0.40 

Brine 0.30 to 0.40 0.30 to 0.40 

Field experience has shown that axial drillstring drag is reduced when the 
drillstring is rotated. Torque-and-drag models account for this 
mathematically by the use of velocity vectors (Dellinger et al., 1980) (Figure 
2-8). The resultant velocity VR of a contact point on the drillstring is the 
vector sum of two components, circumferential velocity VC (caused by 
rotation) and axial velocity VA (affected by drilling rate or tripping speed).  
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Figure 2-8 Effect of drillstring rotation on axial friction (from Dellinger et al., 1980) 

The direction of the resultant frictional force is assumed to act in the 
direction opposite to that of resultant velocity VR ; therefore, its vector 
components will be in proportion to those of resultant velocity. The 
magnitude of resultant frictional force is simply the product of normal force F 
and friction coefficient f, and it does not vary with velocity. Since the 
magnitude of the vector sum of these components is a fixed quantity, as the 
circumferential component increases, the axial component must decrease. 
Logically, as drillstring rotation speed increases, it increases the 
circumferential component, which decreases axial friction. 

Well planning should include torque/drag modeling with worst-case friction 
factors to ensure that the drillstring can be advanced, rotated, slid if 
oriented drilling is necessary, and pulled out of the hole. Similar modeling 
should be used to ensure that friction will not prevent the casing from being 
run, and that the casing can be pulled if necessary. The torque and 
tension/compression at any point in the drillstring must be compared to the 
torsional, tension, and buckling capabilities of the drillstring and tool joints. 
Table 2-2 contains properties for Range 2 drillpipe. 
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Table 2-2 Properties of Range 2 drillpipe (after API Publication RP7-G) 

Size 
OD 

New wt. 
nom. W/ 
thds & 
couplings 

Torsional yield strength 
based on uniform wear, ft-lb 

Tensile data based on uniform wear 
load at minimum yield strength, lb. 

in. lb/ft E 95 105 135 E 95 105 135 

3 
1/2 

9.50 

13.30 

15.50 

9612 

12,365 

13,828 

12,176 

15,663 

17,515 

13,457 

17,312 

19,359 

17,302 

22,258 

24,890 

132,793 

183,398 

215,967 

168,204 

232,304 

273,558 

18,910 

256,757 

302,354 

239,027 

330,116 

388,741 

4 11.85 

14.00 

15.70 

13,281 

15,738 

17,315 

16,823 

19,935 

21,932 

18,594 

22,034 

24,241 

23,907 

28,329 

31,166 

158,132 

194,363 

219,738 

200,301 

246,193 

278,335 

221,385 

272,108 

307,633 

284,638 

349,852 

395,528 

4 
1/2 

13.75 

16.60 

20.00 

22.82 

17,715 

20,908 

24,747 

27,161 

22,439 

26,483 

31,346 

34,404 

24,801 

29,271 

34,645 

38,026 

31,887 

37,637 

44,544 

48,890 

185,389 

225,771 

279,502 

317,497 

234,827 

285,977 

354,035 

402,163 

259,545 

316,080 

391,302 

444,496 

333,701 

406,388 

503,103 

571,495 

5 16.25 

19.50 

25.60 

23,974 

27,976 

34,947 

30,368 

35,436 

44,267 

33,564 

39,166 

48,926 

43,154 

50,356 

62,905 

225,316 

270,432 

358,731 

285,400 

342,548 

454,392 

315,442 

378,605 

502,223 

405,568 

486,778 

645,715 

The results from torque/drag analysis are usually expressed graphically with 
torque and/or drillstring tension on one axis and measured depth on the 
other (Figure 2-9). The subject well is a build/hold/drop profile similar to 
that of Figure 2-1, with a 5000-ft tangent section at a 60° angle. A friction 
factor of 0.2 was used for cased holes and a factor of 0.3 was used for open 
holes.  
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Figure 2-9 Torque-and-drag analysis 
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The torque/drag analysis qualifies this well as drillable with the operating 
parameters used, and allows the selection of drillstring components with a 
reasonable safety margin as compared to loads. Axial load values never drop 
into the buckling region, even during sliding. Because of the relatively high 
hole angle, torque is nearly 20,000 ft-lb, dictating the use of 5-in., high-
strength (S-135) drillpipe in the upper 6000 ft of the well. Maximum tension 
in the drillstring is about 340,000 lb, which leaves a reasonable safety 
margin below the yield strength of 487,000 lb. On the basis of torque/drag, 
this well is drillable with standard drillstring components and practices if the 
friction factors used in modeling are accurate and unusual hole problems do 
not occur. 

During drilling, a log of predicted and actual torque and/or drag vs. depth 
should be maintained (Figure 2-10).  

 

Figure 2-10 Log of actual vs. predicted drillstring torque 

Such a log enables friction factors to be updated and verified; if actual 
friction factors are significantly different than planned, problems can be 
predicted and prevented instead of dealt with after the fact. The log will also 
show the effect of changing bit types or altering operational parameters. 
Note the increase in overall torque when PDC bits are run rather than roller-
cone rock bits. The log can also reveal deteriorating hole conditions, such as 
the buildup of cuttings and local hole features like doglegs. Remedial 
actions, whether preventive or after the damage occurs, could include (1) 
enhancing hole cleaning through higher flow rates, rotation, or modified 
drilling-fluid rheology, (2) making short trips to condition the hole, (3) 
reaming out ledges, key seats, or doglegs, (4) changing mud type, or (5) 
even altering the well profile or changing the casing or hole program. 

BHA Modeling 

BHA modeling is another key component of well planning. A good well plan 
provides rigsite personnel with the predicted capabilities and tendencies of 
each planned BHA. BHA modeling should identify the response of each BHA 
to variations in operating parameters, such as weight-on-bit (WOB), hole 
angle, overgauge or undergauge hole, stabilizer wear, and formation 
tendencies. Modeling should also identify the directional response to BHA 
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design parameters, such as stabilizer diameter, drill collar length, or motor 
bend angle. 

BHA modeling can also be used for calculating bending moments and 
stresses. In some applications, bending stress caused by hole curvature may 
be high enough to cause additional problems of fatigue or overload. Side 
forces on bits and stabilizers can also be calculated. These values are useful 
for motor component design work and as inputs into torque/drag and 
casing-wear programs. 

Various types of directional prediction models exist, but all are based on the 
principle that directional control is accomplished when forces are applied to 
the bit that will cause it to drill in the desired direction. Two kinds of models 
are commonly used: equilibrium (constant hole curvature) models and drill-
ahead models.  

Equilibrium models are typically static beam models that solve for the hole 
curvature in which all bending moments and forces on the beams and BHA 
components are in equilibrium. A typical 2D model (Williamson and Lubinski, 
1986) applies known loads (including weight-on-bit, buoyancy, and the 
weight of the BHA itself) and derived loads (bit side-loads resulting from 
formation anisotropy) to the BHA elements. Effects of rotation or dynamics 
are not considered. A single, empirically derived, bit-formation interaction 
factor is normally used. The premise of the model is that while both the bit 
and formation may have anisotropic properties, only the net effect can be 
measured. These models have proved to be reasonably accurate for a wide 
range of BHAs and formations. 

Drill-ahead models (Larson and Azar, 1992) create a constantly changing 
wellbore path, the instantaneous direction of which is based on the 
combination of force vectors on the bit and anisotropy factors. Anisotropic 
cutting properties may be assigned to the bit, meaning that its ability to drill 
sideways in response to a given force is not the same as its ability to drill 
forward in response to the same force. Formation anisotropy properties may 
also be assigned, meaning that the formation is more easily drilled in one 
direction than another. Formation anisotropy properties are oriented with 
respect to the dip angle and direction of bedding planes. Three-dimensional 
forces resulting from rotation or reactive torque can also be applied in drill-
ahead models. Such models are useful for analysis, but since the shape of 
the wellbore is generated in increments of inches rather than dozens of feet, 
these models are typically too computationally intensive for everyday well 
planning. Some drill-ahead models can be used to characterize the well 
post-mortem, thus optimizing future well plans. 

Formation anisotropy is a variable that can significantly affect the directional 
characteristics of a BHA. The exact mechanism of formation anisotropy is not 
known. Lubinski (1953) theorized that formations have a higher drillability 
perpendicular to the bedding plane than parallel to it (Figure 2-11).  
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Figure 2-11 Formation drillability theory (after Lubinski, 1953) 

This theory would seem to be supported by the science of rock mechanics, 
since it is known that the compressive strength of many rocks is anisotropic. 
Rollins (1959) proposed that thinly laminated formations fracture 
perpendicular to the bedding plane, creating miniature whipstocks that force 
the bit updip. Murphey and Cheatham (1965) proposed the drill collar 
moment theory, suggesting that when a bit drills from a soft formation into a 
hard formation, the hard formation supports most of the bit load, causing a 
bending moment to be applied to the drill collar. The collar then would bow 
to the opposite side of the hole and point the bit updip.  

Although the formation anisotropy mechanism may not be fully understood, 
the manner in which BHAs respond to formation anisotropy and dip can be 
observed. For well-planning purposes, detailed information from offset wells 
should be compiled. This information should consist of data from intervals in 
which consistent operating parameters have been used. Formation dip and 
direction may be obtained either from seismic information or by correlations 
of logs from several offset wells. BHA design, operating parameters, and 
hole curvature can be found in daily reports and well surveys. With these as 
input parameters, the BHA modeling program can solve for the remaining 
variable, which is the formation anisotropy factor. As field development 
progresses, factors should continually be evaluated, updated, and then 
applied to the planning of future wells. When BHAs do not exhibit the 
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predicted directional characteristics, parametric studies must be performed 
to isolate whether variation from plan resulted from formation anisotropy or 
some other effect, such as hole erosion or stabilizer wear. In nearly all 
cases, predictive BHA modeling requires disciplined integration of mechanical 
models with empirical field experience. 

To capture the full value of BHA modeling, it must be used for more than 
simply specifying the BHA configuration that is sent out to the rigsite. BHA 
modeling should be used to make rig personnel aware of BHA responses to 
design and operating parameters. Knowing the response of BHAs to these 
parameters will enable the directional driller to vary BHA configuration or 
operating parameters to control directional tendencies, as well as to have 
BHAs available to respond to contingencies. Finally, modeling should be used 
to establish operating guidelines. In particular, the maximum dogleg in 
which each BHA can be rotated should be identified. 

Hydraulics 

Although annulus hydraulic pressure-loss calculations for directional wells 
are similar to calculations in vertical wells, the mechanism of cuttings 
transport is different. The physical model itself differs in that the drillstring 
can be assumed to be offset to the low side of the hole for almost the entire 
length of the well. Drillstring eccentricity affects velocity profiles along the 
cross section of the annulus; a low-velocity zone occurs in the vicinity of the 
least annular clearance. Cuttings transport is also significantly affected by 
hole angle because the gravitational velocity component acts radially on 
solids instead of axially. Both drilled cuttings and weighting solids are 
affected. The low-velocity zone and gravitational component are both factors 
that contribute to the buildup of cuttings on the low side of the hole (Thomas 
et al., 1982; Slavomir and Azar, 1986). For these reasons, directional wells 
require higher-than-normal circulation rates to facilitate cuttings removal. 
Flow rates increased by 50%, as compared to vertical wells, are not 
uncommon, depending on hole angle and the cuttings-carrying capacity of 
the mud. Drillstring rotation is also critical to cuttings removal. Pipe rotation 
mechanically agitates the cuttings, lifting them up off bottom into the high-
velocity flowstream (Lockett et al., 1993). 

Throughout most of the well, the drillstring is lying on one side of the 
wellbore; thus, differential sticking is of greater concern than in vertical 
wells. Stuck pipe is generally the most common form of trouble in directional 
wells, and prevention and remediation of stuck pipe should be addressed by 
training all rig personnel in proper operating practices and optimum drilling-
fluid properties. During drilling, the presence of cuttings beds must be 
monitored by the tracking of changes in circulating pressure and torque and 
drag; remedial action must be taken when predetermined levels are 
reached. 

Equivalent circulating density (ECD) is also of greater concern in directional 
wells. ECD is defined as the sum of hydrostatic pressure resulting from the 
column of mud (and cuttings) in the annulus, plus the pressure drop in the 
annulus during circulating. The higher flow rates required in directional wells 
result in a high circulating-pressure drop in the annulus, and the angle of the 
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wellbore with respect to in-situ formation stress will generally result in a 
formation fracture at a lower ECD than in a vertical hole. Both of these 
factors narrow the range of safe drilling-fluid weight. In fact, as illustrated in 
Figure 2-12, it is possible for the pore pressure and fracture gradient to be 
such that some high-angle wells cannot be safely drilled (Guild et al., 1994). 

 

Figure 2-12 Safe drilling-fluid weight range decreases as hole angle increases 

The relationship between mud weight, ECD, fracture gradient, and hole 
angle is a key screening criterion when evaluating the feasibility of a 
directional well and a key factor in planning casing design and hole intervals. 

Large-diameter drillpipe is commonly used in directional wells. A good 
starting point is to specify one size larger than would be used in vertical 
wells. This practice provides two benefits relative to hydraulics: (1) the 
larger inside diameter (ID) greatly reduces the pressure drop through the 
bore, allowing higher flow rates to be used without an increase in surface 
pressure, and (2) the larger outside diameter (OD) increases annular 
velocity at a given flow rate, which improves hole cleaning. An additional 
benefit is the larger pipe's higher torsional capacity, which, as seen in the 
next section, can be necessary in high-angle wells. 

The ideal drilling fluid for directional wells should exhibit good lubricity and 
cuttings-carrying capacity, minimum solids and ECD, and maximum 
formation inhibition. Since some of these properties may be mutually 
exclusive, iterative analysis with the appropriate models may be necessary 
for determining which of the many parameters (hole cleaning, formation 
stability, torque/drag, etc.) must be given priority and which can be 
successfully de-emphasized. Some drilling fluids are engineered specifically 
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for directional wells, and drilling-fluid companies should be consulted for 
specific recommendations regarding flow rates and optimum rheology.  

Rig Capabilities 

In addition to geological, geometric, hydraulic, and mechanical 
considerations, directional planning must also consider the capabilities of the 
rig and associated drilling equipment. The "severity" of the directional well 
being planned can be limited by a number of rig aspects. (In this chapter, 
the term severity refers to a qualitative measure of the extent of doglegs, 
turns, angle, reach, depth, and other factors that influence hoisting, 
torsional, and hydraulic capabilities of the drilling rig.) Hoisting capability 
may impose directional limitations on the well, depending on the TVD of the 
target, the amount of frictional drag associated with lifting the drillstring or 
deep casing strings, and the amount of mechanical drag induced by doglegs, 
keyseats, etc. Directional wells induce greater rotary torque than vertical 
wells. In severe directional wells, torque demands may exceed the capacity 
of the rotary table, top-drive system, or drillstring members. These issues 
should be evaluated through the use of torque-and-drag models (Section 2-
2.4) before the rig is specified. Top drives are becoming standard equipment 
on rigs for drilling directional wells. The ability to circulate and rotate while 
tripping is an absolute necessity in some directional wells, and always a 
welcomed capability in others. 

Rigs for drilling directional wells may need upgrades in depth-tracking, 
torque-sensing, and pressure-sensing equipment. Because measured depth 
is one of the main inputs for calculating well trajectory, knowing the exact 
measured depth is critical in directional wells. Accurate torque sensing is 
necessary because of the higher torque demands of directional wells; in fact, 
torque-limiting or even active torsional control systems with feedback loops 
may be necessary (Sananikone et al., 1992). High-resolution standpipe 
pressure instrumentation that can detect motor operating pressure 
fluctuations as low as 50 psi, may be needed even when standpipe pressure 
is 3000 to 5000 psi. 

Crossover subs, whether supplied by the drilling contractor or directional 
company, should be subjected to a higher level of design, quality, and 
inspection scrutiny than those used in vertical wells. Crossovers are 
subjected to high stresses in directional wells and are frequently weak points 
in the drillstring or BHA. Crossovers should have stress-relief features, be 
made from high-quality material, and be properly inspected at regular and 
frequent intervals. 

Because inclined wells require higher flow rates to clean the cuttings from 
the well, the pressure and/or flow rate capacity of the pumps and surface 
plumbing should be evaluated. The rig must generate enough power to run 
the pumps, the rotary or top drive, and the draw-works simultaneously at 
elevated operating parameters. Similarly, the rig's solids-control system 
must have a volumetric capacity that matches the flow rate requirements, or 
elevated flow rates will not be sustainable. Because of the various inter-
relationships between drilling mechanics and the directional trajectory, an 



 57 

integrated and comprehensive approach to rig selection must be taken 
during the planning and evaluation of directional wells. 

Directional-Drilling Tools 

Directional control in most controlled-trajectory drilling, whether long-, 
medium-, or short-radius, is provided by two basic types of BHAs: drilling 
motors and rotary assemblies. Techniques such as jetting and whipstocks, 
and directional measurement tools such as steering tools, are still used 
occasionally, but they are covered sufficiently in Bourgoyne et al. (1991). 
MWD/LWD tools are found in Measurement-While-Drilling (MWD), Logging-
While Drilling (LWD), and Geosteering. A discussion of future directional 
tools is found in Section 2-7.4. The following section will be confined to the 
directional control tools most commonly in use today. 

Drilling Motors 

The positive-displacement motor (PDM) has evolved into the primary 
method of directional control. PDMs are fluid-driven drilling tools that turn 
the drill bit independent of drillstring rotation. PDMs are referred to as "mud 
motors," derived from the fact that drilling fluid is the driving fluid. The 
power of a PDM is generated by a rotor and stator based on geometry 
described by Moineau (1932). Both the rotor and stator have helical lobes 
that mesh to form sealed helical cavities (Figure 2-13).  

 

Figure 2-13 Positive-displacement moter (PDM) components 

The flow of drilling fluid through these cavities forces the rotor to rotate. The 
stator profile, which always has one more lobe than the rotor, is molded of 
rubber inside the motor housing. The rotor, which travels in an orbiting 
motion around the axis of the tool, is connected to a flexible or articulated 
coupling that transmits torque while eliminating the orbital motion. The 
coupling enables the motor housing to feature a bend, usually from 0 to 3°. 
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The coupling transmits torque to a drive shaft, which is housed in bearings 
to enable it to transmit both axial ("bit weight") and lateral loads from the 
drillstring to the bit. PDMs typically have output speeds of from 100 to 300 
rpm, while delivering enough torque to power even aggressive 
polycrystalline diamond compact (PDC) bits. 

PDMs are unique in that motor rpm is nearly linearly proportional to flow 
rate, and that torque is proportional to the pressure drop generated, as 
shown by the power curve in Figure 2-14.  

 

Figure 2-14 Typical PDM power curve 

This relationship of input pressure to output torque easily allows the driller 
to detect a stall condition by watching for an increase in standpipe pressure.  

Before the introduction of the steerable motor in the late 1980s, the typical 
drilling motor configuration was a straight motor about 20 ft long with a bent 
sub above the motor. These tools were capable of build rates up to 
approximately 5°/100 ft, but they were subject to severe build-rate 
variations in anisotropic formations and had difficulty kicking off in firm 
formations. The greatest limitation of the motor/bent housing combination 
was that it was only capable of one build rate for a given bent-sub angle and 
could not be rotated to vary the build rate. 

A steerable motor (Figure 2-15), typically configured with a bend in the 
external housing and two or more stabilizers, is a PDM configured to operate 
as a two-mode system. 
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Figure 2-15 Typical steerable motor configuration 

The two modes of operation are the "sliding," or oriented mode, and the 
"rotary" mode. In the sliding mode, the steerable motor is oriented by slowly 
rotating the drillstring, using MWD signals to determine toolface or bend 
orientation. Once the desired downhole toolface orientation is achieved, the 
drillstring is then slid (i.e., advanced without rotating), maintaining the 
desired toolface. The rotation required to drive the bit is generated entirely 
by the PDM. The combination of stabilizers and bent housing generates a 
side load on the bit, causing it to drill in the direction of the toolface. The 
build or turning capability of steerable motors, referred to as dogleg 
capability, is typically from 1 to 10°/100 ft. 

Placement of the bend in the connecting rod housing instead of above the 
motor reduces stress and makes rotation possible. In the rotary mode, the 
drillstring is rotated and the effect of the bend is negated, at least as far as 
changing direction is concerned. When rotated, the steerable motor behaves 
directionally like a rotary assembly (Section 2-3.2), in which the directional 
tendency of the motor is determined by the diameter and placement of its 
stabilizers and by its stiffness. Steerable motors are normally set up to drill 
straight ahead in the rotating mode, although they can be configured to 
build or drop angle while rotating. 

This two-mode system gives only two build rates, but since the system can 
be manipulated from the surface by varying the percentages of sliding and 
rotating, those modes can be varied so that they provide a number 
anywhere between the two build rates. In the build section of a well, the 
sliding mode will be used the majority of the time—perhaps 60%—with the 
rotating mode used to reduce the build rate as needed. In a tangent or a 
horizontal section, the rotary mode will be used the majority of the time—on 
the order of 60% to 95%—with the sliding mode being used only to make 
correction runs when the rotary mode varies from plan.  

Like PDMs, turbine drilling motors are powered by drilling fluid, and they 
rotate the bit. Unlike PDMs which are powered by an elastomeric stator, a 
turbine motor uses metal blades that provide greater resistance to 
chemically aggressive drilling fluids and extreme bottomhole temperatures. 
Unlike PDMs, however, bit speed decreases as the torque demand of the bit 
increases, and an increase in torque does not result in a pressure increase 
that can be seen at the surface. Therefore, detecting a stalled turbine is 
more difficult than detecting a stalled PDM. Turbines tend to be longer than 
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PDMs and their speed is much higher, typically about 1000 rpm. The high 
speed of turbines makes them best suited to natural diamond bits or high-
speed PDC bits, while PDMs are best suited to three-cone rock bits or 
medium-speed PDC bits. Much like PDMs, modern turbines can be configured 
with bends and stabilizers that give them "steerable" capability. 

Rotary Assemblies and Adjustable Stabilizers 

Rotary assemblies are still occasionally preferred over steerable systems, 
usually in tangent sections where the directional objective is to drill straight 
ahead. Rotary assemblies are most commonly used where formation 
tendencies are predictable and rig economics are not conducive to the use of 
steerable motors. In a rotary assembly, the weight of the collar gives it a 
tendency to sag or flex to the low side of the hole; collar stiffness and length 
and stabilizer diameter and placement are engineered as a means of 
controlling the amount of flexure to give the desired hold, drop, or build 
tendency (Figure 2-16). Fixed rotary assemblies have a limited ability to 
adjust for variation from plan, but they may be practical in some intervals of 
multiwell developments, where the characteristics of formations can be 
identified and the assemblies can be optimized. For further discussion of 
fixed rotary assemblies, see Jogi et al. (1990) and Bourgoyne et al. (1991). 

The limited ability to vary the directional tendency of a fixed rotary assembly 
comes primarily from varying WOB. Since fixed rotary assemblies have only 
a single directional tendency, increasing or decreasing WOB will generally 
not change the directional tendency (i.e. from a build to a drop) but it may 
be used to "tune" that tendency. For example, the angle-building assembly 
of Figure 2-16 consists of a near-bit stabilizer and a drill collar which, 
because of its own weight, flexes to the low side of the hole.  

 

Figure 2-16 Commonly used rotary assemblies 

Increasing WOB will buckle the collar, shifting the point of tangency closer to 
the bit and increasing the build rate. The WOB that is optimum from the 
standpoint of directional control, however, may be sub-optimum from the 
standpoint of the rate of penetration (ROP) or bit life. The economics of 
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using WOB to control inclination must be weighed against the economics of 
running a steerable motor or an adjustable stabilizer. 

Adjustable-diameter stabilizers (Figure 2-17) are an improvement over fixed 
rotary assemblies because the diameter of the stabilizer can be adjusted 
downhole to accommodate variations from plan. 

 

Figure 2-17 Using adjustable-diameter stabilizers to control wellbore inclination 

Using only the diameter change of the adjustable stabilizer, a properly 
designed BHA can produce an inclination tendency that ranges from a build 
to a drop. Adjustable stabilizers control only the inclination of the well, but in 
many cases, that is sufficient; as wellbore angle increases, the tendency of 
the bit to "walk" (deviate from plan in the azimuth plane) decreases. 
Controlling inclination during rotation (as opposed to sliding a motor) has 
many advantages, including improved ROP, improved hole cleaning through 
continuous agitation of cuttings beds, smoother wellbores, less chance of 
stuck pipe, and improved weight transfer to the bit. Adjustable stabilizers 
are actuated with either WOB or flow, and their position is communicated to 
the surface through either flow restriction or mud pulses. Adjustable 
stabilizers can be used in either rotary-only BHAs or run in conjunction with 
steerable motors for optimizing the motor's rotary-mode directional 
tendency. For more information on adjustable stabilizers, see Eddison and 
Symons (1990), Underwood and Odell (1994), and Odell and Payne (1995). 
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Conventional (Long-Radius) Wells 

Conventional, or long-radius, wells are typically defined as those with build 
rates from 1 to approximately 8°/100 ft. However, the definition can vary 
with hole size. A better definition may be that the steerable motor that is 
used in the sliding mode to drill the build section may also be safely rotated 
in that section, and that the hole curvature in the build section is not high 
enough to cause drillpipe failure from fatigue. This definition suggests that 
the maximum build rate in a large hole size will be lower than the maximum 
build rate of a smaller hole size. Equation 2-10 relates the stress in a tubular 
member that is bent through a given curvature. Clearly, for a given 
acceptable stress level, the smaller the tubular diameter, the higher the 
tolerable build rate. 

(2-10) 

where BUR is the build rate ( °/100 ft), σ is the allowable stress (psi), E is 
the Young's modulus (psi), and D is the pipe diameter (in.). 

Equation 2-10 shows the relationship between pipe diameter, curvature, and 
stress. It does not include the effects of stress risers or of pressure, tension 
or torsion, which must be combined for calculating the resultant stresses.  

Another characteristic of conventional wells is that the maximum angle of 
any section of the well can allow the drillstring and wireline tools to advance 
through that section by the force of gravity alone—that is, without being 
pushed or pumped down. This criterion would normally limit the maximum 
angle to about 65° to 80°, depending on friction factors. Friction factors are 
primarily a function of formation type and mud type, but overall friction 
factors include the effect of ledges and the effect of the geometry of 
stabilizers and other points at which the drillstring or BHA contacts the 
formation. The critical wellbore angle above which the drillstring will no 
longer advance down the hole under the force of gravity alone, is c,(Mueller 
et al. 1991): 

(2-11) 

where f is a coefficient of friction. 

Although by definition, the maximum angle of conventional wells will allow 
them to be surveyed and logged by wireline, advances in the accuracy, 
features, and resolution of MWD and LWD have allowed these tools to 
become the definitive surveying and logging method for many conventional 
directional wells.  
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Drillstring Considerations for Long-Radius Wells 

In conventional directional wells, because the angle of the well is low enough 
to allow gravity to be used, drill collars are commonly used in the BHA to 
apply weight-on-bit. Unlike drillpipe, the collar's weakest part is the 
connection; therefore, rotating collars through high doglegs should be 
avoided. The American Petroleum Institute (API) has published guidelines for 
rotating drillpipe through doglegs, but not for rotating drill collars through 
doglegs. Most service companies have generated internal guidelines either 
for collars or their own tools, and some of these have been published 
(Cheatham et al., 1992). Although MWD/LWD tools and motors normally 
have weaker connections than drill collars, they are generally more limber 
and can generally tolerate the same build rates as collars of the same 
diameter. 

If the maximum angle of conventional wells is low enough that the drillstring 
will advance under its own weight, then tension in the drillstring will always 
exist in the build section. Lubinski (1973) and Hansford and Lubinski (1973) 
showed the relationship of stress in drillpipe as a function of both the dogleg 
severity to which it is subjected and the amount of tension in the drillpipe 
while in that dogleg. Abrupt doglegs cause higher stress in drillpipe than 
gradual doglegs. As shown in Figure 2-18, with 4 ½-in. S-135 drillpipe in a 
6°/100 ft dogleg, tension in the dogleg portion of the drillstring must be 
limited to about 80,000 lb to avoid fatigue damage.  
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Figure 2-18 Dogleg severity limits for S-135 drillpipe (after Lubinski, 1953) 

On the other hand, if dogleg severity is limited to 3°/100 ft, then 200,000 lb 
of drillstring tension in the dogleg can be tolerated. Lubinski's guidelines for 
both Grade E and S-135 drillpipe are published in API Recommended 
Practice 7G (1995) and should be one of the screening criteria for evaluating 
the feasibility of any directional well. 

Particularly in deep wells, unplanned doglegs in the build section should be 
minimized to reduce both drillstring fatigue and drag. In extremely deep 
directional wells with a high KOP, the planned build rate itself may have to 
be minimized. Conversely, if for a given well depth, the KOP can be designed 
as deep as possible, higher build rates can be safely used. Higher build rates 
are possible with a deep KOP because less pipe is present below the KOP 
and because a higher percentage of its weight is supported by the borehole. 
The result of these factors is less tension in the drillpipe that is in the build 
section of the hole. 

Drilling the Build Section 

Steerable motors are normally run in the build section because they can 
compensate for almost any variation from plan. General well planning 
guidelines are to design the steerable motor with a dogleg capability of 
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about 25% to 50% more than the planned build rate; the motor is then 
rotated as required to eliminate the excess build rate. In the build section, 
however, the greatest fear is falling "behind the curve." To ensure that this 
situation will not occur, the tendency is to design the steerable motor for a 
greater build rate than needed. Cases have been seen where the actual 
dogleg capability of a steerable motor is two to three times the planned build 
rate. Such a selection can result in the creation of excessive doglegs in the 
build section as the assembly repeatedly builds more than is needed; then, 
the motor must be rotated to reduce the overall build rate. When the motor 
is first rotated after each interval of oriented drilling, it will also encounter 
high bit side-loads that may reduce its life.  

Figure 2-19 shows build-rate capabilities and bit side-loads for a 7 ¾-in. 
steerable motor for various bend angles. The highest bend angle shown 
(1.5°) can build about 10°/100 ft.  

 

Figure 2-19 Effect of bent housing angle on build rates and bit side-loads 

However, when the motor is rotated in this curvature, the resulting bit side-
load is about 19,000 lb. If the desired build rate is 4°/100 ft, the use of a 1° 
bend should result in a 6°/100 ft dogleg capability. The build-rate safety 
factor is 50%, but bit side-loads will have been reduced to about 12,000 lb, 
a reduction of 32%. In addition, since the actual build rate is closer to the 
necessary build rate, fewer slide/rotate sets will have to be used, resulting in 
a smoother wellbore. 
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High bit side loads can cause damage to the gauge or bearings of the bit and 
limit motor life by causing driveshaft fatigue, radial bearing wear, and stator 
damage. Stabilizer loads and associated wear also increase. The high 
doglegs resulting from excessive bend angles can cause drillpipe fatigue and 
difficulty in sliding the drillstring or running logging tools, casing strings, or 
completion equipment in the well in the future. The preferred well planning 
strategy for most wells is to ensure that the build assembly will have a 
sufficient build-rate safety margin to cover any contingency while 
maximizing the life of other BHA components and minimizing doglegs. This 
strategy is especially true if the steerable motor is scheduled to drill a long 
tangent section after drilling the build section, which often occurs. As a rule 
of thumb, a build assembly with a dogleg capability of 25% greater than the 
desired build rate is adequate. As experience is gained in a given field, this 
safety factor can be reviewed and modified. If build rates are predictable, 
the safety factor could be reduced; if build rates are unpredictable, the 
safety factor may have to be increased. 

Drilling the Tangent Section 

In a tangent section or lateral, the goal is normally to drill straight in the 
direction established at the end of the build. Tangents of 10,000 ft and 
laterals of 5000 ft are not uncommon. Steerable motors, of course, are 
designed to drill straight ahead in the rotating mode. Some variation from 
plan is acceptable, but the ability of the steerable motor to accommodate 
variation from plan can lull the directional driller, well planner, or drilling 
engineer into uneconomical drilling practices. Therefore, the inherent 
advantage of steerable motors—that when the rotary-mode directional 
tendency varies from plan, it is possible to correct by sliding—can also be a 
trap. Since corrections are relatively easy to make, there may be less effort 
to optimize the rotary mode directional characteristics during the planning 
phase, especially if the focus is on merely hitting targets, or "staying on the 
line" geometrically.  

However, compelling reasons exist for optimizing the rotary-mode tendency 
of steerable motors. One simple reason is economics; experience has shown 
that even in conventional directional wells without severe torque/drag 
problems, sliding ROP is typically only about 60% of rotary-mode ROP. In 
severe wells, effective ROP can be as low as 5 to 10%. (This percentage 
includes the time required to condition the hole and pick up extra collars to 
apply weight before attempts to slide, orient, and circulate out drilled 
cuttings following the slide) Secondly, the doglegs created by excessive 
sliding can cause problems with drillpipe fatigue or with further attempts at 
sliding later in the well; doglegs may also limit the drillable depth of the well. 
See Hogg and Thorogood (1990) and Banks et al. (1992) for in-depth 
analyses of steerable motor optimization and the effects of doglegs. 

Hole Erosion 

Conventional or long-radius drilling is common on offshore platforms. 
Offshore geology often consists of relatively soft formations, especially at 
shallow depths, in which hole erosion can reduce build rate significantly. 
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Hole erosion may be caused by chemical, hydraulic, or mechanical effects. 
When angle is being built in sloughing clays, drilling should be as fast as 
possible, since clay hydration is time-dependent. Mud filter-cake properties 
should be optimized to control clay hydration and sloughing. In 
unconsolidated sands, such as those found in the Gulf of Mexico, fluid 
velocities can cause hydraulic erosion. During drilling in unconsolidated 
sands, one technique that combats hole erosion is to reduce the flow rate 
while drilling, then pull a joint of pipe off bottom and circulate at a higher 
flow rate to remove the drilled cuttings out of the hole without eroding the 
hole in the vicinity of the bit and first stabilizer. Drillstring rotation can 
damage the filter cake and thereby promote sloughing; therefore, if hole 
erosion is a concern, rotation should be limited in the build section. 

When severe hole erosion becomes a significant problem affecting the 
predictability of steerable motors, tool design can be optimized to minimize 
its impact. Steerable motors typically have the first stabilizer on the bearing 
pack, approximately 2 to 3 ft from the bit. Moving the stabilizer further up 
the motor will reduce the system's sensitivity to hole erosion (Figure 2-20).  

 

Figure 2-20 Effect of hole erosion on build-rate capability 

Rotary assemblies can also be optimized to lessen the impact of hole 
erosion, through the use of some of the same design and operational 
techniques used for steerable systems. 

Although increasing the bend angle of the motor (and therefore its build-rate 
capability) may compensate for hole erosion, the effect of doing so should be 
carefully considered. When the motor has drilled past the area of concern 
and into a firmer formation, side loads may be excessive and cause reduced 
performance or motor life. As the depth of the well increases and the 
formation becomes firmer, hole erosion is less likely, and bend angles can be 
reduced. 
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Medium-Radius Wells 

Medium-radius wells use many of the same BHA components and well 
planning tools used in long-radius wells. The main difference is that medium-
radius build rates place some limitations on the ability to rotate, and that 
these limitations can affect the well profile. Medium-radius wells can be 
broadly characterized by the following:  

• The BHA used for drilling the build section cannot be rotated in 
that section because of stresses in motor and MWD housings 
and connections. At best, limited rotation is allowed.  

• Because of the hole curvature in the build section, the 
component of drillpipe stress caused by bending is high 
enough that either drillstring rotation must be limited while in 
tension, or the stress component resulting from tension must 
be limited by well profile design.  

• To eliminate any tension in the drillstring in the build section, 
any footage drilled beyond the build must be at or above the 
critical angle referred to in Section 2-4. As a general rule, 
medium-radius build rates are used only for wells with high-
angle or horizontal laterals.  

The definition of medium-radius wells, like that of long-radius wells, will vary 
with hole size. Table 2-3 shows approximate guidelines for medium-radius 
wells.  

Table 2-3 Medium-radius well guidelines 

Hole size (in.) Build Rate (°/100ft) Radius (ft) 

6 to 6 3/4 12 to 25 478 to 229 

8 1/2 10 to 18 573 to 318 

12 1/4 8 to 14 716 to 409 

Medium-Radius Well Profile Considerations 

If build rates never varied, and the precise location of the formation were 
always known, most well profiles would probably feature a continuous build 
rate to EOB. Since such conditions do not exist, various well profiles (as 
shown in Figure 2-21) have been used that provide contingencies for build 
rate variability and geological uncertainty.  
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Figure 2-21 Medium-radius well profiles 

The build/tangent/build profile is less preferred because it requires a trip to 
change the BHA at the end of each of the three sections. A 
build/tangent/build profile also sacrifices some potential payzone exposure. 
The dual build rate, as compared to the build/tangent/build rate, saves a trip 
or, if the well planner is fortunate, two trips if the first build rate is on target 
and the second BHA can be avoided. The best well profile is usually the "soft 
landing," in which a medium-radius BHA is used to drill most of the build 
section, and the remainder of the build section is then drilled, mostly in the 
sliding mode, with the same steerable assembly that will be used for drilling 
the lateral. The length of this final section should be at least as long as that 
of the BHA, so that all BHA components will be through the high build-rate 
section before they encounter significant rotation. This well profile minimizes 
the number of trips, applies the least stress on motors, and allows precise 
TVD control at the EOB. 

Variations of medium-radius profiles are dual opposing laterals (which 
eliminate the need to drill a single lateral of twice the length), stacked 
laterals, or even stacked opposing laterals. For these profiles, the upper 
laterals are drilled first, then the lower laterals are drilled. After kickoff, both 
laterals are completed openhole. Multiple lateral wells with full wellbore 
isolation are discussed in detail in Horizontal, Multilateral, and Multibranch 
Wells in Petroleum Production Engineeting. 

Horizontal reach capability may be limited by friction, drillpipe buckling, 
available pump pressure, or the weight available for pushing the string into 
the lateral. Torque-and-drag models that incorporate buckling should be 
used, but local experience should also be thoroughly considered. Horizontal 
lateral lengths of over 10,000 ft have been achieved, but in many areas, 
4000 ft to 6000 ft is a practical limit, after which drilling becomes 
increasingly difficult and expensive. Often, reservoir considerations suggest 
much shorter wells. However, when longer wells are drilled with water-based 
drilling fluids, oriented drilling with steerable motors normally becomes 
difficult at a lateral length of about 3000 ft; drilling becomes impossible 
somewhere between 3000 ft and about 5000 ft. The use of oil-based drilling 
fluid may extend these lengths by 40% to 50%. 
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Drillstring Design for Medium-Radius Wells 

In vertical wells and conventional directional wells, WOB is provided by the 
weight of the collars directly above the bit, and most of the drillstring is in 
tension. In the lateral section of medium-radius/horizontal wells, however, 
the weight of the drillstring is supported by the side of the hole and it cannot 
contribute to advancing the drillstring. The force to advance (push) the 
drillstring in the lateral must come from the vertical portion of the well, or at 
least from some section of the well that is above the critical angle. To 
provide this force, drill collars or heavy-wall drillpipe (HWDP), which can be 
run in compression, are usually run in the vertical portion of the well. Some 
well profiles require a KOP so close to the surface that the limited amount of 
vertical hole will not allow the use of enough drill collars or HWDP to provide 
the necessary force. In such a case, either traveling block weight or a 
hydraulic pull-down system must be used for applying the force needed to 
push the drillstring into the hole. 

Drill collars serve no purpose in the horizontal lateral. In fact, the weight of 
collars in the lateral only increases torque and drag and hinders the 
drillstring from advancing. Dawson and Paslay (1984) showed that 
conventional drillpipe will buckle with low axial loads in near-vertical holes, 
but drillpipe can transmit substantial compressive loads without buckling in 
high-angle wellbores. Figure 2-22 shows the relationship between hole angle 
and compressive load capability for several commonly used sizes of drillpipe.  

 

Figure 2-22 Compressive load capability of drillpipe that increases with wellbore 
angle 
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Common practice is to run conventional drillpipe in compression in the 
lateral of horizontal wells to transmit axial loads to the bit. Two or three 
joints of nonmagnetic compressive-service drillpipe are frequently used 
above the MWD/LWD tools for magnetic spacing. 

As mentioned in Section 2-2.4, the torque required to rotate the drillstring in 
deviated holes is a function of drillstring weight, hole angle, the diameter of 
tool joints and tubulars, and the coefficient of friction. In high-angle holes, 
the torque required for rotating the drillstring can be substantial. 
Torque/drag modeling should be performed to ensure that the torsional 
strength of tool joints and tubulars exceeds the maximum anticipated drilling 
torque. The ability to rotate is extremely important because in some high-
angle wells, the drillstring cannot be advanced—or even withdrawn—without 
rotation. This condition is especially true when poor hole cleaning or 
differential sticking becomes a problem. Torque/drag modeling should also 
be used during drillstring design to ensure that the drillstring can withstand 
the tension that occurs during pick-up and the buckling that occurs during 
slackoff. Maximum loads, both tensile and compressive, should be plotted 
along the length of the drillstring, and sections of the drillstring should be 
optimized based on those loads. 

 

Figure 2-23 Typical drillstring for medium-radius well 

The profile and drillstring of a sample medium-radius well is shown in Figure 
2-23. The drillstring sections have been sized to withstand the torsional and 
tensile loads derived by torque-and-drag modeling (Figure 2-24). From the 
surface to about 8500 ft, the drillstring is in tension, so drillpipe is used. 
However, note that the maximum drillstring tension at the surface is 
446,000 lb. According to Table 2-2, S-135 drillpipe is required to provide a 
reasonable safety margin. 

In the vertical part of the subject well, HWDP is used instead of drill collars 
to apply weight. HWDP is easier to handle on the rig floor than drill collars, 
and unlike collars, it can withstand passing through a medium-radius build 
section. If collars were used, an extra trip would be necessary so that the 
collars could be removed from the string before they reached the curve. For 
modeling purposes, HWDP is used from 7500 ft to total depth (TD) based on 
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the assumption that a single PDC bit will drill the entire lateral section, and 
that the HWDP used to drill the build section will advance into the lateral. If 
a trip for a worn bit were necessary in the lateral, torque and drag could be 
reduced with the substitution of standard drillpipe for some of the HWDP in 
the lateral. According to Figure 2-22, 5-in. drillpipe in an 8 ½-in. hole can 
transmit approximately 45,000 lb without buckling. As shown in Figure 2-24, 
during sliding with 30,000-lb WOB, the drillstring compression reaches 
45,000 lb approximately 1000 ft from the bit. Thus, the last 1000 ft of 
HWDP could be replaced by drillpipe without buckling. 
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Figure 2-24 Drillstring loads for Figure 2-23 well 

Note that during drilling without rotation (i.e., sliding), drag is 126,000 lb 
greater (surface-indicated weight is 126,000 lb less) than drilling with 
rotation. In this well, the HWDP in the vertical section of the hole provides 
sufficient axial force to overcome drag when sliding. To reduce drillstring 



 74 

cost, drillpipe could be run in place of the top 2000 ft or so of HWDP, 
although some of this pipe would buckle when sliding. Some buckling is 
acceptable during sliding because fatigue will not occur if the pipe is not 
rotating. However, severe buckling can create a "lock-up" condition in which 
additional weight only serves to increase buckling and side forces. When 
lock-up does occur, it may be alleviated by the use of stiffer pipe or by a 
reduction of drag in the lateral. Near the TD of such a well, a lighter pipe 
may have to be substituted for HWDP in the lateral so that drilling can 
progress. 

BHA Configuration in the Build 

Since the motor for drilling the build section is not intended to be rotated, its 
configuration is somewhat different from that of a steerable motor. The 
stabilizers that give a steerable motor its rotating-mode directional 
tendencies are not needed; in fact, they reduce the ability of the motor to 
slide, so they are typically not used. The first contact point of a medium-
radius BHA is generally a pad or sleeve instead of a stabilizer, and it is 
usually designed close to the bend to maximize the build rate capability. 

Eliminating the possibility of using drillstring rotation to vary build rate 
means that more emphasis must be placed on accurate trajectory prediction. 
The effects of variation of downhole parameters, such as hole erosion or 
formation anisotropy, must be more carefully evaluated than in long-radius 
wells. Moving the first contact point further from the bit has a beneficial 
effect if hole erosion is an issue, as mentioned in Section 2-4.4, but it can 
also make the assembly more sensitive to formation anisotropy. If 
unpredictable build rates caused by formation anisotropy are a problem, the 
best approach may be to reduce the planned build rate enough that limited 
rotation can be used so that some degree of steerability is allowed. If casing 
shoe depth and geology dictate build rates that are too high for rotation to 
be feasible, the best solution may be the use of a motor with a lower contact 
point, such as a stabilized bearing pack. This assembly will exhibit less 
sensitivity to formation anisotropy. 

A second bend at the top of the motor can also be used as a means of 
improving build-rate capability and predictability. The second bend 
establishes a definitive contact point and ensures that the top of the motor 
will stay on the low side of the hole in a near-vertical wellbore. These factors 
make the build rate more predictable at kickoff and reduce the sensitivity of 
the assembly to variations in downhole parameters. However, the second 
bend (1) greatly reduces the chances of rotating the BHA, (2) reduces the 
ability to configure the motor at the rigsite, and (3) makes it more difficult 
for the motor to pass through the blowout preventer (BOP) stack. For these 
reasons, the use of double-bend motors is declining, but they should still be 
considered where high build rates are required in anisotropic or 
unconsolidated formations and when a predictable build rate is critical.  
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Medium-Radius Drilling Practices 

Despite efforts to design BHAs that will produce consistent build rates, 
variation from plan sometimes occurs. Depending on hole curvature and BHA 
design, minor corrections to the build rate may be possible during drilling in 
the build section without tripping for a BHA change. As in long-radius 
drilling, the BHA may be designed to build angle at a slightly higher rate 
than necessary, so that variations of steerable motor techniques can be used 
to reduce the build rate. One technique, known as rocking or wagging the 
toolface, consists of orienting the motor left for some interval, then right for 
an equal interval. Another method of reducing the build rate is to rotate the 
drillstring very slowly, on the order of 1 to 10 rpm. This technique is referred 
to as pigtailing because of the corkscrewed hole it would seem to produce. 
Both techniques can make an aggressive angle-build BHA drill a tangent-like 
trajectory when viewed in the vertical plane, allowing precise TVD control. 
However, these practices (1) produce doglegs and ledges in the wellbore, 
(2) create offset wellbore intervals through which stabilizers and motors, 
MWD collars, or other tubulars may have difficulty traversing, and (3) may 
cause excessive stress in motor or MWD housings when the BHA passes 
through the high doglegs created. Therefore, these practices should be used 
with extreme caution and a recognition of the possible consequences. BHA 
modeling should be used for analyzing forces on bits and stabilizers and for 
analyzing bending stresses at connections and critical cross-section changes, 
with assemblies oriented in the model both highside and lowside.  

In the build section, a lack of rotation to agitate cuttings beds requires 
higher flow rates and/or low-then-high viscosity sweeps to remove cuttings. 
If cuttings are allowed to build up, the combination of cuttings beds and lack 
of rotation may increase the possibility of differential sticking. 

Time drilling is a technique used especially for both kicking off out of an 
open hole and creating high doglegs. For kicking off in an open hole, the 
motor is positioned off-bottom and oriented at the proper location in the 
wellbore; then, drilling fluid is circulated to rotate the motor for a period. It 
should be possible to see pump pressure gradually decrease as the bit drills 
a ledge in the borehole sidewall, although the reduction in pressure will not 
be as great when compared to on- to off-bottom pressure. When pressure 
stops dropping, or after a specified period, which depends on formation 
hardness, the motor is advanced another inch or two and allowed to side-cut 
for another period. This procedure is repeated for several feet until a 
sufficient ledge has been created that will allow the bit to begin to take 
drillstring weight. Time drilling may also be used to ensure high doglegs in 
hard formation when on-bottom orientations are made. The motor is 
oriented just off bottom, initially with no WOB, and the same procedure is 
followed. Time drilling is useful if the rate of build, turn, or drop must be 
maximized to reach a given directional objective with a given BHA. However, 
time drilling creates ledges on which stabilizers or tool joints can hang ; 
applying normal weight-on-bit while making orientations will result in a 
smoother wellbore, and this practice should be used where possible.  

The lateral section is usually drilled with conventional tools and practices 
used in long-radius wells(steerable motors, and, less frequently, rotary 
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assemblies). Doglegs that occur early during the drilling of the lateral can 
reduce the ability to slide later, although they seem to have less influence on 
the torque required to rotate the drillstring (Hogg and Thorogood, 1990). As 
in conventional wells, the importance of minimizing doglegs and optimizing 
the rotary mode directional tendency must be emphasized. When oriented 
drilling with steerable motors becomes impossible, drilling can continue in 
the rotary mode if some drift is acceptable. Alternatively, inclination can be 
controlled with the use of an adjustable stabilizer. 

Short-Radius Wells 

Issues of drillstring and BHA bending become even more critical for short-
radius wells. Short-radius wells have the following characteristics:  

• Hole curvature is so high that the BHA must be articulated so 
it can pass through the build section.  

• Drillpipe in the build section is stressed beyond the endurance 
limit—and in some cases beyond the yield strength—of the 
material, so that even in the lateral section, the allowable 
rotation ranges from limited to almost zero.  

• Horizontal lateral length capability is reduced by eliminating 
the possibility of drillstring rotation.  

Table 2-4 Short-Radius Well Guidelines 

Hole Size (in.) Build Rate (°/100 ft) Radius (ft) 

8 1/2 48 to 88 120 to 65 

6 to 6 3/4 57 to 115 100 to 50 

4 3/4 64 to 143 90 to 40 

3 3/4 72 to 191 80 to 30 

These conditions dictate a challenging set of design constraints and result in 
unusual well profiles, BHA components, and operational practices. As in 
other applications, hole size will affect the radius that can be drilled. Table 2-
4 contains guidelines for short-radius wells. 

The decision to drill a short-radius well may be driven by the need to (1) set 
casing very close to the payzone, (2) place artificial lift as close as possible 
to the payzone, (3) maximize the length of the horizontal lateral in the 
payzone in fields with close well spacing, or (4) minimize the amount of 
directionally drilled footage. Frequently, short-radius wells are drilled by re-
entering existing wells, and the radius of the well is simply defined by the 
distance from the existing casing seat to the payzone.  

Well Profiles and Drilling Efficiency 

Although the reasons for drilling short-radius wells usually are based on a 
physical constraint of some sort, there is frequently some choice about just 
how short the radius is. This decision is critical, not just because it affects 
how the build section is drilled, but because the radius affects how the rest 
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of the well can be designed and drilled. Drilling efficiency in the lateral and 
lateral-reach capability are the factors that are most affected by the radius 
of curvature in the build section.  

The lateral section of a short-radius well is drilled either in the sliding mode 
or with very slow drillstring rotation. If build rate and the resulting pipe 
stresses preclude rotation, the lateral must be drilled entirely in the oriented 
mode. Though the motor used to drill the lateral has a fixed build rate, the 
well can be kept within a small TVD plane by alternating orientations to the 
right and left, resulting in a sinusoidal profile when viewed in the horizontal 
plane (Figure 2-25). 

 

Figure 2-25 Drillstring rotation enables smoother well profiles, further extension 

This procedure is acceptable in many cases, but the increased drillstring 
drag resulting from this technique will eventually limit the length of lateral 
that can be drilled. Oriented drilling will also progress at a much slower ROP 
than when the drillstring is rotated.  

If the build rate and the resulting drillpipe stresses are low enough to allow 
limited rotation, drilling the lateral with rotation is certainly preferable to 
sliding. In addition to improved ROP and reach capability and the ability to 
drill a straight hole, rotating results in better hole cleaning and a reduced 
chance of stuck pipe. However, depending on drillpipe size and the radius of 
the curvature, the pipe is stressed somewhere between its endurance limit 
and its yield point. Since damage from fatigue is a function of the stress 
level and the accumulated number of cycles, at some number of cycles, the 
drillstring will fail. Figure 2-26 provides guidelines for limited rotation for 
various radii of curvature and drillpipe sizes and grades, based on both 
calculations and historical data. However, cycles-to-failure are difficult to 
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quantify because of variations in material strength, previous stress history, 
corrosion, surface finish, and wear. 

 

Figure 2-26 General guidelines for limited drillpipe rotation in high-build-rate 
wellbores 

While cycles-to-failure cannot be predicted precisely, one thing is certain: 
the longer the radius of the well, the lower the chance of failure, and the 
more contingency options that are available. The radius of the build section 
directly affects the motor's ability to rotate, and thereby affects drilling 
efficiency in the lateral. Since the lateral comprises 80% to 90% of footage 
drilled in short-radius wells, it is the main factor in drilling costs. Drillpipe 
damage, ROP, and trouble time all factor heavily into short-radius 
economics. Some operators have settled on an established radius of about 
75 ft or greater as optimum from the viewpoint of overall economics. At or 
above a 75-ft radius, drillstring damage is normally minimal, and limited 
rotation can be used to maximize ROP and minimize hole problems. Also, 
above a 75-ft radius, some completion equipment, such as screens or 
packers can also be used. 

Even if the build rate allows limited rotation, the length of the lateral that 
can be drilled will eventually be limited by drillstring drag, which is normally 
exacerbated by buckling. In the oriented mode, laterals of up to 1000 ft 
have been achieved, although 500 ft may be a more realistic expectation. 
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During rotation, laterals of over 2000 ft have been achieved, with 1000 ft as 
a realistic expectation. 

Milling 

When the short-radius well is a re-entry of an existing well, a milling 
operation of some type is required. The choice of section milling or window 
milling will depend on several considerations.  

For section milling, a packer is typically set below the kickoff point, and an 
under-reaming casing mill is used to remove existing casing and cement. It 
is usually desirable to mill enough casing (normally about 60 ft) to eliminate 
magnetic interference and allow the directional assembly to be oriented with 
MWD or a steering tool instead of a gyro. If the wellbore is angled enough to 
allow gravity toolface orientation, the milled section can be shorter. The 
optimum circulating fluid rheology and very high annular velocities are 
required for removing milled cuttings. Screens and magnets should be used 
in the surface equipment for removing all cuttings from the drilling fluid. 
Metal shavings can damage drilling motors if they are recirculated into the 
system or are allowed to enter from reverse flow into the string during 
tripping. After milling, a hard cement plug is set from the packer to a 
distance of a hundred feet or so above the kick-off point. After the cement is 
allowed to harden, it is then dressed with a mill or rock bit down to the 
kickoff point. The short-radius BHA is then tripped in, and the kickoff is 
initiated. To prevent the bit from preferentially drilling into the cement 
instead of the formation, the cement plug must be at least as hard as the 
formation. 

When a casing is window-milled, the whipstock is oriented and set through 
the use of a gyro. The whipstock is carried in on the starter mill, but one to 
two extra mill runs may be necessary for enlarging and dressing the window. 
After milling, the short-radius BHA is run into the hole and oriented with a 
gyro, and drilling begins. A whipstock set in a milled window has the 
advantage of providing a means of positive curve initiation and easily allows 
tools to re-enter the new wellbore as long as the whipstock is in place. A 
flow-through whipstock permits continued communication with the casing 
below the kickoff point to be maintained in the event that the lower wellbore 
is still producing. However, whipstocks usually require more milling trips and 
the expense of gyro orientation. Whipstocks occasionally slip after being set, 
causing errors in the heading of the new well or re-entry problems in the 
milled window.  

Drilling the Short-Radius Build Section 

The build rate of short-radius wells requires that large-diameter tubulars 
(motors or survey collars) must be articulated to pass through the build 
section. Articulations are knuckle joints or hinge points that transmit axial 
loads and torque, but not bending moment. BHA components are shortened 
into lengths that will traverse through the build section without interference 
(Figure 2-27). Without articulations, excessive bending stress and high side-
loads would result. 
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Figure 2-27 Short-radius BHA components must be short to prevent binding in the 
wellbore 

Since the articulated joints decouple the bending moment from one section 
of the BHA to another, the build rate of the steering section is unaffected by 
the stiffness or weight of the sections above it. Build rate is completely 
defined by three contact points: the bit, the first stabilizer or pad, and the 
first articulation point (Figure 2-28). 
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Figure 2-28 Articulated BHA design considerations 

For the same reasons that other BHA components must pass through the 
build section without interference, the overall length and offset of these 
components must allow the assembly to pass through the casing without 
interference. For this reason, a bit at least 1/8 in. smaller than the casing 
drift diameter is normally specified.  

Because of the relatively short length of short-radius BHA components, slight 
interference with the borehole will cause high contact loads. The geometry of 
some short-radius BHAs may allow them to be rotated in the intermediate-
radius hole curvature range without exceeding critical loads or stresses. 
However, the manufacturer's engineering guidelines should be strictly 
followed; if short-radius in-hole curvatures are rotated in excess of design 
guidelines, they can bind in the wellbore or immediately break  

The effect of hole erosion on steerable motors was discussed in Section 2-
4.4. Hole erosion has even greater effects on short-radius assemblies 
because of the short spacing of the components that define build rate. 
Before drilling begins, the characteristics of the formation and its interaction 
with the drilling-fluid system should be evaluated to avoid build rate 
problems caused by erosion or hydration. Care should be taken during 
milling to avoid damaging the formation in the vicinity of the window or 
milled section, or build rate may suffer. In unconsolidated formations, flow 
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rate should be minimized through the build section to minimize hole erosion. 
If the formation in the build section is known to be prone to hydration, an 
inhibitive drilling fluid should be used for both milling and drilling the build 
section.  

Like hole erosion, variations in BHA geometry are more significant in short-
radius systems than in long or medium-radius systems. Minor variations in 
stabilizer diameter or bend angle —caused by abrasive wear or even simply 
resulting from manufacturing tolerances—can cause large variations in build 
rate. Critical dimensions of each short-radius BHA (including bit diameter) 
should be measured accurately before and after every run. These measured 
dimensions, instead of nominal design dimensions, should be used in 
modeling to ensure that planned build rates are achieved. 

Because of their lower torque requirements, roller-cone bits are preferred 
over PDC bits for the short-radius build section. Toolface orientation is easier 
to maintain with roller-cone bits, which is important when considering the 
limber tubulars used in short-radius work; toolface orientation is particularly 
important when gyros are used. Insert bits may be preferred over milled-
tooth bits because of their ability to resist gauge diameter wear. Bit life is 
seldom a concern in the build section, since typically less than 100 ft of 
formation must be drilled before tripping for a lateral assembly. 

In many areas, short-radius capabilities are well known and yield predictable 
build rates, allowing TVD tolerances of a few feet to be accomplished with a 
single BHA. When short-radius capabilities are not well known, the build 
section of the well can be designed with a dual build rate. The last 10° or 
20° of inclination in a dual build section are built by a steerable motor that 
can continue to drill the lateral. In this scenario, the initial build is designed 
to come in high. As much as a third of the build section may be drilled 
before useful surveys are acquired, but frequent surveying thereafter should 
establish the build-rate trend and allow the steerable tool to be run in at the 
correct time. This method increases the probability of hitting the target, but 
it will result in slightly less usable hole in the payzone. A gyro may be 
necessary for orienting the steerable motor so that it trips through the build 
section without binding. 

Orientation and Surveying 

Since short-radius wells are usually drilled either out of or immediately 
below casing, magnetic interference from the casing must be considered. 
Wells with sufficient initial angle can use mud or steering-tool gravity 
toolface measurements to orient the toolface, if the heading of the original 
wellbore is known. If enough TVD is available between the casing seat and 
the payzone, the practical approach is to deepen the existing wellbore and 
drill a shorter radius, which allows magnetic toolface measurements to be 
used. If the initial wellbore is near-vertical, and the distance to the payzone 
is not sufficient to allow a large section to be milled or the well to be 
deepened, a gyro will be required for the initial orientation. Once consistent 
gravity toolface measurements are either received (in the case of MWD) or 
can be expected based on projected inclination (in the case of a wireline 
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steering tool), the gyro can be pulled, and gravity toolface measurements 
can be used until valid magnetic azimuth measurements are received. 

Either MWD or wireline steering tools are used in short-radius work. MWD 
tools have the advantage of easier rig-up and no wireline. Wireline steering 
tools allow for instantaneous toolface updates, and circulation is not required 
to get surveys. Regardless of the type of survey tool used, the tool must be 
configured to place the inclination sensor as close to the bit as possible. Most 
tools can be configured to place the sensor within about 15 to 25 ft from the 
bit, which is adequate for most build rates. 

With sensors 15 to 25 ft from the bit, it is important to track the build rate 
trend to ensure that the well is landed at the correct TVD. Surveys should be 
taken with greater frequency than in conventional directional drilling, on the 
order of every 10 ft in the build section. If the TVD target tolerance is tight 
at or near the EOB, it may be advisable to run a survey tool at the end of 
the drillpipe with a bullnose or used bit. Knowing the exact inclination at this 
point will aid in determining the configuration and initial orientation of the 
next BHA to ensure that the lateral lands at the desired TVD. 

Drilling the Short-Radius Lateral 

Although articulated motors may be run in the lateral, nonarticulated tools 
can be expected to provide more predictable control. Motors with flexible 
housings, as mentioned in Section 2-6.7, may be required for passing 
through the build section without yielding or getting stuck. At the beginning 
of the build section, the lateral motor may need to be oriented so that it can 
be tripped through that section without binding. To minimize stress cycles, 
top drives or power swivels should be used to turn the drillstring as slowly as 
possible, preferably at 1 to 10 rpm. Drilling operators should particularly 
avoid picking up the drillstring or tripping out of the hole, since the 
combined stress in the build section will be maximum in this condition. 
Drillpipe fatigue cracks can usually be detected as washouts before the 
cracks part, so the drillstring should be tripped at the first sign of a loss in 
pump pressure. 

Because most short-radius footage is drilled oriented or at a low rate, the 
drillstring cannot be relied upon to agitate the cuttings beds and lift cuttings 
into the annular flowstream. High annular velocities and drilling-fluid 
rheology must remove cuttings; sliding wiper trips may also be necessary. 

Drillstring Design and Maintenance for Short-
Radius Wells 

Drillstring design for short-radius wells is similar to that of medium-radius 
wells in that drillpipe is run in compression through the build section and in 
the lateral. In short-radius wells, drillpipe run in compression can be 
expected to buckle, often inelastically. The length of drillpipe to be run in 
compression should be no more than the combined length of the lateral and 
build section so that the amount of damaged pipe section is minimized. If 
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available, heavy-wall drillpipe can be run above the build so that the rest of 
the string is in tension.  

Drillpipe size and grade should be selected relative to stresses in the build 
section. Generally, if there is uncertainty regarding which of two grades to 
use, the stronger drillpipe grade should be chosen. However, because high-
strength steel is more prone to attack by H2S, the lower strength material 
may be necessary in such an environment. Torque-and-drag modeling 
should be used for calculating drillstring loads during sliding and rotating. If 
any rotation of the drillstring is intended, stress should be limited to 75% of 
yield. The strongest tool joint for a given pipe grade should be selected 
relative to torsional capacity as given in API RP 7G (1995). Torsional 
capacity can be assumed to be an approximate indicator of bending 
strength. If retrievable wireline steering tools will be used, the tool joint ID 
must be larger than the steering tool OD, which is typically 1 ¾-in. In this 
section, the term drillpipe refers to either drillpipe or tubing. For example, 2 
7/6-in. P110 tubing with premium connections has been used as the 
drillstring in a 4 3/4-in. hole size. Dimensions and torsional specifications of 
tubing connections are usually proprietary and must be provided by the 
manufacturer. 

The drillstring used in short-radius work should be in new or good condition. 
After each well, all drillpipe that has been run in compression should be 
subjected to a comprehensive program of inspection, stress relieving, and if 
necessary, straightening. Threaded connections should frequently be 
inspected, through the use of wet magnetic particle or dye penetrant 
inspection. A system of tracking stress cycles should be implemented, and 
high-risk pipe should be set aside. Depending on the extent of damage or 
rework cost, drillpipe that has been run in compression in short-radius wells 
should either be considered for retirement after use in a few wells, or it 
should be used as line pipe or production tubing. Pipe run in tension in the 
vertical part of the well should also be inspected at regular intervals like any 
drillstring, even though it will avoid the damage of pipe run in a buckled 
state. 

Intermediate-Radius Build Rates and Flexible 
Motors 

As stated previously, the one factor that most clearly differentiates short-
radius drilling from medium-radius drilling is that short-radius BHA 
components must be articulated to pass through casing and the build section 
without interference. Articulated BHAs are significantly different from long- 
and medium-radius BHAs both in design and operation. Another factor is 
that drillpipe is stressed so highly that extreme rotation limitations must be 
observed. These factors define the lower and upper limits of short radius for 
each hole size.  

A gap exists between the lower (in terms of buildup rate) limit of short 
radius drilling and the upper limit of medium-radius drilling. In this range, 
drillpipe rotation is acceptable, but conventional medium-radius motors 
cannot achieve the necessary build rates. Articulated motors have suffered 
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from unpredictable build rates in this range, especially in unconsolidated 
formations. For a 5-in. to 6 ¾-in. hole size, for example, this range would be 
about 25 to 57°/100 ft. For conventional medium-radius motors to achieve 
build rates in this range, extremely high bent-housing angles would have to 
be used. Such high bend angles would produce so much bit interference with 
casing that it would be difficult or impossible to force the BHA through the 
casing without damaging the bit. At kickoff, the bit side load would be so 
high that the motor drive shaft would be in danger of breaking. If the kickoff 
can be initiated successfully, the motors tend to bind in the curve and have 
difficulty sliding. 

The gap between medium- and short-radius build rates has become known 
as the intermediate radius. PDMs with specially engineered flexible sections 
(Figure 2-29) have successfully achieved build rates in this range.  

 

Figure 2-29 Flexible PDM for intermediate-radius build rates 

Compared to a standard medium-radius motor, build rate capability is 
greater while the bit side-load at kickoff is less. The desired flexibility is 
achieved through a reduced-diameter housing and/or use of a material with 
a lower modulus of elasticity. If properly engineered, the flexible section (1) 
minimizes the forces required to push the assembly through casing to get to 
the KOP, (2) reduces bit side-loads to a manageable level at kickoff, (3) 
enhances the effect of WOB on build rate, and (4) extends the allowable hole 
curvature in which the motor can be rotated. Build rates in unconsolidated 
formations are more predictable than with articulated motors, and the 
toolface is easier to maintain. The flexible section results in an increase of 
about 5 ft in tool length (and therefore bit-to-sensor distance) and increased 
sensitivity to some downhole parameters. These assemblies should be 
modeled extensively to evaluate their sensitivity to WOB, formation 
anisotropy, and hole curvature. Before using these assemblies, directional 
drillers should be aware of the modeling results.  

Extreme Directional Wells 

Directional-drilling limitations result from the interaction of the wellbore with 
the capacities of the drilling rig, drilling fluid, and drilling equipment. One 
limitation is how rapidly angle can be built or direction can be changed. This 
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boundary is now being expanded with the increased application and 
advancement of short- and intermediate-radius drilling technology 
previously described. Another limitation is the maximum drilling depth of 
directional wells. This limitation is linked with the tension and torque loads 
that deep directional drilling imposes above the loads in deep vertical wells. 
Deep directional drilling has limits defined by the tension and torque 
capacities of the drillpipe and rig equipment. 

Analogous to short-radius and deep directional drilling, there are also 
limitations as to how long or complex a departure can be drilled. This section 
will discuss these additional boundaries of directional-drilling technology. 
Technologies for and operations of extended reach drilling and so-called 
"designer well drilling" are rapidly expanding, and both will become more 
significant in the future. 

Extended-Reach Drilling (ERD) 

Various definitions exist for extended-reach drilling (ERD)-class wells. One 
common definition is a departure of twice or more of the TVD of the well, (a 
reach-to-TVD ratio of two or more). This definition separates conventional 
directional wells from wells that could require ERD technology. However, 
since state-of-the-art ERD can involve wells with reach-to-TVD ratios of four 
to five or even higher, it should be recognized that distinct classes of ERD 
wells do exist, as shown in Figure 2-30. 

 

Figure 2-30 ERD classifications and currently achievable envelope 
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These definitions are listed as follows:  

• Reach-to-TVD Ratio < 2 Conventional Directional Drilling 
(Non-ERD)  

• Reach-to-TVD Ratio 2 to 3 Extended-Reach Drilling  
• Reach-to-TVD Ratio >3 Severe Extended-Reach Drilling  

These classifications are somewhat arbitrary, and drilling a well with a reach-
to-TVD less than two can be quite challenging, depending on the formations 
involved and the rig available. Engineers must understand the technical 
interactions between the rig and equipment and the well being attempted so 
that constraints and risks can be identified and resolutions sought as early 
as possible. Various technologies must be applied for the successful planning 
and execution of an ERD well. These technologies include  

• Optimized directional trajectory design  
• Refined mechanical wellbore stability estimates for mud-

weight windows  
• Properly engineered drilling fluids for optimization of chemical 

wellbore stability, cased and openhole lubricity, and cuttings 
transport and suspension  

• Calibrated torque-and-drag models to allow projection of field 
loads and diagnosis of deviations from predictions during field 
execution  

• Sizing of rig components to provide adequate rotary, 
hydraulic, hoisting, solids control, and power capabilities  

• Properly designed drillstring that minimizes drillpipe pressure 
loss (allows higher flow rates for given surface pressure 
limitations)  

• Other technologies such as (1) soft-torque top drives, (2) 
special running systems and techniques for casings, liners, 
and completion strings, and (3) rotary-steerable directional-
drilling systems  

The unique issues associated with ERD wells largely stem from the high 
inclination of the well that is required to reach the objective departures. 
Tangent "sail" angles in some ERD wells have been 80° or higher. "Average" 
angles from surface to TD have been 70° or higher. Some "ERD" wells have 
in fact been drilled as extremely long horizontal wells where the bulk of the 
well has been drilled horizontally (defined as an inclination of 88° or more).  

At such high inclinations, the transport of cuttings from the well is more 
difficult than in vertical wells. As a result, higher flow rates, tighter control of 
drilling-fluid rheology, and the use of nonconventional mechanical means to 
assist hole cleaning must be used. Such mechanical means might include 
high drillstring rotation (off-bottom) or the use of special, bladed drillpipe to 
stir cuttings beds mechanically. High rotary speeds and backreaming help 
clean the hole but can increase drilling shocks and cause fatigue or backoff 
of motor housings. Therefore, such practices should be viewed as secondary 
hole-cleaning methods and used only if primary hole cleaning is inadequate. 
A common method of removing cuttings beds is the use of low-viscosity 
sweeps that scour the cuttings off the low side of the hole; high-viscosity 
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sweeps are then made that carry the dislodged cuttings to the surface. The 
fundamental driver of hole cleaning, however, is flow rate, and high flow 
rates are strongly recommended throughout high-inclination sections if ERD 
allows. Flow rates of 1000 to 1100 gal/min in a 12 ¼-in. hole and 500 to 
600 gal/min in an 8 ½-in. hole are not uncommon. For this reason, the rig's 
pump and piping capacities with regard to flow rate, pressure, and the 
drillstring design are critical.  

Other implications of high inclination include the greater likelihood of 
mechanical wellbore instability and hence the need for careful mud-weight 
planning. Since more formation is exposed for longer periods, chemical 
stability also becomes more critical. 

Aside from hydraulics and formation stability, another potential ERD 
constraint is the ability to sustain drilling torque and run tubulars in the well. 
Both of these processes are impacted by optimizing the well trajectory and 
field control of variations from this directional plan. In terms of design 
optimization, the ERD trajectory will be subject to similar geologic 
constraints as discussed in Section 2-2.2. Additionally, the trajectory should 
be designed to minimize the induced torque during drilling and to maximize 
the available weight while casing is run. Satisfaction of these objectives 
varies depending on (1) the TVD and departure of the target and (2) the 
frictional behaviors of the various hole sections and the location of those 
sections. One observation from several studies (Banks et al., 1992; Dawson 
and Paslay, 1984), however, is that multiple build rates should be used to 
initiate inclination into the well gradually. Increasing the build rates in 
several steps minimizes near-surface doglegs and the associated torque and 
drag.  

The final tangent angle and shape of the trajectory through the reservoir can 
be determined on the basis of several considerations. If the well design is 
close to the limit of wireline intervention capabilities, (65 to 70°), it may be 
best to keep the KOP high and limit the inclination so that wireline 
operations are feasible. If the well angle is more severe and the inclination 
will already exceed wireline operating limits, it may be appropriate to slightly 
deepen the KOP to increase formation stability and allow a more gradual 
build section. In such cases, although a higher final inclination angle will 
result, the higher inclination may in fact be optimal since it inhibits buckling 
of the drillstring and coiled tubing, which could be critical controlling factors 
in severe ERD wells. 

In addition to an optimized trajectory plan suited for the specific well 
application, directional drilling must be performed well in the field to 
minimize unexpected doglegs and variations from plan. Such doglegs will 
increase drilling torque, make tubular running more difficult, and provide 
potential trouble spots for excessive casing wear, which can lead to failures. 
These serious detriments have been recognized previously (Sheppard et al., 
1987; Mueller et al., 1991), and a specific measure is available for defining 
how closely the well is or has been drilled according to plan. This measure is 
known as tortuosity, which is the sum of all the increments of curvature 
along the section of interest, subtracted from the planned curvature, and 
divided by the footage drilled. In the well-planning phase, specific tortuosity 
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guidelines should be generated for each section of the well, based on torque-
and-drag modeling. Tortuousity limitations should generally be the most 
stringent in the upper portion of the well and in the build section, where high 
drillstring tension causes high side loading, which results in torque and drag, 
keyseating, and worn tool joints and casing. Reducing tortuosity requires an 
integrated engineering approach as described:  

• The rotary drilling directional tendency of BHAs should be 
tracked, quantified, and refined to yield rotary behaviors that 
are as close as possible to planned build rates. This process 
minimizes for oriented drilling as a means of inclination 
control.  

• When steering is required, it should be executed in a 
controlled manner. For example, doglegs can be minimized by 
sliding for only part of a joint, or a single joint or stand; then, 
rotary drilling can be used for the remaining footage. This 
process can then be repeated as required to offset the build, 
drop, or turn behavior of the rotary BHA that is causing the 
problem.  

• Sliding repeatedly in short intervals is greatly preferred over 
executing one continuous, long, sliding section, which will 
cause a significant and sharp dogleg.  

Systematic analysis and planning of BHAs and careful field execution will 
allow good control of well tortuosity and will ensure that predrill torque-and-
drag projections are not exceeded. Projecting requirements for ERD wells, 
properly sizing the drilling rig and equipment, and optimizing the trajectory 
are all subject to detailed, site-specific engineering. The key to success is to 
recognize those technologies that are critical and those tradeoffs that must 
be examined to engineer the best possible approach for a given well. 

Designer Wells 

"Designer wells" are similar to ERD wells, but they may be even more 
complex, because they involve multiple-target trajectories with substantial 
and potentially difficult azimuthal steering. Therefore, designer wells may 
require inclination control combined with strong azimuthal curvature to allow 
intersection of these offset targets (Figure 2-31).  
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Figure 2-31 "Designer" well (after Justad et al., 1994) 

Although the industry has no widely accepted definitions for what constitutes 
a designer well, some definitions have been proposed based on MD-to-TVD 
ratios. Such a distinct definition from the reach-to-TVD definition for ERD is 
necessary because designer wells involve substantial drilled footages that 
may not necessarily increase well departure. 

Because designer wells are frequently being drilled in development 
environments and to optimize reservoir penetration, the uncertainty of 
wellbore placement in the reservoir is frequently dealt with by drilling and 
logging pilot holes before drilling the reservoir section of the ongoing well. 
Figure 2-32 shows the process whereby, before being plugged, a pilot hole is 
drilled through a reservoir section and logged (usually with LWD equipment) 
to obtain the best possible placement for the main wellbore.  
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Figure 2-32 Using a pilot hole to optimize wellbore placement 

Examples of such procedures exist where multiple pilot holes and resulting 
sidetracks have been drilled to optimize wellbore placement, resulting in a 
well in which the drilled depth was almost twice the final measured depth 
(Justad et al., 1994). 

Drillstring Dynamics 

Drillstring dynamics are not unique to designer and ERD wells; drillstring 
dynamics occur in all well types, and in fact are sometimes severe in vertical 
wells. Nevertheless, the extreme torque-and-drag levels of designer and 
ERD wells do result in more stored energy in the drillstring than in other 
wells. High torque-and-drag levels also cause drillstring components to be 
stressed near their limits, so that additional loading from dynamic forces can 
cause failure.  

As discussed in Section 2-2.5, BHA prediction software is fundamentally 
based on static force considerations. Since static force models usually 
predict BHA tendencies adequately, dynamic steady-state and transient 
behaviors are usually not an issue in terms of directional tendency 
prediction. This condition implies that the average behavior of a dynamically 
active BHA can be characterized by its static displacement and force state. 
However, dynamic behaviors still significantly impact other aspects, such as 
structural integrity of the bit and BHA and equipment fatigue (Fear et al., 
1997; Dufeyte and Henneuse, 1991). Our experience has been that most 
fatigue failures, connection backoffs, and MWD/LWD electronics failures are 
associated with drillstring dynamics. Moreover, in some drilling situations, 
the dynamic behaviors can be quite dominant and severely impact the 
directional-drilling operation (Birades, 1986; Brakel, 1986; Brett et al., 
1989). 

Various modes of dynamic behaviors can be active in the "structure" 
composed of the drillstring, BHA, and bit. These include the following: 
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Axial vibrations or "bit bounce." These vibrations are most commonly 
associated with three-cone bits drilling hard rock and are usually more prone 
to occur at shallow depths and in vertical wells. 

Torsional vibrations of the drillstring. Torsional vibration occurs when 
the drillstring "twists" according to the frequency of the primary torsional 
vibration mode. Torsional vibration can be induced purely from the frictional 
loads along the drillstring. It can also be exacerbated by the cutting behavior 
of PDC bits, which exhibit nonlinear-force rate behaviors. In extreme cases, 
torsional vibrations can become severe enough to cause "stick-slip" 
problems. Under stick-slip conditions, the bit exhibits an erratic speed profile 
whereby it rapidly decelerates and accelerates as the torsional vibration 
arrives at and reflects from the bit. This erratic motion can rapidly damage 
the bit and cause very poor ROP performance. 

Lateral vibrations of the BHA. Harmonic instability or contact-induced 
motions, such as stick-slip, can cause BHAs and drillstrings to undergo 
severe lateral vibrations. These vibrations are most likely to occur when 
motor or drillstring stabilizers hang and then break free when rotating 
through formation stringers. The resulting lateral shocks and vibrations can 
cause fatigue failures or backoffs of BHA connections and rapid wear of tool 
joints and stabilizers. 

Bit whirl. PDC bits can exhibit a chaotic behavior whereby they gyrate off-
center and induce severe dynamic motion into the BHA. PDC bit whirl can 
cause cutter damage or failure, which rapidly results in failure of the bit 
itself. ROP is usually poor when bit whirl becomes active. 

Other vibration modes. A number of other vibration modes are associated 
with drillstring motion or with the interaction of some of the vibration modes 
discussed here. For more information about drilling dynamics, additional 
technical literature is available (Brett et al., 1989; Payne and Spanos, 1992). 

Because of the likelihood for problems when severe vibrations are active, it 
is important to provide an ability to sense such vibrations and modify 
equipment or operating parameters to alleviate such dynamics. This 
requirement can be achieved through the use of dynamic monitoring surface 
sensors and downhole accelerometers in MWD/LWD. Remedial action may 
include such manual activities as varying the WOB or drillstring rotation rate 
(Macpherson and Mason, 1993; Payne et al., 1995), or such automated 
activities, as in the case of closed-loop feedback systems for top drives (Fear 
and Abbassian, 1994; Nicholson, 1994; Sananikone, et al.1992). Closed-loop 
feedback systems can reduce potentially damaging torsional vibrations to 
manageable levels, and should be considered for extreme wells. 

Emerging Directional-Drilling Systems 

Because the industry seeks to drill increasingly difficult well profiles 
economically, better means of directional control are needed. In recent 
years, significant advances have been made with regard to adjustable-
diameter stabilizers. Initially, such tools were mechanically set and capable 
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of two size settings over a limited size range. These tools now provide more 
capability. One new tool, which is still mechanically set, allows three 
different gauge settings. Another advancement has been a hydraulically 
instructed adjustable-diameter stabilizer with many size settings over a wide 
size range. These new tools provide greater inclination control while 
maximizing rotary-mode drilling. 

Further advances beyond adjustable gauge systems are needed to impact 
the drilling of ERD and designer wells. Currently, four major systems are in 
various stages of development and field testing. These rotary steerable 
systems are designed to steer in both inclination and azimuth planes while 
rotating the drillstring. One common component of all rotary-steerable 
drilling systems currently under development is a nonrotating section in an 
otherwise rotating tool. The nonrotating section provides a stationary 
mechanical and/or electronic reference plane that is used for controlling 
orientation, while the drillstring continues to rotate to reduce torque and 
drag. The various rotary steerable drilling systems use different mechanisms 
of operation. In all cases, the mechanisms of steering induce either force or 
BHA curvature to build, hold, drop or turn as required. Rotary-steerable 
systems will allow full 3D control of the wellpath while providing for rotary-
mode drilling, thereby yielding optimal ROP and eliminating the drilling 
performance penalty currently inherent with oriented drilling. Just as the 
steerable mud motor changed directional-drilling technology in the 1980s, 
rotary-steerable drilling systems should prove to be a major advancement in 
directional-drilling capabilities in the near future. 
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Introduction  

Rather than attempting to move hydrocarbons into vertical wellbores that 
may not be well positioned, the industry is now resorting to the use of 
horizontal, multilateral, and multibranch wells that move the wellbore closer 
to the hydrocarbons in place.  

Multilateral well systems allow multiple producing wellbores to be drilled 
radially from a single section of a "parent" wellbore. A major difference 
between this method and conventional sidetracking is that both the parent 
wellbore and the lateral extensions produce hydrocarbons.  

Because only a single vertical wellbore is required, multilateral well designs 
require less drilling time, often have fewer equipment and material 
requirements, and increase hydrocarbon production. Typical multilateral 
applications include: 

• Improving productivity from thin reservoirs  
• Draining multiple, closely spaced target zones with horizontal 

exposure of each zone  
• Improving recovery in tight, low-permeability zones 

(increasing the drainage radius of a given well)  
• Preventing water and/or gas coning  
• Controlling sand production through lower drawdown at the 

sand face  
• Improving the usability of slot-constrained platform structures  
• Improving waterflood and enhanced oil recovery efficiency  
• Intersecting vertical fractures  

Background  

Multilateral drilling and completion methods have been practiced since the 
mid-1940s. The first applications were developed for mining, where multiple 
bores were drilled from the parent shaft. These short, directional 
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displacement bores were achieved with bent subs and the conventional 
rotary drilling technology of the time. Several patents were issued covering 
multilateral or multibore tools and methods for use in mining (Gilbert, 
Rehm), but the technology was not initially used in the oil field.  

For years, hydraulic fracturing (although not really a competitor of modern 
multilateral drilling) provided large areal exposure between the well and the 
reservoir. However, with the significant advancements in horizontal drilling 
technology in the mid-1980s and its evolution into multilateral drilling in the 
mid-1990s, the performance of a vertical well with a hydraulic fracture can 
now be readily surpassed by a properly oriented horizontal or multilateral 
well in an areally anisotropic reservoir. Furthermore, horizontal wells provide 
better results in reservoirs with large gas caps or water aquifers.  

The first extensive modern application of multilateral drilling was in the 
Austin Chalk formations in Texas during the late 1980s. High initial 
production rates and high decline rates required increased reservoir face 
exposure for the achievement of maximum production in the shortest 
possible time.  

Austin Chalk and Buda Chalk reservoirs are conducive to multilateral 
applications because of the deposition geometry and integrity of the 
reservoirs. Chalk formation depositions are wide-ranging and highly 
fractured. Horizontal drilling tools and techniques intercepted and connected 
many of these natural fractures. The inherent stability of the formations 
allowed extended horizontal sections to be drilled without the threat of 
formation collapse and subsequent loss of the producing wellbore.  

Accurately drilling through and connecting or isolating fractured sections of 
the reservoirs required several technologies, including horizontal drilling, 
directional drilling, and measurement-while-drilling (MWD) tools and 
processes. (Fig. 3-1) 
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Figure 3-1 Multiple drainholes as applied to the Austin Chalk 

Design Considerations 

When designed properly, multilateral wells can provide considerably higher 
productivity or injectivity indices and increased reservoir recovery at 
relatively low incremental cost. Before deciding to drill such a well, engineers 
must carefully evaluate the expected well performance, operational and 
economic risks, possible production scenarios and, most importantly, the 
wellbore management and maintenance of the individual drainholes within 
the overall reservoir. With advancements in coiled-tubing technology, short-
radius, lateral well branches can be drilled, as detailed in Directional Drilling. 
However, selecting the right candidates on the basis of the geological flow 
units, their configuration, and production and completion technologies is 
critical. Thus, several new developments and improvements of existing 
concepts are expected. 
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Candidate Selection 

Clearly, several logistical and operational issues must be considered before 
certain well systems can be completed. Such issues may be dictated by 
obvious reservoir exploitation strategies and schemes. The depictions in this 
chapter represent current activities, but are by no means complete; new 
configurations are emerging.  

Selecting the most beneficial well system for a given reservoir is a challenge. 
For reservoir engineering, the degree of communication among the drainage 
areas of individual branches is probably the most substantial issue. The 
following three major drainage categories are likely, and combinations of 
these are possible:  

• Drainage of a single layer in which areal permeability 
anisotropy is critical  

• Drainage of several ("stacked") layers, which may or may not 
communicate  

• Drainage of several compartments, which may or may not 
communicate  

The second option favors a vertical parent hole, whereas the first and third 
options favor a horizontal parent hole, with the exception of multibranch 
wells (including the limiting case of dual opposing laterals). 

A more important aspect, however, is the degree of selective wellbore 
management that the well completion type supports. Thus, the following 
three configurations are possible:  

• Commingled production  
• Commingled production with individual branches that can be 

shut off by gates and re-entered easily (Underground 
gathering systems, replete with appropriately sized chokes, 
can be installed.)  

• Individual production tubings tied back to the surface  

These production options correspond to the previously mentioned reservoir 
management issues because the need for selective wellbore control 
increases as the communication of the drained portions of the reservoir 
increases. For example, if pore pressures and layer and/or fluid properties in 
the individual layers differ widely, a well system draining different layers will 
require selective management of individual layers or branches. Numerous 
completion options are available. Currently, multilaterals with connectivity, 
isolation, and access are installed (Longbottom, 1996). When the completion 
is selected, appropriate wellbore management should be assessed first 
according to the reservoir type and planned production scenario. The 
remaining options should then be ranked in order of economics and 
operational and economic risks. 

Once modern reservoir characterization is used, the traditional drainage 
cylinder of only vertical wells, or the "box" of more recent numerical 
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simulation schemes, are both almost forcibly abandoned. Far from being 
homogeneous, reservoirs are revealed to be compartmentalized and layered, 
with irregularly shaped geological flow units. In this environment, 
multilateral wells drilled from the same vertical parent are essentially 
independent horizontal wells sidetracked at different points from the vertical 
well (Fig. 3-2).  

 

Figure 3-2 Multilateral wells targeting discontinuous geological flow units 

These laterals are positioned with reservoir descriptions that include 3D 
seismics, petrophysical analysis, and real-time payzone steering. Real-time 
payzone steering involves an array of tools and measurements that are 
intended to maintain the well trajectory within the target zone. 

A frequent motivator of multilateral or horizontal wells is the lack of available 
drilling slots in offshore drilling pads. Figure 3-3 shows a typical 
configuration where few or no drilling slots are available, a problem that is 
particularly common in the Gulf of Mexico. 
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Figure 3-3 Drilling of a horizontal well segment in a location with limited or no 
drilling slots 

Thin-bed reservoirs are good candidates for horizontal wells. Layered 
formations, consisting of several thin beds separated by impermeable layers, 
can be exploited as shown in Fig. 3-4. Several North Sea reservoirs fit this 
description. 
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Figure 3-4 Thin-bedded reservoirs with multilateral wells 

Waterflooding with traditional injector/producer configurations can result in 
two problems: (1) inefficient sweep in a specific layer or reservoir and (2) 
water breakthrough.  

Figure 3-5 provides an example solution of inefficient sweep in specific 
layers; this solution is used in some west Texas reservoirs.  
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Figure 3-5 Horizontal sidetracks to augment sweep efficiency of specific layers 
during waterflood 

Horizontal laterals drilled off vertical well injectors augment the sweep 
efficiency in targeted layers. 

Water-injection wells are positioned where the water front is not aided by 
the decidedly anisotropic natural fractures (Fig. 3-6).  
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Figure 3-6 Multibranch producers and water injectors in an anisotropic reservoir 
under waterflood (after Ehlig-Economides et al., 1996) 

This positioning prevents rapid water breakthrough. Multibranch wells drilled 
from a parent horizontal well are then used as producers. Figures 3-7 and 3-
8 demonstrate how robust reservoir description can influence well 
configurations.  
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Figure 3-7 Multibranch well exploiting several braided channels with limited 
individual capacity 

Figure 3-7 shows the use of multilateral wells targeting braided channels, 
which are characteristic of many deposits worldwide, especially in the north 
coast of South America (Venezuela and Colombia).  
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Figure 3-8 Horizontal well in a geostatistically defined reservoir (Top). Guided 
multibranch wells with appropriate formation characterization from a parent well 

(Bottom) (after Ehlig-Economides et al., 1996)  

The top schematic in Fig. 3-8 shows a horizontal well drilled on the basis of 
an insufficient reservoir description; several reservoir flow units are not 
penetrated. The bottom schematic shows guided multilaterals from a parent 
horizontal wellbore that were designed from an accurate reservoir 
description from the parent well to point to the position of the geological 
units. Clearly, the second configuration is more desirable. 

If the pressure drop becomes detrimental while fluids flow in a horizontal 
well, dual opposing laterals (Fig. 3-9) can be drilled, as they have been in 
several Austin Chalk formations and throughout western Canada.  
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Figure 3-9 Dual opposing laterals 

In thick formations with low-mobility crudes (such as heavy oils), stacked 
multilaterals can be constructed (Fig. 3-10).  
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Figure 3-10 Multilateral wells for heavy crude reservoirs 

These configurations and variants have been drilled or planned in Venezuela, 
California, and Alberta. Finally, an innovative technique suggested by Ehlig-
Economides et al. (1996) is to drill multilateral vertical wells from a 
horizontal trunk and hydraulically fracture the vertical branches (Fig. 3-11).  
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Figure 3-11 Fractured vertical multibranch wells vs. a transversely fractured 
horizontal well (after Ehlig-Economides et al., 1996) 

The parent well can be drilled in a competent, overlain formation, which 
would prevent wellbore stability problems. 

Production From Horizontal, Multilateral 
and Multibranch Wells 

To select the appropriate well configuration, engineers must not only have a 
good reservoir description, but they must also be able to predict well 
performance and reserves as well as optimize well systems (Economides et 
al., 1994; Salas et al., 1996). A comprehensive multi- and single-well 
productivity or injectivity model has been introduced that allows arbitrary 
positioning of the well(s) in anisotropic formations (Economides et al., 
1994). This flexible, generalized model can be used for the study of several 
plausible scenarios, especially the economic attractiveness of drilling 
horizontal and multilateral wells. 

Areal Permeability Anisotropy 

Traditionally, petroleum engineers have not been too concerned about 
horizontal permeability anisotropy. When vertical wells are considered, 
permeability anisotropy is not very important, because in cylindrical flow, 

the average permeability, kH, is in the horizontal plane and is simply . 
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Several studies have shown that large permeability anisotropies in the 
horizontal plane are common in many reservoirs (Warpinski, 1991; 
Deimbacher et al.,1992). Naturally fractured formations, which are generally 
excellent candidates for horizontal wells, are likely to exhibit horizontal 
permeability anisotropy. In this situation, two principal horizontal 
permeabilities can be identified: kHmax and kHmin. The direction to drill a 
horizontal well is often based on the shape of the presumed drainage area, 
when instead, the deciding parameter should be the horizontal permeability 
anisotropy, particularly in the cases of natural fracture orientation or 
depositional trends. Warpinski (1991) and Buchsteiner et al. (1993) note 
cases where permeability ratios in the horizontal plane are as much as 50:1, 
although ratios of 3:1 or 4:1 are considerably more common.  

Permeability anisotropy and direction can be determined either with stress 
measurements in a vertical pilot well before a horizontal well is directed, or 
by experiments with directional cores obtained in the vertical pilot well. 
Horizontal well tests or multiwell interference tests are the best permeability 
anisotropy measurement techniques. Pressure transient tests at a well are 
most commonly used for measures of the magnitude and direction of 
permeability, while interference tests are seldom used in the field.  

Before a horizontal well is drilled, a vertical pilot well should first be drilled, 
followed by a partial-penetration drillstem test. This test can be performed in 
two different ways: (1) by drilling only partially into the net pay or (2) by 
drilling through the net pay and then packing off only a small portion of the 
interval. The spherical flow regime, the negative one-half slope straight line 
on the early-time pressure derivative curve, provides the spherical 

permeability, . A second test conducted with the entire pay thickness 
open to flow should provide the horizontal permeability, kH. The vertical and 
horizontal permeabilities and the reservoir thickness can indicate the 
feasibility of drilling a horizontal well in the tested formation. If a horizontal 
well will be drilled, the proper well azimuth should then be determined 
(Beliveau, 1995). 

The stress field in a reservoir can be described with three principal stresses: 
a vertical stress, v, a minimum horizontal stress, Hmin, and a maximum 
horizontal stress, Hmax. Measurements can identify the maximum and 
minimum horizontal stress directions, usually coinciding with the maximum 
and minimum horizontal permeability directions. Figure 3-12 indicates how 
the horizontal stress components affect the state of fissures in the 
formation. Fissures perpendicular to the maximum stress direction are 
compacted, while fissures perpendicular to the minimum stress are relatively 
open. Large fissure widths imply larger permeability along those fissures. 
This idea illustrates why the maximum stress components normally coincide 
with maximum permeability and the minimum stress components usually 
coincide with minimum permeabilities. The measurement of stresses in a 
vertical pilot well are valuable for the proper steering of a horizontal well. 
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Figure 3-12 Conceptual relationship between stress and permeability components 

Productivity Model 

Researchers have made several attempts to describe and estimate horizontal 
and multilateral well productivity and/or injectivity indices. Several models 
have been used for this purpose. Based on the tradition of vertical well 
productivity models, analogous well and reservoir geometries have been 
considered in the pursuit of simple but elegant analytical or semi-analytical 
models. A widely used approximation for the well drainage is a 
parallelepiped model with no-flow or constant-pressure boundaries at the 
top or bottom and either no-flow or infinite-acting boundaries at the sides. 
Numerical simulation can be used for incorporating heterogeneities and 
other reservoir complexities. However, the use of analytical models for 
productivity index calculations is both attractive and instructive. 

Borisov (1964) introduced one of the earliest models, which assumed a 
constant pressure drainage ellipse in which the dimensions depended on the 
well length. This configuration evolved into Joshi's (1988) widely used 
equation, which accounted for vertical-to-horizontal permeability anisotropy. 
It was adjusted by Economides et al. (1991) for a wellbore in elliptical 
coordinates. This model, while useful for first approximations and 
comparisons with vertical well productivity indices, does not account for 
either early-time or late-time phenomena nor, more importantly, realistic 
well and reservoir configurations. 
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Babu and Odeh (1989) used an expression for the pressure drop at any 
point by integrating appropriate point source (Green's) functions in space 
and time. Their solutions for various no-flow boundary positions include 
infinite-sum expressions, which account for individual pseudosteady-state 
pressure drops. These forms are rather complicated and difficult to calculate. 
Using vertical well analogs, Babu and Odeh (1989) grouped their solution 
into reservoir/well configuration shape factors and a (horizontal) partial-
penetration skin effect. This work agrees with the classic Dietz (1965) shape 
factors that were incorporated for vertical well performance in the Matthews, 
Brons, and Hazebroek (1955) work. In all cases, the Babu and Odeh (1989) 
work assumes that the well is parallel to the y-axis of the parallelepiped 
model. 

For horizontal well pressure-transient response, Goode and Thambynayagam 
(1987) solved a model in Laplace space and inverted the solution using a 
numerical inverter. Their solution is very useful for pressure-transient test 
diagnosis because it identifies limiting flow regimes. Previous work in the 
pressure-transient response of horizontal wells was presented by Daviau et 
al.(1985) and Clonts and Ramey (1986). Kuchuk et al. (1988) extended the 
Goode and Thambynayagam (1987) approach to include constant pressure 
(top and/or bottom) boundaries. 

While other boundary effects have led to several sometimes-controversial 
results, the inner boundary condition (flow into the well) is even more 
interesting. In the past, the simplest flow model used was the model of 
uniform flux, in which the flow rate per unit of well length is constant for 
each section of the well. A more realistic inner boundary condition would be 
one of uniform pressure (the infinite conductivity of the wellbore). Uniform 
flux solutions predict a well-flowing pressure drop that, in general, varies 
along the well. It is highest toward the center and decreases considerably 
near the ends of the well. To obtain a well bottomhole pressure, the Kuchuk 
et al. (1988) approach averages the pressure along the well length. Babu 
and Odeh (1989) record the pressure at the well midpoint, and their model 
predicts a slightly smaller productivity index than the one by Kuchuk et al. 
(1988). The difference between these two approaches is negligible for fully 
penetrating wells, but the difference becomes increasingly obvious for 
smaller penetration. None of the previous models can adequately represent 
such well configurations as either multiple horizontal wells of arbitrary 
direction emanating from the same vertical well or as open and closed 
segments within the same horizontal wells.  

The Economides et al. (1994) solution obtains dimensionless pressures for a 
point source of unit length in a no-flow boundary "box" (Fig. 3-13).  



 113 

 

Figure 3-13 Basic parallelepiped model with appropriate coordinates (after Besson, 
1990) 

Using a line source with uniform flux, it integrates the solution for the point 
source along any arbitrary well trajectory. Careful switching of early- and 
late-time semianalytical solutions allows very accurate calculations of the 
composite dimensionless pressure of any well configuration. 

The productivity index, J, is related to the dimensionless pressure under 
transient conditions (in oilfield units): 

(3-1) 

where is the reservoir pressure (psi), wf is the flowing bottomhole pressure 
(psi), is the viscosity (cp), B is the formation volume factor, D is the 
calculated dimensionless pressure, and is the average reservoir 

permeability . s is the sum of all damage and pseudoskin factors. 
Dimensioned calculations are based on the reservoir length, xe; L is the 
horizontal well length. 

The generalized solution to the dimensionless pressure, D, starts with early-
time transient behavior and ends with pseudosteady state if all drainage 
boundaries are felt. At that moment, the three-dimensional (3D) D is 
decomposed into one two-dimensional (2D) and one one-dimensional (1D) 
part,  
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(3-2) 

where CH is a "shape" factor, characteristic of well and reservoir 
configurations in the horizontal plane, and Sx is the skin accounting for 
vertical effects. 

The expression for this skin effect (after Kuchuk et al., 1988) is 

(3-3) 

and Se, describing eccentricity effects in the vertical direction, is  

(3-4) 

which is negligible if the well is placed near the vertical middle of the 
reservoir. 

Shape factors for various reservoir and well configurations, including 
multilateral systems, are given in Table 3-1. 
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Table 3-1 Shape factors for various single, multilateral, and multibranch 
well configurations (from Economides et al., 1994; Retnanto et al., 1996) 

 

Performance of a Single Horizontal Well: The Effect of Areal 
Anisotropy 

Well orientation is critical to horizontal well performance in areal anisotropic 
reservoirs. A horizontal well drilled normal to the direction of maximum 
permeability will lead to higher productivity than one drilled in any other 
arbitrary direction. This observation corresponds with reported large 
variations of horizontal well productivity as compared with expectations 
(Beliveau, 1995).  

Here, a study is presented based on the Economides et al. (1994) model, 
showing the horizontal well productivity index vs. time as a function of well 
orientation. Pertinent variables include the following: kx = 10 md, ky = 2 md, 
kz = 1 md, xe = ye = 2000 ft, h = 50 ft, and L = 1200 ft. The well is rotated 
at the center of the drainage area and is at the vertical middle of the 
reservoir. Figure 3-14 presents the results, demonstrating the importance of 
proper well orientation.  
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Figure 3-14 Productivity index vs. rotation of a horizontal well in a permeability-
anisotropic reservoir (from Economides et al., 1994) 

For this case study, the ratio between the best productivity index (normal to 
kx) and the worst index (normal to ky) is 1.6 at 2 months. Permeability 
anisotropies in the horizontal plane of 3:1 or larger are common; therefore, 
proper horizontal well orientation can mean very large differences in early-
time well performance. Obviously, after pseudosteady-state conditions 
emerge, these productivity index differences diminish. However, transient 
productivity indices are a valuable tool for differentiating between an 
economically attractive well and one that is far less attractive, especially 
when large drainage areas are involved.  

When 2D coordinate transformations are used, the ratio of isotropic to 
anisotropic productivity indices would indicate the risk of misorienting a 
horizontal well, which is expressed by the following equation (Retnanto et 
al., 1996): 

(3-5) 
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where Iani,ar is the permeability anisotropy in the horizontal plane, defined as 
the square root of the ratio of the permeabilities in the x and y directions, 
and is the angle of the well with the x direction. The difference can be 
significant, as shown in Fig. 3-15. 

 

Figure 3-15 Productivity index ratio vs. areal permeability anisotropy (from 
Retnanto et al., 1996) 

A permeability ratio of 16 (Iani,ar = 4) would result in a PI reduction of 50% 
in the case of the worst angle (  = 0o) but an increase of 100% in the case 
of the optimum angle (  = 90o) when it is compared with the isotropic case.  

Changes in the areal anisotropy ratio and well orientation considerably 
impact the cumulative production. For example, a 2000-ft, single horizontal 
well in a 100-ft-thick formation has a horizontal-to-vertical index of 
permeability anisotropy, Iani , equal to 3. The average horizontal permeability 
is 10 md, but the horizontal permeability magnitudes and direction are 
uncertain. Four horizontal permeability anisotropy ratios are examined: 1:1 
(isotropic), 5:1, 10:1, and 50:1. Figure 3-16 shows that for a single 
horizontal well drilled in the optimal direction, cumulative production 
accelerates in early time as the areal anisotropy increases.  
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Figure 3-16 Increasing area anisotropy increases reservoir recovery rate for a single 
horizontal well drilled in the optimal direction (from Smith et al., 1995) 

For a given average horizontal permeability as the areal anisotropy ratio 
increases, the reservoir drainage process accelerates, which makes higher 
anisotropic cases more attractive than isotropic cases. However, as shown in 
Fig. 3-15, as the well deviates from the optimal direction, the productivity 
decreases, which slows cumulative production.  

Changes in the areal anisotropy ratio and well orientation have an expected 
effect on the calculated net present value (NPV). Figure 3-17 shows the 
incremental NPV with increasing areal anisotropy and various well 
orientations over the single horizontal-well base case.  



 119 

 

Figure 3-17 Incremental net present value ratio of single horizontal well compared 
to the single horizontal well base case (from Smith et al., 1995) 

The base case is a 2000-ft, single horizontal well in an isotropic reservoir. 
The incremental NPVs (above 1, which is for the base case) are moderate 
when the well is drilled in the optimal direction, while NPVs below 1 pose a 
large relative departure from the base case, which reflects the effect of well 
misorientation. Poor reservoir characterization (unknown directional 
permeabilities) results in a high risk of uncertainty. 

Example Application for a Horizontal Well in an Anisotropic 
Formation  

A reservoir has the following dimensions: xe = 3000 ft, ye = 3000 ft, and h = 
100 ft. First assume that kx = ky = kz = 10 md, the well is in the vertical 
middle (i.e., zw = 50 ft) and that rw = 0.328 ft, B = 1.15 res bbl/STB, and 
= 0.8 cp. A horizontal well with length L = 2250 ft is drilled in the x-
direction.  

1.Calculate the productivity index, J.  
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2.If ky = 0.1kx, calculate the early-time productivity index ratio 
between an anisotropic case and an isotropic case.  

3.If ky = 0.1kx but = 45°, repeat the calculation.  

Solution  

1.Since the well is in the vertical middle, se = 0 (otherwise Eq. 3-
4 should have been used, which accounts for eccentricity 
effects). From Eq. 3-3,  
 

 
 
From Table 3-1, noting that xe = ye and L/xe = 2250/3000 = 
0.75, the shape factor CH is obtained. It is equal to 1.49. 
Then from Eq. 3-2,  
 
Finally, from Eq. 3-1 based on the assumption of no skin 
damage, the productivity index, J, is  
 

 
 
[Note: For vertical-to-horizontal permeability anisotropy (kz 

= 1 md), the average permeability md, 
and the reservoir dimensions xe, ye, h, and the well length 
must be adjusted accordingly as shown in Economides et al., 
1994. The productivity index calculated in this exercise would 
be reduced by more than 30% for such permeability 
anisotropy.]  

2.Since ky = 0.1 kx, the areal index of anisotropy is  
 

 
 
From Eq. 3-5 
 

 

3.For = 45°  
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Multilateral Technology 

Because the drilling, casing/tubing design, completion equipment re-entry 
processes, and abandonment requirements are interdependent, multilateral 
wells require more planning than conventional vertical or horizontal wells.  

Directional Drilling 

The steerable drilling motors and MWD and LWD technology developed in 
the 1980s ushered a new era of horizontal and extended-reach well 
scenarios. This technology allowed access to reservoirs outside the vertical 
plane beneath the wellhead structure. Horizontal well drilling exposes more 
of the formation face as the wellbore tracks laterally through the structure. 
This increased formation exposure allows increased production, lower 
formation drawdown, or a combination of both. 

Proper planning and path determination for directional drilling are essential 
for a successful multilateral project. One critical area of concern is the build 
rate of the lateral borehole, which is the angle in degrees per 100 ft required 
to steer the wellbore from a vertical plane to a horizontal plane. The lower 
the build rate, the more gentle the resulting curve. Build rates and radius 
classifications commonly associated with horizontal drilling are shown in 
Table 3-2. 

Table 3-2 Directional drilling-radius classifications 

 

The resulting build rate and angle affect the ultimate completion design and 
the later servicing of the wellbore. For example, the build rate directly 
affects whether casing can be installed in the lateral wellbore. A short-radius 
build rate may be required to hit the target from the parent bore casing exit 
point; however, casing-bending properties prevent normal installation in a 
bore with a build rate greater than 30°/100 ft.  

Another consideration is the bending ability of the completion equipment for 
installation inside the lateral casing string. Most completion packers, gravel-
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pack screens, and other large outside-diameter (OD) service tools will only 
pass through casing with a maximum horizontal build rate/bend radius of 
22°/100 ft. If casing and internal completion equipment will be required for 
managing the lateral wellbore, long- or medium-radius horizontal wellpath 
planning procedures should be used. If the rock properties of the formation 
are stable and do not require casing, short-radius or intermediate-radius 
directional drilling tools and techniques can be considered. During the well 
designing/planning phase, engineers must balance this consideration against 
the effects of lateral wellbore re-entry, production logging, stimulation, flow 
control, and future abandonment procedures.  

Completion Technology 

For the best results to be achieved from a multilateral well, compatible 
completion tools must be properly selected. Many technologies and 
processes affect the design and installation of the final completion suite of 
tools. Prior planning must be made if lateral wellbore re-entry will be 
required. Possible re-entry objectives such as tool manipulation, zonal 
isolation, recompletion, zonal stimulation, and data collection should be 
determined based on experience with other wells in similar reservoir 
structures. These factors should be communicated as part of the total 
multilateral system requirement.  

Since most lateral wells will be in a horizontal configuration, job designers 
must ensure compatibility with coiled tubing or jointed pipe operations. 
These operational requirements will determine whether rig intervention is 
mandated—another factor in total well economic viability.  

Subsea well completions represent another area of special challenge where 
intervention plans should be avoided because of the major costs of 
mobilizing a subsea rig or work platform. When subsea intervention is 
required to bring the well back on production, the subsystems must already 
be in place. Multilateral well completions are driven by the following criteria:  

• Pressure, temperature, and chemical properties of produced 
fluids and gas  

• Zonal segregation and isolation requirements  
• Lateral wellbore rock properties and stability  
• Regulatory requirements for zone production and 

management  
• Workover/re-entry options and methods  
• Sand and water production potential  
• Abandonment requirements  
• Equipment performance records and risk analysis  

Multilateral Well Designs 

Three major categories of multilateral well designs are now available: 
openhole multilateral wells, limited-isolation/access multilateral wells, and 
complete multilateral wells. All three types are discussed in detail in the 
following paragraphs.  
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Openhole Multilateral Wells 

Although openhole multilateral well designs are relatively simple, detailed 
reservoir information must be available, and target selection must be 
performed and coordinated with the directional drilling plan. As shown in Fig. 
3-18, openhole multilateral wells begin with the drilling of the primary 
wellbore to a depth above the producing intervals and lateral kickoff points. 

 

Figure 3-18 Openhole multilateral parent wellbore 

A surface or intermediate casing string is then set and cemented in place. 
Drilling continues out through the bottom of the casing, with steerable 
drilling assemblies that guide the drilling assembly laterally from the parent 
borehole to create a multiple-lateral hole. Other holes are drilled from the 
parent bore until all drainage portals for the design have been created (Fig. 
3-19). 
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Figure 3-19 Openhole multilateral drilling  

Applications 

Openhole multilaterals can improve the areal drainage of a common 
reservoir. When directional drilling tools are used, the direction and 
inclination of the drill bit is steered and monitored so that drainage holes are 
placed quickly and accurately. Current directional drilling techniques are 
accurate to about 3 ft at distances of up to 6000 ft of horizontal 
displacement. Most openhole applications have involved relatively short 
horizontal sections, rarely exceeding 1200 ft of horizontal displacement. 
Because lateral-bore casing installation is not a consideration in these wells, 
short-radius drilling techniques can be used to reach the target zones. 

Reservoir Considerations 

Stable, hard-rock formations, such as those found in the Austin Chalk, are 
appropriate for this type of well design. Many of these formations have steep 
decline rates in which high initial production is followed by rapid decline 
within a few months.  

The drainage objective for such a formation is to achieve the highest amount 
of initial production and to drain the reservoir as rapidly as possible, until 
either water coning or natural rate decline occurs. Any well expected to 
exhibit a high decline rate will be planned with quicker payout deadlines, 
thereby increasing the economic constraints on the project's viability.  
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Since this type of well design requires the commingling of production from 
each producing bore, the pore pressures of each target zone must be 
analyzed. This analysis ensures compatibility and minimizes crossflow or 
interference. Logging data, well-test information, and field experience in this 
type of reservoir are the primary tools used for analysis. Mud weight 
changes occurring as each lateral is drilled are also key indicators as to zone 
segment compatibility for commingled flow.  

Lateral-bore plugback and drilling redirection may occur "on-the-fly" during 
this type of operation to access areas of common reservoir characteristics. 
Core samples should be obtained, and rock stress properties should be 
tested for the determination of the relative stress planes and rock stability 
parameters.  

For openhole completions, stable, nonsloughing, heterogeneous hard rock 
reservoirs should be targeted. Otherwise, wellbore collapse and loss of 
production could result. Previous instances of wellbore collapse in openhole 
designs have occurred at the heel of the lateral (where the lateral bore 
initially departs the parent bore). The selected reservoirs should not require 
continuous intervention or selective isolation since casing strings will not be 
used. Re-entry access to any specific lateral bore will be a difficult trial-and-
error process and cannot be relied upon as an effective option.  

Installation Considerations 

Completion equipment installation and design requirements are minimal with 
this type of well program. Typically, a single string of production tubing is 
anchored to a packer that is set near the base of the parent casing. As 
required, landing nipples for plugging and safety valves can also be added. 
The production tubing string should allow maximum flow rates with minimal 
pressure drop to match the well's production parameters. 

Operational Considerations 

If planned properly, openhole multilaterals pose minimal risk. The major 
consideration in risk assessment is avoiding unreal expectations that the well 
will perform in a manner for which it was not designed. Water-coning 
tendencies should be studied, and risk should be assigned. This completion 
design allows no contingency for shutting off unanticipated water production, 
which could lead to complete loss of revenue-generating production. 
Wellbore collapse potential should also be reviewed, and risk should be 
carefully considered. Any known risk in a single horizontal well will be 
multiplied in multilateral wells. The openhole multilateral well should present 
no more manageable risk implications than other types of openhole 
completions. 
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Limited-Isolation/Access Multilateral Systems 

Applications 

As the reservoir requirements for zonal isolation and re-entry access become 
prerequisite for a successful long-term project, multilateral systems are 
available to address these needs. Figure 3-20 shows a system that isolates 
the flow entering the primary bore from the flow entering the lateral bore.  

 

Figure 3-20 Limited-isolation multilateral completion 

This type of installation is appropriate if one of the reservoirs will likely 
produce unwanted water or gas during the life of the well. This undesirable 
production can then be shut off from the producing bore. Expected pressure 
changes between the lateral-bore reservoir targets can also be managed 
through this "on/off" arrangement.  
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Reservoir Considerations 

Proper reservoir analysis and target selection are required as with any 
multilateral well design. However, the reservoir management capability 
offered through this type of completion system allows some control over 
reservoir incompatibility or nonperformance. As a result, zonal homogeneity 
becomes less critical.  

Installation Considerations 

As with openhole designs, this limited-isolation/access system does not allow 
casing to be set in the lateral bore and mechanically reconnected to the 
parent bore. This system does, however, allow re-entry into the lateral 
borehole during the drilling and initial completion phases. A stable, 
nonsloughing, hard-rock formation is the best candidate for this well design. 

When installed in the system, slotted liners hung on openhole inflatable 
packer anchors provide a means of hole-size maintenance and stability. If 
sand control problems are anticipated, prepacked screens can be installed in 
a similar manner.  

Since insertable openhole liners and tools cannot be mechanically 
reconnected to the parent casing, a nonpermeable section of stable shale or 
hard rock should be selected for the lateral exit. Failures in this type of 
installation tend to occur at the unprotected, openhole section adjacent to 
the parent-bore casing (the heel of the lateral). 

Before the system is installed (Fig. 3-20), the primary borehole should be 
drilled and cased below the point of the planned lateral exits. The primary 
bore may also be directionally drilled to penetrate lower target sands, 
serving as a producing bore. An alternative configuration involves placing 
the primary bore vertically through lower target sands for logging that will 
determine the exact sand location and thickness for enhanced accuracy of 
uphole lateral departures. 

Once the borehole is cased and logged, a retrievable whipstock is installed at 
the required lateral exit point. This wedge-shaped diverter is oriented for 
both depth and azimuth, with the sloped face of the tool aimed in the 
general direction of the planned lateral bore path. Sometimes, the design 
includes an integral anchor or separate packer that provides a stable, 
nonrotating base for the whipstock to engage, which helps maintain 
placement accuracy during drilling. Pilot mills, window mills, and watermelon 
mills are run against the face of the whipstock to cut away the section of 
casing opposite the diverter face. When this process is used, a full-gauge 
window opening is cut and sized in the casing. This opening allows required 
directional drilling assemblies to pass.  

For best results, the formation immediately adjacent to the exit window 
should be stable, nonsloughing, hard rock or shale. The window exit point 
should be selected while the directional drilling path is being planned, so that 
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the created bore track will allow for both target achievement and future liner 
or tool placement.  

Directional drilling assemblies and MWD and/or LWD tools drill the lateral 
borehole through the desired targets. After completion of the drilling phase, 
liner, screen, or other tools may be installed, with the face of the whipstock 
once again being used as a diverter into the openhole lateral bore. Once 
completed, the whipstock is retrieved from the parent bore, which allows 
access to lower lateral or parent bore zones.  

Additional lateral exits are created in a similar manner, with the process 
normally starting at the bottom of the parent wellbore and working up the 
hole. When lateral exits are started at the bottom, the previously created 
laterals can be temporarily plugged with retrievable bridge plugs as a means 
of preventing formation contamination from drilling or stimulation fluids used 
on subsequent laterals. Underbalanced drilling or other drilling and fluid 
systems can then be used on each lateral while well control is maintained, 
and unwanted zonal flow is prevented. Once all laterals have been drilled 
and stabilized, the plugs are removed, and the final phase of casing-
completion equipment is installed. 

Final completion scenarios for this type of well are numerous and offer more 
production management options than openhole multilateral wells. Typically, 
production packers are installed in the primary wellbore casing above and 
below each lateral exit point. Single or dual strings of production tubing 
could also be installed to commingle or segregate production as required. 
Sometimes, sliding sleeves are placed at the lateral exit point to provide 
on/off production control from each lateral bore. Through-tubing access 
sleeves could also be used, adjacent to the lateral exit. These access sleeves 
contain a precut window that aims toward the lateral borehole. The window 
may be shifted open through the use of through-tubing slickline or coiled 
tubing-conveyed tools. Once open, an internal deflector is installed that 
diverts strings of tools into the openhole section for future logging, tool 
actuation, or borehole stimulation. Figures 3-21 and 3-22 show some of the 
completion options available with this type of installation. 
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Figure 3-21 Limited-isolation/access multilateral completion (production is 
commingled) 
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Figure 3-22 Limited-isolation/access multilateral completion (production is 
segregated through dual tubing strings) 

When properly planned, limited-isolation/access designs pose fewer risks 
than openhole multilateral wells because additional production control 
options are available to adapt to changes in zonal inflow. 

Complete Multilateral System  

Applications 

A complete multilateral system provides two to five laterals from one new or 
existing wellbore. Applications for this type of multilateral system are similar 
to the limited-isolation/access design, but a complete multilateral system 
allows project designs for deepwater or subsea environments. In new wells, 
the exit portal must be capable of being placed in the vertical, inclined, or 
horizontal plane, and the window exit azimuth must be capable of being 
oriented after the primary casing string has been installed. The system must 
also be compatible with cementing operations for liners and/or slotted liners 
and prepacked screens for sand control.  
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When a complete multilateral system is used, the lateral wellbore is cased 
back to the primary bore exit, and the liner casing string is mechanically 
connected to the primary bore casing; the lateral- to main-wellbore junction 
must be hydraulically sealed. Any complete lateral bore or portions of any 
lateral can be isolated as needed to control the production inflow profile. 
Each lateral must also be accessible for re-entry without rig intervention. 
The system should allow for washdown methods that help transport long 
liners to the bottom, and it should accommodate high build rates (45 to 
60°/100 ft) after tools exit the lateral window junction. 

Reservoir Considerations 

Multilateral systems capable of delivering additional reservoir management 
options increase the choice of target zones. Again, proper reservoir modeling 
and target selection must occur during the project planning phase, and a 
stable, nonsloughing, impermeable shale or hard-rock formation is desirable 
at the exit site. If, however, target selection requires exit in unconsolidated 
sands or in the producing interval itself, the unconsolidated sand can be 
stabilized with cement or plasticized material. Since low to medium build 
rates will be used to simplify casing installation, engineers must select 
targets and plan drill paths with such considerations in mind.  

Installation Considerations 

During installation of a complete multilateral system, the primary bore is 
drilled, and the primary production casing string is cemented in place across 
all anticipated lateral-bore exit points. The primary bore is normally drilled 
into a producing zone and completed for final production.  

Temporary plugs are normally set above this lower zone to isolate it from 
fluids used to drill the upper lateral bores. If required, the lateral exit area 
can be pretreated through the use of oriented perforating and squeeze 
techniques, without damaging the lower primary zone. 

As shown in Fig. 3-23, a combination assembly consisting of a whipstock 
packer anchor, a hollow whipstock temporarily filled with a composite 
plugging material, and a starter mill are run to depth, oriented to the correct 
azimuth, and set hydraulically.  
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Figure 3-23 Running hollow whipstock and packer; orienting, and setting packer 

The starter mill is sheared loose from the now-anchored whipstock, and the 
first section of exit window is rotary-milled. Additional window and 
watermelon mills are run to open the exit portal to a full-gauge dimension 
(Fig. 3-24).  
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Figure 3-24 Window and watermelon mills used to ream/feather window 

Oil-based or special salt-sized drilling fluids are circulated to the surface in 
preparation for directional drilling of the lateral bore. Lower-bore isolation 
plugs and the internal plug contained in the whipstock anchor packer 
prevent contamination of the lower, completed producing zone.  

Directional-drilling bottomhole assemblies (BHAs) consisting of steerable 
drilling motors, MWD tools, and LWD tools are used for drilling the lateral 
bore to casing setting depth (Fig. 3-25).  
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Figure 3-25 Formation Bit and Directional Drilling Assembly Used to Drill Angle-Build 
Section of Hole 

Drilling-fluid additives and maintenance of mud weight are the primary 
concerns in regards to maintaining a stable borehole and preventing 
uncontrolled flow as pressured zones are encountered.  

The hole size must be consistent so that the casing can be properly set and 
cemented. Therefore, when drilling is complete, openhole caliper logs are 
run and analyzed. If necessary, hole-opening and reaming steps are then 
performed.  

A liner casing string assembly is made up and run to depth. This string 
consists of (1) float equipment for cement circulation, (2) applicable 
mechanical centralizers, (3) sufficient casing to extend 150 to 300 ft back 
into the primary bore, and (4) a hydraulically set liner hanger with a 
cement-compatible running tool (Fig. 3-26).  
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Figure 3-26 Run Lateral Liner and Cement in Hole 

Typical primary casing/lateral liner sizes are listed in Table 3-3. 

Table 3-3 Typical Primary Casing/Lateral Liner Sizes 

Primary Casing (in.) Lateral Liner (in.)  

13 3/8 9 5/8 

10 3/4 7 

9 5/8 7 

7 5/8 5 

7 4 1/2 

5 1/2 3 1/2 

4 1/2 2 7/8 

Unlike slimhole well designs, multilateral applications require larger casing 
and tubing diameters. For maximum benefit, the optimum primary casing 
size should be 9 5/8 in. or larger, allowing for the installation of a 7-in. liner. 
This selection allows (1) the use of widely available drilling, MWD, and LWD 
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tool sets, (2) the installation of large-diameter production packers, and (3) 
the use of tubing strings that are 3 ½ in. and larger.  

When the liner string has been positioned, circulation is established and 
fluids are changed as required for upcoming cementing operations. A special 
blend of cement and additives is then mixed and then pumped down and 
around the liner string. If long liners are used, multistage cement processes 
can be used to place general-purpose cement for the lower liner section and 
to place special sealant in the junction area. During cementing, casing 
rotation and reciprocation will help ensure complete cement coverage. Once 
proper displacement is achieved, wiper plugs are released from the surface, 
wiping the liner string of excess cement and providing a pressure block for 
setting the hydraulic liner hanger (Fig. 3-27). 

 

Figure 3-27 Placing Specialized Sealant at Junction 

The hydraulically sealed, cement-anchored lateral liner can now be 
perforated and completed with production packers, sliding sleeves, sand-
control tools, or other completion tools that are required to manage and 
produce the target reservoir. Any completion design used in single-bore 
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vertical or horizontal wells can be installed in the lateral liner string (Fig. 3-
28).  

 

Figure 3-28 Setting Packer in Lateral 

Additional openhole drilling out the lower end of the lateral liner may also 
occur to meet completion objectives requiring openhole prepacked screens 
or slotted liners (Fig. 3-29). 



 138 

 

Figure 3-29 Washdown System for Screens Run in Open Hole (Sized-Salt Mud 
Displaced) 

At this point, access to the lower producing bore is achieved. A milling 
assembly consisting of a retrievable downhole mill guide with an internal 
pilot mill is run into the well and positioned in the lateral liner across from 
the face of the plugged, hollow whipstock below the liner. The mill guide is 
oriented and depth-positioned by radioactive tags in the whipstock and 
conventional gamma ray and collar-locator electric-line logging practices.  

When positioned properly, the mill guide is hydraulically set, and the pilot 
mill is released. Timed, limited weight milling is used to cut a pilot hole 
through the side of the lateral liner in the vertical plane of the primary 
casing alignment (Fig. 3-30).  
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Figure 3-30 Run Round-Nose Mill Assembly to Complete Pilot Hole through Hollow 
Whipstock 

Large-diameter window and watermelon mills, used in follow-up runs, open 
the vertical access hole in the liner string and mill out the temporary 
plugging material in the hollow whipstock. This process creates a full-gauge 
hole that is dimensionally compatible with the drift diameter of the liner 
string (Fig. 3-31).  
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Figure 3-31 Run Packer Plug Mill Assembly to Remove Packer Plug 

Completion fluids are circulated through the well, and the final plugs are 
milled in the base of the whipstock anchor packer. Temporary isolation plugs 
can now be retrieved from the lower primary bore, and the lower zones are 
open for completion and production. Other lateral wellbores are then drilled 
and completed farther up the primary wellbore.  

After all installed lateral bores have vertical access to the primary bore, 
uphole primary bore completion equipment is installed. Completion options 
range from single-string, commingled flow designs to multistring, segregated 
production installations as shown in Figs. 3-32 and 3-33. 
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Figure 3-32 Advanced Multilateral Completion (Production Commingled) 
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Figure 3-33 Advanced Multilateral Completion (Production Segregated) 

Each lateral wellbore can be re-entered through the production tubing string 
with size-compatible tools or with a rig, if the tools required are larger than 
the tubing ID. Since all lateral exit bores are created from the "high" side of 
the primary bore, tools will track the low side of the primary bore, travel 
past the open lateral liners and remain in the primary bore unless they are 
mechanically forced into a selected lateral.  

As a means of tool deflection, a diverter tool is installed in the 
orienting/anchor nipple profile in each primary-bore whipstock anchor 
packer. As the diverter is set and anchored in the profile, the orienting track 
rotates the diverter face to align in the direction of the lateral bore. The 
diverter fills in the milled-out section of the lateral liner and serves as a 
temporary base to the liner; tools strike the deflector face and are guided 
into the lateral casing string (Fig. 3-34).  
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Figure 3-34 Re-entry Access for Full-Gauge Tools 

Slickline, coiled tubing, or jointed pipe-conveyed toolstrings can then be run 
into any selected lateral bore to shift sliding sleeves, set or retrieve plugs, 
perform production logging services, or pump stimulation chemicals or other 
chemicals into the lateral producing zone.  

The same diverter tool is used at each lateral. Plugs and downhole chokes 
can also be set to isolate any portion of any lateral or primary bore to shut 
off unwanted water or gas production, allowing production control over each 
zone or segment. 

Performance of Multilateral and 
Multibranch Wells 

Advantages and Drawbacks 

Multilateral wells have many of the same advantages and disadvantages as 
horizontal wells, only to a greater degree. The advantages generally include 
higher productivity indices, the possibility of draining relatively thin layers, 
decreased water and gas coning, increased exposure to natural fracture 
systems, better sweep efficiencies, and specific EOR applications such as 
steam-assisted gravity drainage. Drawbacks of multilateral wells include (1) 
higher initial costs, (2) increased sensitivity to heterogeneities and 
anisotropies (both stress and permeability), (3) sensitivity to poor (effective) 
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vertical permeability, (4) complicated drilling, completion, and production 
technologies, (5) complicated and expensive stimulation, (6) often slower 
and less effective cleanup, and (7) cumbersome wellbore management 
during production. Disadvantages specific to multilateral wells include 
difficult selection of appropriate candidates, interference of well branches (all 
of which should be optimized), crossflow, and difficult production allocation. 
In addition, if damage occurs during drilling, stimulation will be more difficult 
and far more costly than for vertical wells. 

Additional motivations to drill multilaterals include increased reserves per 
well because of increased drainage volume and better vertical and areal 
sweep, especially for irregular or odd-shaped drainage volumes. Reservoirs 
can be drained at enhanced economic efficiency, particularly when a limited 
number of slots is available (offshore) or when surface installations are 
expensive (in environmentally sensitive areas).  

Multilaterals are also attractive alternatives to infill drilling operations 
because existing surface installations can be used. (This feature is 
particularly important in tight or heavy oil formations.) In heterogeneous 
reservoirs (layered, compartmentalized, arbitrarily oriented fissure swarms), 
more oil and gas pockets can be exploited, and more fissures can be 
intersected.  

In anisotropic formations with unknown permeability directions, multibranch 
wells can reduce economic risk. Furthermore, multilateral wells can be used 
to balance the nonuniform productivity and injectivity of different layers. 
Finally, multilateral well systems provide an extensive source of information 
on the reservoir, which makes them a valuable tool for exploration and 
formation evaluation purposes. 

Production Predictions 

The following case studies demonstrate the attractiveness of multilateral 
horizontal wells.  

Multibranch Wells 

Retnanto and Economides (1996) examined four well configurations: (1) a 
2000-ft horizontal well along ky, (2) a 2000-ft horizontal well along kx, (3) a 
"cross" configuration of four laterals, which formed the equivalent of two 
2000-ft wells intersecting orthogonally at the reservoir middle, and (4) a 
"star" configuration with eight laterals, which formed the equivalent of four 
2000-ft wells intersecting at 45° angles at the reservoir center. For these 
studies, three permeabilities were used (kx = 0.1, 1, and 10 md). Figures 3-
35 and 3-36 show the major impact of permeability on the cumulative 
production ratio for the "cross" and "star" configurations vs. the base case of 
a single 2000-ft horizontal well.  
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Figure 3-35 Cumulative Production Ratio for Real Time for the "Cross" 
Configuration, ky = kx (from Retnanto and Economides, 1996) 
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Figure 3-36 Cumulative Production Ratio for Real Time for the "Star" Configuration, 
ky = kx (from Retnanto and Economides, 1996) 

For low reservoir permeability, this ratio is maintained at a high level for a 
considerable time. Multilaterals in low- to moderate-permeability reservoirs 
can produce with higher production rates, and therefore, with higher 
cumulative productions at early times compared to single horizontal wells.  

Both high- and low-permeability reservoirs exhibit productivity 
improvements with multilaterals during transient conditions. However, once 
pseudosteady state is reached, the increase in the productivity index is 
diminished. Multiple wells in the same drainage area will interfere with each 
other. Although high-permeability formations experience larger absolute 
productivity increases, they also experience interference effects earlier than 
other formations. Therefore, the relative economic benefit of multiwell 
configurations in high-permeability reservoirs begins to diminish quickly, 
while low-permeability formations exhibit interference effects much later, 
and the relative economic benefits are both higher and prolonged. 

In high-permeability reservoirs, an additional consideration emerges. 
Because of the high flow rates, the tubing in the parent wellbore could 
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hinder production, resulting in limited economic gain. Low-permeability 
formations are rarely tubing-constrained. 

A new reason to adopt multilateral horizontal wells is that they is reduce the 
economic risk associated with poor reservoir characterization in areally 
anisotropic formations and increase the incremental net present value (NPV) 
more than single horizontal well designs. The following case study compares 
single horizontal completions to a multilateral "cross" configuration in areally 
anisotropic reservoirs. The average horizontal permeability is 10 md, but the 
magnitudes and the direction of the horizontal permeability are uncertain. 
The study involves four horizontal permeability anisotropy ratios: 1:1 
(isotropic), 5:1, 10:1 and 50:1, and it shows the effect of well orientation by 
rotating both configurations within the horizontal plane. The economic base 
case is a 2000-ft, single horizontal well that is oriented in the optimal 
direction, perpendicular to the direction of maximum horizontal permeability. 
The index of anisotropy is equal to 3 and the thickness is 100 ft. Figure 3-37 
shows the incremental NPV for the "cross" configuration vs. the single-well 
base case.  

 

Figure 3-37 Incremental Net Present Value Ratio for the "Cross" Configuration 
Compared to the Single horizontal Well Base Case (from Smith et al., 1995) 
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The increases in incremental NPV are moderate; however, regardless of well 
orientation and areal anisotropy ratio, the incremental NPV is positive for the 
cross configuration. Compare this with Fig. 3-17, where much lower NPVs 
are shown for a misoriented horizontal well. Multilateral wells drilled at 90° 
to each branch can alleviate the effects and the risks of areal permeability 
anisotropy. 

Multilateral Wells 

The following case study demonstrates the attractiveness of multilateral 
horizontal wells with branches emanating from a horizontal parent wellbore. 
Figure 3-38 contains the normalized productivity index vs. tD for Ly = Lx 
compared to the base case. Lx is the horizontal parent hole and Ly is the tip-
to-tip length of the branches.  

 

Figure 3-38 Normalized Productivity Index for the Ly=Lx Configuration (ky = kx ) 
(from Retnanto et al., 1996) 

For this study, the base case is a 2000-ft long single horizontal well that is 
draining an isotropic reservoir. At early time, Branches 2, 4, 6, and 8 show 
about 2, 3, 4, and 5 times respectively, the base productivity index. 
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However, at the onset of pseudosteady state, these normalized productivity 
indices begin to decline in late time because of interbranch interference for 
both the isotropic and two anisotropic cases. Figure 3-39 presents the 
normalized productivity index and the number of branches for Ly = Lx. 
Clearly, for the areally isotropic case, the slope of the normalized 
productivity index becomes steeper as the number of branches increases.  

 

Figure 3-39 Normalized Productivity Index vs. Number of Branches (Ly=Lx) (from 
Retnanto et al., 1996) 

For the anisotropic cases, the slope of the normalized productivity index vs. 
branches is flatter. However, a smaller number of branches can provide a 
substantially higher productivity index when compared to a single horizontal 
well. Of course, in all cases, absolute incremental benefits must be assessed 
only with incremental discounted economics.  

Assuming $10/STB oil and a 25% time-value of money, Fig. 3-40 shows the 
3-year NPV.  
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Figure 3-40 The 3-Year Net Present Value (NPV) vs. Number of Branches (Ly=Lx) 
(from Retnanto et al., 1996) 

The revenue NPV of a single horizontal well in a permeability-isotropic 
reservoir is $2.5 million, whereas for the 5:1 and 50:1 horizontal 
permeability ratios, the revenue NPVs are $3.5 million and $5.8 million, 
respectively. Figure 3-40 also contains the revenue NPVs for multibranch 
configurations. The relative attractiveness of these branched wells and the 
optimum number of branches will depend on the net NPV, which must 
incorporate the cost of drilling and well completion. 

For example, an eight-branch configuration with a 5:1 areal permeability 
anisotropy would have an incremental revenue NPV of $2.8 million ($6.3 to 
$3.5 million). If the drilling and completion of the eight branches is less than 
this amount, they are financially attractive. Similar conclusions can be drawn 
for all other permeability anisotropies and corresponding numbers of 
branches. 
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Incremental Reserves 

Additional incremental benefits from horizontal and multilateral wells can be 
claimed from increases in the probable reserves. Increased production and 
probable reserves are sufficient motivations for investigating new and more 
innovative projects. For this study, the term "probable reserves" refers to 
the amount of reservoir oil contained in a box surrounding a shell that has a 
pressure equal to the initial reservoir pressure minus 1 psi after 1 year of 
production. Although this criterion may be appear to be somewhat arbitrary, 
it is a consistent and reliable measure of reserves. Figure 3-41 presents the 
calculated probable reserves for vertical, horizontal, and multilateral wells 
that are 20 to 500 ft thick. For all reservoir thicknesses, the increases in 
reserves from horizontal and multilateral wells are considerable. 

 

Figure 3-41 Probable Reserves from Vertical, Horizontal, and Multilateral Wells for a 
Range of Reservoir Heights 

In addition to the already considerable improvement in reserves realized 
from horizontal wells, the folds of increase in these reserves show a 
substantial preference for multilateral wells (Fig. 3-42).  
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Figure 3-42 Folds of Increase in Probable Reserves over a Vertical Well 

For increasing reservoir thickness, the folds decrease. For example, in a 50-
ft thick formation and Iani = 1 (Fig. 3-42), the folds of increase in reserves 
from a horizontal well and a multilateral well are 1.64 and 2.33 respectively, 
when compared to a vertical well. The multilateral well represents an 
additional 42% increase. However, in a 500-ft thick formation with the same 
index of anisotropy, these folds of increase are 1.49 and 2.59 respectively.  

Future Multilateral 
Applications/Advancements 

As multilateral wells become more common within the industry, applications 
will likely expand, just as they did when single horizontal technology become 
widely accepted. Following are some of the most likely future multilateral-
related developments. 

Instrumented Wellbores 

As wells become more complex, engineers will need to monitor various 
downhole conditions to ensure optimal reservoir management. The following 
wellbore instruments should provide improved reservoir management.  

• Real-time temperature and pressure survey tools will be 
installed in each lateral wellbore.  

• Downhole flowmeters, developed from surface-based 
technology, will record and report the flow rates at multiple 
locations within the well.  
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• Various instruments will allow the monitoring of interference 
at preset intervals within the laterals. Tools can then be 
actuated that will reduce or eliminate the interference and 
maintain or increase total production.  

• Equipment will be available that can monitor and report casing 
and tubing corrosion, allowing the treatment, repair, or 
replacement of affected casing or tubing.  

Interactive Reservoir Management 

Interactive reservoir management (IRM) refers to tools and processes that 
allow the well engineer to observe real-time events in each of the well 
laterals. When well conditions require modification, downhole tools can be 
remotely actuated for optimal well production. Processes such as subsurface 
fluid and gas separation and reinjection will be possible and are under 
development.  

Conclusions 

When proper formation evaluation techniques are used, multilateral and 
multibranch wells can solve many current petroleum reservoir management 
problems. Not only are the productivity or injectivity indices generally 
superior to those of vertical wells, but when used with other advancements 
in 3D seismic and reservoir modeling, multilateral wells allow re-entry into 
existing wells. As a result, the significant amounts of hydrocarbons left in 
place can be accessed and produced. The overall cost savings delivered by 
this single technology will allow increased exploration and production activity 
to occur.  
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Introduction 
No other technology used in petroleum well construction has evolved more rapidly than 
measurement-while-drilling (MWD), logging-while-drilling (LWD), and geosteering. 
Early in the history of the oilfield, drillers and geologists often debated environmental 
and mechanical conditions at the drill bit. It was not until advances in electronic 
components, materials science, and battery technology made it technically feasible to 
make measurements at the bit and transmit them to the surface that the questions posed 
by pioneering drillers and geologists began to be answered. 

The first measurements to be introduced commercially were directional, and almost all 
the applications took place in offshore, directionally drilled wells. It was easy to 
demonstrate the savings in rig time that could be achieved by substituting measurements 
taken while drilling and transmitted over the technology of the day. Single shots 
(downhole orientation taken by an instrument that measures azimuth or inclination at 
only one point) often took many hours of rig time since they were run to bottom on a 
slick line and then retrieved. As long as MWD achieved certain minimum reliability 
targets, it was less costly than single shots, and it gained popularity accordingly. 
Achieving those reliability targets in the harsh downhole environment is one of the dual 
challenges of MWD and LWD technology. The other challenge is to provide wireline-
quality measurements. 

In the early 1980s, simple qualitative measurements of formation parameters were 
introduced, often based upon methods proven by early wireline technology. Geologists 
and drilling staff used short, normal-resistivity and natural gamma ray measurements to 
select coring points and casing points. However, limitations in these measurements 
restricted them from replacing wireline for quantitative formation evaluation. 

Late in the 1980s, the first rigorously quantitative measurements of formation parameters 
were made. Initially, the measurements were stored in tool memory, but soon the 2-MHz 
resistivity, neutron porosity, and gamma density measurements were transmitted to the 
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surface in real time. In parallel with qualitative measurements and telemetry, widespread 
use of MWD systems (combined with the development of steerable mud motors) made 
horizontal drilling more feasible and therefore, more common. 

Soon, planning and steering horizontal wells on the basis of a geological model became 
inadequate. Even with known lithology of offset wells and well-defined seismic data, the 
geology of a directional well often varied so significantly over the horizontal interval that 
steering geometrically (by using directional measurements) was quickly observed to be 
inaccurate and ineffective. In response to these poor results from geometric steering, the 
first instrumented motors were designed and deployed in the early 1990s. Recent 
developments in MWD and LWD technology include sensors that measure the formation 
acoustic velocity and provide electrical images of dipping formations. 

Before this discussion of MWD and LWD technology, it should be understood that the 
terms MWD and LWD are not used consistently throughout the industry. Within the 
context of this chapter, the term MWD refers to directional and drilling measurements. 
LWD refers to wireline-quality formation measurements made while drilling. 

The purpose of this chapter is to describe the rationale behind the design of current 
MWD, LWD, and geosteering systems and to provide insight into the effective use of 
these systems at the wellsite. 

Measurement-While-Drilling (MWD) 

Although many measurements are taken while drilling, the term MWD is 

more commonly used to refer to measurements taken downhole with an 

electromechanical device located in the bottomhole assembly (BHA). 

Normally, the capability of sending the acquired information to the surface 

while drilling continues is included in the broad definition of MWD. Telemetry 

methods had difficulty in coping with the large volumes of downhole data, so 

the definition of MWD was again broadened to include data that was stored 

in tool memory and recovered when the tool was returned to the surface. All 

MWD systems typically have three major subcomponents of varying 

configurations: a power system, a directional sensor, and a telemetry 

system. 
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Power Systems 

Power systems in MWD may be generally classified as two types: battery 

and turbine. Both types of power systems have inherent advantages and 

liabilities. In many MWD systems, a combination of these two types of power 

systems is used to provide power to the toolstring with or without drilling 

fluid flow or during intermittent drilling fluid flow conditions.  

Batteries can provide tool power without drilling-fluid circulation, and they 

are necessary if logging will occur during tripping in or out of the hole. 

Lithium-thionyl chloride batteries are commonly used in MWD systems 

because of their excellent combination of high-energy density and superior 

performance at LWD service temperatures. They provide a stable voltage 

source until very near the end of their service life, and they do not require 

complex electronics to condition the supply. These batteries, however, have 

limited instantaneous energy output, and they may be unsuitable for 

applications that require a high current drain. Although these batteries are 

safe at lower temperatures, if heated above 180°C, they can undergo a 

violent, accelerated reaction and explode with a significant force. As a result, 

there are restrictions on shipping lithium-thionyl chloride batteries in 

passenger aircraft. Even though these batteries are very efficient over their 

service life, they are not rechargeable, and their disposal is subject to strict 

environmental regulations. 

The second source of abundant power generation, turbine power, uses what 

is available in the rig's drilling-fluid flow. A rotor is placed in the fluid stream, 

and circulating drilling fluid is directed onto the rotor blades by a stator. 

Rotational force is transmitted from the rotor to an alternator through a 

common shaft. The power generated by the alternator is not normally in an 

immediately usable form, since it is a three-phase alternating current of 

variable frequency. Electronic circuitry is required to rectify the alternating 

current (AC) to usable direct current (DC). Turbine rotors for this equipment 
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must accept a wide range of flow rates so that multiple sets of equipment 

will not be required to accommodate all possible mud pumping conditions. 

Similarly, rotors must be capable of tolerating considerable debris and lost-

circulation material (LCM) entrained in the drilling fluid. Surface screens are 

often recommended to filter the incoming fluid. 

Telemetry Systems 

Although several different approaches have been taken to transmit data to 

the surface, mud-pulse telemetry is the standard method in commercial 

MWD and LWD systems. Acoustic systems that transmit up the drillpipe 

suffer an attenuation of approximately 150 dB per 1000 m in drilling fluid 

(Spinnler and Stone, 1978). Advances in coiled tubing promise new 

development opportunities for acoustic or electric-line telemetry. Several 

attempts have been made to construct special drillpipe with an integral 

hardwire. Although it offers exceptionally high data rates, the integral 

hardwire telemetry method requires expensive special drillpipe, special 

handling, and hundreds of electrical connections that must all remain reliable 

in harsh conditions 

Low-frequency electromagnetic transmission is in limited commercial use in 

MWD and LWD systems. It is sometimes used when air or foam are used as 

drilling fluid. The depth from which electromagnetic telemetry can be 

transmitted is limited by the conductivity and thickness of the overlying 

formations. Some authorities suggest that repeaters or signal boosters 

positioned in the drillstring extend the depth from which electromagnetic 

systems can reliably transmit. 

Three mud-pulse telemetry systems are available: positive-pulse, negative-

pulse, and continuous-wave systems. These systems are named for the way 

their pulse is propagated in the mud volume. 



 159 

Negative-pulse systems create a pressure pulse lower than that of the mud 

volume by venting a small amount of high-pressure drillstring mud from the 

drillpipe to the annulus. Positive-pulse systems create a momentary flow 

restriction (higher pressure than the drilling mud volume) in the drillpipe. 

Continuous-wave systems create a carrier frequency that is transmitted 

through the mud and encode data using phase shifts of the carrier. Positive-

pulse systems are more commonly used in current MWD and LWD systems. 

This may be because the generation of a significant-sized negative pulse 

requires a significant pressure drop across the BHA, which reduces the hole-

cleaning capacity of the drilling fluid system. Drilling engineers can find this 

pressure drop difficult to deliver, particularly in the extended-reach wells for 

which the technology is best suited. Many different data coding systems are 

used, which are often designed to optimize the life and reliability of the 

pulser, since it must survive direct contact from the abrasive, high-pressure 

mud flow.  

Telemetry signal detection is performed by one or more transducers located 

on the rig standpipe, and data is extracted from the signals by surface 

computer equipment housed either in a skid unit or on the drill floor. Real-

time detection of data while drilling is crucial to the successful application of 

MWD in most circumstances. Successful data decoding is highly dependent 

on the signal-to-noise ratio. 

A close correlation exists between the signal size and telemetry data rate; 

the higher the data rate, the smaller the pulse size becomes. Most modern 

systems have the ability to reprogram the tool's telemetry parameters and 

slow down data transmission speed without tripping out of the hole; 

however, slowing data rate adversely affects log-data density. 

The sources of noise in the drilling-fluid pressure trace are numerous. Most 

notable are the mud pumps, which often create a relatively high-frequency 

noise. Interference among pump frequencies leads to harmonics, but these 
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background noises can be filtered out using analog techniques. Pump speed 

sensors can be a very effective method of identifying and removing pump 

noise from the raw telemetry signal. 

Lower-frequency noise in the mud volume is often generated by drilling 

motors. As the driller applies weight to the bit, standpipe pressure increases; 

as the weight is drilled off, standpipe pressure is reduced. The problem is 

exacerbated when a polycrystalline diamond-compact (PDC) bit is being 

used. Sometimes, the noise becomes so great that even at the lowest data 

rates, successful transmission can only occur when bit contact is halted and 

mud flow is circulated off-bottom. Well depth and mud type also affect the 

received signal amplitude and width. In general, oil-based muds (OBMs) and 

pseudo-oil-based muds (POBM) are more compressible than water-based 

muds; therefore they result in the greatest signal losses. This effect can be 

particularly severe in long-reach wells where OBM and POBM are commonly 

used for their improved lubricity. Nevertheless, signals have been retrieved 

without significant problems from depths of almost 9144 m (30,000 ft) in 

compressible fluids.  

Directional Sensors 

The state of the art in directional sensor technology for several years has 

been an array of three orthogonal fluxgate magnetometers and three 

accelerometers. Although in normal circumstances, standard directional 

sensors provide acceptable surveys, any application where uncertainty in the 

bottomhole location exists can be troublesome. 

Extended-reach wells, by nature of their measured depth, can suffer 

significant errors in bottomhole location. Geographical locations where the 

horizontal component of the earth's magnetic field is small affect directional 

sensor accuracy the most. Typical worst-case scenarios are seen when 

drilling east to west in the North Sea or Alaska. Sag in BHA components in 

high-angle or horizontal wells can also cause a systematic directional error. 
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Finally, diurnal variations in the earth's magnetic field, and local magnetic 

interference from BHA components can induce directional errors. Existing 

models for the prediction of errors in directional surveys were not designed 

for some of the extreme conditions encountered in today's drilling methods 

and well conditions. 

Numerous methods of varying effectiveness are available to help correct raw 

magnetic readings for interference. Early corrections assumed that all 

interference was axial (along the drillstring's axis); more recent methods 

analyze for both permanent and induced interference on three axes. If 

magnetic readings can be corrected for variations in the diurnal field, even 

greater confidence can be placed in the accuracy of bottomhole location. 

Along with uncertainties in the measured depth, bottomhole location 

uncertainties are one contributor to errors in the absolute depth. Note that 

all methods of real-time azimuth correction require raw data to be 

transmitted to the surface, which imposes load on the telemetry channel.  

Gyroscope (gyro)-navigated MWD offers significant benefits over existing 

navigation sensors. In addition to greater accuracy, gyros are not 

susceptible to interference from magnetic fields. Current problems with gyro 

technology center upon incorporating mechanical robustness, minimizing 

external diameter, and overcoming temperature sensitivity. 

MWD and LWD System Architecture 

As MWD and LWD systems have evolved, the importance of customized 

measurement solutions has increased. The ability to add and remove 

measurement sections of the logging assembly as wellsite needs change is 

valuable, thus prompting the design of modular MWD/LWD systems. 

Methods for such design and operational issues as fault tolerance, power 

sharing, data sharing across tool joints, and memory management have 

become increasingly important in LWD systems. 
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In most cases, a natural division in system architecture exists when tool 

(drilling collar) ODs are 4 3/4 in. or less. Smaller-diameter tool systems tend 

to use positive-pulse telemetry systems and battery power systems, and are 

encased in a probe-type pressure housing. The pressure housing and 

internal components are centered on rubber standoffs and mounted inside a 

drill collar. Some MWD/LWD systems, although located in the drill-collar ID, 

are retrievable and replaceable, in case tool failure or tool sticking occurs. 

Retrievability from the drill collar in the hole often compromises the system's 

mounting scheme and, therefore, these types of systems are typically less 

reliable. Since the MWD string can be changed without tripping the entire 

drillstring, retrievable systems can be less reliable but still be cost-effective 

solutions. 

In tool ODs of 6 3/4 in. or more, LWD systems are often turbine-powered 

since larger collar ODs enable optimal mud flow. When used with other 

modules, interchangeable power systems and measurement modules must 

both supply power and transmit data across tool joints. Often, a central 

stinger assembly protrudes from the lower collar joint and mates with an 

upward-looking electrical connection as the collar-joint threads are made up 

on the drillfloor. These electrical and telemetry connections can be 

compromised by factors such as high build rates in the drillstring and 

electrically conductive muds. Recent MWD/LWD designs ensure that each 

module contains an independent battery and memory so that logging can 

continue even if central power and telemetry are interrupted. Stand-alone 

module battery power and memory also enable logging to be performed 

while tripping out of the hole. 

Drilling Dynamics 

The aim of drilling dynamics measurement is to make drilling the well more 

efficient and to prevent unscheduled events. Approximately 75% of all lost-

time incidents over 6 hours are caused by drilling mechanics failures 
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(Burgess and Martin, 1995). Therefore, extensive effort is made to ensure 

that both the drilling mechanics information acquired is converted to a 

format usable by the driller, and that usable data are provided to the rig 

floor. 

The downhole drilling mechanics parameters most frequently measured are 

weight on bit (WOB), torque on bit (TOB), shock, and temperature. 

Downhole pressures, ultrasonic caliper data, and turbine speed can also be 

acquired. The data that are provided by these measurements are intended 

to enable informed, timely decisions by the drilling staff and thereby improve 

drilling efficiency. 

Stuck drillpipe is one of the major causes of lost time on the drilling rig. This 

condition is normally caused either by differential sticking of the drillstring to 

the borehole wall or by mechanical problems such as the drillstring becoming 

keyseated into the formation. Excessive friction applied to the string by a 

swelling formation can also cause downtime. Models have been developed 

that can calculate and predict an axial or torsional friction factor. These 

models are normalized to account for hole inclination and BHA configuration. 

A buildup in these friction factors usually suggests that preventive action 

(such as a wiper trip) is necessary. By directly comparing this information 

with the drilling history of adjacent offset wells, professionals can often 

determine whether problems are caused by formation characteristics or 

other mechanical factors such as bit dulling. 

To have a positive effect on drilling efficiency, drilling dynamics must have a 

quick feedback loop to the drilling decision-makers on the rig site. An 

example of quick feedback loop benefits is found in the identification of bit 

bounce. As downhole processing power has increased, recent advances have 

made it possible to observe the cyclic oscillations in downhole weight-on-bit 

(Hutchinson et al., 1995). If the oscillations exceed a predetermined 

threshold, they can be diagnosed as bit bounce and a warning is transmitted 



 164 

to the surface. The driller can then take corrective action (such as altering 

weight on the bit) and observe whether the bit has stopped bouncing on the 

next data transmission (Figure 4-1). 

 

Figure 4-1 Downhole sensors provide useful drilling measurements 
when combined with a user-friendly display 

Other conditions, such as "stick-slip" (intermittent sticking of the bit and 

drillstring with rig torque applied, followed by damaging release or slip) and 

torsional shocks can also be diagnosed and corrected. 

Another means of acquiring drilling dynamics data through the use of 

downhole shock sensors, has become increasingly popular in recent years. 

Typically, these sensors count the number of shocks that exceed a preset 

force threshold over a specific period. This number of occurrences is then 

transmitted to the surface. Downhole shock levels can be correlated with the 
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design specification of the MWD tool. If the tool is operated over design 

thresholds for a period, the likelihood of tool failure increases proportionally. 

A strong correlation, of course, exists between continuous shocking of the 

BHA and the mechanical failure that causes the drillstring to part. In most 

cases, lateral shock readings have been observed at significantly higher 

levels than axial (along the tool axis) shock, except when jarring the 

drillstring. Multiaxis accelerometers are available and enable a more detailed 

analysis of shock forces. 

Downhole pressure-measurement-while-drilling is an often misunderstood 

concept. Conventional formation testers, which isolate a section of formation 

from the borehole, are not currently available in "while-drilling" form. 

Pressure-measurement-while-drilling has proved valuable in extended-reach 

wells where long tangent sections may have been drilled. Studies performed 

on such wells have shown that hole cleaning can be difficult and that 

cuttings can build up on the lower side of the borehole. If this buildup is not 

identified early enough, loss of ROP and sticking problems can result. A 

downhole annulus pressure measurement can monitor backpressure while 

circulating the mud volume and, assuming that flow rates are unchanged, it 

can precisely identify when a wiper trip should be performed to clean the 

hole. Pressure measurements can also help monitor and alter mud weight 

and optimize equivalent circulation density (ECD). 

Historically, drilling dynamics measurements have not been commercially 

successful . Many rigsite staff choose to rely on experience gained rather 

than measurements made. A major reason for discounting the integrity of 

these systems is that the intelligence of the systems needs to be improved 

to prevent false alarms. The future of drilling dynamics measurements most 

probably lies with the MWD companies themselves as they demonstrate their 

product's effectiveness in integrated contracts. 
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Reliability and Environmental Factors 

MWD systems are used in the harshest operating environments. Obvious 

conditions such as high pressure and temperature are all too familiar to 

engineers and designers. The wireline industry has a long history of 

successfully overcoming these conditions. 

Most MWD tools can continue operating at tool temperatures up to 150°C. A 

limited selection of sensors is available with ratings up to 175°C. MWD tool 

temperatures may be 20°C lower than formation temperatures measured by 

wireline logs; this trend is caused by the cooling effect of mud circulation. 

The highest temperatures commonly encountered by MWD tools are those 

measured while running into a hole where the drilling fluid volume has not 

been circulated for an extended period. In cases such as this, it is advisable 

to break circulation periodically while running in the hole. Using a Dewar 

flask to protect sensors and electronics from high temperatures is common 

in wireline, where downhole exposure times are usually short. Using flasks 

for temperature protection is not practical in MWD because of the long 

exposure times at high temperatures that must be endured. 

The development of a broader range of high-temperature sensors in MWD is 

not governed by technical issues but rather economic ones. Electronic 

component life above 150°C is significantly shortened, imposing high 

maintenance and repair costs of tools. System reliability in the 150°C to 

175°C range can naturally be expected to suffer. Furthermore, battery-

powered systems, such as Lithium alloy cells, have a lower energy density 

and hence shorter (but still adequate) life in this temperature range.  

Downhole pressure is less a problem than temperature for MWD systems. 

Most toolstrings are designed to withstand up to 20,000 psi. The 

combination of hydrostatic pressure and system backpressure rarely 

approach this limit. 
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Shock and vibration present MWD systems their most severe challenges. 

Contrary to expectation, early tests using instrumented downhole systems 

showed that the magnitudes of lateral (side-to-side) shocks are dramatically 

greater than axial shocks during normal drilling. The exception to this rule is 

again when using jars on the drillstring. Modern MWD tools are generally 

designed to withstand shocks of approximately 500 G for 0.5 msec over a 

life of 100,000 cycles.  

A more subtle, but no less destructive, force is caused by torsional shock. 

The mechanism that induces torsional shock, stick-slip, is caused by the 

tendency of certain bits in rare circumstances to dig into the formation and 

stop. The rotary table continues to wind up the drillstring until the torque in 

the string becomes great enough to free the bit. When the bit and drillstring 

break free, severe instantaneous torsional accelerations and forces are 

applied. If subjected to repeated stick-slip, tools can be expected to fail. 

Many modern MWD devices are equipped with accelerometers that provide 

real-time measurements of the shock levels encountered and transmit these 

data to the surface. Drilling staff can then take remedial action to prevent 

either drillstring failure or MWD failure. No matter what preventive actions 

are taken however, some failures occur during drilling. A very high 

proportion of failures take place in the 5% of wells with the toughest 

environmental conditions. In these severe-condition wells, shock levels may 

exceed tool design specifications. 

Early work done to standardize the measurement and reporting of MWD tool 

reliability statistics focused on defining a failure and dividing the aggregate 

number of successful circulating hours by the aggregate number of failures. 

This work resulted in an mean-time between-failure (MTBF) number. If the 

data were accumulated over a statistically significant period, typically 2,000 

hours, meaningful failure analysis trends could be derived. As downhole 
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tools became more complex, however, the IADC published recommendations 

on the acquisition and calculation of MTBF statistics (Ng, 1989). 

A common misunderstanding exists between MTBF (which may be quoted as 

250 hours for a triple combo system) and the service interval (which may be 

quoted as 200 hours). The service interval refers to the point at which the 

device might normally be expected to fail because of battery-life exhaustion 

or seal failure if it is not replaced by a serviced tool. The MTBF, as its name 

implies, is a mean. Statistically, no more probability of a failure exists in 

Hour 250 than in Hour 25, if the system has been properly serviced and is 

running within design specifications. 

Drawing a parallel between automobiles and MWD systems, one commonly 

cited example illustrates the reliability challenge faced by MWD. For 

example, an automobile has an MTBF of 350 hours and it is being driven at 

60 mph. On average, it will travel 21,000 miles before breaking down, 

roughly the circumference of the earth at the equator. To be considered 

economically viable, MWD tools are expected to perform the equivalent of 

these automotive service figures without the benefit of the maintenance or 

refueling that is an everyday requirement in automobile operation. 

Logging While Drilling 

Perhaps more than any other service, the use of LWD and geosteering 

technology demands teamwork. Successful operations can often be traced 

back to good planning and communications among geology, drilling, and 

contractor staffs. If drilling staff members manage the contract, they may 

choose a device that is not well suited to the replacement of wireline in a 

particular environment. If geology staff fail to communicate well with the 

drilling staff, then the tool may be run in the BHA at a point that renders the 

data unusable. Important issues that must be discussed cross-functionally 
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include the location of tools within the assembly, flow rates, mud types, and 

stabilization.  

Resistivity Logging 

The electromagnetic wave resistivity tool has become the standard of the 

LWD environment. The nature of the electromagnetic measurement requires 

that the tool be typically equipped with a loop antenna that fits around the 

OD of the drill collar and emits electromagnetic waves. The waves travel 

through the immediate wellbore environment and are detected by a pair of 

receivers. Two types of wave measurements are performed at the receivers. 

The attenuation of the wave amplitude as it arrives at the two receivers 

yields the attenuation ratio. The phase difference in the wave between the 

two receivers is measured, yielding the phase-difference measurement. 

Typically these measurements are then converted back to resistivity values 

through the use of a conversion derived from computer modeling or test-

tank data. 

The primary purpose of resistivity measurement systems is to obtain a value 

of true formation resistivity (Rt) and to quantify the depth of invasion of the 

drilling fluid filtrate into the formation. A critical parameter in MWD 

measurements is formation exposure time, the time difference between the 

drill bit disturbing in-situ conditions and sensors measuring the formation. 

MWD systems have the advantage of measuring Rt after a relatively short 

formation exposure time, typically 30 to 300 minutes. Interpretation 

difficulties can sometimes be caused by variable formation exposure time, 

and logs should always contain at least one formation-exposure curve. 

A knowledge of formation exposure time does not, however, rule out other 

effects. Figure 4-2 shows a comparison between phase and attenuation 

resistivity with an FET of less than 15 minutes and a wireline laterolog run 

several days later. 
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Figure 4-2 Comparison of EWR and wireline resistivity in a deeply 
invaded, high-permeability sandstone reservoir (EWR formation 

exposure time was 15 minutes compared with 3 days for the wireline 
laterolog.) 

Even the attenuation resistivity has been dramatically affected by invasion, 

reading about 10 ohm-m, whereas the true resistivity is in the region of 200 

ohm-m. 

Another example, shown in Figure 4-3, illustrates invasion effects in the 

interval from 2995 to 3025 ft.  
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Figure 4-3 Effects of very deep invasion by conductive muds. The oil 
zone between 3058 and 3067 m was almost overlooked because its 

EWR resistivity response was masked by deep invasion 

Very deep invasion by conductive muds in the reservoir has caused the 2-

MHz tool to read less than 10 ohm-m in a 200-ohm-m zone. Between 3058 

and 3070 ft, the deep invasion has caused the hydrocarbon-bearing zone to 

be almost completely obscured. Only by comparison with the overlying, 

deeply invaded zone from 2995 to 3025 ft was this productive interval 

identified. 

Similarly, LWD data density is dependent upon ROP. Good-quality logs 

typically have graduations or "tick" marks in each track to give a quick-look 

indication of measurement swings with respect to depth.  
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Early resistivity systems emphasized the difference between the phase and 

attenuation curves and suggested that one curve was a "deep" (radius of 

investigation) curve and another a "medium" curve. Difficulties with this 

interpretation in practice (Shen, 1991) led to the development of a 

generation of tools that derive their differences in investigation depth from 

additional physical spacings. A model of the measurement proportions from 

different areas around the borehole is shown in Figure 4-4.  

 

Figure 4-4 Contribution of zones around the borehole to the total 
measurement for phase and attenuation resistivities 

Note that the attenuation measurement often reads deeper into the 

formation but has less vertical resolution than the phase measurement. 

Figure 4-5 shows a "tornado" chart that can be used to evaluate the invasion 

of saline or fresh mud filtrates. Identification and presentation of invasion 

profiles, particularly in horizontal holes, can lead to a greater understanding 

of reservoir mechanisms. 
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Figure 4-5 'Tornado' chart for the evaluation of saline or freshwater 
filtrates 

Many of the applications in which LWD logs have replaced wireline logs occur 

in high-angle wells. This trend leads to an emphasis in LWD on certain 

specialist-interpretation issues. 

The depth of investigation of 2-MHz wave resistivity devices is dependent on 

the resistivity of the formation being investigated. Measurement response of 

a device (both phase and attenuation) with four different receiver spacings is 

shown in Figure 4-6.  
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Figure 4-6 Depths of investigation for various spacings in formations 
of differing resistivity 

The region measured by the 25-in. (R25P) is based on a 25-in. diameter of 

investigation in a formation known to have a resistivity of 1 ohm-m. The 

phase measurement looks deeper (away from the borehole) and loses 

vertical resolution as the charts progress to greater resistivities. In contrast, 

the amplitude ratio at first looks deeper than the phase measurement, and 

the expected penalty of poorer vertical resolution is paid. In the most 

resistive case, the attenuation measurement shows a 129-in. diameter of 

investigation.  

Dielectric effects are responsible for some discrepancies between phase and 

attenuation resistivity measurements. In defining the transform from the 

raw measurement to the calculated resistivities, certain assumptions are 

made about the formation dielectric constant. Dielectric constants are 

believed to be from 1 to 10. In shales and shaly formations, however, this 

assumption about dielectric constant is false, and as a result, phase readings 

will read too low and attenuation readings will read too high. Errors are 

greatest in the most resistive formations. 
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Further discrepancies between phase and attenuation resistivity 

measurements may also be attributed to the effects of formation anisotropy. 

Anisotropy may also be responsible for the separation of measurements 

taken at different spacings or at different frequencies. Anisotropy effects are 

caused by differences in the resistance of formation when measured across 

bedding planes (Rv) or along bedding planes (Rh). An assumption is generally 

made that Rh is independent of orientation. As borehole inclination increases, 

the angle between the borehole and formation dip typically increases. When 

this relative angle exceeds about 40°, resultant effects become significant. 

Anisotropy has the effect of increasing the observed resistivity over Rh . 

Effects are greater on the phase measurements than the attenuation 

measurements and greater on longer receiver spacings than short ones. 

Wave resistivity tools are run in most instances where LWD systems are 

used, but toroidal resistivity measurements are desirable under some 

circumstances (Gianzero, 1985). Toroidal resistivity tools typically consist of 

a transmitter that is excited by an alternating current, which induces a 

current in the BHA. Two receivers are placed below the transmitter, and the 

amount of current measured exiting the tool to the formation between the 

receivers is the lateral (or ring) resistivity. The amount of current passing 

through the lower measuring point is the bit resistivity (Figure 4-7). 
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Figure 4-7 Ring and bit resistivity measurements showing good 
corroboration. Bit resistivity measurements have only recently 

become truly quantitative 

Because of the large number of variables involved, bit resistivity 

measurements have been difficult to quantify although there are signs that 

this is changing.  

In formations with high resistivities (greater than 50 ohm-m) or where thin-

bed identification is important, measurements with a toroidal resistivity tool 

may be more appropriate than measurements with other tool types.  

The log example in Figure 4-8 shows a case where 2-MHz measurements 

have saturated because of the high salinity of the mud.  
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If the drilling fluid is conductive or if conductive invasion is expected, then 

toroidal resistivity measurement is preferred. If early identification of a 

coring or casing point is crucial, then bit resistivity measurements give a 

good first look. In geosteering applications, toroidal bit resistivity 

measurements are an immediate indicator of a fault crossing. 

The first formation images while drilling were acquired through the use of 

toroidal resistivity tools. When a small-button electrode is placed on the OD 

of a stabilizer, the current flowing through that electrode can be monitored. 

The current is proportional to the formation resistivity in the immediate 

proximity. Effective measurements are best taken in salty muds with 

resistive formations. Vertical resolution is 2 to 3 in. and azimuthal resolution 

is less than 1 in. (Rosthal et al., 1996). With the tool rotating at least 30 

rpm, internal magnetometer readings are taken and resistivity values are 

scanned and stored appropriately. The tool memory capacity is adequate for 

150 hours of operation. At the surface, tool memory is dumped and the data 

are related to the correct depth. Quality checks are made to ensure that 

poor micro-depth measurements are not affecting the reading. 

Imaging while drilling can provide a picture of formation structure, 

nonconformities, large fractures, and other visible formation features. 

Azimuthal density devices may also be processed to provide dip information. 

Research into acquiring and transmitting stratigraphic azimuth and dip while 

drilling is in progress. 

Nuclear Logging 

Gamma ray measurements have been made while drilling since the late 

1970s. These measurements are relatively inexpensive although they 

require a more sophisticated surface system than is needed for directional 

measurements. Log plotting requires a depth-tracking system and additional 

surface computer hardware. 
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Applications have been made in both reconnaissance mode, where 

qualitative readings are used to locate a casing or coring point, and 

evaluation mode. Verification of proper MWD gamma ray detector function is 

normally performed in the field with a thorium blanket or an annular 

calibrator (Brami, 1991). 

The main differences between MWD and wireline gamma ray curves are 

caused by spectral biasing of the formation gamma rays and logging speeds 

(Coope, 1983).  

Neutron porosity ( n) and bulk density (ρb) measurements in LWD tools are 

typically combined in one sub or measurement module, and they are 

generally run together. Reproducing wireline density accuracy has proven to 

be one of the most difficult challenges facing LWD tool designers. Tool 

geometry typically consists of a cesium gamma ray source located in the drill 

collar and two detectors, one at a short spacing from the source and one at 

a long spacing from the source. Gamma counts arriving at each of the 

detectors are measured. Count rates at the receivers depend upon the 

density of the media between them. Density measurements are severely 

affected by the presence of drilling mud between the detectors and the 

formation. If more than 1 in. of standoff exists, the tendency of the gamma 

rays to travel the (normally less dense) mud path and "short circuit" the 

formation measurement path becomes overwhelming. Solving the gamma 

ray short-circuit problem is accomplished by placing the gamma detectors 

behind a drilling stabilizer. With the detector mounted in the stabilizer, in 

gauge holes, the maximum mud thickness is 0.25 in. and the mean mud 

thickness is 0.125 in. Response of the tool is characterized for various 

standoffs in various mud weights, and various formations and corrections 

are applied. 

Placing the gamma detector in the stabilizer does have some drawbacks. 

Detector placement can affect the directional tendency of the BHA. In 
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horizontal and high-angle wells, in which the density measurement is most 

frequently run, the stabilizer can sometimes hang up and prevent weight 

from being properly transferred to the bit. It is important to note that in 

enlarged boreholes, gamma detectors deployed in the drilling stabilizer do 

not accurately measure density. 

Assuming an 8 1/2-in. bit and an 8 1/4-in. density sleeve are used and the 

tool is rotating slowly in the hole, the average standoff is 0.125 in. and the 

maximum standoff is 0.25 in. If, however, the borehole enlarges to 10 in., 

the average standoff increases to 0.92 in., and the maximum standoff 

increases to 1.75 in. In big-hole conditions, very large corrections are 

required to obtain an accurate density reading. An example of an erroneous 

gas effect using older-generation density neutron devices in an enlarged 9 

7/6-in. hole is shown in Figure 4-9. 
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Figure 4-9 Density logs run with underguauge stabilizers in high-
angle wells can be severely affected. Quality control checks must be 

run on each log to ensure correct measurement of formation 
properties. 

Two approaches have been developed to obtain accurate density 

measurements in enlarged boreholes: an azimuthal density method and a 

constant standoff method. Azimuthal density links the counts to an 

orientation of the borehole by taking regular readings from a magnetometer 

(Holenka et al., 1995). When this method is used, the wellbore (which is 

generally inclined) is divided into four quadrants: bottom, left, right, and 

top. Incoming gamma counts are placed into one of the four bins. From this, 

four quadrant densities and an average density are obtained. A coarse 

"image" of the borehole can be obtained when beds of varying density arrive 

in one quadrant before another. Azimuthal density can be run without 

stabilization, but it relies on the assumption that standoff is minimal in the 

bottom quadrant of the wellbore. 

The other method of obtaining density in enlarged boreholes relies on 

constant measurement of standoff using a series of ultrasonic calipers 

(Moake et al., 1996). A standoff measurement is made at frequent intervals 

and a weighted average is calculated. High weight is given to gamma rays 

arriving at the detector when the standoff is low and low weight is given to 

those gamma rays that arrive when the standoff is high (Figure 4-10).  
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Figure 4-10 Use of ultrasonic measurements to compensate for mud 
effects 

This method attempts to replicate the wireline technique of dragging a tool 

pad up the side of the borehole. The constant standoff method can also be 

applied to neutron porosity tools. 

All density measurements suffer if the drillstring is sliding in a horizontal 

borehole with the gamma detectors pointing up (away from the bottom of 

the wellbore). To overcome this problem, orientation devices are often 

inserted in the toolstring. As the BHA is being made up, the offset between 

the density sleeve and the tool face is measured. Adjusting the location of 

the orientation device allows the density measurement to be set to the 

desired offset. While the drillstring is sliding to build angle, the density 

detectors can be oriented downward by setting the offset to 180°. 

LWD porosity measurements use a source (typically americium beryllium) 

that emits neutrons into the formation. Neutrons arrive at the two detectors 
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(near and far) in proportion to the amount they are moderated and captured 

by the media between the source and detectors. The best natural capture 

medium is hydrogen, generally found in the water, oil, and gas in the pore 

spaces of the formation. The ratio of neutron counts arriving at the detectors 

is calculated and stored in memory or transmitted to the surface. A high 

near/far ratio implies a high concentration of hydrogen in the formation and 

hence high porosity. 

Neutron measurements are susceptible to a large number of environmental 

effects. Unlike wireline or LWD density measurements, the neutron 

measurement has minimal protection from mud effects. Neutron 

source/detector arrays are often built into a section of the tool that has a 

slightly larger OD than the rest of the string. The effect of centering the tool 

has been shown (Allen et al., 1993) to have a dramatic influence on 

corrections required compared to wireline (Figure 4-11). 
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Figure 4-11 Effects of tool centering showing significant effects of 
corrections compared to wireline 

Standoff between the tool and the formation requires corrections of about 5 

to 7 porosity units (p.u.) per inch. Borehole diameter corrections can range 

from 1 to 7 p.u./in., depending on tool design. Neutron porosity 

measurements are also affected by mud salinity, hydrogen index, formation 

salinity, temperature, and pressure. However, these effects are generally 

much smaller, requiring corrections of about 0.5 to 2 p.u. 

Statistical effects are quite significant to nuclear measurements. 

Uncertainties increase as ROP increases. LWD nuclear measurements can be 

performed either while drilling or while tripping. Logging-while-drilling rates 

vary because of ROP changes, but they are typically range from 15 to 200 

ft/hr, whereas instantaneous logging rates can be significantly higher. 
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Tripping rates can range from 1500 to 3000 ft/hr. Typical wireline rates are 

about 1800 ft/hr and constant. Statistical uncertainty in LWD nuclear logging 

also varies with formation type. In general, log quality begins to suffer 

increased statistical uncertainties at logging rates above 100 ft/hr. This 

limits the value of logging while tripping to repeating formation intervals of 

particular interest. 

Acoustic Logging 

Ultrasonic caliper measurements while drilling have been introduced 

principally for improving neutron and density measurements. Caliper 

transducers consist of two or more piezoelectric crystal stacks placed in the 

wall of the drill collar. These transducers generate a high-frequency acoustic 

signal, which is reflected by a nearby surface, ideally, the borehole wall. The 

quality of the reflection is determined by the acoustic impedance mismatch 

between the original and reflected signal. Often, there are restrictions in the 

quality of the caliper measurement in wells with high drilling fluid weights. 

The ultrasonic caliper measurement's sensitivity to gas has led some to 

suggest its use as a downhole gas influx detector (Orban et al., 1991). 

Compared to the wireline mechanical caliper, the ultrasonic caliper provides 

readings with much higher resolutions.  

The major wireline measurement missing from the LWD suite until recently 

has been acoustic velocity. Acoustic data are important in many lithologies 

for correlation with seismic information. These data can also be a useful 

porosity indicator in certain areas. Shear-wave velocity can also be 

measured and can be used to calculate rock mechanical properties. Four 

main challenges in constructing an LWD acoustic tool are described as 

follows (Aron et al., 1994): 

• Preventing the compressional wave from traveling down the drill collar and 
obscuring the formation arrival. Unlike wireline tools, the bodies of LWD 
tools must be rigid structural members that can withstand and transmit 
drilling forces down the BHA. Therefore, it is impractical to adopt the 
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wireline solution of cutting intricate patterns into the body of the tool to 
delay the arrival of the compressional wave. Isolator design is crucial and 
is still implemented to enable successful signal processing in a wide 
variety of formations, particularly the slower ones [those having a 
compressional delta time ( tC) slower than approximately 100 µsec].  

• Mounting transmitters and receivers on the OD of the drill collar without 
compromising their reliability  

• Eliminating the effect of drilling noise from the measurement  
• Processing the data so that it can be synthesized into a single tC and so 

that this data point can be transmitted by mud-pulse. This is particularly 
challenging, given the large quantity of raw data that must be acquired 
and processed.  

In its most basic form, an acoustic logging device consists of a transmitter 

with at least two receivers mounted several feet away. Additional receivers 

and transmitters enhance the measurement quality and reliability. The 

transmitters and receivers are piston-type piezoelectric stacks that operate 

in the 20-kHz range, far from drilling noise frequencies. Drilling noise has 

been shown to be concentrated in the lower frequencies (Figure 4-12).  

 

Figure 4-12 Drilling noise is concentrated in the lower freqencies 
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A data acquisition cycle is performed as the transmitter fires and the 

waveforms are measured and stored. Arrival time is measured from the time 

the transmitter fires until the wave arrives at each receiver. From this 

acoustic velocity information, the tool's downhole data processing 

electronics, using digital signal processing techniques, calculates the 

formation slowness or tC . This value is the reciprocal of velocity and is 

expressed in units of sec/ft. Waveforms are also stored in tool memory for 

later processing at the surface when the memory is dumped. 

A development of the basic configuration is the compensated measurement 

(Minear et al., 1995). In this transmitter/receiver array, an additional 

transmitter is mounted an equal distance on the other side of the receivers 

and a standoff transducer is added. The classical wireline advantages gained 

by compensating acoustic measurements are that the effects of sonde tilt 

and borehole washouts are virtually eliminated from the log. Even more 

significant in LWD than wireline is the fact that compensation provides 

redundancy in the measurement. An upper and a lower tC are calculated. 

These two tC values provide a good preliminary indication of the quality of 

the downhole processing. If these values are relatively equal, processing is 

more likely to be correct. Memory size is very important in LWD acoustic 

tools. Typically, LWD acoustic tools require 10 to 20 times the memory 

capacity of other LWD devices to accommodate waveform storage. 

The log in Figure 4-13 shows an example of a log processed at the surface 

from waveforms stored downhole.  
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Figure 4-13 Comparison of wireline and LWD acoustic 
measurements showing that acoustical size minimizes washout 

problems 
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Here, the tC values have been reprocessed from the stored waveforms. 

When compared with a wireline log, this log is clearly less affected by the 

washout below the shoe and in the shale at X235 MD. LWD acoustic devices, 

by nature of their size, fill a much larger portion of the borehole than 

wireline devices and are less susceptible to the effects of borehole washout. 

The standoff measurement added to LWD acoustic tools can provide a useful 

indication of borehole conditions. 

Synthetic seismograms can be produced when acoustic and density data are 

combined, which yield valuable correlations with seismic information. In 

certain acoustic applications, the shear-wave component can be extracted 

from the waveform and can be used to compute rock mechanical properties. 

Depth Measurement  

Good, consistent estimates of the absolute depth of critical bed boundaries 

are important for geological models. A knowledge of the relative depth from 

the top of a reservoir to the oil/water contact is vital for reserve estimates. 

Nevertheless, of all the measurements made by wireline and LWD, depth is 

one of the most critical, yet it is the one most taken for granted. Depth 

discrepancies between LWD and wireline have plagued the industry.  

LWD depth measurements have evolved from mudlogging methods. Depth 

readings are tied, on a daily basis, to the driller's depth. Driller's depths are 

based on measurements of the length of drillpipe going in the hole and are 

referenced to a device for measuring the height of the kelly or top drive with 

respect to a fixed point. These instantaneous measurements of depth are 

stored with respect to time for later merging with LWD downhole memory 

data. The final log is constructed from this depth merge. 

On fixed installations, such as land rigs or jackup rigs, a number of well-

documented sources exist that describe environmental error being 

introduced in the driller's depth method. Floating rigs can introduce 
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additional errors. One study suggested the following environmental errors 

would be introduced in a 3000 m well (Kirkman and Seim, 1989).  

Drillpipe Stretch: 5- to 6-m Increase 

The weight of the string itself causes the bit to be significantly deeper than it 

was measured on surface. An additional effect can be noted when the driller 

allows the weight on bit to be drilled off. In this case, the bit may drill up to 

2 m of formation without any measurable increase in depth at the surface. 

All new data recovered will be logged at the same depth. 

Conversely, applying weight to the bit can lead to an apparent depth 

increase of up to 2 m as the drillpipe "squats" inside the hole. Pipe-squatting 

effects can cause a boundary to be logged at one depth by a density sensor; 

then by the time the neutron porosity log is run over the same interval, 

additional weight may be applied to the bit, causing pipe squat to occur and 

the boundary bed to appear (erroneously) to have shifted downhole by 1 m. 

Thermal Expansion: 3- to 4-m Increase 

Thermal effects, over the length of a 3000-m wellbore at 100°C higher than 

the drillpipe was measured on the surface, can cause considerable axial 

expansion. 

Pressure Effects: 1- to 2-m Increase 

Circulating pressures exerted on the drillpipe can cause collective axial 

length increase. 

Ballooning: 2-m Decrease 

The collective outward radial forces exerted on the ID of the drillpipe cause 

an overall contraction along the drillstring longitudinal axis. 
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In addition to the actual environmental effects on the drillstring, depth 

measurement techniques themselves have inherent errors associated with 

them. The two principal methods each have drawbacks. The measuring-

cable method (geolograph wire) can be affected by high winds pulling more 

of the cable from the drum than is necessary. A second method, which uses 

an encoding device on the shaft of the draw-works, induces error because it 

cannot compensate for the number of cable wraps on the drum. Outer wraps 

have more depth associated with a revolution of the drum than inner wraps.  

Floating rigs have special problems associated with depth measurements. 

Errors are principally caused by rig heave and by tidal action. In LWD, these 

effects are sufficiently overcome by the placement of compensation 

transducers on the relatively fixed rucker line. 

Wireline measurements are also significantly affected by depth errors, as 

shown by the amount of depth shifting required between logging runs, which 

are often performed only hours apart. Given the errors inherent to depth 

measurement, if wireline and LWD ever tagged a marker bed at the same 

depth, it would be sheer coincidence. 

Environmentally corrected depth would be a relatively simple measure to 

implement in LWD. Although this measure would certainly reduce depth 

errors, it most probably would not eliminate them. The "cost" of corrected 

depth is an additional depth measurement that must be monitored. The 

industry has yet to indicate that this additional measurement is merited. 

Running a cased-hole gamma ray during completion operations is a practice 

adopted by many operators as a check against LWD depth errors and lost 

data zones. 

Geosteering 

Although horizontal wells were occasionally drilled before the advent of 

MWD, the early 1990s saw a dramatic increase in horizontal activity. This 
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drilling anomaly was a result of a combination of factors. Offshore, many of 

the structures installed during the late 1970s and early 1980s needed to tap 

fresh reserves to remain commercial. Previously bypassed formations began 

to look accessible and appealing with the introduction of horizontal 

completion techniques. The more widespread use of 3D seismic techniques 

identified multiple small targets that showed economic potential if produced 

with horizontal technology. Several authorities suggested that during the 

planning of a well, the question should not be, "Shall we drill a horizontal 

well?" but, "Why should we drill a vertical well?" 

Geosteering Tools 

Most early horizontal wells were drilled using MWD and steerable systems in 

the traditional way with measurement arrays located up to 80 ft behind the 

bit. Geologists created a prognosis and the well planner would provide a 

trigonometric well path. The directional driller would follow the planner's 

path and hope that it intersected the payzone. In thicker zones, 

trigonometric steering is still practiced successfully. However, in thinner 

zones (less than 15 ft thick) it was soon recognized that MWD geological 

measurements could help steer the wellbore to and through the payzone, 

thus maximizing well efficiency. Efficiency is defined as the percentage of the 

well path passing through the payzone divided by the well's total horizontal 

length. Efficiency is closely related to productivity, and one study in the 

North Sea suggested that the effect of reducing a net horizontal hole from 

2000 ft to 1000 ft was a 30% productivity loss (Peach and Kloss, 1994). 

A good definition of geosteering is "the drilling of a horizontal or other 

deviated well, where decisions on well path adjustments are made based on 

real-time geological and reservoir data." Biostratigraphy and analysis of 

relative hydrocarbons in the drilling-mud gases can also be used effectively 

where ROPs are low. If the ROP is sufficiently low and the sensors are 
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located an excessive distance behind the bit, biostratigraphy and relative 

hydrocarbon data may arrive before real-time MWD. 

To avoid the multiple difficulties of trying to steer the well from far behind 

the bit, instrumented motors were developed. These drilling motors have 

onboard sensors to measure resistivity, gamma, and inclination. The data 

are sent back to the main mud pulser by a telemetry link, and the data are 

then subsequently sent to the surface. Typical telemetry links currently used 

include a hardwire routed through the motor or electromagnetic 

transmission. Although acquiring data close to the bit is important, designers 

must be careful not to compromise either the predictability of the motor or 

its ability to change path. A BHA used for geosteering is shown in Figure 4-

14. 

 

Figure 4-14 A typical geosteering bottomhole assembly 
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Downhole adjustable stabilizers are often run in combination with extended-

reach geosteering applications. The blade diameter of the adjustable 

stabilizer is addressable from the surface. Thus, inclination may be 

controlled without resorting to sliding the drill motor. Resultant lower friction 

gives the BHA the advantage of a greater reach.  

Many geosteering authorities believe that the most important sensor in an 

instrumented motor is not a formation sensor, but the inclinometer. This 

belief in inclinometer importance is even more true now that data can be 

acquired and transmitted during rotation. Any deviation from the planned 

TVD can be instantly observed and corrected. Early deviation recognition 

reduces the tortuosity of the wellbore and enables extended reach. Having 

inclination data at the bit immediately confirms that the corrective action 

was successful. It has been suggested that every foot the sensor is back 

from the bit leads to 2 ft in the recovery distance (Kashikar and Lesso, 

1996). Other significant factors that affect the recovery distance are angle of 

incidence, reaction time, correction curve rate, hold distance, changes in 

structure, and curve distance to recovery (Figure 4-15). 
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Figure 4-15 Factors affecting the re-entry of a payzone exited by 
mistake 

The relative merits of the various formation measurements are application-

dependent. All rely on a good contrast between different marker beds or 

fluids. In most wells, either gamma or resistivity can provide a good 

indication. The best type of resistivity measurement (toroidal or wave) may 

vary, although resistivity data should always be available at the bit. In some 

geologic areas, neutron porosity and density measurements are the primary 

steering tools. 

Two different approaches are currently being taken to geosteer with 

resistivity. The first approach includes a shallow-reading measurement at 

the bit. The second integrates an electromagnetic wave reading into the 

motor, farther behind the bit. 
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The resistivity-at-bit method is an extension of the toroidal method 

described in Section 4-3.1. In water-based mud, the electrical current 

passes down the body of the mud motor and exits into the formation. In oil-

based mud, current flow relies on direct contact with the formation, achieved 

through the bit teeth contacting the formation. When logging occurs with a 

toroidal tool in oil-based drilling fluid, an electromagnetic device is usually 

run farther up the hole for formation evaluation purposes. Often, difficulties 

arise in resolving differences between the two resistivity measurements. 

Toroidal measurements can detect an approaching conductive bed more 

readily than an approaching resistive boundary. A further refinement, 

applicable in water-based drilling fluids, is a small button electrode. The 

electrode is linked to the high side of the motor, and in water-based muds, 

and it indicates whether the approaching bed is above or below the motor. 

The second approach to geosteering with resistivity involves repackaging a 

standard wave resistivity measurement around an extended joint in the 

middle of the drilling motor. Very deep measurements can be made by 

altering the frequency of the transmission (from 2 MHz to 400 kHz). As the 

wellbore approaches the boundary, the resistivity reading will begin to 

deviate from its previous value. In most cases, it is unlikely that a change of 

less than 20% will be significant. Although this method does sense 

approaching beds from farther away, the depth of investigation may be 

counterproductive in thinner reservoirs. The electrode is necessarily 15 ft 

back from the bit and will not detect faults as quickly as a true at-bit 

measurement (Figure 4-16).  
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Figure 4-16 The advantages of having a deep measurement 
compared to a shallower measurement at the bit 

Currently, no azimuthal measurements of wave resistivity are available. In 

practice, given the relatively high percentage of geosteered wells that are 

drilled with oil-based muds, azimuthal resistivity has a narrow application. 

In the geosteering environment, measurement issues such as formation 

anisotropy, shoulder-bed effects, and polarization horns become concerns. 

These formation characteristics must be modeled for a variety of well 

trigonometries. These models are used later as an aid to real-time 

interpretation at the rigsite. 

The response of gamma ray devices can be made azimuthal. Indeed, the off-

center packaging of most instrumented motors dictates that the detectors 

will be more sensitive to an approaching bed on one side of the motor than 
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the other. This effect can be exploited by shielding the detector and linking it 

to magnetometers so that either up, down, or quadrant information can be 

obtained. Azimuthal gamma ray measurements are principally useful for 

indicating whether the drillstring has exited the top or the bottom of a bed. 

Geosteering Methods 

Cross-functional teamwork and planning are the keys to success in 

geosteering wells. Typical geosteering team participants include 

geoscientists, drilling staff, the geosteering coordinator, and the directional 

driller.  

Given the input data, the responsibility of the geoscientist is to provide an 

expected geological structure for the well. 

The geosteering coordinator constructs a series of contingency-forward 

models. These models predict the response of the formation sensors to a 

different well path throughout the payzone. Factors that affect the path 

include formation thickness, shoulder bed effects, and the size of 

polarization horns. Figure 4-17 shows an example of geosteering in which an 

offset induction-gamma ray log from a vertical well is used as input.  
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Figure 4-17 A typical payzone steering model 

The expected geosteering response at a given depth is predicted and 

displayed in the horizontal plane above the planned well trajectory. Two thin 

beds, evident in the wireline log above the main payzone, appear thicker on 

the geosteered log because of the inclination of the well. 

Time is a luxury that the geosteering team rarely has for making decisions. 

At a typical drilling rate of 30 ft/hr, the engineer receives an average of two 

datapoints per foot of hole drilled. Figure 4-18 shows the actual log 

transmitted, alongside the model.  
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Figure 4-18 Actual log compared to model 

All the information correlates until the upper sand is exited. At this point, a 

rapid decision must be made about how to steer the well. Azimuthal testing 

can help determine which direction to drill. This testing involves placing 

azimuthal sensors above, at, and below the point in the wellbore where the 

unexpected event occurred. After taking a series of azimuthal 

measurements, the geosteering team can use this information to take the 

best remedial action to correct the geological model with known data. In 

practice, azimuthal data must be acquired and transmitted carefully since 

there is a possibility of washing out the hole or creating an inadvertent 

sidetrack in the wellbore. The effective presentation of data to make the 

decision-making process more intuitive is one of the primary challenges 

facing geosteering development in the years to come. 

Uses of Log Data 
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Log data, whether acquired by wireline or LWD technology, have a wide 

range of applications, the most common of which relate to evaluation of the 

properties of formations penetrated and the fluids they contain. Examples of 

these applications include  

• Reservoir characterization (lithology, mineralogy, producibility)  
• Identification of hydrocarbons  
• Discrimination of reservoir fluid types (gas, liquid)  
• Quantification of hydrocarbon volumes (porosity, saturation)  
• Structural and stratigraphic studies  
• Evaluation of source rock and seal  

All of these applications (and many more) fulfill critical roles in the task of 

finding and producing oil and gas. This section summarizes key aspects of 

the application of log data to the characterization of reservoirs and the 

identification and quantification of the hydrocarbons they contain. Although 

many different wireline logging tools have been designed to answer these 

questions, the following discussion will deal only with those tools that are 

currently in common LWD use and those that form a basic logging suite: 

gamma ray, resistivity, density and neutron (Jackson and Heysse, 1994; Tait 

and Hamlin, 1996). 

Reservoir Characterization 

Perhaps the most fundamental of all issues addressed by log data is the 

discrimination of reservoir and nonreservoir rocks, In elastic rock sequences, 

this practice commonly entails using the gamma ray curve to separate 

sandstones (reservoir) from shales (nonreservoir). Shales contain high 

percentages of clays with associated radioactive potassium and thorium, 

giving rise to high gamma ray (GR) count rates. Sandstones, however, are 

commonly quartz-rich and result in relatively lower gamma ray counts 

(Figure 4-7). In certain environments, sandstones may contain high levels of 

other minerals, such as potassium, feldspar, and mica which, because of 

their associated radioactive potassium, result in high gamma ray count 

rates. These "hot" sandstones may be mistaken for shales and require 
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density and neutron logs to characterize correctly. (See Figure 4-7 between 

3912 and 3919 m.) 

Between these two end members is a continuum of shaly sandstones and 

siltstones that can contain abundant clay but can still contain hydrocarbons. 

In these reservoirs, it is imperative to quantify accurately the percentage of 

clay that occupies porespace, which reduces the porosity or storage capacity 

of the reservoir and dramatically reduces the permeability or flow capacity of 

the reservoir. 

The percentage of clay in a sandstone is commonly referred to as the shale 

volume, (Vsh). In the absence of "hot" sandstones, shale volume may be 

calculated by using Equation 4-1: 

(4-1) 

where GR is the gamma ray log measurement, GR min is the gamma ray 

measurement in clean (no clay) sandstone, and GR max is the gamma ray 

measurement in shale. 

Identification and Quantification of Hydrocarbons 

All fluids in sedimentary rocks occur within the void space between the 

mineral grains, or matrix. Before the absolute value of such fluids, whether 

water, oil, or gas can be quantified, this void space or porosity must first be 

quantified. 

Porosity 

The density neutron tool combination is the primary source of porosity 

information used in LWD logging today because of its versatility as a 

porosity, gas, and shale indicator when compared to the difficulty of making 

a sonic transit time measurement in the harsh drilling environment. 
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Before any quantitative work, it is imperative to check that the logs are 

measuring correctly. To ensure accuracy, the logging contractor must 

compute neutron porosity in units that are compatible with the formation 

lithology limestone or sandstone). The density log should then be scaled so 

that it overlies the neutron in a clean (no clay), water-saturated reservoir. 

Typical scales appear in Table 4-1. 

Table 4-1 Typical Scales 

Lithology Limestone Sandstone 
Neutron (p.u.) 45 -15 60 0 
Density (gm/cm3) 1.95 2.95 1.65 2.65 

 Where the lithology is sandstone but the neutron has been calculated in limestone units, 
the simple expedient of plotting density on a scale of 1.82 to 2.82 gm/cm3 will achieve a 
similar overlay (Figure 4-7 between 3920 and 3933 m). When this technique was used 
(Figure 4-9), the apparent gas effect in the known water-saturated sandstone below 3400 
m in Track 2 was immediately recognized as bad log data. Use of the original data 
resulted in an overcalculation of porosity by 6.7 p.u., or a 29% error in volume. After the 
density log was corrected, the expected response was observed (Track 3), and the 
calculated porosity was consistent with surrounding wells. 

Once the quality of the logs has been checked, the porosity can be 

calculated. If calculated with the appropriate matrix, neutron porosity ( n) 

can be read directly off the log, although care should be taken to check 

which corrections have been made to this log. 

Density porosity ( d ) can be calculated from the following equation: 

(4-2) 

where ma is the matrix grain density (gm/cm3), b is the bulk density 

(gm/cm3), and f is the formation fluid density (gm/cm3). 

Formation porosity is then estimated by averaging density and neutron 

porosities: 
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(4-3) 

The porosity calculated is the total porosity ( t) available for fluid storage. In 

elastic rocks, total porosity can be broadly subdivided into macro- and 

micro-porosity. 

Macro-porosity is commonly associated with the term "effective" porosity (

e), which has many definitions, all of which attempt to define the percentage 

of the total porosity that is available to the storage of moveable fluids; 

therefore, this pore volume is capable of storing producible hydrocarbons. 

Micro-porosity, often termed "ineffective" porosity, is that percentage of the 

total porosity that is filled with immovable formation water, bound in place 

by a range of physical and chemical processes. This pore volume ( sh ) is 

commonly associated with clay and other fine-grained particles; this volume 

is unavailable to hydrocarbon storage. 

Effective porosity may be calculated using the following equation: 

(4-4) 

Where t is the total porosity (fraction), e is the effective (macro-) porosity 

(fraction), sh is the shale (micro-) porosity (fraction), and Vsh is the shale 

volume (fraction). 

Water Saturations 

In clean formations, (total) water saturation can be calculated using the 

Archie equation: 

(4-5) 
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where Swt is the percentage of the porosity filled with water (fraction), Rw is 

the formation water resistivity (ohm-m), Rt is the true formation resistivity 

(invasion corrected, ohm-m), a is the tortuosity (~1), m is the cementation 

factor (~2), and n is the saturation exponent (~2). 

Equation 4-5 breaks down in formations of shaly or complex lithologies. To 

calculate total water saturation in these reservoirs, more complex equations 

such as dual water equations or the Waxman-Smits equation are required to 

account for excess conductivity related to clays or other conductive minerals 

(Dewan, 1903; Serra, 1984). Once total water saturation has been 

calculated in these formations, it is commonly divided into effective and 

ineffective water saturation, on the assumption that hydrocarbon can be 

reservoired only in effective (macro-)porosity, whereas water occurs in both 

(Figure 4-19).  

This saturation can be calculated by using the equation 

(4-6) 

 

Figure 4-19 Hydrocarbon saturation in complex lithologies is 
assumed to occur only in the effective porosity first 
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which can be rewritten as  

(4-7) 

where t is the total porosity (fraction), e is the effective (macro-) porosity 

(fraction), Swt is water saturation in total porosity (fraction), and Swe is water 

saturation in effective porosity (fraction). 

Formation Evaluation with LWD Instead of Wireline 

Intensive efforts have been made by LWD contractors to design and 

manufacture reliable tools that will provide measurements that are 

representative of formation properties. In addition, operators have gone to 

great expense running LWD/wireline comparisons to ensure consistency of 

these measurements. Despite these efforts, differences still remain because 

of the differing formation exposure times and logging environment 

confronted by LWD and wireline tools, and the differing technologies that 

have been used. In addition, the industry is now using LWD to drill and log 

high-angle, extended-reach wells never before contemplated with wireline 

technology. 

The following is a summary of the observed differences between LWD and 

wireline data that could lead to errors in quantifying formation properties. 

Depth Control 

As discussed in Section 4-3.4, a difference of 5 to 10 ft between LWD and 

wireline depth systems is common and may take the form of incremental 

stretch or squeeze or the loss or gain of entire sections of data. Before any 

quantitative work being attempted, it is essential that all logs be exactly on 

depth. Therefore, a cased-hole gamma ray log should be run immediately 

after the casing so that any significant depth discrepancies can be identified. 

These depth discrepancies will affect each detector at different depths 
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because of their different locations on the BHA relative to the GR which is 

used for checking with the cased-hole GR. 

A further complication to LWD depth control arises when mixing 

circumferential and azimuthal measurements in the formation at high 

apparent dip to the wellbore. This complication occurs when water saturation 

is calculated with a circumferential EWR resistivity measurement and 

azimuthal, down-quadrant, density-neutron data. The azimuthal tools will 

"see" bed boundaries sooner (and sharper) than the circumferential tool that 

averages the resistivity measurement from both above and below the bed 

boundary (Figure 4.20).  
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Figure 4-20 Azimuthal tools run in highly deviated wells suffer depth 
shift, which must be corrected before quantitative analysis 

This effect becomes progressively worse at higher apparent dips; as the 

wellbore becomes horizontal, the data may become unusable for quantitative 

analysis. 

Gamma Ray 

Gamma ray repeatability is a function of count rates that are related to 

detector volume and logging speed. The statistical repeatability of the LWD 

GR measurement is similar to that of the wireline tool, since the much lower 

count rates of LWD GR detectors (because of their reduced size) are largely 

compensated for by the much slower logging speed. 

LWD GR detectors are more sensitive to gamma rays from potassium since 

the drill collars attenuate uranium and thorium gamma rays more than 

potassium gamma rays. While this effect, called spectral biasing, is generally 

less than 25%, it is most pronounced in shales and potassium-rich intervals. 

Although this effect is likely to be small when GR is used quantitatively, it 

may result in errors in calculated volumes of clay or potassium feldspar, 

which will affect porosity and saturation calculations. 

Other sources of apparent difference between the wireline and LWD GR 

measurements are borehole effects. The hole diameter is commonly different 

between LWD and wireline logging, and corrections are made to different 

standard conditions. 

Resistivity Logs 

The resistivity measurement is affected by a complex array of physical 

properties of the formation, the wellbore, and the measurement system as 

discussed in Section 4-3.1. It is often difficult to resolve which effect is 

causing observed differences between LWD and wireline measurements can 
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often be difficult, since all effects may be contributing to differing degrees. 

In these situations, resistivity may have to be computer-modeled to quantify 

and correct for these effects.  

Frequency 

Resistivity is sensitive to the frequency at which it is measured. Because 

wireline tools operate at lower frequencies than LWD EWR devices, they tend 

to measure higher resistivity. Apparent formation water resistivity calculated 

from the LWD resistivity log is often inconsistent with that from wireline 

logs. At these higher operating frequencies (2 MHz), LWD tools are also 

more affected by dielectric effects than wireline tools. Above 20 ohm-m, 

dielectric properties become significant. 

Anisotropy 

Archie's equation (Equation 4-5) requires that resistivity be measured 

parallel to the formation bedding (Rh ). At dips as low as 45º, LWD 

resistivities can read 10 to 20% higher than Rh in shales and other 

anisotropic formations. Quantitative formation evaluation with LWD 

resistivity at relative dips greater than 60º will certainly require anisotropy 

correction. This effect is much smaller on wireline than LWD because of the 

lower operating frequency, and it can often be ignored. 

Invasion 

LWD data are commonly acquired within 1 to 4 hours of drilling, whereas 

wireline logging commonly occurs 1 to 4 days after drilling. Although LWD 

resistivity tools are relatively shallow reading devices, the shallower depth of 

invasion at the time of LWD logging usually enables these devices to 

measure true formation resistivities. However, examples in high-

permeability reservoirs as illustrated in Figure 4-2 and 4-3 demonstrate that 

this is not always true, and the logs must be carefully scrutinized to ensure 
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that no hydrocarbon zones have been overlooked. Figure 4-3 is an excellent 

example of this problem. The lower, deeply invaded zone (3060 m) was 

identified after careful comparison with the overlying known oil zone. An 

updip well was drilled to target bypassed oil trapped between the thin seals 

and discovered several million barrels that would not have been produced by 

existing wells. Invasion correction charts are only now becoming available to 

address this issue.  

Density-Neutron 

Standoff 

Standoff is a common area of discrepancy between LWD and wireline 

porosity data. Standoff is commonly estimated from bit size, ultrasonic 

caliper, or a caliper derived from near and far detector count rates. In 

deviated wells where a change in wellbore trajectory may require sliding 

rather than rotating, detectors may be facing away from the formation, and 

standoff corrections may be incorrectly applied. All density-neutron logs 

should have the zones of sliding and rotating drillstring clearly marked and 

the method of standoff correction should be annotated. 

Clay Hydration 

Extended periods of exposure to water-based drilling fluid systems before 

wireline logging can cause shale hydration. Clays within the shales absorb 

water; depending on their mineralogy, they can swell between 2 and 50 

times their original volume. This phenomenon causes wireline tools to record 

lower formation densities in shales than the densities recorded by LWD tools.  

If hydration continues, it can cause sloughing and borehole stability 

problems. Washouts and hole rugosity can then severely degrade wireline 

porosity data, especially density data, which relies on pad contact with the 

borehole wall.  
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Invasion 

Invasion also affects the gas effect shown on density-neutron logs, and it 

may either enhance or reduce that effect depending on the depth of invasion 

at the time of logging and the relative depth of investigation of the particular 

tools. 
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Chapter 5 - Rock Mechanics in Wellbore Construction
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Hazim Abass, Halliburton 
Justo Neda, Intevep 

 

Introduction 
Creating a circular hole and introducing drilling and completion fluids to an otherwise 
stable formation is the reason for a series of phenomena that result in wellbore instability, 
casing collapse, perforation failure, and sand production.  

The circular hole causes a stress concentration that can extend to a few wellbore 
diameters away from the hole. This stress concentration, which differs from the far-field 
stresses, could exceed the formation strength, resulting in failure. The circular hole also 
creates a free surface that removes the natural confinement, which can, depending on the 
mechanical properties of the formation, reduce formation strength and trigger inelastic 
and time-dependent failure. Thus, a circular hole causes several important effects around 
a wellbore:  

• Creation of a stress concentration field  
• Removal of the confinement condition  
• Inelastic and time-dependent displacement caused by the creation of a free 

surface  

The severity of these effects and subsequent hole failure depend on the stress magnitudes 
and mechanical properties of the formation. 

Similarly, introducing foreign fluids to the formation 

• Disturbs the pore pressure, creating a localized, elevated pore pressure  
• Depending on the fluid interaction with the formation matrix, reduces the 

cohesive strength of the formation  
• Changes capillary forces  
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Rock Mechanical Properties 
Rather than discussing basic rock mechanics properties, this section will discuss only 
those specific properties relevant to near-wellbore activities. These activities include 
wellbore instability associated with wellbore drilling, cement failure, rock mechanics 
aspects of perforations, hydraulic fracture initiation, near-wellbore fracture geometry, and 
sand production. The mechanical properties discussed will include loading-unloading 
characteristics and cyclic loading, poroelasticity, viscoelasticity, pore collapse, and 
fracture toughness. 

Loading-Unloading Characteristics  

Wellbore construction consists of loading and unloading the formation and cement 
sheath. Therefore, studying the characteristics of a complete loading and unloading cycle 
is important. Additionally, evaluating cement and formation samples for the effect of 
cyclic loading can be beneficial during wellbore construction. 

The stress-strain relationship describes the way the formation's framework of granular 
material responds to the applied load. This relationship indicates whether the material 
exhibits elastic or plastic, brittle or ductile, strain-softening or strain-hardening behavior 
during loading. 

Poroelasticity 

Within the proximity of the wellbore, poroelasticity can be examined based 

on the effective stress concept introduced by Terzaghi (1943) and Biot 

(1941). This concept suggests that pore pressure helps counteract the 

mechanical stress carried through grain-to-grain contact. The efficiency of 

the pore pressure, r, effect is measured by the poroelastic factor ; the 

relationship is  

(5-1) 

where ´ is the effective stress and is the total (absolute) stress. 

The poroelastic constant is  

(5-2) 
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where Cma is the compressibility of the rock matrix, with the bulk 

compressibility cb given by 

(5-3) 

where is Poisson's ratio and E is Young's modulus.  

If the rock has no porosity, the rock matrix compressibility, cma, is equal to 

cb, and becomes zero. Conversely, with high porosity, the matrix 

compressibility is small compared to the bulk compressibility, and 

approaches unity. Although the poroelastic constant can be evaluated in the 

laboratory, the following technique explains physically how  can be 

evaluated from a given failure envelope obtained from dry samples. 

Example 1: Determining the Poroelastic Constant 

Available Data 

The following data have been obtained in the laboratory with dry samples of 

sandstone: 

Confining 
Pressure, psi 

Ultimate Strength, 
psi 

  

0 13,500   
500 22,643 Tensile Strength = 

662 psi 
10,000 72,000   

One sample was saturated with oil and tested under a confining pressure of 

7500 psi and a pore pressure of 7000 psi. The ultimate strength under these 

conditions was 28,409 psi. Calculate . 

Solution 
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Using the dry samples data, construct the Mohr envelope as shown in Figure 

5-1.  

 

Figure 5-1 Graphical determination of  

Since the sample had a failure stress of 28,409 psi, a Mohr circle was drawn 

so that it touches the failure envelope. An effective confining stress of 1250 

psi is calculated from the left end of the Mohr circle, suggesting that the 

sample was exposed to an effective stress of 1250 psi. Then, α can be 

calculated with Equation 5-1:  

1250 = 7500 - (7000) 

and therefore =0.89. 

Viscoelasticity 

"Creep" is a viscoelastic property or time-dependent phenomenon that 

significantly contributes to many instability problems related to wellbore 

construction. The following three applications in which creep is encountered 
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will be discussed in Section 5-4: wellbore stability, resin-coated proppant 

used in hydraulic fracturing, and fracture closure in acid fracturing. 

Creep tests study rock deformation under constant stress as a function of 

time. The total displacement obtained from applying a constant stress is the 

sum of two components: 

(5-4) 

where t is the total strain and εe is the elastic strain. 

The creep function, (t), characterizes the rheological properties of a rock. A 

general equation for the creep function can be very complex, and it is best 

described by experimental data for a given range of stress and temperature. 

Section 5-5 will demonstrate the use of this property. 

Fracture Toughness 

Fracture toughness is a material property that reflects the rock resistance for 

an existing fracture to propagate for a given fracturing mode. For a radial or 

"penny-shaped" fracture to propagate, the following condition must be 

satisfied at the fracture tip: 

(5-5)  

where H,min = '
H,min + r, and f is the pressure inside the fracture. 

When linear elastic fracture mechanics is used, fracture toughness can be 

related to tensile strength, T (assuming static condition), as follows 

(Economides and Nolte, 1987): 

(5-6) 
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where is the half-length of an existing crack. 

Other useful correlations between fracture toughness and tensile strength, T, 

Young's modulus, E, and compressive strength, Co, are given by Whittaker et 

al. (1992): 

(5-7) 

(5-8) 

(5-9) 

where KIC is in , E is in GPa, and Co is in MPa.  

Example 2: Fracture Toughness vs. Cracks 

Available Data 

Sand and shale samples were laboratory-tested for tensile strength and 

fracture toughness with the following results:  

Formation Tensile Strength, 
psi 

Fracture Toughness, 
psi  

Sand 845 553 
Shale 1155 784 

Determine the size of the largest crack in the samples. 

Solution 

When the given data is applied to Equation 5-6, the following results are 

calculated:  

• The size of the largest defect in the sand is 0.126 in.  
• The size of the largest defect in the shale is 0.14 in.  
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Apparent Fracture Toughness 

In hydraulic fracturing, the fracturing fluid does not fill the fracture 

completely, And a nonwetting tip region always exists at the fracture tip. 

This phenomenon has been repeatedly observed in the laboratory during 

hydraulic fracturing experiments. The nonwetting tip causes an additional 

resistance to fracture propagation, which leads to a higher apparent fracture 

toughness. The magnitude of this additional resistance to fracture 

propagation, which leads to a higher apparent fracture toughness. The 

magnitude of this additional non-wet pressure drop, pnw, is given by Knott 

(1973):  

(5-10) 

where wnw is the non-wet width, while the pressure drop in the fracture, 

caused by rock fracture resistance for Mode I fracture and a specific fracture 

geometry, is given by 

(5-11) 

A modified ring test (Thiercelin and Roegiers, 1986) can be used for 

evaluation of fracture toughness in the laboratory. 

Fracture Toughness vs. Effective Confining Pressure 

Roegiers and Zhao (1991) have shown that fracture toughness is a function 

of confining pressure, which may explain the difficulty of matching fracturing 

pressure on the basis of fracture toughness measured under unconfined 

conditions. Table 5-1 shows selected values of fracture toughness that were 

determined experimentally. 

Table 5-1 Selected Values of Fracture Toughness 
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Rock Type Confining  

Pressure 

(MPa) 

LIC MPa   

(Roegiers and 

Zhao, 1991) 

KIC MPa  

(from 

Equa

tion 

5-12) 

Chalk 0 0.73  0.73  
Chalk 24.13 2.22 1.38 
Chalk 48.26 2.32 2.04 
Limestone 0 1.44 1.44 
Limestone 24.13 2.12 2.73 
Limestone 48.26 4.92 4.01 
Sandstone 0 1.36 1.36 
Sandstone 24.13 2.62 2.57 
Sandstone 48.26 4.96 3.79 

Muller (1986) showed experimental results on sandstone specimens that 

followed the equation below: 

(5-12) 

where Pc is the confining pressure. 

Pore Collapse 

Although pore collapse becomes an important factor during later-time reservoir 
depletion, wellbore construction design must account for this rock mechanical property as 
a means of preventing future near-wellbore problems such as subsidence, casing failure, 
perforation collapse, and other damage. Pore collapse is caused by severe pore-pressure 
depletion, which can create problems in the reservoir, such as reduced porosity and 
permeability (especially near the wellbore), sand production, and fines migration. Pore 
collapse can also cause compaction throughout the overburden layers, leading to 
subsidence or wellbore shearing, which may result in casing collapse and, at times, even 
tubing collapse. Figure 5-2 shows the pore collapse portion as described by the Mohr 
failure criterion. 
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Figure 5-2 Different failure mechanisms and their stress-field locations within the Mohr-
Coulomb failure envelope 

Near-Wellbore Stress Field 
A wellbore drilled through a rock formation introduces a new stress field at the wellbore 
proximity that may be great enough to cause failure. Additionally, when a wellbore is 
actively loaded (pressure in the wellbore is less than the reservoir pressure) or passively 
loaded (pressure in the wellbore is higher than the reservoir pressure), another stress 
effect could cause formation failure. If we assume a homogeneous, isotropic, linearly 
elastic rock mass being stressed below its yield limit, a stress field expressed in polar 
coordinates as vertical, tangential, and radial is given by the Kirsch solution (Jaeger and 
Cook, 1979): 

(5-13) 

where Pb is the bulk density of the overburden layers and H is the depth. 

(5-14) 
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(5-15) 

where Pw is the well bottomhole pressure and Pr is the reservoir pressure. 

(5-16) 

where the compressive stresses are positive, and is the angle measured from the 
direction of H,max At the wellbore, r = rw, and assuming that a mudcake differentiates the 
wellbore pressure, Pw from the reservoir pressure, Pr, then 

(5-17) 

(5-18) 

and 

(5-19) 

If we consider two cases where = 0 ( H,max) and = 90 ( H,min), we get 

(5-20) 

and 

(5-21) 

To initiate a tensile failure, as is the case in hydraulic fracturing, = 0 should become a 
negative value of the tensile strength ( = 0 = -T). The breakdown pressure Pbd required 
for initiating a fracture can be readily calculated from Equation 5-20:  

(5-22) 
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or, in terms of total stresses, 

(5-22a) 

As explained in Section 5-5, the stresses H, min, H, max, and v should be determined in the 
field; however, if no field information is available, the following approximation can be 
used: 

(5-23) 

Based on the assumption that the formation is elastic, tectonically relaxed, and 
constrained laterally, the effective minimum and maximum horizontal stresses can be 
estimated as follows: 

(5-24) 

and 

(5-25) 

The previous solution is valid only for elastic rocks. However, when a wellbore is 
introduced to an intact formation, a plastic region is developed in the proximity of the 
wellbore, extending a few wellbore diameters before an in-situ elastic region prevails, as 
shown in Figure 5-3.  



 223 

 

Figure 5-3 The plastic and elastic zones as assumed in Bray's Solution, after Goodman, 1980 

The plastic region can create many wellbore instability problems during drilling. In the 
payzone, as a result of production, the plastic region may propagate deeper into the 
reservoir, causing sand production. In fractured rocks, wellbore collapse may result, 
unless a high drilling-fluid weight is used. The size of the plastic region must be known 
for such applications as wellbore stability, perforations, and sand production.  

Bray (1967) assumed that fractures exist in the plastic zone with log spirals inclined at δ 
degrees with the radial direction as shown in Figure 5-3 (Goodman, 1980). If we apply 
the Mohr-Coulomb theory, the radius of the plastic zone, rpl , is  

(5-26) 

where 
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(5-27) 

and where Cj is the cohesion for jointed rocks (experimentally determined) and j is the 
internal friction angle for jointed rocks. 

In Equation 5-26, H,min = H,max =  

Within the elastic and plastic zones, Bray's solution is given by 

(5-28) 

(5-29) 

for the elastic zone, and  

(5-30) 

(5-31) 

for the plastic zone. 

The following demonstration of the equations was taken from Goodman (1980).  

Example 3: Plastic-Zone Size 

Available Data 

Consider a plastic zone created around a wellbore with fractures that can be 

described as j = 30, Cj = 0, and = 45. The mechanical properties of the 

virgin rock mass are Co = 1300 psi and = 39.9°. The in-situ stresses are 
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given by H,min = H,max = 4000 psi and Pw-Pr = 40 psi. Determine the 

stresses in the elastic and plastic regions using Bray's solution. Determine 

the stresses using Kirsch's solution. 

Solution 

From the data above, the following is obtained: From Equation 5-27, Q = 

2.73; from Equation 5-26, rpl = 3.47 rw. Therefore, from Equations 5-30 and 

5-31, 

 

for the plastic zone, and from Equations. 5-28 and 5-29, 

 

for the elastic zone. 

Figure 5-4 shows a plot of the results. When Bray's solution is used, the 

radius of the plastic zone is 3.47 times the wellbore radius. 

 

Figure 5-4 Kirsch and Bray Solutions, from Goodman, 1980 
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These data are important if the plastic zone must be consolidated in a poorly 

consolidated formation. With well-testing, the zone can be examined as a 

skin caused by the plastic deformation of the rock. Kirsch's solution for the 

same data is given in Figure 5-4. 

Failure Criteria 
To understand a failure mechanism, we must apply a specific and compatible failure 
criterion. Granular material, such as sand, fails in shear, while for soft material such as 
clays, plastic compaction dominates the failure mechanism. The following failure 
mechanisms can cause wellbore and near-wellbore instability problems:  

• Shear failure without appreciable plastic deformation, such as a breakout  
• Plastic deformation and compaction, which may cause pore collapse  
• Tensile failure, causing the formation to part  
• Cohesive failure, equivalent to erosion, which can cause fines migration and 

sand production  
• Creep, which can cause a tight hole during drilling  
• Pore collapse, which is comprehensive failure of the infrastructure of the 

matrix framework that can happen during the later time of production  

Many empirical criteria have been developed that predict rock failure. It is imperative to 
understand the physical interpretation of those criteria before they are applied for 
problems associated with wellbore construction. Such criteria are empirical, and 
engineers should carefully select the appropriate ones for a given problem. Generally, 
failure criteria are used to generate failure envelopes, usually separating stable and 
unstable zones. Although some engineers attempt to linearize the failure envelope, such 
linearization is artificial. Three criteria that are useful to wellbore and wellbore proximity 
failure are presented in the following sections.  

Mohr-Coulomb Failure Criterion 

The Mohr-Coulomb failure criterion relates the shearing resistance to the contact forces 
and friction and the physical bonds (cohesion) that exist among the grains. A linear 
approximation is given as follows: 

(5-32) 

where τ is the shear stress, C is the cohesive strength, is the angle of internal friction, 
and n is the effective normal stress acting on the grains. The factors C and are 
coefficients for the linearization and should be determined experimentally. A deviation 
from a straight line is very common during attempts to interpret other failure mechanisms 
with this criterion, which is solely based on shear failure. Therefore, this criterion should 
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be applied only to situations for which it is valid. The failure envelope is determined from 
many Mohr circles. Each circle represents a triaxial test where a sample is subjected to 
lateral confinement ( 2 = 3), and axial stress ( 1) is increased until failure. The envelope 
of Mohr circles represents the basis of this failure criterion. 

Sometimes, it is more convenient to express the Mohr-Coulomb linear envelope in terms 
of 1 and 3. This expression becomes 

(5-33) 

(5-34) 

Equation 5-34 is also equivalent to 

(5-35) 

Once the failure envelope is determined, stability can be analyzed by calculations of the 
normal and shear stresses for a given situation: 

(5-36) 

and 

(5-37) 

These points are then plotted on the failure envelope, and the rock is evaluated for 
stability. If the failure envelope exhibits nonlinear behavior, the linearization attempt 
should be exercised for the stress range for which a given problem is applied. 

Hoek-Brown Criterion 

The Hoek-Brown criterion (Hoek, E. and Brown, E.T., 1980) is also empirical and 
applies more to naturally fractured reservoirs. The criterion states that 

(5-38) 

where Im is the frictional index and Is is the intact index. Both indices are material-
dependent properties.  
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This criterion reasonably matches the brittle failure, but it gives poor results in ductile 
failure. Therefore, it is used for predicting failure in naturally fractured formations. The 
parameters Im, Is, and Co are measured in the laboratory. For weak rock, Im is less than 0.1 
and Is is less than 0.0001; however, for hard rock, Im ranges from 5 to 15 and Is is equal to 
1. 

Drucker-Prager Criterion (Extended Von Mises) 

The Drucker-Prager criterion is based on the assumption that the octahedral shearing 
stress reaches a critical value: 

(5-39) 

where 

(5-40) 

and 

(5-41) 

which is the first invariant of stress tensors. 

The material parameters, and K, are related to the angle of internal friction, , and 
cohesion, C, for linear condition, as follows: 

(5-42) 

and 

(5-43) 

A plot of vs. I1 at failure conditions allows evaluation of a given problem related to 
rock failure. This criterion fits the high stress level.  

Applications Related to Wellbore-Proximity 
Mechanics 
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Wellbore Stability During Drilling 

Most wellbore stability problems occur in shale formations. Unfortunately, 

shale properties range from very soft to very hard, and from very laminated 

to very intact. Several mechanisms cause wellbore instability problems 

(Figure 5-5); chemical and mechanical effects will be discussed in this 

section. 

 

Figure 5-5 Possible wellbore instability problem during drilling 

Chemical Effects 

Ion-exchanging clays, such as illite, mica, smectite, chlorite, mixed-layer 

clays, and zeolites, can cause many wellbore instability problems. Engineers 

may erroneously try to model failure mechanisms with analytical or empirical 

mechanical models while the main mechanism may be failure because of 
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chemical effects. The following failure mechanisms during wellbore 

construction can be related to chemical causes.  

Clay Swelling (Hydration) and Migration 

Most shale formations contain water-sensitive clay materials such as 

smectite, illite, and mixed-layer clays, which absorb water that induces an 

elevated localized pressure. This pressure reduces the effective stress 

around the wellbore, which causes the shale matrix to swell, disintegrate, 

and collapse (Dusseault and Gray, 1992). Mody and Hale (1993) developed 

a model that incorporated mechanical and chemical effects to evaluate the 

drilling fluid on shale stability.  

 

Ion Exchanging 

Brines such as KCl can control clay swelling, but illite, chlorite, smectite, and 

mixed-layer clays can change the brine through ion-exchanging mechanisms 

and swell afterward. 

Cementation Deterioration 

When examining sand formations, engineers must study the degree and 

type of cementation. Mineralogical analysis, thin-section petrography, and 

fluid compatibility are viable testing methods for evaluating sand production. 

Near-Wellbore Damage 

Near-wellbore formation damage can occur because of paraffin deposits, 

scale deposits, fines migration caused by kaolinite and illite clays, asphaltene 

precipitation, sand production, emulsions induced by iron, formation of oil 

emulsions by acid in combination with soluble iron, iron-compound 
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precipitation, and even emulsions formed from fracturing fluids during 

stimulation. 

To overcome these chemical effects, engineers should select the type of 

drilling-fluid system based on its effect on formation strength. The effects of 

the chemical and physical properties of the drilling-fluid system on formation 

stability should be lumped and the drilling-fluid system should be evaluated 

on the basis of rock mechanics. The following example shows an easy 

technique that would lump all chemical effects and evaluate the drilling-fluid 

systems based on rock mechanics. 

Example 4: Drilling-Fluid Selection—A Rock Mechanics Perspective 

Available Data 

Six drilling-fluid samples are being evaluated for use through a shale 

segment that exhibited many instability problems during drilling. Show how 

these systems can be evaluated on the basis of rock mechanics. 

Solution 

The core samples should be preserved after coring, and no cleaning or 

drying processes should be conducted. The samples should be brought to 

their estimated in-situ stress fields at a suggested value of the confining 

pressure (Pc = Pw - Pr). The same strain rate (for example, 10-4 sec-1) or the 

same loading rate (for example 5 to 10 psi/sec) should be used for all tests. 

The samples should be cut in the same manner and same direction 

(vertically or horizontally). Two samples for each drilling-fluid system and 

two samples with no drilling fluid should be tested for repeatability. Two 

samples should be saturated in each drilling-fluid system for the same length 

of time (for example, 1 month) in addition to the two other samples that 

should be left in closed jars as the base samples. This procedure is applied 
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to optimize the drilling-fluid system based on the compressive strength and 

Young's modulus reduction obtained for these systems.  

The results are given in Figure 5-6. 

 

Figure 5-6 The effect of different drilling fluid systems on the 
mechanical properties of shale samples 

System 5 was selected to drill the given shale section. Notice how both the 

compressive strength and Young's modulus were affected by the different 

drilling-fluid systems. 

Mechanical Effects 

Tensile and shear failure mechanisms should be considered for wellbore 

stability evaluation during drilling. 

Tensile Failure 

The effective stress at the wellbore exceeds the tensile strength of the 

formation and causes tensile failure. Therefore, an induced fracture can 

result because of drilling-fluid loss if  
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(5-44) 

For an elastic medium, this is given by (Haimson and Fairhurst, 1967) 

(5-45) 

However, if a natural fracture exists, then the tensile strength, T, should be 

assumed to be zero. 

Shear Failure 

Once a wellbore is drilled and a stress concentration field is established, the 

rock will either withstand the stress field or yield, resulting in a near-

wellbore breakout zone that causes spalling, sloughing, and hole 

enlargement. An appropriate failure criterion should be used for evaluation 

of this type of failure.  

Drilling-Fluid Weight 

Drilling-fluid weight should be calculated as a means of preventing the 

initiation of tensile and shear (plastic) failures. In some formations, the 

drilling-fluid weight should prevent creeping in viscoplastic formations, such 

as salt rock. Drilling-fluid weight is an important consideration for treating 

wellbore instability problems. The drilling-fluid weight is limited by two 

boundaries:  

• The upper boundary is the pressure that causes tensile failure and 
drilling-fluid loss. This pressure can be determined in the field based 
on Equation 5-44.  

• The lower boundary is the pressure required to provide confining 
stress, which is removed during drilling. The confining stress prevents 
shear failure, the creation of a plastic zone, and plastic flow (creep).  

The upper boundary is estimated from the in-situ stress field, and the tensile 

strength is measured in the laboratory. While the lower boundary is 

estimated from the in-situ stress field, mechanical properties of the 
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formation are estimated from one of the failure criteria described in Section 

5-3 that best models a given formation. The Mohr-Coulomb failure criterion, 

which is a two-dimensional model, can be used for determining the drilling-

fluid weight required to prevent shear failure (Equation5-33). 

Near the wellbore, the stress 3 can be represented as rr,as given in 

Equation 5-17. 

However, the term 1 can be represented by the tangential stress , 

which is described by Equations 5-20 and 5-21. Of the two equations, 5-21 

represents the point at the wellbore that will be exposed to the most 

tangential stress. This stress should be considered for drilling-fluid weight 

calculations. Therefore, the term σ´1 is given by 

(5-46) 

By substituting these results in Equation 5-33, we receive 

(5-47) 

or 

(5-48) 

If we assume that H,max = H,min = , then 

(5-49) 

The drilling-fluid weight should be calculated based on Pw as given in 

Equations 5-48 or 5-49. 
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A different model can be used based on the radius of the plastic zone 

created as a result of drilling a wellbore, as given by Equation 5-26. 

To prevent the generation of a plastic zone, rpl must equal rw. Substituting 

this condition in Equation 5-26, we get 

(5-50) 

Then 

(5-51) 

The drilling-fluid weight should be determined based on Pw. A comparison of 

Equations 5-49 and 5-51 suggests that the two models will provide different 

results for the drilling-fluid weight. The following example demonstrates the 

use of these models to determine the drilling-fluid weight constraints that 

should be considered for the prevention of wellbore instability. 

Example 5: Drilling-Fluid Weight Window 

Available Data 

For the same data discussed in Example 4, determine the drilling-fluid 

weight window to drill through the shale section using the two methods 

previously discussed. 

 

Solution 
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From Equation 5-48, pw = 9011 psi and therefore drilling fluid = 15.8 lb/gal. 

From Equation 5-51, pw = 7363 psi, and therefore drilling fluid = 12.9 lb/gal. 

Based on the assumption that tensile strength is zero and a natural fracture 

intersecting the well extends beyond the near-wellbore stress field, the 

pressure required to propagate the fracture would be equal to the reservoir 

pressure plus the minimum horizontal stress (neglecting fracture 

toughness), and thus 

=4400+6000=10,400 psi, which corresponds to drilling fluid =18.2 lb /gal. 

If we assume that the wellbore pressure calculated from the plastic radius 

method provides conservative results, the drilling-fluid weight window is 

15.8 < drilling fluid < 18.2 lb / gal 

Any model used should be calibrated in the field as a means of examining its 

application to the formation. Other models can be used to develop a 

procedure to determine the drilling-fluid weight window for a given reservoir.  

Example 6: Evaluation of Wellbore Stability 

Available Data 

A shale section with a vertical well drilled through it provides the following 

data: 

v = 12,000 psi  
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H,min = 8000 psi  

H,max = 10,000 psi 

Pw = 6000 

Pr = 5700 

= 0.6 

H = 11,000 ft 

Co =  

= 32° (friction angle) 

Several samples were tested, and the Mohr-Coulomb failure envelope was 

constructed for the evaluation of borehole stability along the entire wellbore 

circumference (Figure5-7). 

 

Figure 5-7 Graphical evaluation of wellbore stability using a given 
failure envelope. Data show stable hole but a close to stable/instable 

boundary 
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Solution 

Select four locations along the borehole circumference so that = 0, 30, 60, 

and 90, which covers one quarter of the wellbore; the analysis is repetitive 

for the other locations. 

 

Thus, 

 

and therefore 

 

Using these results and Equations 5-36 and 5-37 where σ1 is replaced by 

and 3 is replaced by rr, then n and max can be calculated and 

tabulated below. 

 n (psi) max (psi) 
° 5300 8420 
30° 4300 7420 
60° 2300 5420 
90° 1300 4420 

Figure 5-7 shows that all points are within the stable region of the failure 

envelope, but they are close to the border. If a deviated or a horizontal well 

is to be evaluated, then the stress field around the wellbore should be 

calculated based on transforming the principal stresses into the principal 
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ones of the well. Then the same previously described procedure can be 

applied. 

Example 7: Failure of Shales 

Available Data 

Assuming that the failure envelope of the shale section is given in Figure 5-

8, evaluate the wellbore stability given in the previous example. 

 

Figure 5-8 Graphical evaluation of wellbore stability with a given 
failure envelope. Data show instability problems in all directions 

around wellbore 

Solution 

All data replotted in Figure 5-8 are in the unstable region of the failure 

envelope, which suggests that the wellbore will fail in all directions. It is 

possible that one criterion could show a stable well while another could 

indicate failure. Therefore, the appropriate failure criterion must be selected 

and verified in the field. 
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If a 3D failure criterion is used, such as the Drucker-Prager criterion, then 

the three stresses can be used to analyze wellbore stability, and the 

parameters used will be as follows: 

(5-52) 

and 

(5-53) 

Perforations 

Perforations are the traditional means of allowing a cemented, cased well to 

communicate with the reservoir. Good, clean perforations allow sufficient, 

unhindered production with reasonably low drawdown, inhibiting the process 

of sand production. Research in this vital area of wellbore construction has 

resulted in the following industry practices, even though the effectiveness of 

some practices is still debatable:  

• The use of clean, low-solids-content, compatible completion fluids  
• The use of underbalanced perforations, such as 500 psi in oil wells and 

1500 psi in gas wells  
• The use of small charges, minimizing the effect of the compacted area 

(stress cage) around a perforation tunnel, which can reduce the 
original permeability as much as a factor of 10 or more  

McLeod (1982) showed that the skin caused by the compacted zone could be 

very large. 

The purpose of perforating should be defined clearly and designed 

appropriately. The perforation design should be evaluated based on the 

expected well completion and stimulation activity (Morita and McLeod, 

1994). The purposes of perforating are listed below:  

• Perforation as a completion method only or with the intention of matrix 
stimulation  
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• Perforation with the intention to gravel-pack  
• Perforation for hydraulic fracturing (proppant or acid fracturing)  

The perforation process will be discussed thoroughly in Perforating. This 

chapter will only discuss oriented perforations relative to the in-situ stresses. 

This concept has been introduced to solve critical problems encountered 

during wellbore construction. 

Oriented Perforations for Hydraulic Fracturing 

Experimental and theoretical work indicates that perforation orientations 

should be designed to eliminate problems in fracturing vertical and deviated 

wells (Morita and McLeod, 1994; Behrmann and Elbel, 1991; Abass et al., 

1994; Venditto et al., 1993). For a successful hydraulic fracturing treatment, 

perforation should be in phase with the anticipated fracture direction (the 

direction of maximum horizontal stress). This condition will  

• Obtain maximum fracture width near the wellbore  
• Create a single fracture  
• Reduce the breakdown and propagation pressures  

Figure 5-9 presents experimental results that show a complex fracture 

system in which the perforations are oriented within certain angles from the 

fracture direction (Abass et al., 1994).  
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Figure 5-9 Near wellbore fracture geometry as a function of 
perforation orientation relative to direction of in-situ stresses 

The experimental study was conducted with hydrostone samples to study 

the effects of oriented perforations in the high and low sides of the 

horizontal well in the direction of the anticipated fracture. Figure 5-10 shows 

that for perforation angles of 0, 15, and 30°, the average breakdown 

pressure was 3200 psi; this pressure steadily increased for angles higher 

than 30°.  
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Figure 5-10 Fracture width performance and fracture initiation 
pressure as a function of perforation orientation relative to direction 

of in-situ stresses 

Additionally, this experiment showed that fracture width is a function of 

perforation orientation. Figure 5-10 suggests that the optimal perforation 

phasing is 60° (equivalent to at most 30° deviation from the fracture 

direction) or less, at which the breakdown pressure is minimal. For an 

explanation of the negative widths in Figure 5-10, the reader is referred to 

Abass et al. (1994). 

Clustered Perforations for Fracturing Deviated Wells 

Clustered perforations can produce a transverse fracture perpendicular to 

the wellbore. A short perforated interval of 1 to 2 ft with 24 shots/ft can help 

reduce the occurrence of multiple fractures. A prefracturing stage of 

hydrochloric acid (HCl) in the treatment program can help establish a better 

communication channel between the wellbore and the main fracture. 
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Hydrojetting with HCl for Fracturing Horizontal Wells 

Hydrojetting can ease the near-wellbore stress concentration, resulting in a 

successful fracturing treatment (Haigist et al., 1995). Figure 5-11 presents 

the sequence of operations for creating a single fracture from a horizontal 

well. 

 

Figure 5-11 Hydrojetting and acid 
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Oriented Perforations for Sand Control 

As previously explained, a circular wellbore in a rock formation creates a 

new stress field around the wellbore, which causes oriented failure 

(breakout) or total collapse (washout). Oriented perforations can be used for 

breakouts or unconsolidated formations.  

Consolidated Formations 

If breakout exists in a consolidated formation, the following steps are 

recommended (Figure 5-12):  

• The near-wellbore area should be consolidated with a liquid resin 
material that is injected into the payzone.  

• Because the breakout is oriented in the direction of minimum horizontal 
stress, a 180° phasing should be performed in the direction of 
maximum horizontal stress.  

• A hydraulic fracture using a fracpack design should be performed.  



 246 

 

Figure 5-12 Oriented perforation for sand control, where the 
breakout region is left undisturbed 

Unconsolidated Formations 

Experiments showed that a wellbore should not be drilled through an 

unconsolidated formation because it would create a concentrated stress field 

around the wellbore. The hydrocarbon can be produced through hydraulic 

fracturing, whether in a vertical or a horizontal well. In a horizontal well, the 

perforation can be oriented in the lower side (Figure 5-13).  
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Figure 5-13 Experimental demonstration of drilling in the boundary 
layer and the use of oriented perforation and fracture to communicate 
with the poorly consolidated sandstones (sand production exclusion) 

Based on fracture propagation mechanics, the fracture will have two wings in 

homogeneous formation even if it is forced to propagate in one direction 

(Figure 5-14).  
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Figure 5-14 Two-wing fracture propagating from one perforation 
tunnel 

Figure 5-13 demonstrates this concept, where a horizontal well was drilled in 

a homogeneous formation (hydrostone) with zero-phasing perforations in 

the lower side of the wellbore. A fracture was then initiated, and two fracture 

wings were created. However, when one wing of the fracture encountered a 

medium with less resistance to fracture propagation (lower fracture 

toughness), the upward fracture wing stopped and the lower one continued 

to propagate. The disturbance of energy required for fracture propagation 

works favorably in the technique above. 

Hydraulic Fracturing 

This section will discuss only the rock mechanics aspects of hydraulic 

fracturing as it relates to near-wellbore proximity. The fracturing process as 
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a stimulation technique, and its interaction with the reservoir will be 

discussed in Well Stimulation. 

Fracture Initiation and Breakdown Pressure 

The fracture initiates at the wellbore as a result of tensile failure when the 

tangential stress at any point around the wellbore becomes tensile 

(negative) and equal to the tensile strength of the formation, T. 

(5-54) 

The breakdown pressure, Pbd , is given by Hubbert and Willis (1957): 

(5-55) 

The fracture propagation pressure is given by 

(5-56) 

The friction pressure, Pf , can be divided into many terms of perforation, 

near-wellbore, and fracture geometry, which will determine whether the 

fracturing pressure will decrease or increase with time. Well Stimulation will 

provide detailed information.  

If we assume that the fracture ceases to propagate after shut-in, then the 

instantaneous shut-in pressure, ISIP, is 

(5-57) 

The net pressure, Pnet , corresponds to the pressure to keep the fracture 

open with a given fracture width. This pressure may change throughout the 

job, especially in tip-screenout treatments. The fracture gradient is simply 

the ISIP divided by the depth. 
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The term Ptip is the pressure drop required to propagate the fracture, which 

is a function of fracture toughness. Figure 5-15 shows the fracture initiation 

pressure of a deviated and horizontal well in terms of , the deviation angle 

from the vertical axis and β, the azimuth angle from the direction of 

maximum horizontal stress.  

 

Figure 5-15 Laboratory results of fracture initiation pressures in 
deviated and horizontal wells for the stress field v < H,min< H,max 

The highest pressure was observed after the fracturing of horizontal wells (  

= 90) drilled in the direction of minimum horizontal stress (β = 90). These 

results are for the stress field  

v > H,max > H,min ,  

where  

v = 3000 psi,  

H,max = 2500 psi, and H,min = 1400 psi. 

Example 8: Fracturing Treatment 

Available Data 
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A laboratory fracturing treatment was performed on an hydrostone block 

with the following stresses and pressures: v = 3000 psi, H,max = 2500 

psi, H,min = 1400 psi, and Pr = 0. The well is vertical with an openhole 

interval equal to 2 in. The fracturing data is provided in Figure 5-16. 

Determine the following:  

1. Estimate the fracture toughness, KIC, for the rock tested.  
2. Determine the pressure drop at the tip, Ptip.  
3. Determine the friction-pressure drop, Pf.  
4. Verify whether the breakdown pressure observed from the test matches 

that of the theory. The tensile strength of the sample tested was measured 
in the laboratory as 780 psi.  

5. Determine the net pressure, which is used to develop the fracture width.  
6. Assuming that H,max is not known, calculate it and compare it with the 

applied one.  

Solution 

From Figure 5-16, the following data can be determined: pbd = 2540 psi, 

ISIP = 1750 psi, and pf = 2150 psi at the end of the fracturing time, which 

corresponds to the fracture length of 4 in., which was observed later.  

 

Figure 5-16 Experimental results of fracturing a rock block with a 
vertical well 

Fracture toughness can be estimated from the following equation for a 

circular fracture, as is the case for this test (Shlyapobersky et al., 1988): 
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(5-58) 

where R is the fracture radius, which is equal to 2 in., and ∆p can be 

estimated as ISIP - σH,min. Therefore, 

 

Note that the preceding was a laboratory test and that the fracture is very 

small. For this reason, the ptip was almost 50% of the pnet. As the fracture 

becomes longer, the term ptip gets smaller and becomes negligible.  

Fracturing Deviated and Horizontal Wells 

Nonplanar Fracture Geometry 

The term "nonplanar" refers to any fracture plane that does not follow the 

conventional singular planar fracture (Abass et al., 1996). Nonplanar 
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fracture geometry is created when a deviated wellbore is hydraulically 

fractured. Nonplanar fractures can be multiple parallel fractures, reoriented 

fractures, or T-shaped fractures (Figure 5-17).  

 

Figure 5-17 Non-planar fracture geometry for different wellbore 
orientations relative to the direction of in-situ stresses 

This type of fracture geometry can be responsible for premature screenout 

and excessive fracturing pressure, leading to unsuccessful hydraulic 

fracturing treatments. Experimental results have shown that fracture 

initiation pressure is a function of the wellbore deviation and azimuth. Field 

experience suggests that fracture reorientation is the main reason for any 

excess net pressure observed during the hydraulic fracturing of deviated 

wellbores (Economides et al., 1989). 
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Dual Closure Pressure After Shut-in 

Dual closure stress has been observed in the field during the fracturing of 

vertical wells in which layers with different horizontal stresses were drilled 

(Warpinski et al., 1985). The authors presented a valid explanation that 

during shut-in, the zone with higher stress closes first, followed by another 

closure of the zone with lower stress. Dual closure pressure has also been 

observed in the laboratory during fracturing from samples containing 

horizontal wells (Abass et al., 1996). Figure 5-18 shows a microfrac analysis 

of a laboratory test where two closure stresses were observed: 1800 psi and 

1430 psi.  

 

Figure 5-18 Dual closure pressure observed in fracturing horizontal 
wells 

If such a phenomenon is observed in the field and the well is deviated or 

horizontal, it indicates near-wellbore nonplanar fracture geometry; 

therefore, the second closure should be used for estimating the minimum 

horizontal stress. 
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Proppant Selection, Proppant Flowback, and the Use of Resin-Coated 
Proppant  

Proppant crushing, embedment, and flowback could result in the total failure 

of a stimulation treatment; proppant must be strong enough to support the 

closure stress. If embedment is expected, the proppant bed concentration 

should be increased so that it will compensate for conductivity loss. 

The major problem of proppant flowback is often solved through the use of 

resin-coated proppant. To show the combined effect of stress and 

temperature as a function of time on the stability of a resin-coated proppant, 

a stability envelope can be constructed as shown in Figure 5-19 

(Dewprashad et al., 1993).  

 

Figure 5-19 Stability envelope of a given formulation of resin-coated 
proppant 

The envelope separates two zones: (1) the area inside represents a stable 

resin under in-situ conditions of temperature and closure stress while (2) the 

outside area reflects a failure condition dictated by creep. This envelope was 

obtained from several long-term tests performed on several core samples. 
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Figure 5-20 shows a typical creep test performed at 150°F on consolidated 

Ottawa sand (20/40 US mesh) coated with an epoxy resin.  

 

Figure 5-20 Laboratory demonstration of creep testing 

As shown, progressive loads were applied and maintained constant as the 

resulting deformation was measured. The strain rate was small until a stress 

level of 4250 psi was applied. 

Nonlinear Stress-Strain Behavior in Fracturing  

The general equations to calculate fracture width at the wellbore for different 

models is given by  

(5-59) 

For nonlinear behavior, which occurs in coal and poorly consolidated sands, 

the mechanical properties change with pressure. For small pressure ranges, 

these changes are not important. However, for large pressure ranges, which 

occur in tip-screenout designs, the issue of pressure change is significant. 
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Let's only consider the nonlinear behavior of Young's modulus and assume 

that Poisson's ratio stays constant. A numerical solution can be adopted to 

include nonlinear behavior. 

(5-60) 

Sand Production 

When a well is drilled in a poorly consolidated formation, an unconfined 

condition that creates a plastic zone that can grow with time is established 

around the wellbore. When the well is cased and cemented, confinement is 

restored, but the plastic zone is not reversible. Therefore, when perforations 

are introduced in the formation, the plastic zone is exposed to unconfined 

conditions again. When the problem of formation solids production is 

considered, we must differentiate between sand and fines production.  

• Fines migration (mobilized clay minerals, quartz, mica, carbonate, etc.) 
results from drag forces and incompatible completion fluids. If fines are 
being produced, they should not be stopped by screening techniques 
such as gravel-packing. Fines should be produced to prevent 
permeability impairment.  

• Sand migration is a result of mechanical and chemical effects and can 
be eliminated with several techniques that will be discussed in the 
following paragraphs.  

Mechanical Effects 

Shear and Tensile Failures 

Perkins and Weingarten (1988) applied the Mohr-Coulomb failure criterion to 

predict the near-wellbore pressure drawdown, which triggers sand 

production: 

(5-61) 
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where can be obtained from Equation 5-42. 

This equation is based on the assumption that a sand arch is developed 

around a perforation. The governing stress equation to keep the cavity 

stable is 

(5-62) 

Bratli and Risnes (1981) presented the following equation for spherical flow 

around each perforation, based on the assumption that the pressure 

drawdown is the same for all perforations: 

(5-63) 

Since  

(5-64) 

then 

p = Co for radial flow and p = 2Co for spherical flow. 

Cohesive Failure 

Cohesive failure is really an erosional effect that removes individual particles 

resulting from flow across the perforation tunnels. If the drag force 

generated from fluid velocity exceeds the cohesive strength of the rock 

material, erosion occurs and sand is produced. If a perforation tunnel with a 

radius rp is considered, the shear stress across the internal surface can be 

calculated as 

(5-65) 
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Therefore,  

(5-66) 

The right-hand side of Equation 5-66 is referred to as the flux in the porous 

medium or in the perforation tunnel. Equation 5-66 provides a relationship 

for the onset of sand production. 

Example 9: Sand Production from Shear or Cohesive Failure 

Available Data 

Near-wellbore pressure drawdown is 2000 psi, the perforated interval is 20 ft 

with 4 shots/ft, the perforation tunnel diameter is 0.5 in., and the sample is 

10 in. long. The sand formation's tensile strength is 400 psi and its cohesive 

strength is 150 psi. Based on this wellbore data, will sand be produced 

because of cohesive failure or tensile failure? 

Solution 

Assuming that the pressure drawdown occurs entirely near the wellbore and 

within the perforation tunnel, from Equation 5-65, shear stress = 

(0.5/2)(2000/10) = 500 psi. 

Thus, both tensile and cohesive failure will occur because the drawdown 

exceeds the tensile strength and the shear stress that causes erosion.  

Critical Drawdown for Sand Production  

On the basis of rock mechanics, we can assume that the formation is stable 

around the wellbore (a static circle) before production (Figure 5-21).  
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Figure 5-21 Mechanical representation of the critical pressure 
drawdown that triggers sand production 

When the wellbore is put on production, a differential pressure (∆p) is 

established. Based on Equations 5-14 and 5-15, this differential pressure 

increases the tangential stress while equally decreasing the magnitude of the 

radial stress. Therefore, the center of Mohr's circle remains stationary, but 

the radius grows. If the pressure drawdown is high enough for a failure 

envelope of a given formation, the new circle may touch the failure 

envelope. The pressure drawdown shown in Figure 5-21 then represents the 

maximum safe drawdown pressure for that formation, and this pressure can 

be determined for a given reservoir.  

This failure envelope is frequently nonlinear. Therefore, only the part of the 

failure envelope relevant to the in-situ stress condition should be used for 

failure evaluation. Figure 5-21, for example, shows that two linear 

approximations can be obtained for different stress levels. The initial line is 

affected by the tensile strength circle and the uniaxial strength circle. It is 

artificial to include the tensile circle into the failure criteria, and therefore it 

should not be considered in constructing the failure envelope. 

Example 10: Critical Drawdown for Sand Production 

Available Data 
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An oil-sand reservoir has the following properties: porosity = 0.25, 

permeability = 100 md, Young's modulus = 5 × 105 psi, Poisson's ratio = 

0.3, cohesive strength = 150 psi, internal friction angle = 30o, and formation 

thickness = 80 ft. Perforations are at 60 o phasing with 10-in. perforation 

tunnels. There are 6 shots/ft with rp = 0.5 in. Vertical total stress = 8800 

psi, minimum horizontal stress = 5800 psi, maximum horizontal stress = 

7000 psi, reservoir pressure = 3600 psi, the poroelastic factor = 1.0, and 

the uniaxial compressive strength = 520 psi. 

If the previous information is not available, see the previous examples to 

determine how to estimate these data. Use different models to calculate the 

critical drawdown above which the well starts producing sand. 

Solutions  

1. A 3D model (Morita et al., 1989) was used to estimate the pressure 
drawdown that triggers sand production. The estimated pressure 
drawdown was 1000 psi.  

2. From Equation 5-63,  

 

Fracpacks 

From a rock mechanics perspective, the fracpack helps reduce near-wellbore 

pressure drawdown, which in turn reduces or prevents cohesive failure 

(erosion) and tensile failure. A combination fracpack/gravel pack can often 

effectively control sand production in many areas. 

Figure 5-22 shows a hydraulic fracturing experiment in a poorly consolidated 

outcropping sample that has a Young's modulus of 377,000 psi and a 

compressive strength of 1037 psi.  
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Figure 5-22 Laboratory demonstration of fracturing poorly 
consolidated sandstone formations 

This figure shows that a poorly consolidated formation can be fractured just 

like any conventional formation. 

The fracture length should be optimized to reduce the severe near-wellbore 

pressure drawdown (Abass et al.,1994; Fletcher et al.,1995). 

Chemical Effects 

A sandstone material's granular framework and type of natural cementation 

are inherent characteristics that help maintain stability; drilling a wellbore in 

the formation and introducing foreign fluids disturbs this natural stability. 

This section discusses the effect of drilling and completion fluids on the 

natural cementation material and describes a new means of restoring 

cementation during drilling. 
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Mineralogical analyses of most sand formations will reveal quartz, feldspar, 

carbonate (such as dolomite), and clay (such as chlorite, smectite). 

Cementation materials, such as quartz, dolomite, and chlorite, provide 

stability to a given formation and therefore should be maintained during 

drilling, completion, and stimulation phases.  

Yale et al. (1995) studied the effects of cementation on the difference 

between the static and dynamic mechanical properties. The most interesting 

finding is the relation between the degree of nonlinearity and the 

static/dynamic ratio of mechanical properties. In other words, the type of 

cementation controls whether the material exhibits linear elastic, nonlinear 

elastic, or elastoplastic behavior during loading and unloading. Since a 

formation is exposed to many loading and unloading cycles during wellbore 

construction phases, studying a formation's loading and unloading 

characteristics is important. 

For exclusive sand control, the following techniques can be used individually 

or in combination depending on the failure mechanism:  

• A horizontal wellbore in the boundary layer and a fracture to the 
formation  

• Oriented perforations in the direction of maximum horizontal stress  
• Fracpack and/or gravel pack  
• Fracpack with resin-coated sand  
• Consolidation during drilling  
• Consolidation and fracpack  

In-Situ Stress Measurements 

In-situ stresses and mechanical properties of the formation are crucial for 

evaluation of the many problems associated with wellbore construction. 

Several methods are available to measure the magnitude and direction of 

the in-situ stresses, and several should be performed and compared so that 

reasonable results can be determined (Daneshy, 1986). 
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Microfrac Test 

During a microfrac test, 1 to 2 bbl of fracturing fluid or drilling fluid is 

injected into a small isolated interval of the wellbore (Soliman, 1993). The 

pressure falloff data that occurs after injection is used to analyze the 

magnitude of H,min. An oriented core from the bottom of the well should be 

retrieved after the microfrac test. The fracture direction is observed from 

this oriented core, with the direction of H,min being perpendicular to the 

orientation of the fracture. To confirm this direction, an anelastic strain 

recovery, ASR, can be performed on an unfractured portion of a retrieved 

core. 

Although it is not recommended, a microfrac test can also be performed in 

deviated or horizontal wells. An initial analysis indicates that the magnitude 

of H,min may be overestimated in such wells; therefore, a larger volume of 

fracturing fluid may have to be injected (McLeod, 1982). 

Example 11: Determining Stresses in the Laboratory 

Available Data 

Figures 5-16 and 5-23 show real data from a rock sample that was fractured 

in the laboratory.  
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Figure 5-23 Graphical determination of closure pressure 

The stresses applied were v = 3000 psi, H,max = 2500 psi, and H,min = 

1400 psi. The tensile strength of the rock is 800 psi. The well was vertical. 

Calculate H,min and H,max from the pressure data and compare them with 

the applied H,min and H,max. Are they comparable? 

Solution 

The breakdown pressure from Figure 5-16 is 2540 psi. Figure 5-23 is a p 

vs.  plot from the shut-in pressure, which is 2110 psi. ISIP is determined 

from Figure 5-16 to be 1750 psi. Therefore, the data to be analyzed in 

Figure 5-23 will be the points after pressure falls to 1750 psi. The closure 

pressure is determined from Figure 5-23 and is equal to 1370 psi.  

H,min = 1370 psi from pressure data 
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H,min = 1400 psi applied during the test 

H,max = 3 σ´H,min -pbd + T 

= 3(1370) - 2540 + 800 

= 2370 psi 

H,max = 2370 psi from pressure data 

H,max = 2500 psi applied during the test 

Geological Information 

Geological considerations can provide valuable qualitative information on the 

stress field. Figure 5-24 shows how the geological structure can be used to 

infer the in-situ stress field. 
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Figure 5-24 Stress field interpretation for different geological 
structures 

Breakout Analysis 

In a formation where the that is created from drilling exceeds the in-situ 

compressive strength of the formation, a near-wellbore breakout zone may 

occur. Experimental work has shown that breakout can be a valuable 

technique that allows engineers to determine the direction of minimum 

horizontal stress.  
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Figure 5-25 Experimental demonstration of breakout phenomenon 

Figure 5-25 experimentally demonstrates how the breakout is created in the 

direction of minimum horizontal stress. An oriented six-arm caliper log can 

show the breakout phenomenon. Breakout should not be confused with 

washout, in which the wellbore is caving in all directions. As shown in the 

following example, a breakout does not have to be created during drilling. 

Example 12: Breakout Analysis 

Available Data 

A vertical wellbore is drilled in the following stress system: H = 9000 ft, v = 

9000 psi, H,max = 7000 psi, H,min = 5000 psi, pr = 3800 psi, pw = 4000 psi, 

Co = 7800 psi and = 0.85.  

1. Will breakout or tensile failure occur? Would either condition occur if the 
uniaxial compressive strength were 10,000 psi?  

2. In a formation with tensile strength of 1000 psi, will tensile failure occur in 
the direction of maximum horizontal stress? If not, what is the bottomhole 
pressure required to initiate a tensile fracture (hydraulic fracture), and 
what is the drilling-fluid weight that can cause fracture initiation?  

Solution  
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The tangential stress in the direction of minimum horizontal stress (  = 90) 

is given by 

σθ=90=3(7000 - 0.84 x 3800) - (5000 - 0.85 x 3800) - 3800 + 4000 = 8348 

psi 

Since the stress concentration is higher than the compressive strength, a 

breakout will occur (even if the effective stress is used). However, if the 

compressive strength of the formation were 10,000 psi, a breakout would 

not be expected. This result explains why the wellbore imaging log reveals 

breakout in some formations while nothing appears in other locations. 

The tangential strength in the direction of maximum horizontal stress is 

given by 

σθ=0 = 3(5000 - 0.85 x 3800) - (7000 - 0.85 x 3800) - 3800 + 4000 = 2280 

psi 

Since the stress is positive, it is in compression in the direction of maximum 

horizontal stress; therefore, no tensile failure is expected around the 

wellbore. 

The bottomhole pressure to initiate a fracture should bring the compressive 

strength to zero, then bring it to the tensile strength of the formation, which 

in the example would be  

p = 2280 + 500 + 3800 = 6580 psi 

The drilling-fluid weight that can initiate fracture in the formation is 

Drilling-Fluid Weight = 6580 x 8.34/(9000 x 0.433) = 14 lb/gal and, 

therefore, with the drilling-fluid pressure of 4000 psi, the formation will not 

fail in tension. 
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Anelastic Strain Recovery (ASR) 

The ASR method predicts the direction of the in-situ stresses in the 

formation. This method is based on the theory that a core relaxes when the 

in-situ stresses are removed from it (Voight, 1968; Blanton, 1983). The 

amount of relaxation is time-dependent and proportionally related to the 

direction and magnitude of the original stresses. An oriented core is usually 

retrieved from the well and is mounted in a device to measure strain 

recovery in different directions. The amount of strain collected can vary from 

0 to more than 600+ microinches. 

The magnitudes of in-situ stresses can be estimated from the principal strain 

recoveries (Blanton, 1983) as presented in the following example.  

Example 13: Analysis of an ASR Test 

Figure 5-26 shows a real example of an ASR test, from which the direction of 

the in-situ stresses was determined. The magnitude of the principle stresses 

is based on the following assumptions:  

Figure 5-26 shows a real example of an ASR test, from which the direction of 

the in-situ stresses was determined. The magnitude of the principle stresses 

is based on the following assumptions:  

v = 10,000 psi, pr = 4000 psi, = 0.7, and = 0.23 

From Figure 5-26, the following strains were calculated during the 0 to 200-

minute time interval : 

v = 57 Microstrain, 
H,max = 40 Microstrain, 
H,min = 20 Microstrain 
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Before the ASR data is analyzed, the following observations should be 

seriously considered:  

• The method is based on the relaxation after the core physically 
detaches from the stressed rock mass. The anelastic growth of the 
core is a result of microcracks caused by the release of the in-situ 
stresses. The number of these microcracks is proportional to the state 
of stress before coring. Therefore, the method is highly dependent on 
the quality of the core retrieved and the existence of natural fractures. 
The sample should be carefully observed before and after the test. If 
the sample exhibits a natural fracture, it should not be used; and if the 
natural fracture was not obvious before the test but observed after the 
test after the sample is cut in several planes, the data should be 
discarded. A natural fracture can reverse the real direction as much as 
90o.  

• Many efforts have been made to analyze this small amount of 
recovery. If total strain is less than 50 microinches, the results could be 
considered unreliable. Good results are obtained when the total 
recovery is 200 microinches or more.  

• The method for determining the stress magnitudes from the ASR 
method (Example  
5-6.4.1) should be considered an approximation. More research is 
required for this method.  

• Strain curves may all show continuous positive strain recovery, 
negative strain, or mixed mode of recovery. The most reliable data is 
from curves that all show positive recovery. Curves that all indicate 
negative recovery are dominated by the pore pressure effect; their 
results should be analyzed, but they should not be considered reliable. 
Curves that show mixed modes of recovery are caused by the 
directional effect of permeability (anisotropy), mechanical effects, etc. 
The results of these data should not be considered reliable.  

• The strain recovery is highly affected by the temperature variation 
during the test; therefore, selecting the interval that shows constant 
temperature is very important.  

• Differential Strain Curve Analysis (DSCA) has been used when the 
ASR test has not been performed on site. The DSCA method is based 
on many assumptions, and the results should only be considered 
approximate.  
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Figure 5-26 Anelastic principal sins observed from ASR testing 
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Chapter 6 - Primary Cementing
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purposes. 

Kris Ravi, Halliburton Energy Services  
Larry Moran, Conoco 

 

Introduction 

Primary cementing is the process of placing cement between the casing and 
borehole in a well. The main objectives of primary cementing are to seal the 
annulus and to obtain zonal isolation. The latter is accomplished if cement in 
the annulus prevents the flow of formation fluids. For zonal isolation to be 
achieved, all drill cuttings and drilling fluid must be removed from the 
annulus and replaced by cement slurry. Cement slurry must then undergo 
hydration, changing from the liquid to the solid phase and developing 
properties to prevent flow of formation fluids and to support the casing. The 
cement sheath should also be able to withstand different operations such as 
stimulation, perforation, production, and intervention during the life of the 
well.  

Objectives of Primary Cementing 

If the main objective of primary cementing (zonal isolation) is achieved, the 
economic, liability, safety, government, and other requirements imposed 
during the life of the well will be met. Since the zonal isolation process is not 
directly related to production, zonal isolation receives less attention than 
other well-construction activities. However, this necessary task must be 
performed effectively to conduct many production or stimulation operations. 
Thus, the success of a well depends on this primary operation.  

Economics is involved in every aspect of well construction. Drilling engineers 
should consider the life of the well and construct a well that is cost-effective 
for the life. Usually, being cost-effective does not mean constructing the 
lowest cost well. Instead, money spent on primary cementing must be aimed 
at preventing more costly problems during production such as cement 
sheath cracking, water influx, or pressure buildup in the annulus. Otherwise, 
remedial treatments will have to be done throughout the life of the well, or, 
in extreme cases, the well will have to be abandoned. Therefore, cements 
with fluid-loss control, gas-flow control, chemical stability, and mechanical 
integrity are often necessary and should be used to overcome all of these 
problems and provide cost-effective solutions. 

Government regulations on primary cementing generally cover protection of 
surface waters. These regulations are designed to protect fresh water from 
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contamination by downhole brines, oils, and gas. Normally, these regulations 
require that cement be pumped to surface on all casings that cover fresh 
water.  

Steps to Meet the Objectives 

In general, the following steps are required to obtain successful primary 
cement placement and to meet the objectives outlined above:  

1. Analyze the well parameters; define the needs of the well, and 
then design placement techniques and fluids to meet the 
requirements for the life of the well. Fluid properties, fluid 
mechanics, and chemistry all influence the design used for a 
well. Mathematical and physical modeling of fluid flow are 
discussed in Section 6-2. The chemistry of cements and 
additives is discussed in Section 6-3.  

2. Calculate fluid (slurry) composition and perform laboratory 
tests on the fluids designed in Step 1 to make sure they meet 
the job requirements. The calculations and laboratory tests are 
discussed in Section 6-4.  

3. Use necessary hardware to implement the design from Step 1; 
calculate the volumes of fluids (slurry) to be pumped; blend, 
mix, and pump fluids into the annulus. Casing attachments and 
equipment needed to perform these operations are discussed in 
Section 6-5.  

4. Monitor the treatment in real time, compare it with the design 
from Step 1, and make changes as necessary.  

5. Evaluate the results, compare with them with the design from 
Step 1, and make changes as necessary for future jobs.  

Reservoir conditions such as high temperature, high pressure, extreme 
depth, and deviation pose unique problems and are outlined in  
Table 6-1. 
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Table 6-1 Well conditions presenting cementing problems and how to treat 
them 

Well condition Definition Problems Design Considerations 

Deviated wells Wellbore angle > 20o Casing lying on the bottom 

Solids settling 

Free water forming 

Intermixing 

Fluids channeling 

Use a complete 
mathematical model (Case 
V). Design methods and 
materials to prevent solids 
settling and prevent free 
water in slurry at downhole 
conditions 

High pressure 
and high 
temperature 

Temperatures in 
excess of 300°F 

Solids settling  

Cement sheath cracking 

Micro annulus forming 

Drilling fluid gelling 

Fluids channeling 

Use a complete 
mathematical model (Case 
V). Design methods and 
materials to prevent cement 
sheath cracking due to 
temperature and pressure 
cycling, prevent solids 
settling, and remove drilling 
fluids at downhole conditions 

Deep wells Depth > 15,000 ft Formation damage caused 
by excessive friction 
pressures  

Need long casing  

Need long pumping time 

Use a complete 
mathematical model (Case 
V). Design methods and 
materials for 100% 
displacement with no 
formation breakdown. Use 
liner to reduce casing and 
length; stage tools to reduce 
friction pressures; proper 
chemicals and strict quality 
control to ensure required 
pumping time  

Deep water Water depth in excess 
of 1000 ft 

Low temperature, low 
density 

Use a complete 
mathematical model (Case 
V). Design methods and 
materials so that cement will 
set under these conditions 
and prevent fluid influx 

Multilateral Multiple laterals drilled 
from one parent 
wellbore 

Integrity of the sealant in 
the junction  

Use a complete 
mathematical model (Case 
V). Design methods and 
materials so that zonal 
isolation will not be 
compromised when the well 
is subjected to stresses from 
different operations. 

Unconsolidated 
to weak 
formation  

  Loss of fluids to the 
formation 

Optimize density and flow 
rate of fluids and use lost-
circulation material as 
needed 

Drilling with high 
fluid loss and/or 
in highly 
permeable 
formations 

  Differential sticking Use flushes and pipe 
movement and minimize 
fluid loss of drilling fluid  
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This chapter discusses the fundamentals of these problems, the design 
methods and materials used to solve these problems, and issues of field 
implementation.  

Mathematical and Physical Models 

It has been emphasized already that the objective of primary cementing is 
to obtain zonal isolation for the life of the well. This means that 

Cement slurry should be placed in the annulus so that 100% displacement 
efficiency is obtained.  

The slurry should then undergo hydration reaction and produce a cement 
sheath that will withstand all operations throughout the life of the well.  

Displacement efficiency is defined as the percentage of the annulus that is 
filled with cement. Figure 6-1 shows a cross section of a cemented annulus. 
The hole diameter is Dw and the casing outer diameter is Do.  

 

Figure 6-1 Cross section of cemented annulus 

The cross-sectional area that should be filled with cement is  

(6-1) 

where Ac is the cross-sectional area of the annulus. In Figure 6-1, a section 
of the annulus still contains drilling fluid that has not been displaced by the 
cement. Let the cross-sectional area that is filled with cement be equal to 
Acem. The displacement efficiency is then defined as 
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(6-2) 

where is the displacement efficiency. 

In the process of obtaining 100% displacement, the formation integrity 
should be maintained. This means that the pressure reached during the 
pumping operation must be such that the formation will not break down. 
Therefore, an accurate mathematical model is needed to estimate the 
pressure drop. The physics of the problem is illustrated with different cases 
in the following section. A number of simplifying assumptions are made in 
Case I. The rheology of fluids used in cementing operations is invariably 
non-Newtonian in nature and should be included in even a simplified model. 
Therefore, non-Newtonian models are discussed in Case I. Complexities in 
modeling the cementing operations are then gradually built in Cases II to VI.  

Case I—Concentric 

Figure 6-2 shows cement flowing into a wellbore filled with drilling fluid.  

 

Figure 6-2 Cement flowing into wellbore filled with drilling fluid 

This figure is an ideal depiction in which we assume that  

• The casing is concentric with the hole.  
• Cement by itself is displacing the drilling fluid out of the hole 

in its entirety and the fluids are stacked one over the other.  

In this case, the total pressure drop is the sum of the individual pressure 
drops. In addition to the assumptions above, we also assume that  

• The flow has attained steady state.  
• The flow is only in the longitudinal or z direction.  
• The fluids are incompressible.  
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Then, flow through the casing can be described by an equation of motion in 
cylindrical coordinates (Bird et al., 1987) by setting vr and vθ equal to zero. 
The z component equation can then be written as 

(6-3) 

where τrz is the viscous momentum flux of z momentum in the r direction or 
the shear stress in z direction at a radial distance r, and dp/dz is the 
pressure gradient. 

The boundary condition is vz = 0 for r = ri, where ri is the inner radius of the 
casing. 

Fluid Rheology 

Shear stress is force per unit area and is expressed as a function of the 
velocity gradient of the fluid as: 

(6-4) 

where is the fluid viscosity and dv/dr is the velocity gradient. The negative 
sign is used in Equation 6-4 because momentum flux flows in the direction of 
negative velocity gradient. That is, the momentum tends to go in the 
direction of decreasing velocity. A velocity gradient, just like the 
temperature gradient for heat transfer and the concentration gradient for 
mass transfer, is the driving force for momentum transfer. The absolute 
value of velocity gradient is the shear rate and is defined as 

(6-5) 

Then Equation 6-4 can be written as: 

(6-6) 

Viscosity is the resistance offered by a fluid to momentum transfer or 
deformation when it is subjected to a shear stress (Bird et al., 1960; Eirich, 
1960; Perry, 1985). If the viscosity is independent of shear stress or 
equivalent to the shear rate, then the fluid is called a Newtonian fluid. Water 
is an example of a Newtonian fluid. The shear rate is linear with shear stress 
for Newtonian fluids and is illustrated by Curve A in Figure 6-3.  
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Figure 6-3 Rheology of fluids 

The symbol µ without any subscript is used to refer to the viscosity of a 
Newtonian fluid.  

Most of the fluids used in cementing operations are not Newtonian and their 
behavior is discussed below. If the viscosity of a fluid is a function of shear 
stress or of shear rate, then the fluid is a non-Newtonian fluid. Non-
Newtonian fluids can be classified into three general categories:  

• The fluid properties are independent of the duration of shear.  
• The fluid properties are dependent on the duration of shear.  
• The fluid exhibits many properties that are characteristics of 

solids.  

Time-Independent Fluids 

The following three types of fluids are time independent fluids:  

• Bingham plastic. These fluids require a finite shear stress, τo, 
below which they will not flow. Above this finite shear stress, 
referred to as yield point, the shear rate is linear with shear 
stress, just like a Newtonian fluid. The fluid is illustrated by 



 282 

Curve B in Figure 6-3. The shear stress can be written as 
 

(6-7) 
 
where p refers to the plastic viscosity of the fluid. Some 
water-based slurries and sewage sludge are examples of 
Bingham plastic fluids. Most water-based cement slurries and 
water-based drilling fluids exhibit Bingham plastic behavior.  

• Pseudoplastic. These fluids exhibit a linear relationship 
between shear stress and shear rate when plotted on log-log 
paper and their behavior is illustrated by Curve C in Figure 6-
3. Pseudoplastic fluids are often referred to as power-law 
fluids. The shear stress can be written as 
 

(6-8) 
 
where K is the consistency index and n is the exponent, 
referred to as the power-law index. A term µa , defined as the 
apparent viscosity, is 
 

(6-9) 
 
The apparent viscosity decreases as the shear rate increases 
for power-law fluids. Polymeric solutions and melts are 
examples of power-law fluid. Some drilling fluids and cement 
slurries, depending on their formulation, polymer content, or 
other qualities exhibit power law behavior.  

• Dilatant. These fluids also exhibit a linear relationship 
between shear stress and shear rate when plotted on log-log 
paper and are illustrated as Curve D in Figure 6-3. The shear 
stress expression for a dilatant fluid is similar to a power-law 
fluid, but the exponent n is greater than 1. The apparent 
viscosity for these fluids increases as shear rate increases. 
Quicksand is an example of a dilatant fluid. In cementing 
operations, it is disadvantageous if fluids increase in viscosity 
as shear stress increases.  

Time-Dependent Fluids 

These fluids exhibit a change in shear stress with the duration of shear. This 
does not include changes resulting from chemical reaction, mechanical 
effects, or other events. Cement slurries and drilling fluids usually do not 
exhibit time-dependent behavior. However, with the introduction of new 
chemicals on a regular basis, the behavior of the fluids should be tested and 
verified. 

Fluids with Solids Characteristics 

These fluids exhibit elastic recovery from the deformation that occurs during 
flow and are called viscoelastic. Very few cement slurries and drilling fluids 
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today exhibit this behavior. However, new polymers are being introduced on 
a regular basis and tests should be conducted to verify the behavior.  

The unit of viscosity, , is pascal-second (Pa-s) in the SI system and lb/(ft-
s) in English engineering units. One Pa-s equals 10 Poise (p), 1000 
centipoise (cp), or 0.672 lb/(ft-s). The exponent n is dimensionless and the 
consistency index, K, is expressed in units of Pa-sn in the SI system and lbf-
secn-ft-2 in oilfield units. One Pa-sn equals 208.86 lbf-secn-ft-2. 

Concentric Viscometer 

The rheology parameters of fluids, , p, o, K, and n are often determined 
from tests in a concentric viscometer. This instrument consists of concentric 
cylinders; one of the cylinders rotates, usually the outer one. A sample of 
fluid is placed between the cylinders and the torque on the inner cylinder is 
measured. The fluid velocity profile is illustrated in Figure 6-4.  

 

Figure 6-4 Concentric viscometer fluid viscosity profile 

Assuming an incompressible fluid (flow only in the θ direction) in a laminar 
flow regime, the equation of motion (Bird et al., 1960) can be written as 
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(6-10) 

This equation is solved with the boundary conditions at r=κR, = 0; r = R, 
= R. 

Equation 6-10 can be solved for to give 

(6-11) 

where is the momentum in r direction, T is the torque, R is the radius of 
the outer cylinder, κ is the ratio of radius of the inner cylinder to the outer 
cylinder, L is the length, and is the angular velocity of the outer cylinder. 

Pressure Drop Equations 

In a concentric viscometer, the torque, T, is measured at different rotational 
speeds of the outer cylinder. Shear stress is then calculated from Equation 
11, and shear rate is given by 

(6-12) 

Shear stress and shear rate are then analyzed to determine the rheology 
model. Once the relationship between τ and is known, it can be substituted 
into Equation 6-3 to solve for the velocity profile. These solutions are valid 
only for laminar flow because the shear stress/shear rate relationship from a 
concentric viscometer is valid only in laminar flow.  

As an example, for a Bingham plastic fluid, Equation 6-7 should be 
substituted for the shear stress, t, into Equation 6-3. This equation can then 
be solved for the velocity distribution in laminar flow, with boundary 
conditions vz = 0 for r = ri , as 

(6-13) 

and 

(6-14) 

where rp is the radius of the plug region, defined by rp = ( p o /2L). The 
volumetric flow rate can then be estimated by integrating the velocity 
distribution over the cross-sectional area of the pipe. 
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Correlations for turbulent flow have been developed empirically from 
experiments conducted in a flow loop. A typical set of data is shown in 
Figure 6-5.  

 

Figure 6-5 Experimental data from flow loop 

Experimental data in laminar flow should be compared with estimated values 
from a correlation such as Equation 6-13. The non-slip boundary condition is 
applied in solving Equation 6-3. However, some solids-laden polymers are 
known to exhibit what is known as shear-induced diffusion, in which solids 
migrate away from the walls to the center of the pipe. These fluids show 
deviation in calculated and experimental values in laminar flow. The 
correlation should be modified as needed to reflect this behavior. A number 
of polymers are known to exhibit drag reduction in turbulent flow. 

Experimental data illustrated in Figure 6-5 are usually analyzed and 
correlated between two dimensionless numbers f, the Fanning friction factor, 
and NRe, the Reynolds number. An example plot of f vs. NRe for flow through 
a circular pipe is shown in Figure 6-6.  
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Figure 6-6 Friction factor vs. Reynolds number 

Then, the pressure drop per unit length for flow through a circular pipe of 
diameter D is given by 

(6-15) 

where f is the Fanning friction factor, L is the length, v is the velocity, ρ is 
the density, and ∆p is the pressure drop. The friction factor depends on NRe 
and the roughness of the pipe. The Reynolds number, NRe, is given by 

(6-16) 

where ρ is the density of the fluid. 

Correlations for the friction factor, f, in both laminar and turbulent flow and 
for the critical Reynolds number are available for a number of fluids (Bird et 
al., 1960; Govier and Aziz, 1987; Shah and Sutton, 1989). However, flow 
loop tests should be conducted and data compared with calculations that are 
based on fundamental equations for flow. 

It is not uncommon to use the pipe flow equations for flow in the annulus by 
using equivalent diameter approximation and substituting (rw-ro) for ri. 
However, if the annulus dimensions are small (ro/rw > 0.3), a slit flow 
approximation should be used (Bird et al., 1987; White, 1979). A summary 
of the equations for flow through pipes, flow through the annuli with pipe, 
and slit approximations are given in Table 8.2. The details of the derivations 
can be found in Ravi and Guillot (1997). 
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Table 6-2 Summary of pressure drop equations in pipes and concentric 

Fluid 
Rheology 

Model  
Used 

Reynolds  
Number 

Laminar 
Reynolds 
Number3 

Turbulent 
Reynolds  
Number4 

Friction Factor   ∆p/L 

          Laminar1 Turbulent2   

Newtonian Flow in 
Pipe 

Div /  <= 2,100 >= 3,000 16/NRe 1/f1/2 = 4.0 
log(NRef

1/2)-0.4 
2f
v2/Di 

  Flow in 
Annulus, 
Pipe 
Model  

(Dw-Do)v /  <= 2,100 >= 3,000 16/NRe 1/f1/2 = 4.0 
log(NRef

1/2)-0.4 
2f
v2/(Dw-

DI) 

  Flow in 
Annulus, 
Slit 
Model  

(Dw-Do)v /  <= 2,100 >= 3,000 24/NRe 1/f1/2 = 4.0 
log(NRef

1/2)-0.4 
2f
v2/(Dw-

DI) 

Bingham 
Plastic 

Flow in 
Pipe 

Div / p <= 
NReBP1 

>= NReBP2 16[(1/NRe)+ 

(NHe/(6N2
Re))-  

(N4
He/(3f3N8

Re))] 

A(NRe)
-B 2f

v2/Di 

  Flow in 
Annulus, 
Pipe 
Model  

(Dw-Do)v / p <= 
NReBP1 

>= NReBP2 16[(1/NRe)+(NHe/(6N2
Re))- 

(N4
He/(3f3N8

Re))] 

A(NRe)
-B 2f

v2/(Dw-

DI) 

  Flow in 
Annulus, 
Slit 
Model  

(Dw-Do)v

/(1.5µp) 

<= 
NReBP1 

>= NReBP2 16[(1/NRe)+((9/8)Nhe/  

(6N2
Re))-(N

4
He/(3f3N8

Re))] 

A(NRe)
-B 2f

v2/(Dw-

DI) 

Power-law Flow in 
Pipe 

Di
nv2-nr/(8n-1 

[(3n+1)/4n)]nK) 

<= 
(3250-
1150n) 

>= (4150-
1150n) 

16/NRe 1/f1/2 = 
{[(4.0/n0.75)log(NRef

(1-

n/2)]-(0.4/n1.2)} 

2f
v2/Di 

  Flow in 
Annulus, 
Pipe 
Model  

(Dw-Do)
nv2-

nr/(8n-1 

[(3n+1)/4n)]nK) 

<= 
(3250-
1150n) 

>= (4150-
1150n) 

16/NRe 1/f1/2 = 
{[(4.0/n0.75)log(NRef

(1-

n/2)]-(0.4/n1.2)} 

2f
v2/(Dw-

DI) 

  Flow in 
Annulus, 
Slit 
Model  

(Dw-Do)
nv2-

nr/(12n-1 

[(2n+1)/3n)]nK) 

<= 
(3250-
1150n) 

>= (4150-
1150n) 

24/NRe 1/f1/2 = 
{[(4.0/n0.75)log(NRef

(1-

n/2)]-(0.4/n1/2)} 

2f
v2/(Dw-

DI) 

 

1 NHe = o Di
2/ p

2 for flow in pipe, o  (Dh
2-Di

2)/ p
2 for flow in annulus, pipe 

model and o  (Dh
2-Di

2)/1.52
p
2 for flow in annulus, slit model 

2 NReBP1 = NReBP2 – 866(1- c) for flow in pipe and for flow in annulus, pipe 
model, NReBP2 - 577(1- c) for flow in annulus, slit model  

3 NReBP2 = NHe[(0.968774 - 1.362439 c + 0.1600822 c
4)/(8 c)] for flow in 

pipe and for flow in annulus, pipe model, and  

NHe[(0.968774 - 1.362439αc + 0.1600822 c
4)/(12 c)] for flow in annulus, 

slit model.  
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c = ¾[(((2NHe/24,500)+(3/4)) – {((2NHe/24,500)+(3/4))2 – 
4(NHe/24,500)2}1/2)/(2(NHe/24,500))] 

4 For NHe <=0.75e+05, A=0.20656, B=0.3780; For 0.75 < NHe 
<=1.575e+05, A = 0.26365, B = 0.38931; For NHe > 0.75e+05, A = 
0.20521, B = 0.35579 

Case II—Eccentric Casing 

Figure 6-1 is an idealization. The casing invariably sags to the bottom of a 
wellbore. Reinforcements called centralizers are used to minimize this 
sagging. Figure 6-7 illustrates a casing that is lying eccentrically in the 
wellbore.  

 

Figure 6-7 Eccentric casing 
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Given the number of centralizers, a correlation is available to estimate the 
amount of eccentricity. The eccentricity, e, is the distance between the 
center of the hole and the casing. The eccentricity ratio, Ε, is 

(6-17) 

where rw is the hole radius and ro is the casing outer radius. The term 
standoff is commonly used in cementing operations to refer to the 
eccentricity ratio expressed as a percentage.  

All the assumptions from Case I, other than the assumption of concentric 
casing, are still used in Case II. Then, Equation 6-3 is still applicable. 
However, (rw-ro) cannot always be used as the annulus dimension. The 
eccentric annulus is then modeled as a slit of variable height (Tosun, 1984; 
Uner et al., 1988). The annulus approximated as a slit is shown in Figure 6-
8.  
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Figure 6-8 Eccentric annulus as a slit 

The height of the slit, h, is then calculated from 

(6-18) 

where K = (1-r*), r* = ri/ro, and is the angle.  

Considering an example of Bingham plastic fluid, the boundary conditions 
are 

yz = o - p(dvz /dy) for yo ≤ y ≤ h/2;  
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dvz/dy = 0 for 0 ≤ y ≤ yo 

vz = 0 for y = h/2 

where yo = o/( p/L) and p/L is the pressure drop per unit length. 

Equations 6-3 and 6-18 can be solved for velocity profile as 

(6-19) 

and 

(6-20) 

The volumetric flow rate can then be estimated by integrating the velocity 
distribution over the cross-sectional area of the slit. 

Illustrations 

A typical velocity profile of a Bingham plastic fluid in an eccentric annulus is 
shown in Figure 6-9.  
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Figure 6-9 Flow profile in eccentric annulus 

As shown in this figure, most of the fluid flows in the wide annulus. This 
effect will result in poor cement displacement in the narrow annulus (Walton 
and Bittleston, 1991; Uner et al., 1988; Haciislamoglu and Langlinais, 1990). 
Effects of an eccentric annulus on cement displacement are illustrated in 
Figures 6-10 to 6-12.  
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Figure 6-10 Eccentricity and displacement, I 

 

Figure 6-11 Eccentricity and displacement, II 
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Figure 6-12 Eccentricity and displacement, III 

These figures show that cement did not displace the drilling fluid in the 
narrow annulus. The extent of displacement will depend both on the 
eccentricity and the condition of drilling fluid under downhole conditions. The 
effects of downhole conditions on drilling fluids are discussed in Case III.  

Case III—Filter Cake, Gels, and Solids Deposition  

Figure 6-7 included eccentricity but still assumed that the cement slurry was 
displacing the drilling fluid in its entirety. However, in an actual well, the 
conditions are much different:  

• Drilling fluid loses filtrate to the formation, deposits filter cake, 
and develops gel strength when it is left static for procedures 
such as logging the open hole and running the casing.  

• Cement is usually incompatible with drilling fluid. This means 
that when the cement comes in direct contact with the drilling 
fluid, the properties of one or both fluids change.  

• Solids in the fluid drop out in both dynamic and static 
conditions.  

Effect of Downhole Conditions on Drilling Fluid 

The deposition of filter cake and gelling of drilling fluid offers resistance to 
displacement by cement that was not included in the previous case. The 
filter cake thickness and the permeability of filter cake can be estimated by 
assuming that the filter cake is a packed bed, as discussed by Sutton and 
Ravi (1989). The resistance offered or force needed to displace the drilling 
fluid in the wellbore should be estimated by simulating downhole conditions.  
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Let y be the resistance offered by the drilling fluid. Figure 6-13 shows a 
section of an annulus of length L and equivalent diameter d through which 
fluid is flowing.  

 

Figure 6-13 Model with forces 

If buoyancy forces can be neglected, then a force balance on this section 
yields 

(6-21) 

where p is the pressure drop across length L; D2/4 is the cross-sectional 

area; is the shear stress exerted by the fluid on the formation wall or 
filter cake/gelled drilling fluid; and DL is the surface area over which the 
shear stress is acting. Equation 6-21 can be written as 

(6-22) 

This equation results in the force exerted by the fluid. This force should be 
equal to or greater than the resistance offered by the drilling fluid in the 
wellbore (Ravi et al., 1992a). The following condition should be satisfied: 

(6-23) 

The resistance that is offered by the drilling fluid in the wellbore depends on 
its state. The exact state will depend on the following:  

• Drilling fluid type. Drilling fluids may be water-based, 
polymer-based, or oil-based.  
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• Drilling fluid properties. Drilling fluid properties include 
rheology, gel strength, density, and particle concentration, 
among others.  

• Fluid loss to formation. The amount of fluid lost to the 
formation is governed by fluid loss of the drilling fluid, 
permeability of the formation, temperature, differential 
pressure, or other downhole factors.  

• Downhole pressure. The fluid pressure in the wellbore is 
governed by hydrostatic and friction pressures.  

• Downhole temperature. Downhole temperature is the 
temperature to which the drilling fluid is exposed during 
circulation and shutdown periods.  

• Differential pressure into the formation. The difference in 
pressure between the fluid pressure in the wellbore and 
formation pressure is the driving force for fluid loss and filter 
cake deposition.  

• Shutdown period. The shutdown period is the amount of time 
the fluid is left static, usually after the wiper trip to log the 
open hole and run the casing.  

• Drilling history. The drilling history reveals how well solids 
were controlled, the quality of the wiper trip, and other factors 
important to the operation.  

These conditions should be simulated in the laboratory to estimate the 
resistance offered by the drilling in the wellbore. Figure 6-14 shows an 
experimental setup used to estimate these forces.  

 

Figure 6-14 Erodibility cell 

Once y is known, Equations 6-22 and 6-23 can be solved to design the fluid 
properties needed to displace the gelled drilling fluid from the wellbore. 

Incompatibility 

If the cement is not compatible with the drilling fluid, then the displacement 
efficiency will be poor, the cement will not hydrate properly, and zonal 
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isolation will not be obtained. A third fluid that is compatible with both the 
drilling fluid and cement is placed in between to separate them. This fluid is 
called spacer, and Equations 6-3, 6-22, and 6-23 also apply to this fluid. 
Spacer should overcome the resistance offered by the drilling fluid, and the 
cement should then overcome any resistance offered by the spacer. 
Equations 6-3, 6-22, and 6-23 also apply to cement.  

Some drilling fluids develop gel strength high enough that it is difficult to 

displace them by fluid circulation alone. That is, it is difficult for F to exceed 

y. In such cases, the resistance could be decreased by chemical action. 
Bringing the gel in contact with suitable chemical solutions will accomplish 
this objective (Ravi and Weber, 1996). These chemical solutions are called 
chemical flushes. The effectiveness of such flushes can also be simulated in 
an experimental setup (Figure 6-14). The casing is either reciprocated or 
rotated in some cases to improve cement placement. Equations discussed 
for concentric viscometers can be adapted to model the effect of pipe 
rotation. A likely effect of pipe rotation on velocity profile is shown in Figure 
6-15.  

 

Figure 6-15 Velocity profile in pipe rotation 

Pipe movement will change the pressure drop (McCann et al., 1993) and 
should be taken into consideration. 

Solids Deposition 

Solids in the drilling fluid, spacer, or cement could drop out in either 
dynamic or static conditions. The settled solids do not provide zonal isolation 
and thus the objectives will not be met if the fluids are not designed to 
prevent solids settling (Sassen et al., 1991). The deposition under dynamic 
condition is governed by 

(6-24) 

where vd is the deposition velocity, D is the equivalent diameter of the 
geometry through which fluid is flowing, Dp is the representative diameter of 
the solid particle(s), q is the flow rate, Cs is the concentration of solids, F is 
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the density of fluid, p is the density of representative particle(s), p is the 

plastic viscosity and o is the yield point of the fluid. 

A force balance should be applied on the depositing solids to determine the 
form of Equation 24. Experimental data on solids deposition from these 
fluids should then be used to determine the empirical correlation. The details 
are discussed by Shah and Lord (1990), Moran and Lindstrom (1990), and 
Oraskar et al. (1980). To prevent solids deposition, the velocity of fluids, v, 
should be greater than vd: 

(6-25) 

The property of the fluid that determines solids deposition under static 
conditions is the static gel strength of the fluid and not the yield point or 
plastic viscosity. Tests should be conducted to make sure that solids do not 
deposit under static conditions. However, solids that do not deposit under 
static condition may deposit under dynamic conditions because the 
properties of the fluids that govern the deposition of the solids under the two 
conditions are different. 

Illustrations 

An illustration of solutions to some of the mathematical models discussed is 
shown in Figures 6-16 to 6-18.  
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Figure 6-16 Wellbore schematic 
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Figure 6-17 Wellhead pressure and flowrate 

 

Figure 6-18 Extent of hole cleaning 

One of the main features of these models is the calculation of flow rates at 
which the fluids should be pumped so that the formation will not break 
down. A typical wellbore schematic plot is shown in Figure 6-16. This figure 
shows the position of fluids after pumping a certain volume into the 
wellbore. It should be checked to make sure that the fluids are placed where 
they were designed to be placed in the wellbore. A typical wellhead pressure 
and flow-rate plot is shown in Figure 6-17. This figure shows the rates at 
which the fluids should be pumped so that the formation will not break 



 301 

down. The extent of hole cleaning that is expected at different 
centralizations is shown in Figure 6-18.  

Case IV—Temperature of the Fluid 

Case III discussed fluid properties needed to overcome the resistance of 
drilling fluid in the wellbore, prevent solids deposition, etc. However, 
rheology of fluids is a function of temperature. Rheological properties can be 
measured in a high-pressure/high-temperature rheometer and can also be 
mathematically modeled (Ravi and Sutton, 1990; Ravi, 1991). Estimating 
the viscosity or other fluid properties as a function of temperature requires 
estimation of the temperature of the circulating fluid along the wellbore. 

A heat balance should be applied to the flowing fluid to estimate the 
temperature. The mode of heat transfer when the fluid is circulating is 
mainly forced and natural convection and conduction. The following 
assumptions are made:  

• Heat transfer in longitudinal or z direction only  
• Steady-state conditions  
• Negligible natural convection.  

Then, the heat balance around a small element of length ∆z, shown in Figure 
6-19, can be written for flow in the casing and annulus as 

(6-26) 

and  

(6-27) 

where is the mass flow rate, cp is the heat capacity of the fluid, Ti is the 
temperature of the incoming fluid, To is the temperature of the outgoing 
fluid. Ta is the average temperature in the annulus, Tc is the average 
temperature in the casing, Tr is the temperature in the reservoir, U is the 
overall heat transfer coefficient, A is the area, and ∆x is the effective 
thickness of formation. Ui is based on casing inner diameter, Uo is based 
casing outer diameter, and Uh is based on hole diameter. These equations 
are solved with boundary conditions z = 0, Ti = Tin; Tr = f(z).  
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Figure 6-19 Temperature modeling 

Equations 6-26 to 6-28 are solved until temperatures converge. The overall 
heat transfer coefficient is a function of individual heat transfer coefficients 
and the thermal conductivity (Bird et al., 1960; Perry, 1985). This approach 
is simplified, and to improve the accuracy of results, the effects of free 
convection, radial temperature gradient, frictional dissipation, and so forth 
should be considered. The heat transport equation in the longitudinal and 
radial directions in Bird et al. (1960) should be solved by a finite-differencing 
scheme (Wedelich and Galate, 1987; Wooley et al., 1984). The calculated 
temperatures should be validated with field measurements (Honore and 
Tarr, 1993). 

Once the temperatures are known, the rheology of the fluids can be 
estimated as a function of temperature, and the equations in Case III can be 
solved with the rheology values calculated as a function of temperature. 

When a fluid is left static, the mode of heat transfer is mainly from 
conduction. Fluid is left static while logging the open hole, running the 
casing, and waiting on cement (WOC) to undergo hydration reaction and 
become a competent cement sheath.  

If heat transfer of the hydration reaction is neglected, then the heat balance 
for fluid under static conditions results from heat conduction only and is a 
function of time. The unsteady-state equation can be written as 

0 = McpdT/dt - krA(Tr - T)/ x(6-28) 

with the boundary condition, t = 0, T = TF , 
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where M is the mass of fluid, cp is the heat capacity of fluid, T is the 
temperature of fluid, kr is formation thermal conductivity, Tr is formation 
temperature, TF is the fluid temperature at the beginning of static time (the 
end of circulation), and x is the effective thickness of formation. Equation 
6-28 can be solved by a Runge-Kutta solver for temperature as a function of 
time. 

Illustrations 

An illustration of solutions to some of the mathematical models discussed is 
shown in Figures 6-20 to 6-22. These solutions are based on models that 
include natural and forced convection in longitudinal and radial directions. 

 

Figure 6-20 Temperature while circulating drilling fluid 



 304 

 

Figure 6-21 Temperature while placing cement slurry 

 

Figure 6-22 Temperature of cement slurry after placement 

Figure 6-20 shows the temperature when drilling fluid is circulated. Among 
other factors, this temperature will depend on the temperature of the inlet 
fluid. Water available on the rig is used to mix the cement slurry, and, as a 
result, the cement slurry inlet temperature is usually much lower than the 
drilling fluid inlet temperature. This situation causes the cement bottomhole 
circulating temperature to be less than the drilling fluid bottomhole 
circulating temperature. 

An illustration of bottomhole circulating temperature while circulating 
cement is shown in Figure 6-21. Note the difference between the circulating 
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temperatures in Figures 6-20 and 6-21. This difference is caused by the 
cement inlet temperature being about 40o cooler than the drilling fluid inlet 
temperature. The temperature of cement slurry as it is left static in the 
wellbore is illustrated in Figure 6-22.  

Note the difference between the temperatures in Figure 6-21 and 6-22. This 
difference is caused by cement being heated by the formation when left 
static. 

The cement circulating temperature and the static temperature are 
dependent on the input parameters. These temperatures influence the 
rheological properties of the cement slurry and also a number of other 
critical properties discussed in Section 6-4. 

Case V—Intermixing and Multiple Fluids 

In Case IV, the modeling of the temperature of circulating and static fluids 
was addressed, and methods to integrate this into cement placement were 
discussed. A number of assumptions were relaxed from Case I to Case IV. 
Each case added additional complexity to the problem. Multiple fluids of 
different density, different rheology, different chemical nature, and different 
solute concentration are involved in cementing operations. When these come 
into contact, there will be intermixing of fluids because of the differences in 
their properties. The gradients in the radial direction cannot be neglected 
either.  

The mass, momentum, and heat balance equations must be solved 
simultaneously to study the effects of eccentricity, fluids intermixing, 
buoyancy, temperature and velocity distribution, rheology, or other fluid 
qualities. The differential equations can be solved by a finite differencing 
scheme (Barton et al., 1994).  

Case VI—Material Integrity 

The objective of primary cementing is to provide zonal isolation for the life of 
the well. The cement sheath should be able to withstand the various 
operations such as tripping, milling, production, or injection during the life of 
the well. The effect of these operations can be modeled as stresses induced 
by these operations (Craig, 1996; Fjaer et al., 1996; Hertzberg, 1996; 
Timoshenko, 1970). Properties of the cement sheath such as Young's 
modulus or compressive strength then determine how the cement would 
withstand these stresses.  

Numerical modeling should be viewed as a beginning to the solution of a 
problem and not as an end. The results should be verified by simulating the 
downhole conditions in an experimental setup (Beirute et al., 1991; 
Bittleston and Guillot, 1991; Lockyear et al., 1990; Smith and Ravi, 1991). 
The model should be improved continuously based on laboratory and field 
results. 
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The materials that give the properties used in the mathematical model(s) 
discussed in the previous section are discussed next, followed by a 
discussion on deploying the methods and materials in the field for a 
successful primary cement job. 

Cementing Materials 

Cement slurry used in the oil industry consists mainly of cement, additives, 
and water. The various types of cements and additives depend on the end 
application.  

Portland cement is the material of choice for about 99% of all primary 
cement treatments. Portland cement is readily available all over the world 
and is inexpensive compared to most other cementing materials. Materials 
such as slags or pozzolans are comparatively inexpensive but not readily 
available in all areas. Materials such as epoxy resins are expensive 
compared to cement, slag, or pozzolan. Other materials such as magnesium 
oxychloride cement or high alumina cements are occasionally used in the 
oilfield but have problems that limit their use.  

Portland Cement  

Portland cement is manufactured by fusing with heat calcium carbonate 
(limestone) and aluminum silicates (clay). A small amount of iron may be 
added. The molten rock is cooled, a small amount of gypsum (calcium 
sulfate) added, and the mixture ground into a powder. One of the biggest 
problems with Portland cement is that it is not a pure chemical (raw 
materials are not pure, so the final product is not pure) and the particle size 
is never completely reproducible. Therefore, the finished products can never 
be totally consistent, and much work has gone into improving the 
consistency of oilfield cement. (See API Specification 10, 1990). 

The major component of Portland cement is tricalcium silicate. Portland 
cement does not get hard through a drying process but through the chemical 
reaction when the water with which it is mixed reacts with tricalcium silicate 
to form calcium silicate hydrate (CSH). The calcium silicate hydrate has the 
physical strength that makes Portland cement hard at room temperature in 
several hours. Because Portland cement is hydraulic, it will set under water. 

Portland cement is manufactured all over the world, but oilfield cement use 
compared to construction cement use is very small (<5%). However, oilfield 
cement may constitute a significant part of the business of some 
manufacturers.  

Several types of cement are manufactured for oilwell use. The American 
Petroleum Institute (API) has set standards for oilwell cements. The 
specifications are regulated by Committee 10 in the API committee for 
standardization. The common types of API cements are API Class A, API 
Class C, API Class G, and API Class H. 
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The chemistry of each of these grades is similar, but the quality control is 
most stringent for API Classes G and H. The particle size for each of these 
powders is different, with API Class C being the finest, and API Class A, API 
Class G, and API Class H in increasing order of coarseness. Increasing 
coarseness dictates that less water is required to wet the particles and 
create a pumpable slurry. Water content is a very important factor in mixing 
cement. The amount of water added could make the slurry either too thin, 
which would allow solids to settle from the slurry or too thick, which would 
make it difficult to pump.  

Water is low in density compared to cement powder. API Class C cement 
requires the most water and therefore creates the lowest density neat slurry. 
(Neat cement is cement and water alone.) Conversely, API Class H requires 
the least water and makes the highest density neat slurry. Cement reacts 
with water and produces a product that is hard and provides zonal isolation. 
The more finely ground the material, the larger the surface area and the 
quicker the reaction. Therefore, API Class C is the fastest setting and the 
highest early strength cement of the group, while API Class H is the slowest 
setting of the group. Water dilutes cement; therefore, even though API Class 
C sets the most quickly, it will not develop as much ultimate strength as API 
Class H that has less water.  

API Class G is the cement used in most parts of the world. In the USA, API 
Class H is used in the central and the gulf coast regions and API Classes C 
and H are used in west Texas. These three are the common oilwell cements. 
API Class A oilwell cement is very close to construction cement, and in areas 
where the local manufacturer does not normally make an oilwell cement, 
construction cement can often pass the requirements of API Class A.  

The transportation cost of Portland cement can be greater than the cost of 
the product. Therefore, local cement is normally used if it can successfully 
meet application objectives. 

Cement is normally shipped in bulk. A sack (base unit for calculation 
purposes) of cement in the USA weighs 94 lb, and the bulk volume of one 
sack of cement is about one ft3. Cement specific gravity can vary somewhat 
but it is usually about 3.14. Although cement is shipped in bulk, it is usually 
still specified by the number of sacks (sk). The absolute volume of cement is 
about 3.6 gal/sk. However, in other parts of the world—in Europe, for 
example—a sack of cement is typically 100 kg.  

Portland cement will set at room temperature in several hours. Hydration 
reaction is accelerated thermally, so at higher temperatures, cement will 
take less time to set. 

Portland cement, when mixed with water, has a pH greater than 13, and it is 
not stable in low pH environments; it will degrade in flowing acid. However, 
Portland cement is stable or can be made stable in almost every other 
environment if the mechanical properties of the material are not exceeded.  
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Other Cementitious Material 

There are cementitious materials other than Portland cement that are used 
either with or in place of Portland cement for petroleum applications. These 
materials are discussed in the following section. 

Pozzolan 

Pozzolans are siliceous and aluminous materials that possess little or no 
cementitious value but will, in finely divided form and in the presence of 
moisture, chemically react with calcium hydroxide at ordinary temperatures 
to form compounds possessing cementitious properties. The most common 
pozzolan is fly ash, which is a waste product from coal-burning power plants. 
These noncombustible materials are collected before going out of the smoke 
stacks. Naturally occurring pozzolans are normally created from volcanic 
activity. 

When pozzolans are used in combination with Portland cement, calcium 
hydroxide, liberated from the hydration of Portland cement, reacts with 
aluminosilicates present in the pozzolans to form cementitious compounds 
possessing cohesive and adhesive properties. Since fly ash is a waste 
product, it is inherently variable. Fly ash is most commonly added to 
Portland cement because it is cheaper than cement, does not dilute cement, 
and increases the cement's compressive strength. Since it is cheaper than 
Portland cement, it adds volume at low cost. However, because it is 
inconsistent, it is normally only used at low temperatures (less than 200°F).  

Ultrafine Cements  

Ultrafine cements are much smaller in particle size than conventional 
Portland cements. The average particle size of ultrafine cements is 2 µm, 
whereas conventional cements could be 50 to 100µm. The main application 
of ultrafine cements in primary cementing is as lightweight cement with 
early strength development. Ultrafine cements are also used in fixing 
squeeze cementing, repairing casing leaks, shutting off water flows, or 
resolving similar problems because these cements with smaller particle size 
can penetrate small openings. 

Epoxy Cements 

Epoxy cements are specialty cements, most commonly used when the 
cement will be exposed to corrosive fluids. Portland cement, slag cement, 
and pozzolan are all soluble in acid. The solubility may be slow, but they will 
dissolve in flowing acid streams. Epoxy is not soluble in acid, but it is 
expensive. Therefore, it is normally used only for disposal or injection wells 
where low pH fluids are to be injected. Epoxy cements are pure products and 
are very consistent. The epoxy resin is a two-part, true-liquid mixture of 
resin and activator. The activator breaks the epoxy ring and forms a long 
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carbon-oxygen polymer providing strength in excess of 10,000 psi. The 
liquid can be made into slurry by adding particulate materials that are not 
acid soluble to increase the volume and decrease the cost. The volume can 
also be increased by adding a low-cost solvent. Like the particulate 
materials, the solvent will dilute the epoxy and thus reduce strength. Epoxy 
resins are not compatible with water; a thick nonpumpable mass will form if 
epoxy resin and water are combined. Unlike the other cements, epoxy resins 
are soluble in some organic solvents.  

Slag Cement 

Blast-furnace slag cement is a byproduct of the steel industry. The material 
on top of the molten steel is removed, cooled, quenched with water, and 
ground. The material composition is mainly monocalcium silicate, dicalcium 
silicate, and dicalcium aluminosilicate. These silicates set very slowly (days 
or weeks required) at room temperature when mixed with water. Blast-
furnace slag normally requires temperatures greater than 200oF (100oC) to 
react with water to form calcium silicate hydrates. By increasing the pH of 
the slurry of blast-furnace slag and water, the setting process can be 
accelerated to make the slurry set at room temperature like Portland 
cement. The calcium silicate hydrates formed are similar to the calcium 
silicate hydrate formed from Portland cement except that the product is 
more brittle and cracks easier, but it is less permeable when it does not 
crack. The use of slag in cementing depends on the purpose and availability 
of good quality slag. The advantage of slag is that it is tolerant to drilling 
fluid contamination when designed properly. However, the variation in slag 
properties and drilling fluid properties demand that detailed lab tests be 
performed to optimize the formulation when slag is used. Effects of 
temperature and pressure variations on the set slag sheath during 
hydrocarbon production must be evaluated for long-term durability.  

One of the current applications for slag is to convert drilling fluid to cement. 
The slag can be incorporated into the active drilling fluid system. The drilling 
fluid system will not set unless the temperature is high or unless the pH of 
the drilling fluid system is increased. This is a new idea that is being 
thoroughly evaluated by the oil industry. Additional information is available 
in papers by Nahm et al. (1993, 1994), Benge and Webster (1994), and 
Cowan et al. (1992). 

Portland Cement Chemistry 

Cement undergoes hydration reaction in the presence of water to form C-S-
H, calcium silicate hydrate. The major components in cement are C3S, 
tricalcium silicate (3CaO.SiO2); C2S, dicalcium silicate (3CaO.SiO2); C3A, 
tricalcium aluminate (3CaOAl2O3); and C4AF, a ferrite phase of average 
composition 4CaO.Al2O3.Fe2O3. When cement is produced commercially, 
there are impurities in cement in addition to the components listed above 
(Papadakis-Vayenás and Fardis, 1989; Ramachandran, 1990; Taylor, 1992).  

Typically, a cement clinker consists of 70 to 80% of C3S and C2S. The 
chemical reaction of C3S can be approximately written as: 
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2[3CaO.SiO2] + 7H20 3CaO.2SiO2.4H2O + 3Ca(OH)2. 

The hydration reaction is exothermic, and the mechanism can be broadly 
classified into five different stages. These stages are depicted graphically in 
Figure 6-23.  

 

Figure 6-23 Reaction stages 

The stages are discussed below. 

In the pre-induction period, there is a rapid evolution of heat as soon as C3S 
comes in contact with water. This might last for about 15 to 20 minutes. In 
the dormant period, a very slow reaction occurs that could last for a few 
hours. Cement is plastic and workable during this stage. In the rapid 
reaction stage, active reaction accelerates with time, and the rate of heat 
evolved reaches the maximum; the initial set of the cement occurs during 
this stage. In the slow deceleration stage, the reaction rate decreases and 
the rate of heat evolved decreases. The slow reaction stage could last for 
days. As shown in Figure 6-23, Portland cement may show another peak in 
the fourth stage. 

The reaction of C2S is slower than C3S and also the amount of Ca(OH)2 
formed is less. The average C3A content in Portland cement is about 4 
to11%, but it significantly influences early reactions. The phenomenon of 
flash set is caused by the reaction of C3A. In Portland cement, the hydration 
of C3A phase is controlled by the addition of gypsum. Cement exposed to 
sulfate solutions should not contain more than 5% C3S. 

As a general rule, the rate of hydration of cement in the first few days 
proceeds in the order C3A > C3S > C4AF > C2S. In a fully hydrated Portland 
cement, the Ca(OH)2 could be about 20 to 25% of the solid content. The 
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morphology of Ca(OH)2 may vary and form equidimensional crystals; large, 
flat, platy crystals; large, thin, elongated crystals; or a combination of them.  

Chemical additives are used to change the length of these stages, especially 
the first two. The chemical additives are discussed in the next section.  

Cement Additives 

Cement additives have been developed to allow the use of Portland cement 
in many different oil and gas well applications. Cement additive development 
has been ongoing for decades. These additives make obtaining required 
performance properties relatively easy.  

Typical additive classifications are listed below:  

• Accelerators—reaction rate enhancers  

Accelerators are used to shorten the set time of cement 
slurries or accelerate the cement setting. They do not 
increase the ultimate compressive strength of cement but 
do increase the rate of strength development. They also 
shorten the thickening time. Accelerators are used at low 
temperatures to reduce time waiting on cement (WOC). 
The most common accelerator is calcium chloride, 
commonly used at 3% or less by weight of cement. 

• Retarders—nucleation poisoners  

Retarders are used to decrease the set time of cement 
slurries or to retard the cement setting. They do not 
decrease the ultimate compressive strength of cement 
but do slow the rate of strength development. They also 
lengthen the thickening time. Retarders are used at 
higher temperatures to allow time for placement of the 
liquid slurry. The most common retarders are natural 
lignosulfonates and sugars. Lignosulfonates are normally 
used at circulating temperatures up to 200°F. Sugar 
compounds are normally used at circulating temperatures 
from 200 to 350°F. The newest retarders are made from 
various synthetic compounds. 

• Extenders—water adsorbing or lightweight additives  

Extenders are used to reduce the density or cost of the 
slurry. Extenders are a broad class of materials that 
reduce the density or the cost of the slurry. Water is the 
cheapest material that can be added to cement. Normally 
a sack of cement (94 lb) will give about 1 ft3 of slurry. 
Adding extra water can increase the volume to 3.0 ft3/sk. 
The problem is that the slurry will become too thin and 
the cement will settle and have free water. To prevent 
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this problem, extenders (thickeners) such as bentonite or 
sodium silicate are added. The disadvantage of adding 
the extra water is that the strength of the set cement is 
lessened by the dilution.  

If low density and higher strength are required, the 
density of the slurry can be reduced with gas. A stable 
foam cement will have discrete air bubbles that lower the 
density of the slurry but do not dilute the strength as 
much as water. Hollow ceramic spheres can be used for 
the same purpose. The spheres will be crushed, however, 
if the hydrostatic pressure is too high.  

The last common extender is pozzolan (sometimes called 
poz). Fly ash is the most commonly used pozzolan. Fly 
ash alone has a density slightly less than Portland 
cement, so it does not reduce slurry density very much. 
However, because fly ash is cheaper than cement, it can 
reduce the cost of the composition if, for instance, the job 
is performed with half cement and half fly ash. Normally, 
some bentonite is added to a cement/pozzolan blend, 
which makes it possible to add more water.  

• Fluid-loss additives—permeability plugging additives  

Fluid-loss additives reduce the rate at which water from 
cement is forced into permeable formations when a 
positive differential pressure exits into the permeable 
formation. Fluid-loss additives are normally polymers 
such as cellulose, polyvinyl alcohol, polyalkanolamines, 
polymers of polyacrylamides, and liquid latex such as 
styrene butadiene latex. Most fluid-loss additives increase 
the slurry viscosity, although some retard it to some 
degree.  

• Lost-circulation additives—macro plugging materials  

Lost-circulation additives are used to plug zones that 
have a tendency to draw in fluid because they are 
unconsolidated or weak. Large particulates can be placed 
in the cement slurry to prevent fracturing or to bridge 
existing fractures. These particles should have a broad 
particle size distribution, should not accelerate or retard 
excessively, should have sufficient strength to keep a 
fracture bridged, and should be inexpensive and non-
toxic. The most common materials are ground coal, 
ground Gilsonite, and ground walnut hull. Fibrous and 
flake materials are also used as lost-circulation materials. 
The fibrous materials are normally inert polymers such as 
nylon, and the flake materials are cellophane or similar 
materials.  
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• Expansion additives—solid state crystal growth  

Expansion additives cause the exterior dimensions of set 
cement to grow slowly when the cement is in the 
presence of downhole fluids. This minor growth of the 
exterior dimensions of the slurry causes the cement to 
bond better to pipe and formation. The most common 
additives for this use are based on calcium sulfoaluminate 
and calcium oxide. 

• Dispersants—reduce slurry consistency  

These are used to reduce the viscosity of cement slurry. 
They are useful in designing high density slurries and also 
tend to improve fluid-loss control. The most common 
dispersant is the sodium salt of polynaphthalene 
sulfonate.  

• Stability agents—water absorbers  

Preventing a slurry from settling or having free water 
develop is a complicated problem. Even with extenders, 
at elevated temperatures slurry may bleed water or 
settle. Therefore, special additives are required in small 
quantities to aid in slurry stability. Because these 
additives do not increase the viscosity of the slurry 
excessively at surface conditions, they allow easy mixing.  

• Anti-gas migration—gel strength modifiers  

Refer to Formation-Fluid Migration After Cementing for 
information about anti-gas migration techniques. 

• Weighting agents—high-density particulate  

Weighting agents allow the formulation of high-density 
slurries. Slurries with densities greater than 17.5 lb/gal 
would be too thick to mix and pump without weighting 
agents. High-slurry densities are required when the 
bottomhole pressure in a well is high. Weighting agents 
are heavy particulate material such as iron oxide, barite, 
or titanium oxide. 

• Anti-foam agents—surfactants that alter surface tension  

Many additives cause foaming problems, but if a slurry 
foams badly, the mixing centrifugal pump will air lock and 
mixing must be stopped. The most common anti-foam 
agents are polyglycols. Defoamers or foam breakers such 
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as silicones are sometimes used because they can break 
and prevent foam. 

• Salt—modifies ionic strength of the mix water  

Salts are used to improve bonding to shale sections and 
also in cementing through immobile salt zones. 

• Special systems—used in arctic, acid, and other environments  

Portland cement can be modified for use at high 
temperatures or low temperatures. These are called 
thermal cements and arctic cements, respectively. 
Thermal cements have extra silica blended with the 
cement. Arctic cements have accelerators to hasten 
cement setting at these low temperatures and chemical 
additives to keep the water in the cement from freezing. 

Calculations and Laboratory Testing 

Before cement slurry can be designed, the temperature it will be exposed to 
must be determined. Cement will set faster as temperature increases and 
set slower as temperature decreases. Placement time dictates the length of 
time cement slurry is required to be in the liquid condition. The cement 
should set quickly after placement to save time and money. The slurry liquid 
time, "pump time" or "thickening time," can be adjusted chemically, but the 
temperature the cement will be exposed to must be known to make the 
adjustment. 

Temperature Determination 

As the wellbore is extended more deeply, borehole temperature increases. 
The undisturbed temperature at any depth is called the static temperature. 
If a well is circulated, the wellbore is cooled. Many factors determine how 
much a wellbore will be cooled by circulating. The cooled wellbore 
temperature is called the bottomhole circulating temperature (BHCT). This 
temperature is used to determine how long cement slurry will stay liquid 
while pumping.  

Reliable temperature gauges are available in the market to measure 
temperature while circulating. Validating the numerical results with gauge 
measurements can increase the reliability of temperature calculations based 
on numerical models (Tilghman et al., 1990).  

API Specification 10 (1990) has a set of tables to approximate circulating 
temperatures. However, these temperatures will work well only if the field 
being developed is similar to the field on which the data were collected. If a 
well's true vertical depth and static temperature or pseudostatic temperature 
are known, the tables give a circulating temperature. The API equations and 
tables were generated from measured static and circulating temperatures in 
hundreds of wells. Measured static and circulating temperatures were used 
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by the API to derive average circulating temperatures. In established areas 
where the rise in temperature as a function of depth is known, areas called 
temperature gradients or geothermal gradients have been mapped. This 
information can be used to determine a static temperature that can be used 
to obtain a circulating temperature. Care must be taken when using 
geothermal gradient maps because some areas have highly localized 
significant variations in earth temperatures.  

The API temperature schedules not only give an average circulating 
temperature for a given static temperature, but they also give average heat-
up and pressure-up schedules for laboratory testing of cement slurries. 
These heat-up and pressure-up schedules are also average values and 
should be modified for individual well conditions.  

The API tables can be modified to give approximate circulating temperatures 
for deep water, arctic, and high-angle primary cement jobs. The API tables 
were not designed for this purpose and significant error can be introduced by 
extrapolating the correlation to situations for which they were not intended. 
However, since no measured data is available, the API tables may be all that 
is available to estimate temperatures for deep water, arctic, and high-angle 
primary jobs. Once measured temperatures are obtained, the measured 
values should be used instead of the estimated values. The measured 
temperatures are also affected by other factors such as fluid inlet 
temperature, time of circulation, and time of shutdown. Therefore, it is 
recommended that a fundamental approach be used and the temperatures 
calculated from numerical models. The results from calculations should then 
be verified by temperature gauge measurements.  

Slurry Volume Calculations 

Cement is mixed with water and other additives as needed to make a 
cement slurry that meets the required properties for the well. The water 
required to mix the cement depends on the type of cement and additives 
present. The water requirement expressed as a percentage of cement by 
weight is given in Table 6-3. These values are for neat slurry. 

Table 6-3: Water Requirement for API Cements 

Type of Cement Water Requirement 

API Class C 6.3 gal/94-lb sack or 56% 

API Class A 5.2 gal/94-lb sack or 46% 

API Class G 5.0 gal/94-lb sack or 44% 

API Class H 4.3 gal/94-lb sack or 38% 

For neat cement, the water required is known. The density and yield can 
then be calculated. Three design parameters needed for any slurry are the 
density, yield, and water required. Density and other well parameters and 
slurry properties determine whether slurry could break down weak 
formations. Yield, hole size, casing size, washouts, and top of cement 
required, determine the quantity of cement, water, and the additives 
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required to fill the annulus. If the cement is not neat, then the slurry density 
is sometimes specified and the water required and yield will need to be 
calculated. If water required is known, the density and yield can be 
calculated. Below are two typical calculations, one where density is known 
and one where water required is known.  

Example 1 Slurry Calculations—Cement Density Known 

What will be the density in lb/gal, the slurry yield in ft3/sack, and the water 
requirement in gal/sk for a neat Class H cement slurry? 

The amount of cement used = 100 g 

From Table 6-3, the water requirement for Class H cements is 38%.  

The amount of water needed = 100 × 0.38 = 38 g 

The volume of 38 g of water = 38/1 = 38 cm3 

The volume of 100 g of cement = 100/3.14 = 31.85 cm3 

Total volume of slurry = 38 + 31.85 = 69.85 cm3 

Total mass of slurry = 100 + 38 = 138 g 

Density of cement slurry = 138/69.85 = 1.9757 g/cm3 = 16.48 lb/gal 

Water requirement = 38 cm3/100 g 

There are 94 lb or 42,638 g of cement in a sack. 

Therefore, the water requirement per sack of cement = 38 × 426.38 = 
16,202 cm3, or water requirement = 16,202/3785.4= 4.28 gal/sk. 

Next, calculate the slurry yield. This calculation yields the amount of cement 
slurry obtained from one sack or 94 lb of cement. 

There are 69.85 cm3 of slurry obtained from 100 g of cement. 

Therefore, the slurry yield = 69.85 cm3/100 g = 0.6985 cm3/g = 1.05 
ft3/sack 

Example 2 Slurry Calculations—Water Required Known  

If 48% water is added to Class H cement, what will be the density of the 
slurry? 

The amount of cement = 100 g 
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Amount of water added = 100 × 0.48 = 42 g 

Following the steps in Example 1,  

Density of cement slurry = 148/79.85 = 1.85 g/cm3 = 15.47 lb/gal 

Calculating the density, water, and yield is just one part of slurry design. 
The slurry may not mix, may be very viscous, or may settle badly. 
Therefore, laboratory testing must be performed on slurry to make sure it is 
a viable system. 

A detailed description of laboratory testing devices and testing procedures is 
included in API Specification 10. The importance and reasons for performing 
these tests are discussed below. 

Laboratory Testing 

Laboratory testing of slurry always starts with the ability of the slurry to be 
mixed with the specified amount and type of water. The water used on the 
actual job may be different from the lab water. Therefore, it is recommended 
that the same water that will be used on the specific job be used for at least 
the final testing. Mainly, the chlorides present in the water affect the 
reaction of the cement. In addition, the chlorides and sulfates in water and 
the pH of water should be checked often. Once the slurry is mixable, the 
following tests need to be done on the slurry before it can be used in 
primary cementing.  

• Density. The density of slurry is measured in this test after 
removing any entrained air. Depending on the additives used 
to make the slurry, there could be a significant amount of air 
entrained into the slurry when it is mixed in the laboratory. 
False density readings will occur if the air is not removed 
before measuring the density.  

• Slurry stability. The suspending capability and uniformity of 
the slurry at temperature is measured in this test. Slurry 
stability is assessed through the combination of two tests: free 
water and solids settling. Cement normally has a narrow water 
requirement range over which it is stable. Slurry must have 
sufficient viscosity to prevent solids settling and free water 
development. If excessive water is present, the slurry will be 
too thin, solids will settle, and water will rise to the surface of 
a cement column before it sets. This settling and water 
separation can have adverse effects such as bridging in the 
annulus, bridging of float equipment, lack of zonal isolation, 
and water pockets causing casing collapse if large temperature 
increases are encountered later in the life of the well.  

• Thickening time. The length of time cement slurry will 
remain pumpable at bottomhole pressure and temperature is 
measured in this test. This time is called the "pump time" or 
the "thickening time." The slurry should be designed so that it 
will not develop excess viscosity and become unpumpable 
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during the time it takes to pump the slurry into the wellbore. 
This characteristic is an important property of the slurry and is 
mainly dictated by the type of cement and the amount and 
type of retarder used. If not properly designed, the fluid will 
become too viscous and cement cannot be placed as designed. 
The cement will have to be drilled out, and the remedial costs 
are very expensive. There is no excuse for designing slurry 
that cannot be placed properly as a result of poorly designed 
laboratory thickening time tests. A safety factor of about 1 to 
2 hours is commonly specified for thickening time 
requirements.  

• Fluid loss. The amount of filtrate lost by the fluid under 
bottomhole temperature and 1,000-psi differential pressure is 
measured in this test. A differential pressure normally exits to 
prevent fluid flow from the formation into the wellbore, and 
most formations have pore throats that are too small to allow 
cement particles to invade the formation. However, if a 
differential pressure exits into the formation, the water in the 
cement slurry can leak into the formation. Neat cement is 
likely to have a fluid loss of around 1000 ml/30 min in an API 
fluid loss cell; a cement slurry with good fluid-loss control has 
a fluid loss of under 50 ml/30 min. If water is squeezed out of 
the cement slurry, the slurry density and viscosity will 
increase and the slurry volume and pump time will decrease. 
If the amount of water squeezed from the slurry is excessive, 
the loss of water can have a negative impact on the success of 
primary cementing.  

• Rheology. The shear stress and shear rate behavior of a 
slurry at different temperatures is measured in this test. The 
rheology of fluids has a major effect on solids settling and free 
water properties and also on friction pressures. This friction 
pressure is added to the hydrostatic pressures of the fluids 
and the total pressure is divided by the height to give the 
equivalent circulating density, ECD. Jobs should be designed 
so that the ECD stays below the fracture initiation pressure. 
Additionally, the rheology of slurries is used to determine the 
flow regime of a slurry.  Coaxial cylindrical viscometers are 
used for these tests. These tests can be conducted under 
pressure and temperature. A high-pressure and high-
temperature rheometer is shown in Figure 6-24.  
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Figure 6-24 HPHT rheometer 

 
The rheological behavior of a cement slurry vs. temperature is 
illustrated in Figure 6-25.  
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Figure 6-25 Laboratory data from HPHT rheometer  

 
This figure shows that the slurry is thinning with temperature. 
This behavior is the most likely of cement slurries. However , 
there are slurries that behave differently and show an increase 
in rheology as a function of temperature, at least over a 
certain range.  

• Compressive strength . The pressure it takes to crush the 
set cement is measured in this test. This test indicate show 
the cement sheath will withstand the differential pressures in 
the well. In destructive testing, a cement slurry is poured into 
cubical molds and the cement cubes are then crushed to 
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determine their compressive strength. In a non-destructive 
test, sonic speed is measured through the cement as it sets. 
This value is then converted into compressive strength.  

• Gas migration . The ability of a cement slurry to resist fluid 
(gas or water) flow under static conditions is measured in this 
test. The tests are static gel strength development, zero gel 
time, transition time, gas flow simulations, shrinkage, 
expansion, and permeability. These are discussed in detail in 
Formation-Fluid Migration After Cementing .  

• Young's modulus. The ratio of stress to strain of a cement 
sheath is not commonly performed on a cement sheath. 
However, HPHT wells, multilateral wells, and deep horizontal 
wells have created a need for a cement sheath that is more 
resilient than usual (Goodwin and Crook, 1992; MacEachran 
and Adams, 1991). A cement sheath without any additives is 
brittle. Various additives are included in the cement slurry to 
improve its ductility. Additional information on these tests is 
presented by Grant et al., (1990), Moran and Lindstrom 
(1990), Nelson (1990), Sabins and Sutton (1982), and Smith, 
(1990).  

Performing the Job 

Designing a cement job using the best mathematical model and chemistry is 
only the beginning of a series of steps to obtain zonal isolation. The different 
factors in performing the job are discussed below. 

Volume Determination 

The volume of cement must be determined before a treatment can be 
planned. Mechanical calipers are recommended in measuring openhole size. 
They physically measure the openhole size with arm(s) that make contact 
with the open hole. Multi-arm (4- to 5-arm) calipers do the best job of 
determining hole size. However, 4- to 5-arm calipers are not run as often as 
1- to 2-arm calipers because of cost, availability, and ease of use with other 
logs. Single-arm calipers tend to find the largest diameter. Boreholes are 
irregular shapes; therefore, the single-arm caliper finds the widest part of 
the borehole. The size of the hole is then assumed to be round based on this 
large radius. One-arm calipers normally give too large a hole size, especially 
when trying to get a cement top close to the design point. The cement 
volume then must be estimated and this could pose a serious problem in 
critical conditions. If having a correct cement top is critical, run the 4- or 5-
arm caliper to determine the needed volume of cement.  

The drilled hole size, casing size, and cement top are used to calculate the 
volume of cement required in fields that are well known. An excess factor is 
commonly used to account for irregularities in the borehole. If a number of 
wells have been drilled in the area and openhole logs have been run on 
these wells, the excess factor can be estimated with some accuracy. The 
calculated cement value is then multiplied by the excess factor to determine 
the needed volume of cement.  
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If the volume of cement estimated is much in excess of what is needed to 
reach the planned top of cement (TOC), then this additional cement slurry 
will create extra pressure on the formation. This pressure can be a problem 
in weak formations.  

Fluid calipers can also be used to determine the volume of cement required. 
A fluid caliper is a fluid with some type of visible marker in it. The fluid is 
pumped around in a well and the volume is measured until the marker 
shows up at the surface. The annular volume is then estimated. Fluid 
calipers are not very reliable. Many variables can make the marked fluid 
show up early at the surface and give too small an openhole size. Fluid 
calipers can be useful when used in the proper situations, but the validity of 
the caliper should be checked with calculations based on drilled hole and 
experience in the area. 

Different types of cement treatments that depend on wellbore conditions are 
discussed below. 

Types of Primary Cement Treatments  

Several different types of primary cement applications are available:  

• Conductor casing. In conductor casing, the installation of a 
flowline at a sufficient elevation allows drilling fluid to return 
to the pits. It also provides for the installation of a diverter 
system to divert any shallow hydrocarbons away from the rig.  

• Surface casing. The purpose of surface casing is to protect 
shallow, freshwater sands from contamination by drilling fluids 
and fluids produced during the life of the well. This string is 
normally cemented back to the surface so that freshwater 
zones have a sheath of cement and steel casing to protect 
them throughout the drilling and producing life of the well.  

• Intermediate casing. The basic use of intermediate casing is 
to provide hole integrity during subsequent drilling operations. 
Usually, this type of casing is set to cover high-pressure zones 
or weak formations exposed while drilling to the required 
depth. Intermediate casings cover these zones and allow 
continued drilling without fluid migration or lost circulation. 
They also protect production casing from corrosion and resist 
high formation pressure.  

• Production casing. The production casing string is set 
through the producing zone and provides a backup for the 
tubing string that is usually installed to produce fluids. The 
production casing is the casing through which the production 
zone will be perforated. See Perforating for a discussion of 
perforation.  

• Liner. Liners are used in deep drilling operations to eliminate 
the need to run a full string of casing. Unlike regular casings 
that are installed back to the surface, liners terminate 
downhole at a point in the last casing. Special tools called liner 
hangers are required to complete these installations.  



 323 

• Inner string. When large diameter casing is cemented, long 
cement placement time and large volumes of cement are 
required. In such cases, the cementing may be done through 
the  
drillpipe run inside the casing to reduce contact time and 
volume. In addition, less cement is left to drill out. Special 
tools are available to perform this operation.  

• Multistage. A long casing string can be cemented in multiple 
stages if the casing is extremely long or if different formation 
conditions warrant it. This procedure reduces drilling fluid 
contamination and also decreases the possibility of formation 
breakdown. Special tools are also available to perform this 
treatment.  

• Reverse. Reverse cementing is the process of pumping 
cement down the annulus and up the casing, instead of 
pumping down the casing and up the annulus as is done 
during a conventional cementing process. The pressures will 
be much lower than with conventional cementing. The main 
advantage of this process becomes evident when the fracture 
gradients are low because cement can be placed properly 
without breaking the formation in some weak zones.  

• Deviated/Horizontal. Wells are drilled at an angle to be able 
to contact more of the producing zones or to reach an entire 
reservoir from one offshore platform. Refer to Directional 
Drilling for details of drilling deviated or horizontal wells. 
Multilateral wells are a special sub-set of this well type 
(Horizontal, Multilateral, and Multibranch Wells in Petroleum 
Production Engineeting).  

• Deepwater. Exploration for production of hydrocarbons is 
extending offshore to water depths in excess of 600 ft and 
sometimes up to 6000 ft. Under these conditions, the 
formations through which conductor surface pipes are set are 
weak to unconsolidated, temperatures are low, and charged 
water zones could be encountered. Density and flow rate of 
the cement slurry should be such that the formation will not 
break down, yet the slurry still displaces the drilling fluid 
effectively and provides effective zonal isolation. Considering 
the low temperatures encountered, the cement slurry should 
develop sufficient gel strength to resist fluid migration. See 
Formation-Fluid Migration After Cementing for a detailed 
discussion on fluid migration.  

• High-Pressure, High-Temperature (HPHT). Exploration for 
production of hydrocarbons is extending to reservoirs that are 
under high pressure and high temperature. The materials used 
in the construction of these wells, including cement, should be 
able to withstand the high temperatures and pressures. The 
strength of cement sheath undergoes retrogression beyond 
about 220°F. Silica should be added to cement slurries that 
are expected to endure temperatures in excess of 220°F. 
During its life, an HPHT well will undergo much greater 
changes in temperature and pressure than other wells. 
Ordinary cement is brittle and will not be able to withstand the 
fatigue from cycling of pressure and temperature. Researchers 
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are working to improve the cement slurry design to meet the 
needs of HPHT wells.  

Example 3 Design of the Cement Slurry 

A well is being constructed as shown in Figure 6-26.  

 

Figure 6-26 Well for Example 3 

The surface and intermediate casing have been cemented and production 
casing has been set at a total depth (TD) of 9200 ft. The production casing is 
23 lb/ft, 7 in., and the open hole is 6-½ in. Based on the openhole logs, a 
20% excess is required in calculating cement volumes. The previous or 
intermediate casing is set at 7500 ft. Production casing needs to be 
cemented from 9200 to 7700 ft. The bottomhole static temperature (BHST) 
is 280°F. The fracture pressure, expressed in equivalent drilling fluid density, 
is 18 lb/gal, and the pore pressure is 13 lb/gal. The cement slurry designed 
for this application should have a thickening time of 4 hours at bottomhole 
circulating temperature (BHCT) and a fluid loss of 30 cm3/30 min at BHST 
and should be able to resist gas migration. 

Solution—Designing the Cement Slurry 

We will assume that a 16.4 lb/gal cement slurry prepared with Class H 
cement will be used to construct the well. In reality, the density of the slurry 
should be optimized so that the slurry will  
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• Meet the requirements discussed in Section 6-1.6  
• Be placed without breaking the formation  
• Displace fluid ahead of it from the entire annulus  
• Resist gas migration  
• Have the necessary properties for short and long term needs 

of the well.  

The slurry discussed in Section 6-4.2.1 could be used as the starting point 
for design. Additives to this neat slurry need to meet the requirements 
discussed above.  

The first step is to obtain the BHCT. The BHCT should be estimated from the 
temperature simulator and validated with experimental data obtained from 
the BHCT gauge. The validation is more critical if this is a new field. 
Alternatively, equations from API can be used to estimate BHCT. This value 
should be used with caution if the well is deviated and/or the field conditions 
are unique in terms of BHST, ambient temperature, or other significant 
factors.  

The next step is to estimate the potential for gas to migrate through the 
unset cement. This will determine what anti-gas migration additives will 
have to be incorporated into the slurry design.  

Appropriate retarders, fluid-loss additives, dispersants, or other additives 
should be added to the slurry. The slurry should be mixed and tested in the 
laboratory to meet all the requirements discussed above and those in 
Section 6-1.6. 

The volume of slurry needed and the amount of additives needed should be 
estimated. The volume in the annulus is given by: 

ft3 per linear ft = (Dw
2 -Do

2) × 0.005454 

where Dw is the diameter in inches of the open hole and Do is the casing OD 
in inches. 

The length of open hole to be cemented is (9200-7700) = 1500 ft. 

The volume of cement in the open hole = (8.52 - 72) × 0.005454 ×1500 = 
191 ft3

. 

The excess cement needed is 20%; therefore,  

the volume of cement in the open hole = 191 × 1.2 = 229 ft3. 

There is cement left in the shoe joint. The volume of this cement is 
determined by the length of casing below the float collar and is given by 

volume of cement in the shoe = 0.005454 × Di
2 × Lbfc 
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where Di is the ID of the casing and Lbfc is the length of casing below the 
float collar. 

The ID of a 7-in., j-55, 23-lb/ft casing is 6.366 in.  

From Figure 6-26, Lbfc = 40 ft. 

Volume of cement in the shoe = 0.005454 × 6.3662 × 40 = 9 ft3 

Total volume of cement needed = 229 + 9 = 238 ft3 

The slurry yield is 1.05 ft3/sk. This calculation is shown in Section 6-4.2.1. 

Amount of cement needed = 238/1.05 = 227 sk.  

The amount of additives should be calculated for 227 sk of cement. All the 
laboratory tests such as thickening time, and fluid loss should be repeated 
with the field cement and chemicals to make sure that the specifications are 
met. The cements vary from batch to batch, so the confirmation of the 
laboratory data with field sample of materials is very important.  

Casing Attachments 

Various types of hardware are attached to the casing as it is run into the 
wellbore to aid in cement placement. Each of these types is described briefly 
below. Figure 6-27 depicts these attachments: 
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Figure 6-27 Casing attachments  
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• Centralizers. Centralizers are attached to the casing to keep 
it off the borehole wall and centralize it as much as possible. 
Centralizing the casing helps to provide a uniform fluid flow 
profile around the annulus and leads to better drilling fluid 
removal and proper cement placement. In general, there are 
two types of centralizers, rigid and bow-spring.  

• Bottom plug. A bottom plug is inserted ahead of the cement 
slurry to minimize intermixing of the slurry with the fluid 
ahead of it and to minimize contamination. The bottom plug 
also wipes any accumulated film of drilling fluid from the inner 
walls of the casing. When the bottom plug lands on the float 
collar, a small differential pressure ruptures the diaphragm in 
the plug and lets cement pass into the annulus.  

• Top plug. The purpose of a top plug is to minimize 
intermixing of cement slurry with the fluid behind it, referred 
to as displacement fluid, which minimizes contamination. 
Unlike bottom plugs, top plugs, which are inserted behind the 
cement slurry, are solid and seal against the bottom plug. 
When the top plug reaches the bottom plug, a pressure 
increase is observed and this pressure increase signals the 
end of cement job.  

• Plug container. Plug containers are used in most cementing 
operations to facilitate pumping fluid into the casing and also 
to hold and release cementing plugs at the proper time. If only 
one plug can be handled at a time, the container should be 
opened to load the second plug. This procedure could result in 
introduction of an air pocket in front of the second plug. To 
avoid this, two plug containers may be used so that the 
container need not be opened to load additional plugs.  

• Float collar. The original purpose of a float collar was to 
facilitate running the casing by reducing the strain on the 
derrick. This purpose is accomplished by preventing the 
drilling fluid from flowing into the casing when it is run into the 
hole. After the casing is run, circulation is established 
downward through the casing. After cement is pumped, the 
float collar prevents cement in the annulus from coming into 
the casing. The derrick design has improved over the years, 
and now the main purpose of the float collar is to prevent the 
cement from flowing back into the casing.  

• Guide/float shoe. In its simplest form, the purpose of a 
guide shoe, which is installed on the end of the casing, is to 
direct the casing away from ledges to minimize side-wall 
caving and to aid in safely passing hard shoulders and passing 
through crooked holes. These shoes are now designed with 
side ports to improve the jetting action and to clean the gelled 
fluid or other debris from the wellbore. Guide/float shoes are 
recommended to aid in better displacement.  
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Equipment 

Equipment used to perform primary cementing is discussed below. 

Mixing Equipment 

Cement slurry may be mixed and pumped downhole continuously or semi-
continuously, or it may be batch-mixed. The mode chosen depends on the 
application. 

Continuous mixing refers to mixing and pumping slurry at the same time. 
Batch-mixing refers to mixing all of the slurry first and then pumping.  

Continuous mixers were invented to eliminate cutting sacks and mixing by 
hand. The first of these mixers was the jet mixer. Later improvements, such 
as the recirculating mixer, were created. Continuous mixing sometimes 
allows cement that is not mixed correctly to be pumped downhole. Batch-
mixing was developed to prevent this problem. However, batch-mixing 
requires more surface equipment, which increases the cost. The latest move 
is to go back to continuous mixing, but with computers automating the 
system to prevent improperly mixed cement from being pumped downhole. 
A typical continuous mixer is shown in Figure 6-28. 
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Figure 6-28 Cement mixer 

Pumping Equipment 

Cement is normally pumped with a triplex positive-displacement pump. 
Triplex pumps are boosted with centrifugal pumps. Centrifugal pumps impart 
a great deal of shear to the slurry, which is beneficial for mixing. Triplex 
pumps are low shear but pump at high pressures. Sometimes the 
displacement pressures for a cement treatment can be several thousand psi 
and triplex pumps do a good job in these cases. The number of pumps will 
depend on the required rate and anticipated pump pressure. A typical mobile 
pumping unit is shown in Figure 6-29. 

 

Figure 6-29 Pump 
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Bulk Equipment 

For land operations in areas with existing oil fields, most cement is dry 
blended with additives that give cement the required performance 
properties. The blended cement is hauled to the location, mixed with water, 
and pumped downhole. For remote locations and offshore operations, the 
additives are normally taken to the well as liquids, mixed with the water, 
and then mixed with the cement. When liquid additives are used, the cement 
mixing equipment is normally equipped with a liquid additive device that 
allows accurate metering of liquid additives into the mix water during 
cement mixing operations. A typical bulk unit is shown in Figure 6-30. 

 

Figure 6-30 Bulk equipment 

Fluid Circulation 

Once the casing is at the bottom, the hole is normally circulated to remove 
the gelled drilling fluid and make it mobile. This step is very important since 
the drilling fluid is more difficult to remove from the annulus. It is a common 
practice to thin the drilling fluid that is being pumped into the wellbore. 
However, thinning should be done only to the extent that the thinned drilling 
fluid will not channel into the drilling fluid that is already in the wellbore and 
also that the solids will not drop out of the fluid under downhole conditions. 
Normally, circulation is broken slowly to prevent fracturing the well. The 
drilling fluid has been static in the well for several hours and may be 
severely gelled.  

Proper centralization of the casing will greatly improve the success of a 
primary cement job. As shown in Figure 6-31, the pipe is not centralized and 
is lying at the bottom of the hole.  
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Figure 6-31 Non-centralized pipe. The concept of standoff 

Figure 6-9 illustrates the velocity profile of a fluid flowing in an eccentric 
annulus. This figure shows that fluid circulation is ineffective in the narrow 
side. 

Moving the pipe during hole conditioning will improve the gelled drilling fluid 
removal. Rotating or reciprocating the pipe tends to cause flow to go into the 
narrow side of the annulus. If a high degree of standoff cannot be achieved, 
then pipe movement becomes essential. A likely effect of pipe rotation is 
shown in Figure 6-15. Some rigid centralizers have flow deflectors that force 
flow into the narrow side of the annulus. However, these flow deflectors 
work only when the rigid centralizer is used in near-gauge holes. If the hole 
is not gauge, then the fluid will flow around the rigid centralizer and will not 
be deflected. Having a gauge hole greatly increases the probability of 
meeting cementing objectives.  

Pressure changes resulting from pipe movement must be considered so that 
pressure changes caused by surge and swab will not change the well 
conditions.  

Data Acquisition and Software 
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In critical wells data on the cement job must be monitored and real-time 
engineering calculations must be made to make real-time decisions. The 
pressure at the surface can be monitored using reliable and accurate 
pressure transducers along with the flow rate, density, rheology or other 
characteristics of the fluids. The measured pressure should then be 
compared with calculated values and real-time decisions made so that 
formation does not break down or experience other damage (Ravi et al., 
1992b). Figure 6-32 is an illustration of real-time measurements.  

 

Figure 6-32 Real-time measurements and calculations 

This figure shows wellhead pressure and flow rate measured and plotted vs. 
elapsed time. The figure shows that pressure decreases as time progresses 
at a constant flow rate. This pressure can be converted to percent hole 
circulating when other parameters such as cased-hole dimensions and fluid 
properties are known. This plot is also shown in Figure 6-32. The percent 
hole circulating increases with time but approaches a constant value. When 
a constant value is reached, one or more of the parameters should be 
changed to increase the percent hole circulating. The real-time performance 
should be analyzed and compared with the planned job and changes should 
be made for future jobs. 
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Introduction 

Formation-fluid migration following primary cementing occurs when fluid 
moves to the surface or into another zone from a formation through 
pathways created in a cemented annulus. Fluid migration after primary 
cementing, whether water or gas, has affected the well-completion industry 
since the introduction of oilwell cementing. It is estimated that this migration 
occurs at some point in the life of approximately 25% of wells drilled. 
Problems caused by fluid migration include nuisance interzonal flow, 
pressure behind the production casing at the wellhead, blowouts, and the 
loss of rigs or platforms. Small or nuisance flow may require monitoring of 
pressure buildup and occasional bleeding off of trapped volume at the 
wellhead. Catastrophic flow can result in blowout and loss of the well. 

The number of wells with pressure at the surface between casings is steadily 
increasing as well ages are increasing and regulatory bodies are enforcing 
tighter monitoring and control of the problem. Estimates of this problem 
suggest that as many as 20% of existing wells have surface pressure 
between casings. 

Until recently, gas flow has received the most attention, but shallow water 
flows have also been encountered frequently during the completion of 
conductor pipes in deep-water wells.  

Gas migration was first identified as a significant problem when completing 
gas storage wells in the early 1960s (Sutton et al., 1984). This awareness of 
gas migration was attributed to increases in well depth and the increased 
monitoring of gas reservoirs. Gas migration has become a significant 
problem with the development of deep, high-pressure reservoirs, leading to 
a variety of laboratory and field investigations designed to prevent or correct 
the problems associated with gas migration. Flow may occur almost 
immediately after cementing, or may not begin until months after 
completion of the well. When flow has started, the migration problem 
becomes increasingly difficult to correct.  

Water migration was identified by Jones and Berdine (1940) as a problem 
resulting from incomplete displacement of drilling-fluid filter cake during 
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cement placement. Awareness of the severity of water migration has been 
heightened recently because of water flows following conductor-pipe 
cementing for deep-water wells (Griffith and Faul, 1997).  

Although fluid migration seems to occur at various places for various causes, 
three fundamental factors are always common to fluid flow following 
cementing:  

• Presence of formation fluid  
• Failure to contain the fluid in the formation allowing entry into 

the wellbore  
• Flow path in the wellbore accessing a lower-pressure 

destination for the fluid.  

This chapter will first present a description of the mechanism of fluid 
migration. The differences between immediate and long-term flow are 
outlined and compared. In accordance with historical nomenclature, 
immediate migration will be referred to as flow, and long-term migration will 
be referred to as leakage. Then, theories and practice of prevention are 
presented including example applications. Since the majority of research has 
focused on gas migration, and because the underlying theories and 
mechanisms for the cause and control of gas and water migration are 
similar, the remainder of this chapter will focus on gas migration. Recently 
developed mechanisms or procedures specific to shallow water flows will be 
discussed as warranted. 

Theory of Gas Migration 

Generally, the presence and characteristics of a gas-bearing formation are 
known before cementing. Pressures required to keep gas from flowing into a 
wellbore are determined so that the well can be controlled during drilling. 
The density of the cement slurry and the placement process are also 
designed control hydrostatic pressure at the gas zone. Immediately after the 
cement slurry placement, the gas within any adjacent zones is trapped in 
the formation, and the well is static. Factor one is satisfied, but no means 
exists for gas to enter the wellbore (Fig. 7-1a). 
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Figure 7-1 Mechanism of fluid flow following cementing: (A) Initially following 
cementing formation fluid is contained by hydrostatic pressure. (B) Gelationof static 

cement restricts hydrostatic pressure transmission. Loss of filtrate to permeable 
formations as well as volume reduction due to chemical hydration result in relief of 

controlling pressure. (C) Pressure declines sufficiently to allow fluid percolation 
through gelled cement. (D) Permanent flow channels form. 

During the next few hours or months, gas may overcome the controlling 
pressure, enter the wellbore, and migrate through the annulus through the 
following mechanisms. The mechanism of gas flow immediately after 
cementing is presented first, followed by mechanisms responsible for long-
term gas leakage. 

Mechanism for Gas Flow Following Cementing 

The controlling forces that govern formation-gas entry into an annulus 
following cementing (Sabins et al., 1980) are:  

• Gel-strength development within the cement slurry  
• Pressure differential between initial hydrostatic pressure 

exerted by the cement column onto the gas-bearing formation 
and pore pressure of the formation  

• Fluid loss from the cement to adjacent formations  
• Volume losses during cement hydration reactions  

These governing forces are described below and effects of their occurrence 
are depicted graphically in Fig. 7-2.  
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Figure 7-2 Pressure decline during cement hydration resulting in fluid flow 

Once inside the annulus, formation gas must have a migration path and 
positive pressure differential to flow through the annulus and make a way 
for more formation gas to enter. The possible migration paths are also 
described below. 

Gel-Strength Development 

If the annular fluid column above the gas-bearing zone is designed properly, 
the hydrostatic force of the column is sufficient to initially overcome the pore 
pressure of the formation. However, the complex chemical processes of 
cement hydration (Primary Cementing), which begin as soon as Portland 
cement is mixed with water, create two conditions which promote the 
reduction of hydrostatic pressure. The first condition is gel-strength 
development. Initially after placement, the cement slurry behaves as a true 
fluid because pressure at any point in the cement column is equal to the 
hydrostatic head. When the cement slurry becomes static, ionic forces can 
create a weak tertiary structure that later grows stronger. This structure is 
manifest as gelation in the bulk slurry. With gelation, adhesion to the hole 
surfaces causes the cement column to lose the ability to transmit full 
hydrostatic pressure. This gelation continues to increase until the cement 
becomes a solid. The degree of gelation has been quantified by Sabins et al. 
(1980) in terms of static gel strength (SGS, lbf/100 ft2). Gel strength as 
used here is not a complex rheological function but is rather a direct 
measurement of the adhesive strength of a fluid to a borehole wall or casing. 
This study also introduced the concept of transition time as the interval 
during the setting process between the time a cement slurry column first 
loses the ability to transmit full hydrostatic pressure until the time a cement 
develops sufficient gel strength to prevent entry or migration of formation 
gas. This end value was determined experimentally to be a minimum value 
of 500 lbf/100 ft2. 

As gelation continues to increase, sufficient internal structure develops 
within the cement to partially support the slurry in the annulus. Thus, 
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gelation prevents transmission of full hydrostatic pressure from the fluid 
column above (Figs. 7-1b and c). However, this gelation does no harm until 
volume losses take place. 

Volume Reduction and Resulting Pressure Loss 

Volume losses occur internally in the setting cement via two mechanisms: 
fluid loss and hydration volume reduction. These two phenomena, listed as 
controlling forces 3 and 4 contributing to fluid entry, are outlined in detail in 
Primary Cementing. Fluid loss from the slurry refers to movement of the 
slurry's aqueous phase from the slurry into adjacent permeable formations. 
This movement is driven by positive differential pressure between 
hydrostatic pressure in the cement column, by formation pore pressure, and 
by formation permeability and permeability of any deposited drilling fluid or 
cement filter cake. Hydration volume reduction describes the volume losses 
that occur in Portland cement during the chemical setting process. These 
losses result from the chemical combination of water and reactive 
compounds in the cement. Simply stated, this means that the absolute 
volume of the products is less than the volume of the reactants. Hydration 
volume reduction causes the formation of porosity and volumetric shrinkage 
in Portland cement.  

The volume reductions occur during the period when cement gelation 
normally prevents hydrostatic pressure transmission, resulting in pressure 
losses in the cement column (Figs. 7-1b and c). This pressure reduction 
reduces the well's capacity to keep pressurized formation fluids contained 
within formations. Sufficiently high pressure losses in the cement column 
may reduce trapped hydrostatic to just below the pore pressure of a gas 
bearing reservoir, allowing this gas to invade the annulus provided the 
cement is still sufficiently fluid to be displaced by the gas. Thus, the ability of 
a cement column to prevent formation gas invasion is governed by the rate 
of pressure loss as well as the rate of early three-dimensional structure 
development sufficient to prevent gas entry (SGS of at least 500 lbf/100 ft2). 

Pressure reduction in a cemented column was demonstrated in the 
laboratory by several investigators including Christian et al. (1975) and in 
laboratory and field tests by Levine et al. (1979). Sutton et al. (1984) 
present basic calculations for pressure drop rates based on volume 
reductions and pressure restrictions caused by gel-strength development. 
The equation for pressure drop possible from volume losses is: 

(7-1) 

where p is the maximum pressure drop possible for specific slurry, is the 
total unit volume reduction due to fluid loss during transition time, is the 
unit volume reduction due to chemical hydration during transition time and c 
is the compressibility factor for cement slurry. 

The pressure restriction possible from static gel-strength development is 
represented by: 
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(7-2) 

where pR is pressure restriction due to SGS, psi, SGS is the static gel 
strength, lbf/100 ft2 , D is the diameter, in., and L is the length of interval, 
ft. 

Setting SGS equal to the minimum value to prevent gas percolation (500 
lbf/100 ft2) reduces Eq. 7-2 in standard oilfield units to: 

(7-3) 

where pR,max is the maximum pressure reduction, psi. 

By comparing the maximum possible pressure reduction to the initial 
overbalance pressure for the gas zone, pOB provides a means to evaluate gas 
flow potential: 

(7-4) 

where GFP is the gas flow potential factor, dimensionless. 

The magnitude of GFP for a specific well condition indicates the level of 
difficulty that the control of gas flow will present. Magnitudes vary from 0 to 
infinity with increasing value indicating greater potential for flow. Table 7-1 
lists commonly accepted levels of GFP for classification of the severity of a 
potential problem. 
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Table 7-1 Evaluation of gas-flow severity: Example GFP calculation 

TD 9468 ft, 5 in. casing, 6.75 in. hole 

Drilling Fluid 16.5 lb/gal 

Gas Zone 
Depth 

9100 ft 

Gas Pressure 7438 psi (15.7 lb/gal) 

Cement TD to 7500 ft with 17.5 lb/gal cement 

Calculations:   

ph = ((7500) (16.5) + (1600) (17.5)) x .0519 

  = 7875 psi 

pOB = 7875 - 7438 

  = 392 psi 

pR,max = 1.67 x 1600 ÷ (6.75 - 5) 

  = 2672 psi 

GFP = 2672/392 

  = 6.8 

This indicates a moderate annular gas-flow potential.  

Ranges of GFP: 

0 – 3 Low  

3 – 8 Moderate 

8+High 

 

Comparing GFP with ∆p calculated from cement slurry variables in Eq. 7-1 
but written in terms of volume reduction rates results in 

(7-5) 

where and are the total fluid loss and hydration volume rates and ttr 
is the transition time of the cement slurry. 

Equation 7-5 allows tailoring of cement slurry properties to maintain 
pressure across a specific gas-bearing formation until the slurry is 
sufficiently gelled to resist gas flow. Application of these simple 
relationships, which will be discussed later, forms the basis of a quantitative 
method for analyzing the potential to encounter gas flow on a specific well, 
and provides cement designs to combat this gas flow.  
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Migration Paths 

Once inside the annulus, the gas must travel along a path to the surface or 
into another permeable formation to complete the action of gas flow. Gas 
flows through the annulus through three potential paths (Beirute and 
Cheung, 1989): cement-formation interface or cement pipe interface, 
drilling-fluid channel, or through the unset cement (Figs. 7-1d, 7-3a, b, and 
c).  
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Figure 7-3 Fluid migration paths (a) through undisplaced drilling-fluid channels, (b) 
through a cement-casing micro annulus, and (c) through channels in the cement 

Microannuli can form at the cement's interface to either the pipe or 
formation face. As discussed in Chapters 8 and 11, microannuli (from 0.001 
to 0.005 in.) may form as a result of thermal or pressure fluctuations in the 
wellbore through normal well operations during cementing (Goodwin and 
Crook, 1990). In some cases, a larger microannulus can be created at the 
cement-pipe interface by viscous drilling fluid bypassed during cement 
placement clinging to the pipe or borehole wall, or by excessive cement 
expansion against soft formations (Beirute et al., 1988). Bol et al. (1997) 
developed a gas migration model based on physical principles, literature 
documentation, and an experimental program, and concluded that that the 
only practical mechanisms for gas flow were flow through the microannulus 
caused by shrinkage, or inadequate drilling-fluid displacement. Bol's 
conclusions, in contrast to the conclusions of other investigators, were that 
behavior of the unset cement did not contribute to gas flow and that 
percolation through cement slurry or matrix was not a mechanism of gas 
flow.  

Poor displacement of drilling fluid during cement placement can bypass a 
continuous channel of drilling fluid traversing the annulus (Primary 
Cementing). This channel can act as a conduit for formation fluid invading 
the annulus since the drilling fluid develops little static gel strength and thus 
offers little resistance to migration. 
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Percolation 

When formation gas invades the annulus and a potential flow path exists, 
percolation can occur if a sufficient pressure gradient exists. Gas bubbles will 
migrate along the pressure gradient to lower-pressured permeable zones or 
to the surface. As they migrate toward lower pressure, gas bubbles expand, 
pushing open a greater flow path. Eventually, this percolation through gelled 
fluid can result in the establishment of a permanent path as the cement 
sets.  

Several investigators, including Rae et al. (1989), Cheung and Beirute 
(1985), and Moroni et al. (1997), have investigated the possibility of gas 
flow via a path through the unset cement permeability. As cement in the 
annulus gels and the cement becomes "load bearing," they theorize that gas 
can enter cement through the permeability of the three-dimensional 
structure. This theory is based on the assumption that permeability of the 
gelling cement is very high. However, Sutton and Ravi (1989) evaluated the 
possibility that this mechanism was solely responsible for gas percolation 
through setting cement. Using Darcy's flow equation and laboratory-
measured permeability values for setting cement, they calculated potential 
flow rates of gas through cement permeability and found likely flow volumes 
to be too small to account for catastrophic gas flow. Therefore, while gas 
flow via a path through the unset cement permeability is one potential 
source of gas flow, it cannot be the sole mechanism for gas flow through the 
cement.  

Gel strength governs the migration of formation fluid through unset cement 
as a homogeneous medium, and gas entry into the wellbore. The 
progressively stronger three-dimensional gelation which precedes the 
conversion of the cement to a solid, affects fluid migration through the 
cement. Once cement gelation reaches a magnitude of 500 lbf/100 ft2, 
resistance to flow through the cement is sufficient to prevent fluid migration. 
Below this strength, invading fluid can move the cement aside or ahead and 
create a flow channel through the cement (Figs. 7-1d and 7-3c).  

A basic numerical simulation of limits to movement of gas bubbles was 
developed by Prohaska et al. (1995). The simulation indicates limited gas-
migration distance in the cemented column above the gas zone through 
which gas can displace gelling cement as a homogeneous mass and flow up 
the column. Within this distance after pressure is balanced, the driving force 
of the reservoir can force gas into the annulus by displacing whole slurry. 
Above this distance, termed the critical distance, pressure in the cement 
column is above the formation pressure so the gas will be contained in the 
column below.  

The volume of gas which can enter the annulus at any time is equal to the 
volume reduction of cement caused by hydration or fluid loss within the 
critical distance. Expressing force balance at the critical distance in terms of 
pressures and gel strength reveals that the critical distance varies directly 
with cement gel strength. Further examination of the relationship indicates 
that gas influx may greatly increase when the critical distance reaches a 
permeable zone into which fluid loss will occur since leakoff volume changes 
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are generally substantially greater than volume changes for hydration (see 
Fig. 7-4). 

 

Figure 7-4 Gas in-flow and bubble detachment (after Prohaska et al.) 

The model also analyzes the relationship between gas inflow volume and 
bubble migration. The model accounts for the coalescence of smaller 
bubbles, the detachment of a bubble from the formation wall, and the 
bubble velocity upward as a function of the cement's static gel strength. 
Laboratory results which confirm these theoretical relationships and 
increased velocity of subsequent bubbles caused by disruption of cement gel 
strength are presented in Figs. 7-5 and 7-6. 

 

Figure 7-5 Bubble detachment volumes incement slurries (after Prohaska et al.) 
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Figure 7-6 Velocities of initial and subsequent bubbles (after Prohaska et al.) 

Finally, the model is used to calculate gas inflow rates caused by hydration 
volume reduction and filtrate loss as well as to simulate the bubble motion 
process through the gelling cement. This model accounts for four factors:  

• Pressure profile of the wellbore and filtration into permeable 
layers before gas migration  

• Critical distance after pressure balance and cement volume 
changes  

• Bubble detachment time and volume  
• Bubble inflow, motion of the bubble front, and migration 

height.  

This model can be used to analyze individual well parameters, and to assess 
the relative importance of various well and cement parameters to prevent 
gas flow. 

Long-Term Gas Leakage  

Long-term gas leakage is similar to gas flow, but begins through a different 
mechanism. Long-term gas leakage begins weeks or months after the well is 
completed, and is usually detected at the wellhead (or sea floor in the case 
of offshore drilling) long after the well has been completed and put on 
production. Although this leakage is not usually severe, it can become a 
nuisance. As government agencies impose stricter controls on well integrity, 
long-term gas leakage has become a problem which must be addressed. 

The causes of long-term gas leakage are the same as those outlined earlier 
for primary cementing. The first controlling force is the presence of gas, 
which would be alleviated if initial primary cementing operations had 
successfully contained gas in the formation. The mechanism of gas leakage 
begins with the state of the primary cement sheath as production of the well 
begins. 
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The gas-leakage mechanism can begin with a poorly placed cementing 
treatment, poorly designed cement composition, or destruction of cement 
sheath integrity due to well operations. In the first case, a drilling-fluid 
channel containing either whole fluid, partially dehydrated fluid or loosely 
formed filter cake (Jones and Berdine, 1940), is bypassed during cement 
placement. As described in Primary Cementing, the drilling-fluid channel is 
bypassed because of ineffective drilling-fluid conditioning, pipe 
decentralization, ineffective spacer application, or suboptimum placement 
rate. In the second case, high-water-content cements or low-strength 
cements may possess high permeability or large volumetric shrinkage which 
eventually creates flow channels for gas leakage (Rae et al., 1989). In the 
third case, cement integrity may be destroyed by thermally or hydraulically 
induced pressure cycled during well operation or intervention (Goodwin et 
al., 1990).  

When the cementing treatment is performed, sufficient hydrostatic pressure 
over formation pressure exists to control in-situ gas. This trapped pressure 
controls the gas until the cement sets, initially locking the gas in the 
formation. However, in the first scenario, cement placement is incomplete 
leaving a channel or microannulus of drilling fluid either as gelled fluid, 
partially dehydrated fluid or paste, or as thick, unconsolidated filter cake 
(Fig. 6-11, Primary Cementing). As time passes and the well is produced, 
the filter cake or gelled drilling fluid can dehydrate and shrink, leaving a path 
for trapped formation gas. As shrinkage occurs, gas enters the annulus and 
percolates toward an area of lower pressure. This flow of gas usually dries 
the noncementitious material even more thus increasing the shrinkage and 
the cross-sectional flow area. 

The resulting situation is one of seemingly well-sealed annulus initially 
followed by detection of gas pressure weeks or months after completion. The 
gas pressure build-up rate increases with time, requiring more maintenance. 

Alternately, a flow path for gas leakage can occur in a well cemented 
annulus through intrinsic cement properties or production operations. The 
intrinsic cement property of dimensional shrinkage is outlined in Primary 
Cementing and by Chenevert and Shrestha (1991). Dimensional shrinkage, 
which usually occurs in cement compositions mixed with excess water and 
fillers or extenders, results from volume reductions associated with the 
chemical combination of water with reactive components in the cement. 
These reductions, referred to as hydration volume reductions, range up to 
5%, depending on the water to cement ratio. All cements undergo this 
reduction to some extent, and hydration volume reduction is the mechanism 
responsible for porosity formation in set cement. In addition to porosity 
formation, volumetric reduction of the cement usually occurs depending on 
the strength of the crystalline lattice being formed. Cements with high 
water-to-cement ratio form a weaker crystalline lattice structure and are 
therefore more subject to volumetric shrinkage. It should be noted here that 
the shrinkage occurring from hydration volume reduction is quite unlike 
volume changes in a gas or liquid since the developing crystalline structure 
in solid cement tends to retain its original volumetric dimensions. Parcevaux 
and Sault (1984) performed laboratory tests indicating that a path for gas 



 349 

leakage may be formed in a previously completely cemented annulus by the 
effects of volumetric shrinkage and loss of hydraulic bond.  

Operationally, sufficient stresses can be generated in the cemented annulus 
to destroy the integrity of the cement seal. This destruction of integrity is 
caused by thermal or hydrostatic forces exerted on the casing during 
production cycling or well intervention. These cyclic gradients in temperature 
or pressure can cause the casing to expand, generating tensile stresses in 
the cemented annulus. Since cement is a brittle material with low tensile 
strength, these forces create tensile cracks in the cement. This cracking can 
become extensive enough to provide a flow path for any gas residing in a 
pressurized formation.  

Summary of Mechanisms 

The ultimate result of each of the mechanisms described above is unwanted 
gas migration. However, the methods for controlling these mechanisms are 
quite different. First, the potential for each type of problem to occur must be 
assessed. The most difficult part of the gas flow prevention process, problem 
identification and quantification, is presented below.  

Diagnosing the Potential for Gas Migration 

As with most other problems associated with well-construction, the potential 
for gas migration problems can be analyzed and planned for during the early 
stages of construction. This assessment is made using knowledge of 
previous activity in the local field or formation and estimates of formation 
and drilling conditions. Techniques to predict gas migration are reviewed 
below.  

Gas Flow 

Gas flow diagnosis depends on knowledge of the formation pressures to be 
encountered, the hydrostatic pressure exerted at the completion of the 
cementing process, and the rate at which the cement will develop gel 
strength after completion of the cementing treatment. The first two 
parameters are measured or calculated based on known reservoir 
characteristics or information obtained during drilling. These parameters also 
define the severity of the potential problem and indicate solution methods. 
Static gel-strength development and fluid loss characteristics of the specific 
cement composition are dependent on batch runs and additive composition, 
and therefore must be measured in the laboratory for specific application. 

Identification of the zone bearing the highest pore pressure is the first step 
toward diagnosing the potential for gas flow. This zone is usually known 
beforehand for development wells, and is measured or estimated while 
drilling for exploratory wells. This parameter is important while drilling so 
that sufficient drilling-fluid density can prevent loss of well control. The 
pressure at depth defines the minimum pressure to be maintained in the 
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annular fluid column to prevent gas entry. The pressure as calculated by 
minimum drilling-fluid density to control is given by: 

(7-6) 

where pf is the formation pressure of highest pressured gas sand, psi, min is 
the minimum density of drilling fluid to control gas, lb/ft3, and H is the depth 
of the gas zone. 

Initial hydrostatic pressure exerted on the zones targeted for gas flow 
control is calculated by: 

(7-7) 

where i and hi are the fluid density and thickness of each layer above the 
target. These two parameters define the upper and lower pressure 
boundaries for the gas-flow problem. Figure 7-2 illustrates the maximum 
pressure initially controlling formation fluid which is hydrostatic pressure 
exerted by the fluid column after placement. Minimum pressure below which 
the trapped hydrostatic pressure cannot fall without influx potential is the 
formation pore pressure. 

From this point, several techniques can be used to determine the probability 
of gas flow. Qualitative techniques include analyzing potential for flow based 
on past experience, and assuming the likelihood of flow based on the level of 
p. The quantitative GFP calculation presented in Section 7-2.1.2 can also be 

used to evaluate the flow probability.  

An example diagnosis of the potential of gas flow through GFP calculation is 
illustrated in Table 7-1. This example is based on a gas-well completion at a 
depth of 9468 ft. Pertinent well parameters required to analyze the GFP are 
listed in Table 7-1 along with GFP evaluation. This cementing operation has 
a GFP of 6.8, a moderate potential for gas flow which will require a special 
cement design to prevent the gas-flow problem. The example will be 
continued in Section 7-4.1.4 with quantitative analysis of the cement 
composition designed for this application.  

Long-Term Gas Leakage 

Long-term gas leakage is difficult to predict because knowledge of past field 
experience and other subjective formation and completion practice indicators 
are required for analysis. The potential for long-term leakage is also 
governed by the formation pressure of the highest-pressured gas sand since 
this pressure is the driving force for delivery of gas into the system if a flow 
path is created. A subjective analysis of the potential for gelled, partially 
dehydrated drilling fluid to be deposited and bypassed during cement 
placement, and an analysis of the potential for volumetric shrinkage of 
cement must be based on expert knowledge, and on an analysis of the fluid 
compositions, testing procedures, and case histories of the formation. The 
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analysis should also include qualitative evaluation of scenarios such as those 
outlined in Table 7-2. 

Table 7-2 Analysis of gas-leakage probability 

Historical Has the field exhibited a problem with long-term 
gas leakage in the past? 

Filter Cake Analysis Are drilling-fluid loss characteristics sufficient to 
prevent deposition of loosely consolidated, thick 
filter cakes against the formation face? 

Placement 
Mechanics 

Are cement placement practices adequate to 
displace drilling fluids and establish a continuous 
volume of cement? 

Cement Composition Are the volumetric shrinkage characteristics of the 
cementing composition sufficiently low to avoid 
shrinkage from an annular wall?  

The following example illustrates some general considerations for evaluating 
gas leakage: Unwanted gas flow to the surface from a shallow high-pressure 
sandstone reservoir has occurred in previous infield wells. The gas flow is 
not a problem after initial completion of the well but begins within a few 
weeks and gradually increases. Gas flow potential analysis indicates a low 
GFP of 2.1 which should be sufficiently controlled by the low-fluid-loss 
cement slurries used, but previous experience reveals a history of gas 
leakage. 

Controlling Migration Phenomena 

The basic premise of controlling unwanted gas migration is to prevent gas 
entry into the annulus. This requires maintaining controlling pressure on the 
gas-bearing formation and eliminating potential migration paths. All control 
or prevention measures must be complemented by optimum cementing 
procedures. There can be no shortcuts to the process of controlling gas 
migration. Proper hole conditioning and displacement practices must be 
employed to ensure best possible removal of drilling fluid in all forms from 
the hole. Proper design of slurry and set cement properties must be 
considered to effect a satisfactory seal in addition to controlling fluid 
movement. These basics are covered in detail in Primary Cementing. 

The following sections summarize various methods available to prevent gas 
entry for the two types of gas migration. 

Gas Flow 

In the short term, pressure must be maintained on the gas-bearing 
formation to prevent movement into the wellbore until the cement sets. 
Pressure can be maintained through the use of three basic mechanisms: 
altering cement characteristics, mechanically blocking the flow path, or 
increasing the magnitude of pressure applied to the gas-bearing zone. Ways 
to increase the magnitude of initial pressure to gas-bearing formation 
include applying additional pressure at the surface, or increasing density of 
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fluids in the column. The other two mechanisms are discussed below. Theory 
and practice behind these techniques are summarized in Table 7-3 along 
with pertinent references for further review. 

Table 7-3 Techniques to control gas flow 

Technique Property 
Alteration 

Effect Benefits, Drawbacks, 
and Application Range  

Reference 

Alter Cement 
Properties 

Low fluid loss Reduce  Effective only with 
relatively low GFP 

Cook and 
Cunningham 
(1976) 

  Thixotropic cement Reduce ttr Viscous, effective only 
with relatively low GFP. 

Sutton et al. 
(1994) 

  Delayed gel 
strength 

Delay and reduce ttr Difficult to control, 
especially at high 
temperature. Improved 
fluid loss control  

Effective at high GFP. 

Sykes and 
Logan (1987) 

  Increase 
compressibility by 
gas generation or 
entrainment. 

Reduce effects of 

and  

Increased treatment 
complexity. Safety 
considerations. Non-
shrinking.  

Effective at high GFP. 

Watters and 
Sabins (1980) 

  Shorten cement 
column via stage 
tool or lower 
cement volume. 

Reduce effects of 

and  

  Levine et al. 
(1979) 

  Low perm during 
early hydration. 

Block gas invasion Improved fluid loss 
control  

Non-settling Effective at 
moderate GFP. 

Rae et al. 
(1989) 

  Stabilize invading 
gas in fluid cement 
in annulus using 
foam-stabilizing 
surfactants. 

Prevent upward flow 
if gas enters 
annulus. 

Improved rheology and 
fluid loss control. Difficult 
to mix due to surface 
foaming. Effective at 
moderate GFP. 

Stewart and 
Schouten 
(1988) 

Increase 
Initial 
Pressure 

Increase cement 
density.  

Increase p Formation breakdown.  

Effective at low GFP. 

Levine et al. 
(1979) 

  Apply back pressure 
at surface or 
increase drilling 
fluid density. 

Increase p Formation breakdown. 
Effective at low GFP. 

Levine et al. 
(1979) 

Mechanically 
Block Flow 
Path 

External casing 
packer. 

Seal annulus  

preventing flow path 
for invading gas. 

Seal leaks occur. Gas 
invasion below packer. 
Effective at high GFP. 

Voorman et al. 
(1992) 

  Flush formation gas 
into formation away 
from bore hole face 
using high fluid-loss 
squeeze prior to 
cementing.  

Displace gas with 
fluid less able to 
invade annulus  

May damage producing 
formation. Operationally 
complex. 

Teichrob, 
(1993) 
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Altering Cement Characteristics 

Cement characteristics may be altered by interrupting or altering one of the 
three governing cement characteristics described earlier: gel-strength 
development, fluid loss, or volume reduction. Several operations have been 
developed to create a necessary, and often difficult, alteration. These include 
increasing fluid-loss control, applying pressure to the annulus after cement 
placement, increasing density of fluids in the hole, adjusting the thickening 
time of the cement to cause it to set from the bottom of the hole upward, 
shortening the cement column, using multi-stage cement (mechanical or via 
cement design), shortening the cement's transition time, increasing the 
cement's compressibility, or decreasing a cement's internal permeability. All 
these gasflow control techniques have been used with varying degrees of 
success.  

In addition to the techniques summarized in Table 7-3, three methods of 
cement system alteration are discussed in more detail in this section. 
Employing any of these cement system alterations does not guarantees 
prevention of gas flow, and compositional alterations applied without 
ensuring a continuous cement sheath around the casing have little chance of 
preventing gas flow. The underlying assumption on which all compositional 
alteration techniques are based is that drilling fluid from the annulus must 
be completely displaced during cement placement.  

Alteration of Gel-Strength Development. The time for gel strength to 
develop to a minimum of 500 lbf/100 ft2 is critical to gas flow control, and 
this transition time must be shortened to maintain controlling pressure on 
the gasbearing formation. This alteration may be performed in one of two 
ways:  

• Accelerate the onset and duration of the gelation by creating a 
thixotropic cement; or  

• Delay the onset of gelation until the cement hydration process 
is sufficiently advanced to move through the transition time 
rapidly.  

Effects of these alterations on maintenance of hydrostatic pressure are 
illustrated in Fig. 7-7.  
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Figure 7-7 Effects of cement slurry behavior modifications on pressure maintenance 

These changes in gel-strength development are not simple or 
straightforward, especially at application temperatures or pressures. Various 
thixotropic additives such as gypsum, polymers, or chelants can be added to 
the cement slurry to induce thixotropy. Gel-strength suppression is more 
difficult and requires application of one of a series of copolymers to attain a 
delayed transition time (Sykes and Logan, 1987). The actual mechanism by 
which these copolymers function is unknown.  

Permeability Modification. Several gas-flow control methods are based on 
the theory that some cementing compositions develop extremely high 
permeability during hydration; thereby creating a flow path through the 
cement matrix. Although Sutton and Ravi (1989) demonstrated that intrinsic 
cement permeability would need to be extremely high in order to initiate gas 
flow solely through this mechanism, several laboratory studies indicate that 
intrinsic cement permeability can be a contributor. Also, permeability 
modifiers function effectively as gas flow control agents in cement. These 
additives usually impart other desirable properties to the cement 
composition in addition to reducing permeability.  

Use of stabilized latex polymer emulsions in the cement slurry is a widely-
used method of combating gas flow. This method employs excellent 
cementing practices along with the latex-modified cement slurry to stop gas 
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influx. The latex additive is one of several formulations of copolymer 
synthesized through emulsion copolymerization to form a highly 
concentrated emulsion of finely divided polymer in suspension. The addition 
of latex additive at a concentration of 1 to 3 percent by weight imparts 
several desirable properties to the resulting cement including excellent fluid 
loss control, low rheology, decreased shrinkage, decreased permeability and 
resilience. These properties, along with optimum displacement practices, 
tend to alleviate gas flow as described above. Additionally, Drecq and 
Parcevaux (1988) report that the drying process of latex polymers in 
cement, whether by cement hydration or by gas flowing through the 
annulus, results in precipitation of the polymer into an impermeable film 
within the cement porosity.  

Other materials employed to reduce permeability of cement include silica 
fume, carbon black (Moroni et al., 1997), silica sols, and other ultra-fine 
materials to pack into and physically block invading gas-flow path. An 
alternative to this permeability alteration method is to make invading gas 
less mobile by incorporating it into a more viscous medium. Stewart and 
Schouten (1988) describe laboratory and field evaluations of this technique 
using foaming surfactants mixed with cement slurry. Invading gas from the 
formation is stabilized into small, discreet bubbles within the cement slurry 
by the foaming surfactants. Thus, the gas is trapped downhole in the 
annulus, and upward flow is arrested.  

Physical Gel-strength Disturbance. This technique relies on mechanical 
agitation through casing movement to disturb the cement's gel-strength 
development. With developing gel strength disturbed, the cement column 
will continue to function as a fluid and will maintain hydrostatic pressure on 
gas bearing zones. As the cement hydration progresses to the point of solid 
formation, stopping the agitation results in accelerated three-dimensional 
structure development which traps the formation gas in the formation before 
significant pressure drop occurs to allow invasion. 

Mechanical agitation of the cement column during setting is achieved by 
casing movement. Sutton and Ravi (1991) describe laboratory and field 
evaluation of low-rate casing movement during the cement's transition time 
to destroy gel strength. Another method employs casing vibration using 
various techniques to disturb the cement's gel-strength development. 

Mechanical Method 

A more basic approach to alleviating gas-flow problems is to concede that 
formation gas will invade the cemented wellbore and to interrupt the 
potential flow path of the gas. This technique relies upon mechanical packers 
(Voorman et al., 1992) set in the annulus to contain gas flow in the lower 
portions of the well. These packers usually consist of an inner casing 
element with an internal diameter equal to that of the casing string. The 
external packer element is basically the same as the elements discussed in 
Primary Cementing. These packers are installed in the casing string to 
ultimately reside just above potential gas-flow zones, and the cement is 
placed normally. When the cement is placed and is still in the unset state, 
the packer element is expanded to form a mechanical seal to gas flow.  
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An inflatable packer employs a packer element that can be inflated through 
ports in the inner casing element, with fluid to contact the wellbore wall. The 
ports can then be sealed, trapping the inflation medium in place. Drilling 
fluid or cement is usually used as an inflation medium. Cement is employed 
to produce a solid seal point which does not rely on the integrity of the 
packer element to maintain a seal throughout the life of the well. However, 
in many cases, the inflation medium is believed to be the cause of external 
casing packer seal failure. With fluid media such as drilling fluid, seepage of 
fluid from the packer element that relieves pressure, reduces volume, and 
opens gas-flow paths is one proposed mechanism for failure. With the use of 
setting fluids such as Portland cement, hydration volume reduction and 
shrinkage are blamed for the loss of seal. Mechanisms to combat this loss of 
seal include increasing the compressibility of the inflation medium or 
preventing shrinkage caused by the reduction of the hydration volume of 
cement.  

Another mechanical method outlined by Teichrob (1993) proposes pushing 
formation gas back into the formation with high-fluid-loss squeeze fluid 
before cementing the casing. When cementing is performed, if pressure 
drops below formation pressure of the flushed zone, less mobile or non-
migrating fluid will be forced into the annulus rather than formation gas.  

Laboratory Testing Techniques 

If the desired method to combat gas flow involves cement modification, the 
cement composition is usually designed and performance-tested in the 
laboratory. Many standard testing methods as described in Primary 
Cementing are used in this process to determine a cement's ability to 
prevent gas flow. Additionally, all standard laboratory testing and design 
techniques must be used for cements designed for gas-flow application. 
After all, the cement must do all the things a non-gas-control cement would 
do, and must also control gas flow. However, two quantitative test 
techniques will be described because they can be used to measure gas 
control parameters under application conditions. 

The first of these techniques, depicted in Fig. 7-8, was described by Beirute 
and Chung (1990).  
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Figure 7-8 Schematic of laboratory device for testing gas-flow characteristics of 
cement under application conditions (after Beirute and Cheung) 

The device and test method are designed to evaluate a particular cement 
composition's ability to contain gas in a formation under specific well 
conditions. This device simulates a cement column placed against a gas 
reservoir. Fine screens and regulated back pressures are employed to 
simulate fluid loss to adjacent formations. Pressure application from the top 
of the cell through the use of a piston simulates hydrostatic pressure from 
the cement column above. This pressure application is adjusted as a test 
progresses to simulate pressure reduction in the column above caused by 
gelation and hydration volume reduction. Temperatures of the cement are 
also simulated. 

Tests with this pressure apparatus simulate cement fluid loss, gel-strength 
development, volume reduction, set time, and the presence of formation 
gas. Results of this test include the incidence or prevention of gas flow along 
with potential path of the gas. Pressures, temperatures, and flow rates are 
monitored during the test and visual inspection of set cement in the cell 
indicates the path of gas flow if it occurs. This test apparatus and method 
provide a fairly realistic means of comparing gas-flow control characteristics 
of various cement compositions under realistic well conditions. An example 
output from a test is presented in Fig. 7-9.  
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Figure 7-9 Test data from apparatus shown in Figure 7-8 

The laboratory measurement of a cement's gel-strength under simulated 
downhole conditions is necessary to estimate the composition's ability to 
control gas flow for a specific application. The apparatus depicted in Fig. 7-
10 is designed to analyze a cement composition's gel-strength behavior 
under static conditions after simulated placement operations.  

 

Figure 7-10 Device for measuring static gel-strength development of cements under 
simulated conditions 

The apparatus consists of a heated pressure chamber equipped with a 
rotating paddle driven by a magnetic coupler. The paddle can be rotated at 
high speeds while the temperature and pressure are elevated to Bottom Hole 
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Circulating Temperature (BHCT) to simulate placement. After placement 
simulation, high-rate paddle rotation is stopped and intermittent, ultra-slow 
rotation (2 to 5 deg/min) is initiated. 

This slow rotation prevents disruption of the bulk static gel-strength 
development while still detecting changes in the cement's static gel strength 
through torque measurements. As the static cement develops gel strength, 
the measured torque required to maintain rotation speed is measured and 
converted into static gel strength values in lbf/100 ft2. These tests are 
conducted until the cement has satisfied the gel-strength development rate 
calculated to prevent gas flow. Figure 7-11 presents example output from 
this testing device.  

 

Figure 7-11 Test data from apparatus shown in Figure 7-10 

Cement Composition Design 

Methods to design cement compositions with properties to prevent gas flow, 
as outlined in Table 7-3, include standard generalized compositions and 
specific compositions tailored to a particular well's conditions. Tailoring 
parameters for a specific application may be based on severity of gas flow 
and experience, evaluation through specific physical models as depicted in 
Fig. 7-8, or on quantitative design criteria related to the specific application. 
Several quantitative techniques are in use including calculation of the slurry 
performance factor (Rae et al., 1989) and the slurry response number 
(Sutton and Ravi, 1989).  

The slurry performance factor is determined by a cement composition's fluid 
loss rate and the rate of hydration under dynamic conditions. The basis for 
determination of the slurry response number (SRN) is gel-strength 
development, fluid loss, and wellbore volume/area ratios. SRN derivation 
and governing parameters are discussed here along with illustration of the 
method's use by continuation of the example presented in Table 7-1.  



 360 

SRN equals static gel-strength increase rate divided by fluid-loss rate where 
both terms are real-time rates measured during the composition's transition 
time under simulated downhole conditions. The most rigorous adherence to 
this method involves incorporating the effects of drilling fluid and spacers. 
Specifically 

(7-8) 

where (dSGS/dt)max is the maximum rate of change of SGS, SGSx is the SGS 
at time of (dSGS/dt)max , (dl/dt)x is the rate of fluid loss velocity at time of 
SGSx, V is the volume of annular space per unit length; and A is the area of 
formation face per unit length. 

Each component of this relationship has been documented to play an 
important role in gas-flow mechanics. The terms are arranged so that 
increasing SRN indicates improved ability to control gas flow. Specific 
importance of each component is outlined below. 

(dSGS/dt)max - The maximum rate of gelation increase is considered 
important because faster rate corresponds to better gas-flow control. As 
maximum rate of SGS development increases, SRN increases. Figure 7-11 
illustrates the determination of this variable from laboratory gel-strength 
measurement testing. 

SGSx - The point in the transition time at which rate of SGS increase occurs 
indicates the duration of ttr. Reaching maximum SGS rate early in transition 
time results in shorter ttr. Therefore, SRN increases with increasing SGS. 

dl/dt and V/A - Fluid-loss rate at the time of maximum SGS increase 
influences the other important factor in gas-flow control. Lower fluid-loss 
rates during this critical time result in lower volume reductions. Therefore, a 
lower value of dl/dt results in a higher SRN. The volume -to-area ratio also 
relates to volume reduction. A wider annulus holding a larger volume of 
cement per unit length will withstand volume losses with less corresponding 
pressure loss than will a smaller volume of the same cement in a narrower 
annulus. Thus, SRN varies directly with V/A. 

These parameters can all be determined through a series of laboratory tests 
which evaluate fluid loss and gel-strength development. Sutton and Ravi 
(1989) outline a testing procedure for fluid loss. This procedure accounts for 
the effects of drilling fluid-loss control on cement fluid-loss control because 
the permeability of filter cake deposited by the drilling fluid during drilling 
controls the rate of fluid leaving the cement into the formation. This testing 
method approximates the downhole fluid loss using standard API fluid loss 
test equipment. Thus, no complicated, non-standard equipment is required 
for the fluid-loss portion of the evaluation. The test procedure for the dl/dt 
determination involves:  
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• Depositing drilling-fluid filter cake in standard cement fluid 
loss apparatus for 30 minutes at a differential pressure of 100 
psi and BHCT.  

• Pouring drilling fluid from the apparatus and replacing it with 
cement slurry to be tested. The drilling-fluid filter cake 
remains in place.  

• Collecting fluid loss from the cement slurry for one hour at a 
differential pressure equal to pOB and BHCT.  

Thus, the limiting effects of drilling-fluid filter cake and pOB are taken into 
account in a relatively simple test. The measurement of static gel-strength 
development is performed using the test device described above with 
analysis of results illustrated in Fig. 7-11.  

These approximations are illustrated here and in Table 7-4.  

Table 7-4 Evaluation of gas-flow control effectiveness: Calculation of SRN 
example continued from Table 7-1. 

Cement Composition: API Class G cement + 35% coarse silica + 10.3% weighting material + 3% KCl 
+ 0.5% gel-strength modifier + 0.3% dispersant + 0.5% retarder  

(density = 17.5 lb/gal, yield = 1.38 ft3/sk). 

API drilling-fluid loss = 2.4 cm3/30 min 

API cement fluid loss = 96 cm3/30 min 

Combination fluid loss = 2 cm3/60 min 

SGS (Fig. 7-11)   

Zero Gel Time = 20 min 

ttr = 18 min 

For 5 in casing in 6.75 in hole: V/A = 1.93 cm 

dl/dt  

= =0.00073 cm/min 

(dSGS/dt)max (from Fig 7-11) = 14 lbf/100 ft2/min 

SGS @ 44 min = 200 lbf/100 ft2 

SRN 

=  

  =185 

SRN requirements   

For GFP = 0 - 3: SRN range = 70 - 170 

For GFP = 3 - 8: SRN range = 170 - 230 

For GFP = 8+: SRN range = 230+ 

The example well conditions listed in Table 7-1 indicate a GFP of 6.8 which is 
considered a moderate problem. The operator elected to combat the 
problem using a cement with additives to alter the gel-strength 
development. The cement composition, listed in Table 7-4 also contains fluid 
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loss additive, retarder, silica, and dispersant to create a cement well suited 
to best placement practices and long term stability. 

Fluid loss data from Table 7-4 were used in the following equation to 
estimate downhole fluid loss: 

(7-9) 

where is the fluid loss collected for the modified test outlined above, 
cm3/ttest , A is the API screen surface area (7.1 in.2 or 45.8 cm2 ), and ttest is 
the test time in minutes. 

Results from this analysis indicate that the SRN for the cement under 
application conditions is 185. Harris et al. (1990) present an empirical 
relationship for assessing upper and lower bounds for SRN based on GFP 
which indicates that the SRN is sufficient to prevent gas flow. The guidelines 
in Table 7-4 are based on this empirical relationship.  

Gas Leakage  

Just as long-term gas leakage is more difficult to diagnose than gas 
migration, preventing this occurrence is more difficult than for gas 
migration. Long-term gas leakage control relies even more extensively upon 
best possible cement placement practices and removal of drilling fluid in all 
its forms from the hole. Preventing this gas leakage requires two things: 
maximum possible fill of cement in the annulus and prevention of shrinkage 
of the cement caused by hydration or damage to the cement by well-
intervention operations. 

Most investigators of gas migration control phenomena emphasize the fact 
that all control techniques rely on the complete fill of cement in the annulus. 
No amount of cement modification can affect gas leakage if a channel of 
non-cementitious material is left during cement placement. 

Prevention of shrinkage in cement through expansion was reported as a 
successful means to prevent gas leakage by Siedel and Greene (1985). This 
study of in-fill drilling in a field exhibiting long-term gas leakage indicated 
that expanding cement in conjunction with best cementing practices 
prevented leakage at the wellhead. 

It should be noted here that cement expansion does not occur as it does 
with a gas pressurizing an elastic containment medium. Volumetric 
expansion in cement occurs through crystal growth between existing crystals 
in the cement matrix. This new crystal growth can push an existing 
crystalline structure apart resulting in volumetric expansion if the existing 
cement matrix is not too strong. If the existing matrix is bound sufficiently 
to resist expansion, the result is that new crystals are crushed, reducing the 
porosity but not affecting the bulk volume. Thus, the crystallization reaction 
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designed to create expansion must be timed to occur when cement is 
sufficiently weak to allow intercrystalline growth. If the reaction occurs too 
early, the cement is fluid and volume expansion is not maintained. If the 
cement is too strong, new crystal growth cannot force movement in the 
matrix. This reaction is sensitive to specific cement batch, other additives in 
the formulation, and applications. Performance can only be tested with direct 
laboratory measurement.  

The following description of well conditions continues the scenario begun in 
Section 7-3.2 and illustrates the focus on proper cementing practices and 
expansive additives to combat shrinkage when designing a cement for gas-
leakage control. Because of the high permeability of shallow sandstone 
reservoirs and moderate fluid loss control in the drilling-fluid system, 
drilling-fluid filter cake build-up on the formation face is expected to be 
severe unless the drilling-fluid filtrate loss is controlled. When a filter cake is 
placed it is very difficult, if not impossible, to remove with fluid circulation 
alone. When the cement slurry is placed, the gas flow is controlled because 
of hydrostatic pressure and low fluid loss from the cement slurry, but after 
the cement has set the drilling-fluid filter cake begins to shrink and crack 
because of the dry gas environment. This shrinking and cracking allows gas 
to migrate through the filter cake until it surfaces or reaches a formation 
with lower pressure. The drilling-fluid type and properties should be modified 
to result in a low filtrate loss value and a thin, tight filter cake. Expansive 
additives or additives which increase slurry compressibility may be added to 
the cement slurry to compensate for the plastic state shrinkage that occurs 
as cement slurries set. Prevention should always be considered the best 
solution. Remedial repair will be very difficult in most cases because of the 
inability to remove the dehydrated cake in the mud channel before 
attempting to pump slurry through the channel. When possible, fluid 
production should be allowed through the channel until the channel is clean 
and void of drilling fluid. 

Evaluation of Effectiveness 

Effectiveness of techniques to prevent gas flow to the surface or long-term 
gas leakage is simple to evaluate. If no gas appears at the surface, the 
treatment was successful. To evaluate the success of preventing interzonal 
communication, various acoustic or temperature logs as discussed in 
Cement-Sheath Evaluation may be used. Analytical techniques may enhance 
the interpretation of ultrasonic logs to quantify degree of gas invasion 
(Douglas and Uswak, 1991). These extended techniques can help determine 
the best remedial approach as discussed in Remedial Cementing. 

Water Migration 

Gas is not the only fluid known to migrate through a cemented annulus. 
Water flows following cementing are also encountered during construction of 
some wells. However, the methods used to control water flows are governed 
by the same mechanisms outlined for gas.  
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Water flows have been encountered in limited locations, but these are much 
less prevalent than gas flows except in wells drilled in fields undergoing 
waterflood operations. Mitchell and Salvo (1990) describe a field evaluation 
of techniques to control water flows in one such field. The method chosen to 
control the water involved pressure application at the surface immediately 
after cement placement. In this application, water flow was successfully 
prevented.  

Drilling operations in deep water have encountered an unusual water-flow 
occurrence when cementing conductor casing (Griffith and Faul, 1997). 
These conductor installations encounter a high-pressured water zone 1000 ft 
below the mud line in formation with an inherently low fracture gradient. 
Solutions to this problem include the use of low-density cements designed 
with modified gel-strength characteristics or with increased compressibility 
from the addition of foam. Other operational improvements include the use 
of reactive sweeps ahead of the cement to aid in the removal of drilling fluid 
or in sealing formations. 

Summary 

Fluid migration after cementing is a complex problem that is manifest in 
several ways. However, the underlying forces governing this migration are 
fairly simple: formation fluid will migrate through a cemented annulus if 
positive pressure differential and flow paths exist. Preventing the occurrence 
requires maintenance of controlling pressure or closing flow paths. 

Underlying all the prevention techniques is the requirement of using 
optimum cement placement practices. No control can occur if the annulus is 
not filled with cement designed to act as the fluid migration control medium. 

Preventing the migration during primary cementing is highly desirable and 
effective because of the severity of fluid migration occurrences and the 
difficulty of correcting a problem once it occurs.  
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Chapter 8 - Cement-Sheath Evaluation
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Introduction 
The primary functions of the cement sheath placed between the casing and the formation 
are to support the casing and to seal the annulus to the flow of fluid (liquid or gas). The 
objective of cement-sheath evaluation is to quantify the ability of the cement annulus to 
provide these functions. Evaluating the hydraulic sealing function of the cement annulus 
is the most important and the most difficult part of cement evaluation. In essence, this 
process involves detecting existing or potential fluid migration pathways that may exist 
between the casing and the formation shortly after the cement has been emplaced. These 
pathways are formed by material that may be movable under differential pressures 
between formation intervals (Formation-Fluid Migration After Cementing). Specific 
examples are a cement sheath that is completely absent, channels in the cement running 
axially along the borehole, and gaps between the cement and the casing or formation. 
Devoid of cement, these pathways are filled with water, gas, mudcake, drilling fluid gel, 
or formation material. It is useful to know their size, vertical extent, circumferential 
location, and the material with which they are filled. Ideally, it would be desirable to 
obtain a scan of the cement sheath analogous to the ultrasonic scans that are used to 
image the human body. At present, no instrument exists to perform this desired imaging. 
However, several technologies can provide measurements that can be interpreted in terms 
of the hydraulic sealing potential of the cement sheath. 

This chapter presents basic measurement techniques used for cement-sheath evaluation. 
These include acoustic, nuclear, and temperature measurements. A brief historical 
synopsis of the techniques is presented in Section 8-2. Acoustic techniques are discussed 
in Section 8-3. Basic physics of the measurements, calculation of the quantities used in 
interpretation, and strengths and limitations of each measurement are discussed. Non-
acoustic techniques are discussed in Section 8-4. Logging recommendations and 
interpretation guidelines for cement evaluation are presented in Section 8-5. A final log 
example illustrating the combined use of two techniques is discussed in Section 8-6. 
Measurement limitations are discussed in Section 8-7. Examples are presented 
throughout the chapter. 
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Historical Review 
The first evaluation of the cement sheath used a temperature sensor to measure the top of 
the cement (Leonardon, 1936). The technique of doping cement with radioactive 
material, Carnotite, and then using gamma ray measurements to measure cement tops was 
reported by Kline et al. (1986). Neither of these techniques provides any information 
about the distribution of cement behind the casing.  

A sonic method for evaluating the quality of the cement annulus was first reported by 
Grosmangin et al. (1961). The technique consisted of measuring, at a fixed distance from 
the source, the amplitude of an elastic wave traveling down the casing. This technique, 
known as the cement bond log or CBL, was initially used mainly for finding cement tops 
and for making qualitative estimates of the isolation of porous zones. Results of full-scale 
model experiments reported in that paper provided a relation between wave amplitude 
and the percentage of the circumference of the casing acoustically coupled to the cement; 
amplitude decreases with increasing percentage. It was also observed that the amplitude 
decreases with increasing cement compressive strength. Pardue et al. (1963) reported 
about a study of cement and casing variables affecting cement bond logs. An important 
result in this work was theoretical analysis based on symmetric plate-wave propagation 
(Lamb, 1917), which showed that attenuation of casing-borne waves (symmetrical plate 
waves) was strongly affected by the shear modulus of the cement. The concept of a bond 
index was also introduced. This index has been used for estimating the percentage of the 
casing circumference bonded to cement. Basic information obtainable from cement bond 
logs and calibration, operational, and interpretation problems have been considered by 
many authors (e.g. Winn et al., 1962; Bade, 1963; McNeely, 1973; Fertl et al., 1974; 
Fitzgerald et al., 1985; Pilkington, 1988; Jutten and Corrigall, 1989).  

Calibrating measured amplitudes is a major problem with single-transmitter, single-
receiver cement bond tools. Computational techniques to account for some of the factors 
affecting amplitude (casing size, bore-fluid attenuation, and eccentering) have been 
developed (Nayeh et al. 1984). Golwitzer and Masson (1982) reported on an improved 
technique for measuring attenuation effects of casing alone. This technique uses two 
transmitters with two receivers located symmetrically between the transmitters. As a 
result of this mechanical arrangement, attenuation of the casing wave can be directly 
measured without the effects of tool eccentering, fluid attenuation, transmitter or receiver 
sensitivity, or temperature drift. 

The development of other techniques was motivated by the lack of circumferential 
resolution and the fact that a microannulus of no cement next to the casing has a 
detrimental effect on cement bond logs. One of these new techniques was reported by 
Froelich et al. (1981) and Havira (1982). This technique is based on the excitation of the 
thickness resonance of the casing. The rate of decay of the resonant energy with time can 
be interpreted in terms of the presence or absence of cement next to the casing. Resonant 
frequency can also be used for estimating casing thickness. The embodiment of this 
technique as reported by Froelich et al., consists of eight acoustic pulse-echo transducers 
arranged in a helix around a logging sonde. As a result of the multiple transducers, 
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information on the circumferential distribution of cement close to the casing can be 
obtained. However, information on the cement-to-formation bond provided by the 
waveform displays common to cement bond log presentations is not available. Because 
of the different types of elastic waves used in the pulse-echo technique, the measurement 
is less sensitive to a thin microannulus than is the CBL.  

A logical extension of the pulse-echo technique using eight transducers is the use of one 
transducer on a rotating head—in essence, a cased-hole adaptation of the borehole 
televiewer (Zemanek et al., 1969). This approach provides greater circumferential 
resolution and eliminates the necessity for calibrated transducers.  

Several variations of transducers have been made in an effort to provide measurements of 
circumferential variation of cement-to-casing bond with basically conventional cement 
bond tools. These variations are based on sectoring the cylindrically omnidirectional 
transmitters and/or receivers used in conventional cement bond tools. As a result, casing-
wave amplitude measurements can be made over azimuthal sectors of the casing and 
cement annular volume. Although they potentially provide an improved cement bond log, 
these techniques do not provide the circumferential resolution of a rotating pulse-echo 
transducer technique. They have the same inherent microannulus problems as 
omnidirectional cement bond logs. 

The most recently introduced cement-sheath evaluation technique uses pad-mounted 
arrays of transducers that measure the attenuation of the casing waves in a manner 
analogous to the one used in the two-transmitter version of the cement bond technique 
(Lester, 1989). Multiple pads helically arranged on the tool provide compensated 
attenuation measurements around the circumference of the casing. Spacings between 
transmitters and receivers are less (a few inches) and the operating frequency is higher 
(300 kHz) than CBL tools, but in principle, the measurement physics is the same. 

Techniques that measure the azimuthal variation of gamma-ray radiation around the 
casing have been applied to cement evaluation (Simpson and Gadeken, 1993; Wyatt et al. 
1996). Standard neutron and acoustic logging techniques and oriented density logs have 
been used for evaluating the cement sheath around multiple tubing strings (Pennebaker, 
1972). 

Papers by Pilkington (1988) and Fitzgerald et al. (1985) have excellent reference lists on 
cement-sheath evaluation. The API Technical Report on Cement Sheath Evaluation by 
Goodwin et al. (1994) contains tool-specific information, operating procedures, and 
interpretation recommendations. 

Acoustic Techniques for Cement-Sheath 
Evaluation 

Acoustic techniques are used more than other techniques for evaluating 
cement sheath quality because they allow a reasonably direct interpretation 
of the basic measurement in terms of casing-to-cement bond, and they 
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provide the highest spatial resolution measurements. It should be noted, 
however, that none of the acoustic techniques currently available directly 
measure the presence or absence of cement. This information must be 
inferred from the actual measurement made by a particular acoustic 
technique. Acoustic techniques can be divided into two categories based on 
the type of elastic waves used: those that use plate waves and those that 
use reflected waves.  

Plate-Wave Techniques 

Large-Scale Techniques 

Plate Waves 

Several cement evaluation techniques are based on the use of cylindrical 
plate waves (generally referred to as casing waves) propagating along the 
casing. These waves are generated by the incidence of compressional waves 
on the casing as depicted in Figure 8-1. A cylindrically symmetric source 
produces a short pressure pulse in the bore fluid between the tool and the 
casing. Propagation of this pressure pulse can best be described with ray 
theory. Figure 8-1 describes a typical CBL tool configuration.  

 

Figure 8-1 Typical CBl tool configuration 
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Raypaths for refracted and plate waves are shown schematically. The path of 
refracted waves from the formation is indicated by the ray ABCDEFG. Plate-
wave ray paths are shown on the left. They are generated by the 
compressional wave TH exciting the steel casing. For simplicity, propagation 
of two-dimensional plate waves (Lamb, 1917) will be used for discussion. 
Energy leaving the source travels outward in a cone subtended by the source 
and strikes the casing wall at incident angles ranging from 0° to 180°. 
Because of the radiation pattern of the source, most energy is incident from 
0° to about 45°. Energy striking the wall at the proper angle excites 
symmetric plate waves (Lamb, 1917), which travel along the plate (Figure 8-
2). 

 

Figure 8-2 Symmetric plate-wave particle motion 

At the midpoint of the steel layer (indicated by the dashed line), particles 
vibrate longitudinally (compressional wave motion). At the boundaries of the 
steel, particles vibrate in elliptical paths. Therefore, the particle motion has 
both compressional and shear components. The formula for compressional 
(Vc), shear (Vs), and plate-wave (Vpl) velocities is given where K is bulk 
modulus, µ is shear modulus, and ρ is bulk density. The proper angle allows 
waves propagating inside the plate to interfere constructively at each 
reflection from the plate boundary; this angle is represented by the zigzag 
ray path in Fig 8-1.  

Plate waves attenuate as they propagate along a plate because energy is 
continually lost to the surrounding media. This attenuation depends on the 
wave coupling and impedance contrast between the casing and surrounding 
media. Particle motion at the plate surface consists of both compressional 
wave longitudinal motion and shear-wave transverse motion, so that the 
resulting motion is elliptical, as illustrated in Figure 8-2. Thus, both shear 
and compressional wave energy can be coupled into the surrounding media. 
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If the surrounding media cannot propagate shear waves (fluids), then shear-
wave energy will not be transferred out of the plate. Thus, attenuation of the 
plate wave will be decreased.  

In the case of a plate surrounded by a vacuum, no energy is transferred to 
the vacuum because neither shear nor compressional-wave motion can be 
coupled into the vacuum (Ewing et al., 1957). If the plate is bounded by 
infinite half spaces of water and solid, attenuation is approximated by 

(8-1) 

where, 2 is the density of the solid, 1 is the density of the plate, Vc is the 
compressional velocity in the solid, Vs is the shear-wave velocity in the solid, 
Vpl is plate velocity (for a plate bounded by water) given by 

 

and h is the plate thickness. With densities in gm/cm3, velocities in ft/sec, 
and thickness in in., attenuation is in dB/ft (Pardue et al., 1963). Using 
water and 12-lb/gal Class H cement parameters, the attenuation is 13 dB/ft. 
Water and lightweight (9-lb/gal) cement parameters give an attenuation of 
10 dB/ft. For comparison, the attenuation of a plate bounded by water is less 
than 1 dB/ft. Note that attenuation is dependent on plate thickness. For 
plates bounded by finite thickness materials, attenuation also depends on 
the material thickness for thicknesses less than about 0.75 in. At greater 
thicknesses, the material behaves as an infinite half space.  

The condition that produces the very large difference in energy loss between 
cement and water boundary layers is the shear stress boundary condition 
between the plate and the bounding layers. If shear stress can be 
transferred across the boundary, shear energy can be radiated to the 
boundary layer. Shear stress cannot be transferred across a fluid boundary 
layer, even a very thin one, so only compressional wave energy can be lost. 
Because of the large impedance contrast between steel and water, very little 
compressional wave energy can be lost. Therefore, a fluid boundary layer 
even a few microns thick effectively isolates the plate from the bounding 
layer. 

Intrinsic attenuation of the plate produces some attenuation in addition to 
that caused by radiation into the boundary layers. This effect is caused by 
the elastic energy of vibration being converted into heat. This attenuation is 
frequency-dependent and is about 0.1 dB/ft at the frequencies used in 
cement-sheath evaluation with plate waves. 
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Refracted Waves 

In addition to exciting plate waves, the energy generated by the source is 
also transmitted through the casing and into the formation. A ray leaving the 
source is reflected and refracted at each acoustic interface. Pressure waves 
incident on the casing are refracted according to Snell's law,  

(8-2) 

where V1 and V2 are the compressional wave speeds in Medium 1 and 
Medium 2 and 1 and 2 are the incident and refracted angles shown in 
Figure 8-1. If 2 is 90o, then the wave propagates along the boundary 
between Layers 1 and 2. The incident angle for which the angle of refraction 
is 90o is termed the angle of critical refraction.  

As waves propagate along the boundary between two media, energy is 
continually radiated away from the boundary at the critical angle. The wave 
propagating along the cement-to-formation interface in Figure 8-1 radiates 
energy along raypath E. This ray is refracted through the steel and water 
back to the receiver along path FG.  

Waveform Data 

Recorded waveforms provide the basic data for evaluating the quality of 
logging measurements based on plate-wave attenuation. Waveform data are 
the time series of pressure variations caused by the radiation of elastic 
waves refracted from the casing, cement, and formation into the bore fluid. 
These data can be displayed as variable density, wiggle, shaded wiggle, or 
combinations of wiggle and variable density, as shown in Figure 8-3.  
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Figure 8-3 Graphical presentations of waveforms recorded by CBL 
tools 

In this figure, the vertical axis is depth and the horizontal axis is time, 
increasing to the right. The leftmost panel, which is called a wiggle plot, 
shows wave amplitude vs. time. The time at which the transmitter fires is 
the start of each waveform. The time for the first wave to arrive at the 
receiver corresponds to the flat section at the beginning of each waveform. 
Two types of waves are shown. The high-frequency waves arriving at a 
constant time are the plate waves traveling through the casing. The lower-
frequency waves showing the curved arrival time are the refracted 
compressional formation arrivals. Their arrival time varies because the 
formation velocity varies.  

Note that at the top, formation arrivals precede the casing arrivals, 
indicating that the formation velocity is faster than the plate-wave velocity in 
the casing. Note the interference of casing and formation arrivals after the 
formation arrivals. The next two panels show variable-density presentations. 
Positive amplitudes are gray-scale coded and negative amplitudes are shown 
as white. The second panel is not scaled properly, so all positive amplitudes 
appear black; all amplitude information is lost. This problem is common in 
black-and-white, variable-density presentations. The fourth panel shows a 
combination of wiggle and variable-density presentations. Wiggle or shaded-
wiggle presentations generally provide the most information. Variable-
density presentations tend to obscure amplitude variations. However, color-
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coded variable-density presentations, if coded properly, preserve amplitude 
information and provide the greatest density of waveform information. 

Waveforms represent the raw data from which transit time and amplitude 
are computed and provide a valuable check and aid in the interpretation of 
these curves (Section 8-5). Waveform data are usually recorded by a 
receiver located 5 ft from the transmitter, whereas amplitude and transit-
time measurements are made at a distance of 3 ft. Acoustic parameter 
values for common fluids and rocks are included in Table 8-1. 

Table 8-1 Acoustic Parameter Values 

Material Vp km/s Vs km/s b gm/cc Z MRayls 
Fresh water 1.52 0 1.00 1.52 
Salt water (200 Kppm) 1.74 0 1.14 1.98 
Diesel oil 1.25 0 0.80 1.00 
Mineral oil 1.45 0 0.83 1.2 
Free gas (mostly methane) 0.38 0 .001 0.1 
Water-based drilling fluid 8 
lb/gal 

1.44 0 0.96 1.38 

Water-based drilling fluid 16 
lb/gal 

1.40 0 1.92 2.69 

Oil-based drilling fluid 8 
lb/gal 

1.34 0 0.96 1.29 

Oil-based drilling fluid 16 
lb/gal 

1.20 0 1.92 2.30 

10% Porosity sandstone 4.66 2.91 2.49 11.60 
30% Unconsolidated sands 3.31 1.94 2.16 6.42 
10% Porosity limestone 4.91 2.73 2.54 12.47 
10% Porosity dolomite 5.24 3.06 2.68 14.04 
Class H cement 12 lb/gal 3.1  1.8 1.55 4.8 
Class H cement 16.6 lb/gal 3.20 1.90 1.94 6.21 
Lightweight cement 9 lb/gal 3.10 1.80 1.55 4.81 
Steel 5.90 3.23 7.70 45.43 

Measurement of Amplitude, Attenuation, and Transit Time 

Amplitude and Attenuation 
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Two basic measurements are made with cement bond-log tools: casing-wave 
attenuation and transit time. Amplitude is measured at one receiver for CBL 
tools and at two receivers for attenuation tools. The near receiver, the only 
receiver in CBL, is generally located 3 ft from the transmitter; the far 
receiver is generally 5 ft from the transmitter. 

If casing-wave amplitude is measured at a distance x1 from the source, 
attenuation over distance x is  

(8-3) 

where A1 is the measured amplitude at xl and A0 is the amplitude at the 
source. For reference, an attenuation of 6 dB/ft means that the amplitude 
decreases by one-half when the wave travels a distance of 1 ft. Figure 8-4a 
depicts the measurement of casing-wave amplitude.  

 

Figure 8-4a & b Amplitude and transit–time measurements 

The upper figure illustrates the detection of the first arrival. If the first peak 
is above the specified detection threshold, it will be detected. If its amplitude 
is decreased for some reason, the first arrival could be missed and a later 
peak will be detected. This effect is known as cycle skipping. Also note that 
even if the first peak is detected, the exact time at which amplitude exceeds 
the threshold depends on the peak amplitude. A time gate is specified over 
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which to search for the beginning of the casing-wave arrival. When the first 
positive peak of the casing wave exceeds a preset threshold level, the 
amplitude of the peak, E1 , is measured as shown in Figure 8-4. 

Eccentering of the tool produces variations in casing-wave amplitude 
because of the averaging of waveforms around the casing. Waveforms from 
opposite sides of the casing are shown for centered and eccentered tools in 
Figure 8-4b. When eccentering occurs, the waves from the side of the tool 
closest to the casing (TCDR1) will arrive earlier than those from the side of 
the tool farthest from the casing (TABR1), which results in an early detection 
point. Amplitude and transit time of the eccentered waveforms from opposite 
sides of the bore are different because of different pathlengths in the bore 
fluid. Consequently, the amplitude of the casing wave averaged around the 
bore will vary because of eccentering. 

A problem with measuring amplitude at only one distance from the 
transmitter is that source strength, coupling of the pressure wave energy 
into the casing, and bore fluid attenuation may vary with depth. Although 
techniques have been developed to correct for drilling-fluid attenuation 
(Nayeh et al., 1984) accurate casing-wave attenuation measurements 
require measurements made between two points with two transmitters. 
Golwitzer and Masson (1982) describe a technique that can make such a 
compensated attenuation measurement (Figure 8-5).  

 

Figure 8-5 Compensated attenuation measurement technique (after 
Golwitzer and Masson, 1982) 

Aij is the amplitude of the casing wave generated by transmitter i and 
measured at receiver j. Aij is given by 
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(8-4) 

where Pi is the pressure amplitude of source i, Sj is the receiver sensitivity of 
receiver j, and dj is the source-receiver distance of receiver j. The use of 
similar expressions for both transmitters and receivers yields for the 
attenuation , 

(8-5) 

Note that transmitter and receiver effects have been removed and variations 
in bore-fluid attenuation (included in P and S) have canceled out. 
Attenuation determined with this technique is not affected by drilling-fluid 
attenuation, temperature effects, or receiver and source variations. It is also 
less sensitive to eccentering because, as discussed above, eccentering 
causes amplitude variation of the casing wave. If this variation occurs in 
amplitudes at both receivers, the effect will cancel if the eccentering is the 
same for all transmitters and receivers (the tool is not tilted in the casing). 
Because attenuation is measured between receivers, vertical resolution is 
greater than in a CBL measurement. 

Sources and receivers for plate-wave measurements have been designed 
with either cylindrically symmetric or azimuthally directional radiation 
patterns. Cylindrically symmetrical transducers provide measurements of the 
average characteristics of the annular volume of cement sheath between 
transmitter and receiver. Azimuthally directional or sectored transmitters 
and/or receivers (Schmidt, 1989) provide some information on the azimuthal 
variation of cement-sheath properties.  

Transit Time 

Transit time is affected by the lengths of raypaths A, I, G, and H (Figure 8-
1), which are all affected by the position (centering) of the tool in the well. 
Transit time is also affected by the amplitude of the first casing arrival. 
Variations in amplitude can stretch or compress transit time by as much as 
15 µs. Transit time is used as an indication of tool centralization. Generally, 
transit time is measured as the time at which the amplitude exceeds a 
specified threshold, as shown in Figure 8-4. However, other measurement 
points can be used, such as the time of the peak or the zero-crossing time 
following the peak. Eccentering always causes the value of transit time to 
decrease from that of a centralized tool. Therefore, considerable effort has 
been made to design tools that produce stable transit-time measurements. 

If the amplitude of the first casing-wave peak is lower than the threshold, 
the second or later peak may trigger the threshold indicator. This triggering 
results in a jump in transit time equal to the period (or multiple periods) of 
the waveform. This phenomenon is referred to as cycle skipping.  
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High-Velocity Formations 

Some formations have velocities greater than steel plate-wave velocity 
(17,740 ft/s, 5.41 km/s). In this case, refracted formation compressional 
waves may arrive before the casing wave. Hence measurements of transit 
time and amplitude will be made on the compressional wave instead of the 
casing wave. Tools with a receiver placed very close to the transmitter have 
been developed. If transmitter-to-receiver offset is small enough, the casing 
wave will arrive before the formation wave since the formation wave must 
travel a longer path than the casing wave. The waveform display is the best 
indicator of a fast formation arrival (Figs. 8-3 and 8-7).  

Bond Index and Cement Compressive Strength 

The bond index, originally suggested by Grosmangin et al.(1961), represents 
an attempt to quantify the amount of annulus filled by cement. It is given by 

(8-6) 

where Afp is amplitude measured in free pipe, A100 is amplitude measured in 
a 100% cemented section, and A is the amplitude measured at some depth. 
By the definition, BI is zero when A = Afp and one when A = A100. 
Attenuation can be used instead of amplitude. BI is supposed to represent 
the fraction of annular space filled by cement, but problems exist with this 
interpretation. Many variables besides volumetric fraction of cement may 
affect amplitude and attenuation. These variables include cement-sheath 
thickness, casing thickness, cement properties that affect bulk and shear 
moduli, and microannuli. The relation of BI to hydraulic seal is also not well 
understood. Still, zonal isolation criteria have been based on the number of 
feet over which some form of bond index is greater than a specified value 
(Pickett, 1966). 

Charts have been developed for converting single-receiver amplitude 
measurements into attenuation and cement compressive strength (Pardue, 
1963). As in the case of bond index, cement compressive strength may have 
very little relationship to hydraulic seal (Goodwin et al., 1996; Jutten et al., 
1987). 

Small-Scale Techniques 

The most recent development in techniques that use plate waves for 
evaluating the cement sheath is essentially a small-scale version of the 
previously described compensated attenuation technique (Lester, 1989). 
Ultrasonic transmitters and receivers are mounted on pads that contact the 
casing wall in the configuration shown in Figure 8-6. 
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Figure 8-6 Pad arrangement for small-scale plate-wave attenuation 
measurement (after Lester, 1989) 

Solid lines represent an actual pad arrangement on flattened casing. Pads 
actually form a helix around the inside of the casing so that the pad with 
transducers R6 and T6 is next to the pad with transducers T1 and R1. Dotted 
lines represent virtual pads to show the six compensated attenuation 
measurement paths (solid lines) around the casing. In effect, each of the 
attenuation measurements uses the same geometry as the compensated 
attenuation measurement shown in Figure 8-5. For example, the 
measurement using T1-R2-R3-T4 is the same geometry as that in Figure 8-5. 
The lower part of Figure 8-6 indicates the amplitudes measured between 
transducers on different pads. Transmitter-to-receiver distance is about 6 
in., and the transmitter operating frequency is about 100 kHz. Attenuation is 
determined as in the case of the two-transmitter, two-receiver CBL tool. The 
equation for calculating attenuation is the same as Equation 8-5. 

Because multiple pads are used, two advantages of this technique are 
azimuthal information and very low sensitivity to drilling fluid effects and 
eccentering. Attenuation estimation is improved over that of a one-
transmitter CBL for the same reasons as discussed for the two-transmitter 
CBL technique. 

Wavelength-to-casing thickness determines the propagation effects of the 
casing on the elastic waves traveling in the casing. Attenuation is frequency 
dependent because the dissipation of energy by a propagating wave is 
determined by the number of cycles of vibration per length. Wavelength-to-
casing thickness and wavelength-to-transmitter-to-receiver offset are given 
in Table 8-2.  
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Table 8-2 Parameter Comparison for Large and Small Scale Measurements 

Parameter Large Scale (in.) Small Scale (in.) 
 12 2.4 
casing thickness 24 4.8 
offset 0.33 0.4 

In both small- and large-scale measurement techniques, casing thickness 
is greater than one and offset is about the same. This means that the 
mode of wave propagation will be the same in both cases, i.e. a symmetric 
plate wave. Attenuation measured with both techniques should be the same 
because the number of cycles over the two offsets is about the same (Table 
8-2). Attenuation is dependent on casing thickness as in the case of large-
scale measurements. 

Present configurations with small-scale refraction techniques use six pads. 
Variations in cement-to-casing bond can thus be resolved in 60o increments, 
which is the location resolution. However, variations smaller than the 
resolution can be detected. This is the azimuthal detection resolution. 
Detection resolution depends on the magnitude of the effect on measured 
attenuation between two adjacent pads. Small-scale attenuation 
measurements are generally combined with CBL measurements to provide 
formation compressional and shear-wave information. 

Log Examples 

Figure 8-7 presents several log examples of large-scale plate-wave 
measurement techniques. Figure 8-7a is a CBL log example in free pipe.  
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Figure 8-7 CBL log examples 

Track 1 contains gamma ray (wavy solid), transit time (dash), and casing 
collar (straight solid) curves; Track 2 shows casing-wave amplitude; Track 3 
shows waveforms displayed in a variable-density presentation. The gamma 
ray curve indicates the shale content of the formation and is useful because 
shale often affects cement emplacement. The gamma ray curve is also often 
used to correlate one formation interval to another. The casing-collar curve 
simply indicates the location of casing collars. Collars are thicker than the 
casing; therefore, they change the casing wave-guide geometry. This 
change causes slight changes in the transit time and reductions in the 
casing-wave amplitude, as indicated by the casing-wave amplitude curve. 
These changes also reflect the casing waves producing W or chevron-shaped 
patterns in the waveform display. Typical free-pipe signatures are (1) a 
straight amplitude curve except for collar "spikes," (2) straight casing wave 
arrivals ("railroad tracks") on the waveform display, and (3) strong chevron- 
or W-shaped reflections at the collars. 

Figure 8-7b shows a CBL response in thin-wall casing that is fully cemented 
with high-strength, uncontaminated cement. The curves are the same as in 
Figure 8-7a except the collar locator curve and an expanded-scale amplitude 
curve (dashed curve) are in Track 2. The casing wave cannot be seen on the 
waveform plot because it has been almost completely attenuated by the 
cement layer. Consequently, casing-wave amplitudes are very low. The X10 
amplified amplitude curve in Track 2 reads less than one-scale division. The 
normal amplitude curve lies along the left edge of the track. The erratic 
transit-time curve is a result of the very low casing-wave amplitude. Cycle 
skipping has occurred because the first peak is below the detection 
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threshold. Formation arrivals are very strong, indicating good cement-to-
formation cement contact. Typical signatures for well-bonded casing shown 
in this figure indicate (1) no casing signal on the waveform display but 
strong, clean formation compressional and shear waves, (2) very low 
amplitude curves (short dash) and expanded-scale amplitude curves (long 
dash; not visible in figure) because it falls on the left-most gridline), and (3) 
cycle stretch and cycle skip on transit time. 

Figure 8-7c shows CBL response in thick-walled casing that has been fully 
cemented with low-strength, uncontaminated cement. The heavy, solid 
curve in Track 1 is the gamma curve, the thin, solid curve is the casing collar 
curve, and the dashed curve indicates transit time. An amplitude curve 
(leftmost solid) and an attenuation curve (rightmost solid) are shown in 
Track 2. The attenuation curve is computed from the amplitude curve and 
shows almost exactly the same behavior. Low-strength cement has lower 
velocity and density than regular Class H cement. Consequently, the 
impedance is lower, so less casing-wave energy is lost to the cement. Casing 
waves are less attenuated in the thicker-walled casing. Log curves will, thus, 
appear intermediate to those of Figure 8-7a and 7b. Typical signatures are 
(1) casing and collar signals apparent in the waveforms but no chevrons in 
waveforms, (2) formation shear waves apparent but compressional waves 
obscured by casing waves, and (3) moderate values of amplitude and 
attenuation. Variable amplitude and attenuation values indicate crystalline 
material around the casing. If the material surrounding the casing were 
drilling or formation fluid, amplitude and attenuation would be almost 
constant. 

Figure 8-8 shows a typical log presentation for small-scale plate-wave 
techniques.  

 

Figure 8-8 Small-scale plate-wave measurement log presentation 
(from Lester,1989) 
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Track 3 contains attenuation curves from six attenuation measurements 
around the casing; the attenuation increases to the right, and each curve 
scales from 0 to 15 dB/ft. Track 2 shows a casing-collar curve. A pseudo-
image of attenuation is shown in Track 1. This track represents a casing 
sliced down one side and flattened out so that the full 360o is displayed as a 
strip. Attenuation values from each of the six measurements are displayed 
with a gray scale. Gray-scale values are interpolated between the 
measurements to produce the pseudo-image. High attenuation values 
indicate bonding between casing and cement; low values indicate poor-
quality bonding. Darker shading represents well-bonded casing, and light 
shading represents poorly bonded casing. Color representations analogous to 
the gray scale are also available. The gray-scale levels associated with 
attenuation values must be known before gray-scale presentations can be 
correctly interpreted. Well-bonded, low-impedance (lightweight) cement will 
produce less attenuation than well-bonded, higher-impedance cement.  

Microannulus  

A thin gap may exist between the casing and the cement. This gap is 
generally caused by pressure variations in the casing fluid after cement has 
set. These pressure changes cause the casing to expand or contract. 
Contraction causes the casing radius to be smaller than the inside diameter 
of the surrounding cement sheath. Casing expansion can occur as a result of 
heating caused by the heat of hydration generated during cement curing. A 
small gap will result if the cement sets before the casing cools. Gap 
thicknesses resulting from pressure are shown in Figure 8-9.  

 

Figure 8-9 Annular gap thickness relation to cement-sheath 
evaluation 
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These small gaps between casing and cement are referred to as microannuli. 
Short lines at the top of the figure represent the annular gap thickness 
created by pressure inside various sizes and weights of casings. The left 
ends of the lines correspond to the thickest casing and the right ends of the 
lines correspond to the thinnest casing. The horizontal line indicates that 
extremely thin gaps appear on CBL logs as if no cement exists behind the 
casing. Note that even small gaps created by pressure changes in casing will 
indicate no casing-to-cement bond on CBL logs. Cement particle sizes for 
regular and microfine cement are shown as triangles. When pulse-echo 
measurements are taken, gaps thicker than even the particle diameter for 
microfine cement will appear to be infinitely thick. Because of viscous drag 
forces, the gap thickness into which cement can be injected must be wider 
than the cement grain diameter. The open and solid squares correspond to 
six times the particle diameter for microfine and regular cement. The "six-
times" factor in gravel-packing assumes that the perforation diameter must 
be six times the grain size in so that grains can be injected through a 
perforation. The squares, therefore, represent a realistic gap thickness into 
which cement may be injected. A gap thickness permeable to water at a 
pressure differential of 5 psi is shown as a cross. 

As discussed in Section 8-3.1, breaking of the shear bond between casing 
and cement, even without a gap, will impede the transmission of shear-wave 
energy between casing and cement. Consequently, attenuation of the casing 
wave is decreased substantially. Amplitudes obtained in the presence of 
microannulus gaps are essentially the same as those obtained in free pipe. 
Figure 8-10 shows amplitude and expanded amplitude in Track 1 and 
waveforms in Track 2.  

 

Figure 8-10 Microannulus effect with and without casing pressure 

With no casing pressurization, casing arrival is clearly observable in the 
waveform plot and on the amplitude curve. With pressurization, casing-wave 
amplitudes decrease or disappear, depending on microannulus thickness. 
Formation signals are easily recognizable before and after pressurization. 
Because the wavelength-to-microannulus thickness ratio is much greater 
than one for large- and small-scale measurement techniques, sensitivity to 
the microannulus will be approximately the same. Comparative tests (Lester, 
1989) have verified this. 

Pressurizing the casing to a value slightly over the maximum pressure after 
the cement sheath sets will close the microannulus (Figure 8-10). A pressure 
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of 500 psi is recommended. Casing-wave attenuation can then be measured 
without the microannulus effect. Because the gap thickness is very small, it 
is generally not an effective conduit for fluids (Figure 8-9).  

Strengths and Limitations of Plate-Wave Techniques 

Large-scale CBL techniques provide an estimate of casing-to-cement bond 
averaged around the casing. CBL amplitude response is very susceptible to 
microannulus effects, although these effects can be eliminated in most cases 
by proper pressurization of the wellbore before logging. Sectored CBL 
techniques are inferior to small-scale techniques for providing azimuthal 
information. Small-scale techniques with pad-mounted sensors provide some 
azimuthal information on cement-to-casing bond. These techniques are not 
significantly affected by borehole fluids. 

CBLs provide one unique measurement: the waveforms representing the 
average cement annulus and formation effects from the transmitter to the 
receiver. This measurement is invaluable for interpreting the presence of 
cement at the formation boundary and the interference of formation waves 
with the casing wave. However, the annular average of formation signals 
precludes identification of a channel at the cement-formation interface. 

None of these techniques detect channels unless the channels are in contact 
with the casing. All techniques are adversely affected by microannuli. 

Pulse-Echo Techniques 

Pulse-echo cement-sheath evaluation techniques are based on a different 
wave propagation mode than that used by plate-wave techniques. As their 
name implies, they are based on emitting an acoustic pulse from a 
transducer and then receiving the reflected energy or echo with the same 
transducer. Pulse-echo investigations have been used for years in 
nondestructive testing for flaws and cracks in various types of materials 
(Krautkramer and Krautkramer, 1977). The first use of such techniques in 
cement-sheath evaluation was reported in 1981 by Froelich et al.  

The objective of the pulse-echo technique is to create a thickness resonance 
mode in the casing. In Figure 8-11, the top diagram shows reflected and 
transmitted waves generated by an incident wave on a steel plate (casing).  
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Figure 8-11 Schematic of pulse-echo technique (after Havira, 1982) 

Wave 1 is the first reflected wave that would be received at the transducer. 
Wave 2 is the wave reflected from the back side of the plate. Wave 3 has 
undergone two reflections from the backside and one from the inside front 
side, etc. Ratios of reflected-to-incident and transmitted-to-incident wave 
amplitudes are given by the reflection and transmission coefficients 
respectively. For normal incidence, these coefficients are  

Reflection coefficient (8-7) 

and 

Transmission coefficient (8-8) 

where Zn is the acoustic impedance given by 
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(8-9) 

and n is bulk density and Vn is compressional wave velocity. The medium 
from which the wave is incident is denoted by n. Representative values of R 
and T are given in Table 8-3.  

Table 8-3 Transmission and Reflection Coefficients 

Interface Reflection 
coefficient, R 

Transmission 
coefficient, T 

Water to steel +0.93 1.93 
Steel to water -0.93 0.07 
Steel to cement ( 16 
lb/gal) 

-0.76 0.24 

Steel to light cement 
(13 lb/gal) 

-0.81 0.19 

Steel to 10% porosity 
limestone 

-0.57 0.43 

Steel to unconsolidated 
sand 

-0.75 0.25 

Because of the large reflection coefficient values at the casing boundaries, 
once energy enters the casing, it is largely trapped and bounces back and 
forth between the walls. At each reflection from the inner casing wall, some 
energy is transmitted through the casing back to the transmitter. The series 
of vertical lines in Figure 8-11 represents the relative amplitudes of the 
pulses exiting the inner wall of the casing toward the transmitter (only the 
pulses transmitted through the inner-casing wall back to the transmitter can 
be measured by the transducer). These pulses are separated in time by the 
two-way travel time in the casing, ∆t. Note that the amplitudes decay 
exponentially with time. Decay rate is dependent on the reflection 
coefficients at the inner and outer casing walls. Because borehole fluid 
impedance varies little in a well and steel impedance is known, decay rate 
provides a means of measuring the impedance of the material outside the 
casing. Amplitude of the first line (reflection from the fluid side of the inner 
casing wall) is about 10 times the other lines. This reflection amplitude is 
affected by both bore fluid and casing impedance contrasts and by the 
surface condition of the casing.  

The larger the difference between steel impedance and the impedance of the 
material behind the casing, the less energy is transmitted into the material. 
This physics is the basis of pulse-echo cement-sheath evaluation. If cement 
(Z = 6.2) is behind the casing, more energy is lost per reflection than if 
water (Z = 1.5), oil (Z = 1.0), or gas (Z = 0.2) is behind the casing.  
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The series of amplitude lines in Figure 8-11 represents the pulse sequence 
that would be received at the transmitter for an infinitely narrow source 
pulse. Narrow pulses (with significant high-frequency content) approximate 
the reflection coefficient series. However, high-frequency pulses are 
attenuated in the bore fluid to such an extent that they cannot be used. 
Moving the transducer closer to the casing wall is not an option since 
reverberations between the transducer and the casing wall and transducer 
ringdown will interfere with the multiple internal reflections. Drilling-fluid 
attenuation limits the upper frequency to about 500 to 600 kHz. Exciting the 
casing at its fundamental resonance will produce an exponentially decaying 
waveform with the resonant frequency of the casing (Figure 8-12).  

 

Figure 8-12 (A) Computer-simulated pulse-echo waveforms for 
different impedance materials outside casing; (B) Computer-

simulated pulse-echo response for a water layer (between steel and 
cement) of increasing thickness; (C) Computer-simulated pulse-echo 

response for a cement layer (between casing and formation) of 
increasing thickness. 

Casing resonance frequency is given by f0 = 1/ t = Vc /2tc , where Vc is bulk 
velocity of the casing and tc is casing thickness. For a casing thickness of 5 
mm, f0 is 590 kHz; at a thickness of 10 mm, f0 is 295 kHz. Thus, a frequency 
range of 200 to 600 kHz will accommodate most casing thicknesses. 

Lower-frequency pulses are less affected by microannuli; layers that are thin 
compared to a wavelength are acoustically transparent. The lower the 
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frequency, the less the effect of a microannulus. The lowest usable 
frequency is, therefore, a compromise between the desired insensitivity to 
the microannulus and the requirement to excite fundamental casing 
resonance in thin casings. 

Logging tools based on the pulse-echo technique either use a series of 
individual transducers spaced so that they provide several measurements 
around the casing, or the tools use a rotating transducer that provides 
almost complete azimuthal coverage (Froelich et al., 1981; Hayman et al., 
1991). 

Measurement of Energy Ratios and Impedance  

The basic pulse-echo measurements are energy ratios over time windows 
selected to enhance the resonant response and possible formation 
reflections. These windows are shown on the waveforms in Figure 8-12a. 
The top diagram shows computer-simulated waveforms for gas, water, and 
cement behind casing. Note the increase in decay rate of the signals from 
gas to water to cement. Time windows, W1, W2, and W3 are used in 
quantitatively estimating the decay rate of the waveforms. Ratios of the 
energy in W2 and W1 plotted vs. impedance show a smooth decrease with 
impedance. This ratio quantitatively indicates the decay rate of the reflected 
wave energy. Ratio, R2, vs. impedance illustrates the mapping of window 
energy to impedance. W2 window energy is a function of both amplitude and 
decay rate. Ratios of energy in each window, normalized to free-pipe and 
casing reflection amplitude, are computed as 

(8-10) 

where E2 and E3 are the energy in windows W2 and W3, E1 is the energy at 
the peak of the casing reflection, and R2fp and R3fp are the ratios E2 / E1 and 
E3 /E1 measured in free pipe. A variation of R2 indicates an impedance 
variation of the material contacting the outer casing wall. Variation in R3 
indicates signal amplitude variation in time window W3, which may be 
related to formation reflections. However, interference of reflected signals 
with the decaying resonance waveform may produce considerable variation 
in window W3. Reflections can interfere constructively or destructively, as 
shown in Figure 8-12c. Cement layer thickness is indicated on the curves. 
Note the cyclical decay rate pattern caused by the constructive and 
destructive interference of the reflections from the cement-to-formation 
interface. This variation indicates the difficulty in estimating decay rate and 
hence impedance of the material behind casing in the presence of reflections 
from the formation. Gas behind casing, because of its high impedance 
contrast, also results in high amplitudes in window W3 (see the gas signal in 
Figure 8-12a).Values of R3 greater than a specified level are used to set 
formation or gas flags on log presentations. 
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From the discussion in the previous section, R2 is directly related to the 
acoustic impedance, Zm, of the material in contact with the outside of the 
casing. The inset curve of R2 vs. Zm in Figure 8-12a was determined from 
computer-generated waveforms similar to those shown in the figure. Similar 
tool response relationships have been published (Froelich et al., 1981; 
Sheives et al., 1986). Zm can also be computed from the complete waveform 
through the use of an iterative forward modeling technique (Hayman et al., 
1991). Cement compressive strength vs. acoustic impedance has been 
measured for various types of cement. Consequently, Zm can be converted 
into compressive strength. Casing thickness can also be obtained from the 
resonant frequency observed in time window W2.  

Microannulus Effect 

The effect of a microannulus on pulse-echo measurements can be 
understood by considering the energy reflected from a thin layer between 
two half spaces (Krautkramer and Krautkramer, 1977). Reflected and 
transmitted wave amplitudes as a function of gap thickness are shown in 
Figure 8-13.  

 

Figure 8-13 Reflected energy vs. layer thickness times frequency 
(from Krautkramer and Krautkramer, 1977) 

The curves are for a thin water or air layer between either steel or aluminum 
plates. The percentage of reflected energy from the layer, R, is shown for air 
and water layers. For air-filled gaps, almost all of the energy is reflected for 
a layer thickness of only 0.25 × 10-4 mm at a frequency of 200 kHz. For a 
water layer, almost all the energy is reflected for a layer thickness of 0.25 
mm at 200 kHz. Thus, microannuli must be very thin not to affect pulse-
echo amplitude. At 200 kHz, a 0.25-mm gap filled with water produces 
almost total reflection. Experiments have shown that a gap this thick 
provides a path for liquids. Thinner gaps are conductive for gas. Therefore, 
at 200 kHz, microannuli that are thinner than those that permit fluid 
communication produce large reflections. This effect is also illustrated in 
Figure 8-12b with computer-generated pulse-echo waveforms with a water 
layer between the casing and the cement. Water-layer thickness is indicated 
on the curves in the figure. Note the decrease in decay rate as water-layer 
thickness increases. As water-layer thickness increases, the waveform 
approaches that for an infinitely thick water layer or free-pipe condition. 
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Note that a gap of only 0.2 mm produces nearly the same reflected signal as 
an infinitely thick gap. 

Log Examples 

In tools with multiple transducers, impedances from each transducer are 
generally displayed in individual tracks similar to small-scale attenuation 
measurements (Figure 8-8). A similar presentation can be made for rotating, 
single-transducer tools by displaying impedance every 10o or 15o around the 
borehole, as shown in Figure 8-14. 
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Figure 8-14 Impedance-log example for rotating-head pulse-echo 
measurements 
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Figure 8-14a shows 18 tracks of impedance values scaled from 0 to 5 
MRayls. These values were obtained at each 20° around the borehole. The 
curves shown in Figure 8-14a are typical for cement behind casing. They are 
not straight because of variations in cement impedance. If fluid were present 
behind the casing, the curves would be almost straight and impedance would 
be close to that of water, which is 1.5 MRayls as shown in Figure 8-14b. 
Gas-cut cement produces very erratic impedance curves because variations 
in gas concentration cause large impedance variations. Gas-cut cement 
signatures are shown in Figure 8-14c. Impedance or compressive strength 
values may be displayed as gray-scale or color-coded pseudo-images which 
are referred to as impedance maps, cement maps, or bonding index maps. 
However, map presentations may be misleading because of an improper 
choice of color ranges (Goodwin et. al, 1994). The conversion from 
impedance to compressive strength is also highly suspect because of the 
many unpredictable changes that may occur to the cement during and after 
placement. These changes may affect strength greatly but have little effect 
on impedance, or the opposite may occur.  

CBL and pulse-echo measurements may be effectively combined to provide 
improved interpretation of cement properties, as illustrated in the crossplot 
shown in Figure 8-15.  

 

Figure 8-15 Crossplots of pulse-echo window W2, vs. CBL amplitude 
(from Cantala et al., 1984) 
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If only CBL information were used, distinguishing gaseous cement from 
normal cement would be difficult. If only pulse-echo information were used, 
it would be difficult to distinguish liquids from either normal or gaseous 
cement. If data from both types of tools are used, the data points can be 
better separated into gaseous cement, normal cement, liquid, and gas 
groups.  

Noise Measurements 

Noise measurements use microphones or piezoelectric receivers to receive 
sound generated by the flow of liquid behind casing. McKinley et al. (1973) 
reported the results of laboratory experiments with the objective of 
characterizing the amplitude vs. frequency response of noise generated by 
fluid flow. Fluid was throttled across a porous plug into a cylindrical chamber 
filled with crushed marble. An acoustic sensor was located in a small tube 
running along the axis of the cylinder. Amplitude spectra of the noise 
generated by the fluid flow and recorded by the sensor were obtained. It 
was found that above about 200 Hz, single-phase flow (either air or water) 
spectra matched those from wind-tunnel turbulence tests. Two-phase flow 
spectra exhibited spectra significantly different from single-phase spectra; a 
major spectral component is present in the 200- to 600-Hz range. Figure 8-
16 shows observed noise spectra from the McKinley experiments.  

 

Figure 8-16 Noise amplitude vs. frequency for single-phase flow 
(from McKinley et al., 1973) 
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The upper figure indicates water flowing into water. The lower figure 
indicates air flowing into air. The upper figure can be applied to single-phase 
water flow into a well. Note the single-peak character of the amplitude 
curves; the frequency of the peak increases with the pressure differential 
between the formation and the well. Single-phase gas flow also exhibits 
single-peak spectra, and the frequency of the peaks increases as the 
pressure differential increases. Noise amplitude for single-phase flow was 
found to be linearly correlated with the product of pressure differential 
across the orifice and flow rate (which is the energy dissipation rate in 
turbulent flow). Therefore, if the pressure differential is known, the flow rate 
can be estimated from the noise amplitude. Noise amplitude for two-phase 
flow in the 200- to 600-Hz range was linearly correlated with flow rate.  

Several example noise logs made with an experimental tool were presented 
by McKinley et al. (1973). Early field results were also presented by 
Robinson (1976). The usual log presentation is to present the peak noise 
amplitude measured in four frequency ranges: above 200 Hz, above 400 Hz, 
above 600 Hz, and above 1000 Hz. However, full spectral information is the 
best diagnostic for noise log interpretation. 

Noise log information can be used to establish the existence of flow 
communication behind casing if the flow rate is sufficient and if the orifice of 
the communication pathway is small enough to produce measurable noise 
levels. However, estimating the size and distribution of the pathway is 
generally very difficult or impossible. Therefore, it is impossible to determine 
if remedial cementing can be used to close the pathway. 

Noise and temperature logs (Section 8-4.2) are primarily used to identify the 
existence of fluid flow behind casing. 

Non-Acoustic Techniques for Cement-
Sheath Evaluation 

Nuclear Measurements 

Nuclear cement-sheath evaluation techniques are based on treating the 
cement with radioactive tracers that emit gamma rays. The most 
quantitative work (Kline et al., 1986) on primary cement evaluation is based 
on the increase of the gamma ray signal from a before-placement gamma 
ray logging run to an after-placement run. With the assumption of a uniform 
composition cement sheath, the thickness of the cement sheath was 
computed from gamma ray measurements. Qualitative evaluations of 
cement quality can be obtained on the basis of gamma ray spectroscopy 
techniques that were first developed to monitor the effectiveness of 
fracturing operations (Gadeken et al., 1991). A relative distance parameter 
obtained from Compton downscattering effects in the gamma-ray spectra 
contains cement diameter information that is independent of the gamma ray 
signal amplitude. New directional gamma ray logging tools (Simpson and 
Gadeken, 1993) can measure the azimuthal distribution of gamma radiation 
around the casing. When effectively used, imaging techniques can display 
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directional gamma ray data that helps users visualize the coverage and 
quality of cement behind casing (Wyatt et al., 1996). The most accurate 
evaluations are obtained when the tracer isotope is uniformly dispersed 
throughout the cement volume (Bandy et al., 1993). 

The physics of the gamma ray transport and detection processes results in 
volumetric averaging. Therefore, voids in the cement that are smaller than a 
few inches cannot easily be distinguished from thin cement or cement mixed 
with other materials (drilling fluid, gas, formation). However, voids are 
indicated by the absence of radioactivity on the basis of imaged directional 
gamma ray data. Microannuli that would allow significant fluid flow (Figure 
8-9) do not produce observable gamma ray signatures.  

These same tracer and logging technologies can be used for evaluating 
remedial cementing operations. Channels or microannuli that could allow 
significant fluid communication are still below the detection threshold except 
in those instances where the remedial cement has flowed into such voids. 
Nuclear techniques do not provide information about the type of material 
that may be filling cement voids (drilling fluid, gel, water, gas) unless such 
fillers have been specifically tagged with an appropriate radioactive species. 
Future developments include the application of deconvolution techniques to 
gamma ray spectroscopy and directional data to resolve smaller features 
than is now possible. 

Temperature Measurements 

Formation temperature increases by the geothermal gradient for a particular 
area. Temperature of the wellbore fluid will reach the geothermal gradient if 
the fluid is not circulated for some period of time. Fluid entering the wellbore 
or the annulus between the casing and the formation will be in equilibrium 
with the geothermal gradient at the point of entry. However, as it moves up 
the wellbore, it will be relatively warmer than the temperature prescribed by 
the geothermal gradient. Gas may be relatively cooler because of the 
expansion of the gas as it exits the formation and moves to lower pressure. 
Measurement of the temperature in and around the wellbore can provide 
information on the influx, location, and movement of fluids. For cement-
sheath evaluation, only flow behind the casing is of interest. Hence, the 
objective is to measure the temperature perturbation in the wellbore 
produced by a small volume of fluid behind the casing. In general, this fluid 
volume does not completely surround the casing; it is generally located in 
channels. A technique to measure the azimuthal distribution of the bore-fluid 
temperature was reported by Cooke (1979). This technique consists of a 
temperature-sensitive resistor that can be rotated in the wellbore. A logging 
tool is stopped at a particular depth and scans through 360° to produce a 
plot of temperature vs. azimuth.  
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Interpretation Guidelines for Cement 
Evaluation Presentations 

Interpretation Objectives 

The primary reason for running a cement evaluation tool is to determine the 
cement sheath's ability to isolate the fluid/gas producing horizons exposed in 
the borehole as a result of drilling. Once cement is placed completely around 
the casing and has fully reacted to form a solid in the annulus, it is entirely 
academic what the compressive strength of the cement is. After the cement 
sets in the annulus, it cannot be removed regardless of its strength. A great 
deal of effort is spent trying to estimate compressive strength of the cement. 
A variety of contaminants (gas, oil, water influx, or drilling fluid) mix with 
the cement before it sets, thereby significantly changing the strength and 
appearance of the cement. Normal bond logs (CBL) yield erroneous results 
in cases such as gas cut or foamed cement, because the shear strength and 
density of the cement are not sufficient to attenuate the casing signal. 
However, the contaminated cement probably still provides a hydraulic seal 
and even if it does not, it cannot be replaced by remedial cementing 
operations. 

It is the movable materials in the annulus between casing and formation 
that must be identified and characterized during cement-sheath evaluation. 
These movable materials are liquids and gas. Drilling-fluid cake is a solid 
that cannot be replaced by remedial cement. Certain materials can be 
moved by fluids migrating from one zone to another and by remedial 
cementing operations. Therefore, the primary objective of cement-sheath 
evaluation is to differentiate between solids and liquids. Interpretation 
should concentrate on measurements and log presentations that are directly 
related to this objective.  

General Logging Recommendations 

The best practices for cementing are discussed in Primary Cementing. These 
practices will in most cases ensure the placement of cement 
circumferentially around the casing over the entire cemented interval with 
no inclusion of liquid-filled channels. However, overpressuring the casing 
after the cementing operation, decreasing pressure after the cement has set, 
and gas migration into the cement before it is set (Formation-Fluid Migration 
After Cementing) may produce communication channels in the cement 
sheath. Also, the best practices are not always followed. 

The following general recommendations should be used for cement-sheath 
evaluation logging:  

• Common bond logs are not recommended in casing larger than 9 
5/8 in. Thicker casing increases casing-wave amplitude, and bore-
fluid thickness decreases signal amplitude. Transit time may also 
be increased to the extent that formation waveform information is 
not recorded.  
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• If any type of bond log (common, compensated, sectored, or 
segmented) is used for cement evaluation, a pressure pass and a 
nonpressure pass must be made. The casing pressure used should 
be equal to any changes in hydrostatic pressure (or test pressure) 
that have been created after the cement has set, plus and 
additional 500 psi.  

• A bit and scraper should be run to clean the casing wall before 
logging occurs. Coatings or scale inside the casing decrease 
amplitude and, thus, increase casing-wave attenuation for CBL 
measurements. Casing reflection amplitude variations exacerbate 
pulse-echo interpretation.  

• Cement should have a minimum compressive strength of 250 psi 
(from laboratory tests) at the top of the cement column (at the 
temperature at the top of the cement column) before a cement 
evaluation log is run.  

• If a cement evaluation log is actually required, bond logs are 
generally not recommended because they average the reflected 
signal from 360° of the casing. Any of the evaluation logs that 
segment the annulus into definable results is recommended so 
that if a channel actually exists, its location can be determined.  

• Common, compensated, or sectored bond logs should not be run 
for evaluating foamed cement or if gas contamination could exist 
in the cement column. This recommendation also applies when the 
casing is cemented with "gas-generating" additives, or additives 
for low-density slurries, when that additive contains any volume of 
trapped air. However, the segmented bond logs do a respectable 
job of identifying gas-impregnated cement and a liquid channel in 
the annulus.  

Operational Parameter and Log Presentation Recommendations 

Parameters and log output for the different types of cement evaluation tools 
are given in Table 8-4. Information for specific tools is given in Goodwin et 
al. (1994). 
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Table 8-4 Operational Parameter and Log Presentation Recommendations 

 

Common Problems in Cement Evaluation 

Formation Bonding 

Bonding to the formation is generally inferred on a bond log by the presence 
of strong, clear, bright, refracted formation P (compressional) and S (shear) 
waves on the log's waveform display. However, formation signals may either 
be missing or extremely faint. Generally, four conditions could cause the loss 
of formation signals:  

• Thick, soft mudcake. Signal velocity is so slow through 
poorly compacted mudcake that it does not have enough time 
to enter the formation and be refracted back to the receiver. A 
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soft mudcake also greatly attenuates the signals. These types 
of drilling-fluid filter cakes may often be visible on an openhole 
caliper survey as decreases in hole size across permeable 
sections.  

• Noncemented Hole Enlargement. Failure to clean the hole 
properly before and during the cement placement will 
sometimes leave a "washout" full of drilling fluid instead of 
cement. If these poorly bonded sections conform to hole 
enlargement on the openhole caliper survey, the enlargements 
are generally filled with drilling fluid. They may or may not 
present an annular isolation problem, depending on downhole 
conditions.  

• Soft and Poorly Consolidated to Unconsolidated 
Formations. Sonic velocity in very soft formations can be 
slow enough that formation refractions will not have time to 
reach the measurement window of the tool. Marine shales, 
soft salt or anhydrite beds, poorly consolidated sands, and 
unconsolidated sands will generally present this type of 
interpretation problem. These situations do not generally pose 
an annular isolation problem.  

• Foamed or Gas-Cut Cement. Adding gas to a cement 
system, whether by design (foamed cement) or naturally 
(formation gas influx), decreases density and velocity and 
increases attenuation. The decreased velocity delays the 
arrival time on a bond log sufficiently that formation signals 
are generally lost.  

Gas entrainment in the cement sheath does not necessarily pose an annular 
isolation problem, but loss of the formation signal creates major confusion in 
interpreting the quality of the cement sheath. In Figure 8-17, Track 1 has a 
gamma curve (thick solid), a transit-time curve (dash), and a casing collar 
curve (thin solid).  

 

Figure 8-17 CBL response to gas-infiltrated cement 

The amplitude curve is shown in Track 2. Typical signatures indicate (1) low 
to moderate amplitude, (2) a weak casing signal or a stronger signal for 
thicker-walled casing, (3) evident collar signals but no chevrons on the 
waveforms, and (4) weak formation arrivals or no formation arrivals. 

Channels and Microannuli 
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Weak to clear casing signals on the microseismogram of a bond log may be 
caused by a microannulus or a channel that is in contact with the casing 
surface. Current cement evaluation tools cannot identify a channel either in 
the body of the cement sheath or between the cement sheath and the 
borehole wall. To differentiate between a microannulus or a channel at the 
pipe-cement interface, the log is run with and without internal casing 
pressure. Sufficient casing pressure to expand the casing against the cement 
sheath will cause the casing signals to disappear if a microannulus exists. 
Casing signals will not change with casing pressure if a channel exists at the 
pipe-cement interface or if the pressure is not sufficient to close the 
microannulus gap. 

Fast Formations  

Limestones and dolomite formations are commonly referred to as "fast 
formations" because the velocity of sound through those types of rocks can 
be much greater than the velocity of sound through sandstone, shales, 
cement, or steel. If formation velocity is greater than plate-wave velocity, 
the refracted formation signal may, and quite often does, arrive at the tool 
receiver faster than the casing signal. Early formation arrivals are quite often 
mistaken for casing signals, causing misinterpretation errors that result in 
unnecessary remedial repair of the cement sheath. Fast formations (and 
outer casing strings) also affect pulse-echo measurements, because the 
excess noise reflected from the borehole wall during logging through these 
formations (and outer casing strings) is often interpreted as poor-quality 
cement (Figure 8-12c). 

Casing in Casing 

Cement evaluation in casing-to-casing annuli (liner laps) is extremely 
difficult. When common bond logs (or such variations as compensated bond 
logs, sectored bond logs, or small-scale plate-wave techniques) or pulse-
echo logs are used, the excess noise reflected by the outer casing string is 
interpreted to indicate a very weak cement bond or no cement bond.  

A Final Example 

Figure 8-18 shows an example of the combination of information from both 
CBL and rotating pulse-echo logging tools.  
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Figure 8-18 Combination of CBL and pulse-echo information in a 
single log 

Tool eccentering (eccentricity), casing ovality, gamma ray, E1, transit time, 
and casing collar curves are in Track 1. Amplified and normal amplitude 
curves are in Track 2. A gray-scale waveform plot is in Track 3. Track 4 
contains the average impedance curve. Shading between the curve and an 
impedance value of about 2.25 schematically represent the amount of 
cement behind casing. A bond index curve computed from the CBL 
amplitude is also displayed in Track 4. Track 5 contains a gray-scale 
representation of the impedance values around the casing. The orientation of 
the impedance map is such that 0° is at the high side of the hole. This 
combination is commonly used for cement-bond interpretation. Casing 
ovality is simply the difference between the greatest and least diameters 
based on the first reflection transit time of the pulse-echo signals. 
Eccentricity is also determined from the diameter data; it is the difference in 
the average greatest and least measured diameters. If the tool is exactly 
centralized, eccentricity will be zero.  

Cement bond quality is so good over most of the interval that the transit 
time cannot be computed because the casing arrival is so small. Only in the 
interval from XX62 to XX90 is the transit-time curve displayed. Amplitude 
curves in Track 2 are very small, which indicates excellent bond quality over 
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most of the interval. Casing amplitude increases over the interval from XX62 
to XX75, which indicates decreased bond quality. However, the lack of a 
strong casing arrival on the waveform plot and the relatively low amplitude 
curve values indicate that some cement is contacting the casing; free pipe is 
not present.  

The bond index (Track 4) computed from CBL amplitude is 100% over the 
interval except from XX65 to XX73. Impedance computed from pulse-echo 
measurements and averaged around the casing is between 4 and 5 (in the 
range of Class H cement; see Table 10.1) over the interval except from 
XX62 to XX73These results agree well with the bond index and amplitude 
curves. The light gray area across the impedance map (Track 5) shows the 
reduction of impedance around the entire casing from XX62 to XX73, which 
also agrees with the CBL amplitude. The cement quality in this zone is less 
than the quality for the remainder of the interval. However, free pipe does 
not exist. A clue to the cause of the lower-quality cement is given by the 
gamma curve, which indicates a relatively non-shaly formation, probably a 
relatively clean sand, behind casing over the zone of poor-quality cement. 
This formation is most likely a gas sand, which which could be confirmed by 
checking openhole logs, such as the density and neutron logs. The cause of 
the low-impedance cement is probably gas contamination of the cement.  

Another set of features on the impedance map is interesting. These are the 
oval patterns near the bottom and just below the gas-cut cement zone. Note 
that they are located on the low side of the hole, which is deviated about 
23°. Because of the well deviation, casing is probably eccentered, with the 
casing being closer to the bottom side of the hole. The openhole caliper 
shows a smaller hole below the gas-cut zone. Therefore, the cement is 
almost certainly thinner between the casing and the low side of the hole. 
Consequently, reflections from the formation may interfere with the pulse-
echo signal (Section 8-3.4.1) and effectively reduce the estimated cement 
impedance. Variations in the interference pattern result in the ovals.  

The impedance above the gas-cut zone is slightly less than below it. This 
effect may be caused by upward gas migration from the sand contaminating 
the cement above it. Another possibility is that slightly thicker casing was 
installed above the gas-cut zone. Note the short casing joint indicated by the 
casing-collar curve just above the gas-cut zone. 

Measurement Limitations 

The basic question posed for interpretation with respect to remedial 
cementing is whether a fluid-filled void can be filled with cement. Cement 
particle size defines an absolute lower bound on the void thickness that can 
be filled. The smallest particle size for specially ground (microfine) cement is 
about 0.2 mm, and the smallest particle size for A, G, or H cement is about 
0.4 mm. A more realistic estimate may be the assumption used in gravel 
packing—that the perforation diameter must be six times the sand-grain 
diameter. These lower bounds for void thickness are shown in Figure 8-9. 
Backpressures associated with viscous fluids may require an even greater 
minimum gap thickness for cement injection. Such viscous flow effects may 
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be the controlling factors for nonparticulate remedial treatment fluids such 
as resins. 

From Figure 8-9, approximately 5000 psi is required to close a 0.7-mm 
microannulus in lightweight 9-5/6-in. casing. A 0.2-mm thick gap appears as 
an infinitely thick layer with a 200-kHz pulse-echo measurement. Hence, if a 
gap is 0.9 mm thick, it will appear as infinitely thick water even with 
substantial pressure applied to the well. Gap thickness must be greater than 
approximately 1.2 mm (6 × 0.2 mm) to accept the finest cement. Even very 
thin gaps (microannuli) appear as infinitely thick water layers behind casing 
when plate-wave measurement techniques are used. Consequently, current 
cement evaluation techniques cannot distinguish between gaps next to the 
casing that are "squeezable" and those that are not. 

Channels present another problem. All cement evaluation techniques will 
indicate where cement is completely missing in the annulus. However, 
current cement-evaluation techniques provide essentially no information 
about voids inside the cement annulus or the cement-to-formation interface. 
Channels and voids must (1) be very close to the casing (less than about 2 
cm for small-scale plate-wave measurements or 1.2 mm for pulse-echo 
measurements) or (2) intersect the casing to be detected by pulse-echo or 
small-scale plate-wave measurements.  
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Chapter 9 - Remedial Cementing
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Introduction 

The most successful and economical approach to remedial cementing is to 
avoid it by thoroughly planning, designing, and executing all drilling, primary 
cementing, and completion operations. The need for remedial cementing to 
restore a well's operation indicates that primary operational planning and 
execution were ineffective, resulting in costly repair operations.  

Remedial cementing requires as much technical, engineering, and 
operational experience as any primary cementing operation. Remedial 
cementing jobs can be further complicated because many applications are 
performed under adverse conditions when well conditions are unknown or 
out of control, and when lost rig time and escalating well costs force poor 
decisions and excessive risks to be taken. Because of continued remedial job 
failures, many theories and misconceptions still exist concerning these 
applications, and much of the industry still regards remedial cementing as 
more an art than a science. In reality, many scientific improvements in well 
diagnostic and logging tools, cementing compositions and additives, mixing 
and pumping equipment, downhole tools, placement techniques, and 
computer simulators have greatly enhanced remedial cementing. Proper use 
of these technologies, coupled with thorough knowledge, planning, and 
experience can improve success rates and reduce job costs. 

Many remedial cementing applications fail because the problem is either 
misdiagnosed or not detected early enough for it to be corrected before 
excessive damage occurs. Before any remedial application, the existing 
downhole conditions, the cause and magnitude of the problem, and the 
expected results from the application must be determined. Then the 
necessary planning, design, and placement procedures can be engineered 
that will match downhole conditions and enable the operation to be 
completed. Whenever downhole problems, wellbore conditions, and expected 
results cannot be defined or controlled, time and money will be wasted and 
the repair will probably be unsuccessful. In addition, more well damage or 
total well loss may occur if the wrong decisions are made.  

Remedial cementing operations consist of two broad categories: squeeze 
cementing and plug cementing. This chapter defines and describes the 
various types of operations for each of these two broad categories and 
provides fundamental procedures and operational practices.  



 409 

Squeeze Cementing 

Squeeze cementing is the process of placing a cement slurry into all 
necessary wellbore entry points under sufficient hydraulic pressure to 
dehydrate or "squeeze" water from the cement slurry, leaving a competent 
cement that will harden and seal all voids. The slurry's rate of dehydration is 
controlled by the pressure exerted on the cement slurry, the rate of filtrate 
loss from the slurry, and the size of the squeeze interval or permeability of 
the formation. Filtrate loss is usually controlled by fluid-loss additives added 
to the cement slurry design, discussed in this chapter as well as in Primary 
Cementing. Squeeze cementing can be applied during drilling, cementing, or 
completion operations in a well, or later when workover operations are 
performed. Squeeze cementing is often applied to change wellbore 
conditions or correct downhole problems for the reasons outlined in Table 9-
1 (Bradford and Cowan, 1991). 

Table 9-1 Reasons to Perform a Cement Squeeze Treatment 

Repair a faulty primary cement job 

• Repair a weak casing shoe  
• Stop gas cutting or influx into cemented annulus  
• Complete annular fill in casing or liner tops  
• Seal high-side or low-side channels caused by 

improper drilling-fluid displacement or poor 
casing centralization  

• Seal microannuli between the casing/cement or 
formation/cement interfaces  

Isolate formation intervals 

• Temporarily abandon production zone to test 
other intervals  

• Permanently abandon nonproductive zones  
• Stop lost circulation in open hole during drilling  
• Seal off lost-circulation zones opened during 

cementing or completion  
• Seal off depleted zones from production 

intervals in multizone completions  

Alter formation characteristics 

• Reduce water-oil ratio  
• Change oil-gas ratio  

Repair casing problems 

• Repair parted or split casing, or leaking joints  
• Patch holes worn in casing from running 

operations  
• Seal eroded or corroded casing encountered 

during workovers  
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In each of these cases, proper diagnosis of the problem, understanding and 
controlling the wellbore conditions, and thorough planning, design, and 
engineering of the application are required for a successful squeeze 
treatment. The general success of squeeze cementing is fairly low; estimates 
of successful jobs range from 50% for perforation squeezes (Krause and 
Reem, 1992) to much lower percentages of success for other types of 
squeeze operations. At times, misdiagnosis of a well problem may result in 
unnecessary squeeze treatments. However, numerous case studies, such as 
those documented by Krause and Reem (1992) and Bour et al. (1990), 
report much greater success when certain guidelines and practices are used 
in specific squeeze applications or locations. These guidelines and practices 
are usually derived from the application of squeeze theory and the design 
procedures presented in this chapter.  

Squeeze-Cementing Theory and Mechanics 

During squeeze cementing, hydraulic pressure is used to force cement slurry 
into formation voids or to squeeze water from a cement slurry into formation 
permeability, forming a densely packed, impermeable filter cake. The 
cement or filter cake then hardens into a permanent seal for fluid movement 
into or from the wellbore. All conditions outlined in Table 9-1 relate to 
unwanted fluid movement, and squeeze-cementing operations form a barrier 
to this flow.  

Squeeze cementing was first recognized as a remedial cementing treatment 
for sealing downhole water flows (Millican, 1961). In initial usage, high 
pressure was used to place cement in the formation to seal the flow of 
unwanted water. Howard and Fast (1950) further described the theory and 
application of various squeeze techniques to isolate producing formations. 
These early applications were performed at pressures higher than the 
fracture initiation pressure of the formation, thus creating cement-filled 
hydraulic fractures rather than leaks sealed with filter cake. Later studies 
(Huber and Tausch, 1953) determined that pressures lower than formation 
fracture initiation pressures were required to create an actual seal. 

The theory of low-pressure squeeze cementing involves the dehydration of 
an aqueous slurry to form a dense filter cake. This filter cake, resulting in 
cement grain-to-grain contact, is described by Harris and Carter (1964). 
Filter cake forms when a pumpable cement slurry is placed adjacent to the 
permeable formation that will be sealed, and pressure is applied to the 
cement slurry from the surface. As long as pressure inside the wellbore is 
greater than formation pore pressure, fluid is lost from the slurry, and filter 
cake is formed. Filter-cake properties vary with formation permeability and 
cement slurry fluid loss. Figure 9-1 shows the differences in filter-cake 
appearance resulting from variations in fluid-loss control, while Figure 9-2 
shows the different filter-cake nodes created by cement squeezes under 
varying degrees of fluid-loss control. 
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Figure 9-1 Effect of fluid-loss control on volume of filter-cake formation 

 

Figure 9-2 Filter-cake buildup inside casing perforations 

Thus, the mechanics of squeeze cementing involve slurry fluid-loss control 
(Primary Cementing) and controlled pressure application. The magnitude of 



 412 

the hydraulic pressure applied depends on formation permeability and 
fracture initiation pressure.  

Problem Diagnosis  

Squeeze operations are frequently performed to repair faulty primary 
cement jobs. However, many of these cement jobs are totally unnecessary 
and often unsuccessful because the controlling factors are unknown, or the 
bond logs used for primary job analysis are misinterpreted (Smith, 1991). 

Squeezing a casing shoe is a common process that is often performed when 
a leakoff test (LOT) or pressure-integrity test (PIT) produces a pressure 
gradient that is too low for drilling to continue safely. Poor hole-volume 
estimates, partial or complete loss of returns during primary cementing, high 
filtrate loss from the cement column, or cement fallback (U-tubing) caused 
by float equipment failure produces incomplete annular fills at the top of the 
casing and weak or empty liner laps. Improper slurry designs tend either to 
gel or to have prolonged transition-to-set times or high filtrate losses that 
promote fluid or gas influx as well as gas migration in the cement column. 
These effects create channels in the annulus. Channels can also be created 
as a result of (1) incomplete drilling-fluid displacement and drilling-
fluid/cement contamination caused by poor placement practices, (2) 
improper spacer design or insufficient spacer volumes, (3) poor casing 
centralization, or (4) hole swabbing and pressure surging caused by 
excessive pipe reciprocation or rotation. As discussed in Primary Cementing, 
each of these problems can be avoided, but they can also be corrected by 
squeeze cementing if they are properly diagnosed. In addition, the 
controlling factors that affect primary cementing also affect squeeze 
applications. 

Temperature  

Wellbore temperatures affect cement slurry properties and performance 
more than any other factor. Before a primary cement application can be 
properly evaluated or a successful squeeze operation can be designed, 
temperature behavior in the wellbore must be thoroughly understood. An 
accurate bottomhole circulating temperature (BHCT) is necessary for the 
proper design and testing of such slurry properties as rheology, thickening 
time, fluid loss, etc. If the BHCT prediction is too high, cement slurries may 
be over-retarded or overdispersed, extending the thickening time and 
promoting slurry stratification, fluid commingling, and gas influx into the 
annulus (Tilghman, 1991). If the BHCT prediction is too low, pumping times 
may be shortened and slurry viscosity may increase, which could result in 
the application ending prematurely.  

As little as a 20°F variance in BHCT can either reduce thickening time by as 
much as 50% or it can increase it by 200% (Jones, 1986). Fluid loss also 
varies with temperature. If the wrong BHCT is used, the slurry may not have 
sufficient fluid-loss control, which will affect the annular volume as well as 
the casing and formation seals. 
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An accurate bottomhole static temperature (BHST) provides information 
regarding (1) the rate of compressive-strength development, (2) the 
ultimate cement strength, and (3) the waiting-on-cement (WOC) time for 
pressure-testing or bond-logging. Other important temperature parameters 
that are often overlooked are listed below:  

• Reduction in temperature from initial BHCT at the start of the 
treatment to the circulating temperature at the end of 
placement  

• Rate of temperature increase from the lowest circulating 
temperature in the wellbore, obtained while pumping the 
cement slurry, to BHST where compressive strength develops  

• Difference between cooldown and heatup rates at the bottom 
of the cement column (casing shoe) and the top of the cement 
column (casing or liner lap)  

The time required to reach BHST may range from 24 to 36 hours. During 
this period, the cement may not develop much compressive strength, 
depending on the type of retarders and polymeric additives used in the 
design. After the BHST is reached, another 1 to 2 days may be needed for 
the cement to set hard enough to withstand pressure testing or to attenuate 
a bond-log signal with enough amplitude for proper analysis or interpretation 
(further discussion of bond-log interpretation techniques is presented in 
Cement-Sheath Evaluation). In addition, any commingling with incompatible 
fluids, such as drilling fluid with the cement slurry, may further retard 
compressive-strength development.  

American Petroleum Institute (API) test conditions do not duplicate wellbore 
temperature profiles; thus, compressive strengths determined at forced 
heatup rates to BHST in a laboratory may be totally unrealistic. Downhole-
temperature measurement tools and computer simulators (Primary 
Cementing) can provide temperature profiles that result in a much better 
understanding of cement behavior in the wellbore.  

If a primary cement application is tested or logged prematurely, it can easily 
be diagnosed as faulty because the evaluation parameters (transit time, 
attenuation rate, bond index, etc.), often exceed cement quality, as 
discussed in Cement-Sheath Evaluation. As a result, a decision to squeeze-
cement may be made when nothing requires repair and no voids exist in the 
annulus to accept the squeeze slurry. Understanding wellbore temperature 
behavior is necessary for determining the need for squeeze cementing and 
for successfully designing the application.  

Pressure  

Typically, as pressure increases, the thickening time for a cement slurry 
decreases and compressive-strength development increases. However, 
pressure exerted on a setting cement at the wrong time can be very 
detrimental. When a pressure test is performed on a weak cement in the 
annulus, the casing may expand elastically, which compresses the cement in 
the annulus. Once the pressure is relieved, the casing will return to its 
original size; however, the low-strength cement will deform plastically and 
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thus not return to original size with the casing, a condition which could break 
the bond and create a microannulus (Pilkington, 1988). Microannuli can 
occur at the casing/cement interface, the cement/formation interface, or 
within the cement itself. Excessive pressure may also force additional filtrate 
from the setting cement into the formation, which (1) reduces the cement 
volume and annular fill and seal, (2) promotes gas influx, and (3) may 
damage producing formations. In addition, if excessive pressure is applied 
on a weak primary cement or on a squeeze cement that has been 
dehydrated in the annular voids or perforation tunnels, the cement may be 
fractured, destroying the seal.  

Premature pressure testing or the disturbance of primary cement before it 
has thoroughly cured may create a need for squeeze cementing. When an 
LOT or PIT is performed at a casing shoe and the cement has not completely 
hardened because the WOC time was not properly planned, a weak casing 
shoe is often diagnosed. Squeezing a high filtrate-loss or neat cement slurry 
to cure this problem merely reinforces the existing cement with packed 
cement solids as total dehydration of the slurry occurs. This compaction 
increases the density of the cement around the shoe and provides additional 
compressive strength. This condition may or may not increase the LOT or 
PIT enough on the first squeeze attempt for drilling to continue, and the 
technique may have to be repeated several times. If the casing is set near a 
production interval, formation damage from cement filtrate or complete 
formation breakdown could occur during the casing-shoe squeeze. In some 
cases, additional WOC time could be more cost-effective and could eliminate 
the need for an unnecessary squeeze application.  

Bond-Log Interpretation  

A cement bond-log (CBL) or evaluation tool (Cement-Sheath Evaluation) can 
measure annular cement fill, compressive strength, and the bond integrity of 
the cement. A signal is transmitted through the cement and recorded. The 
amplitudes of the signal and transit time are used for determining the 
compressive strength; however, the attenuation rate is often set to measure 
a hard cement (>3,000 psi compressive strength). When the log is run 
prematurely and the WOC time has not been long enough for the cement to 
harden, or the cement has become contaminated with drilling fluid, the 
cement bond-log may show absolutely no cement in the annulus (Goodwin, 
1989). In this case, the attenuation rate may be set too high, and a simple 
reduction in the attenuation rate may show that a competent cement is in 
place. In many cases, a compressive strength of less than 500 psi will 
support and protect the casing and permit drillout. 

Some logs may show competent cement above or below a permeable or 
fractured zone but a very poor bond across the zone. In this case, job 
designers must compare the wellbore conditions across the interval, the 
spacer program, the cement slurry design, and the placement practices to 
determine the integrity of the cement and properly interpret the log. Bond 
logs can be easily misinterpreted if they are analyzed independently from 
the cementing operation (Jones et al., 1994). An inaccurate bond-log 
analysis frequently results in the costly decision to squeeze-cement the well; 
often, an unsuccessful squeeze operation is the outcome.  
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When these diagnostics are used repeatedly, confidence and experience are 
added to the decision process. When the outcome clearly indicates that a 
squeeze-cementing application should be performed, it can usually be done 
successfully when it is properly planned, designed, and executed. 

Job Planning 

Once the need for a squeeze cement job has been confirmed, planning, 
design, and execution procedures can be combined into a successful 
program. The fourth and final step in any squeeze-cementing operation is 
proper evaluation of the application's success. The guidelines presented in 
Table 9-2 can be used to complete this process. 

Table 9-2 Process of Designing a Cement Squeeze Treatment 

Planning • Determine the problem and 
reason to squeeze  

• Analyze the wellbore conditions  
• Select the appropriate squeeze 

technique  

Designing • Select the proper squeeze tools  
• Select all other fluids used in the 

process, i.e., perforating  
• fluids, acids, cement spacers, 

completion fluids, etc.  
• Design the cement slurry to 

correct the problem  
• Prepare a detailed job procedure  

Executing • Prepare the wellbore and clean all 
voids to be squeezed  

• Set the squeeze tools at the 
desired locations  

• Set equipment and mix the slurry 
properly  

• Place the cement and apply the 
squeeze pressure  

• Hold the cement in place until it 
hardens  

• Allow enough WOC time to test or 
log the squeeze job  

Evaluating • Perform positive and negative 
pressure tests  

• Perform bond log  
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Different problems require different squeeze application techniques for 
cement slurry to fill all voids and obtain a proper seal. 

Wellbore Analysis 

Conditions of the surrounding formations, wellbore fluids, and tubulars must 
be analyzed immediately before a squeeze is performed. If excessive time 
has lapsed between the time the problem was discovered and the time of 
the actual squeeze operation, wellbore conditions may have changed 
dramatically. For example, a problem diagnosed several days or weeks 
earlier in the operation may have worsened, or the problem may no longer 
exist. The only way to determine wellbore conditions is to retest the well 
immediately before the squeeze application. 

Formation Characteristics 

If squeeze cement will be placed between the casing and the formation, job 
designers must know the formation type, formation sensitivity, permeability, 
pore pressure, and fracture pressure to design the right type of squeeze 
application. In addition to being more permeable than carbonates, 
limestones, or dolomites, sandstones are subject to higher filtrate losses. 
Carbonates and limestones will seldom accept cement filtrate, but usually 
contain naturally occurring fractures that can be sealed only when they are 
bridged by cement or other materials during the squeeze operation. Shales 
and salts are almost always impermeable; however, exposure to fresh 
waters, light salt brines, or filtrates may cause these formations to swell, 
soften, or even deteriorate. Most formations contain some clays or silts that 
can swell or migrate in the presence of water or cement filtrate. These clays 
or silts reduce permeability and may possibly damage production intervals. 
Induced clays from drilling-fluid losses or naturally occurring clays in the 
formations can usually be dissolved with hydrochloric/hydrofluoric (HCl/HF) 
acid blends, which can clean and stimulate the formation and enhance the 
squeeze-cement operation. Unconsolidated formations could flow into the 
wellbore if hydrostatic pressures become too low, or if the workstring is 
pulled too quickly after the squeeze, resulting in excessive swabbing 
pressure. 

Knowing the pore pressure and fracture pressure of surrounding formations 
is vital. When a squeeze is placed against a producing formation, pressure 
exerted at the squeeze point will stop the flow from the formation as long as 
the squeeze pressure exceeds the pore pressure. However, if the squeeze 
pressure or hydrostatic pressure is reduced before the dehydrated cement 
has attained enough strength, the formation may flow. Pressure reduction 
can also result (1) from swabbing action, (2) from solids bridging above the 
formation, reducing hydrostatic pressure, or (3) through communication with 
a lower-pressured or depleted zone above or below the cement. This 
condition can create more channels in and around the cement or push/pull it 
out of the squeeze tunnel. Conversely, when squeeze pressure exceeds the 
fracture pressure, whole cement slurry is forced into the formation. This 
condition can either occur when squeeze pressures are miscalculated, fluid 
loss is high, and excessive filter-cake buildup causes more pressure applied 
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at the surface, or when excessive pressure is exerted during the reversing-
out process after the squeeze.  

Wellbore Fluid Behavior  

Understanding wellbore fluid properties and behavior while taking time to 
diagnose and plan the squeeze application is very important. For example, 
some drilling fluids become viscous and extremely difficult to condition when 
exposed to static temperatures and pressures for extended periods. This 
condition may make wellbore circulation and cleaning very difficult before 
the squeeze application. Likewise, if drilling fluid is trapped in the annulus or 
has commingled with cement as a result of the cement bypassing the fluid 
during primary cementing, it may be possible to circulate the drilling fluid or 
contaminated cement out the annulus. A low-pressure squeeze can then be 
conducted. However, after the drilling fluid or contaminated cement has 
dehydrated and hardened further with time and temperature, the channel 
may be difficult to open and may require fracturing. Dehydration in the 
annulus may also widen and extend the channel, creating a bigger problem. 
Any fluid or gas movement behind the casing between zones may change 
the annular fill or seal, or fluid migration between perforated intervals may 
cause dilution and subsequent settling and possible compaction of solids in 
the wellbore. Replacing drilling fluids with solids-free, compatible fluids may 
be beneficial. Maintaining wellbore circulation during the waiting period can 
also stabilize the wellbore fluids and the wellbore temperature. Time, 
temperature, and pressure may heal certain problems but magnify others. 

Wellbore Tubulars  

Rust or scale on the casing may dissolve when acid is used to clean 
perforations or formations for a squeeze application. As the acid spends, 
ferrous hydroxide or other reaction products precipitate and contaminate the 
formation or cement slurry. Where casing has rusted or corroded during 
prolonged storage or has been exposed to corrosive brines or gases such as 
H2S or CO2 in the wellbore, the casing may rupture if excessive pressure is 
applied to it. Irregular dimensions, pinch points, burrs, or etched surfaces 
may inhibit the proper placement and operation of squeeze tools. Excessive 
wear on collars or worn threads may also cause leaks or completely separate 
the collars from the tubulars when the casing is moved up or down in the 
wellbore. Regardless of the squeeze technique applied, wellbore conditions 
must be compatible with the procedure, or the results could be unsuccessful. 

Squeeze Technique Selection 

When selecting a squeeze technique, job designers must consider  

• The pressure required to place the cement and cause a 
squeeze  

• The method used to pressure-isolate the interval  
• The placement procedure needed to fill the voids and seal off 

the problem area  
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Pressure 

Squeeze cementing can be performed at pressures below or above fracturing 
pressure. Equations for calculating squeeze pressure are presented later in 
this section. Applications below fracture pressure (low-pressure squeezes) 
are the most common. Normally, low-pressure squeezes can be performed 
whenever clean wellbore fluids can be injected at a reasonable rate into a 
formation (permeable sandstone, lost-circulation zone, fractured limestone, 
etc.) or void (channel, casing split, perforation tunnel, etc.). Under such 
conditions, filtrate from the cement slurry can easily be displaced into the 
formation at low pressures, and the dehydrated cement will remain to seal 
the leak. Typically, only small slurry volumes (50 to 100 ft3) are needed for 
a low-pressure squeeze. Unless a fracture is created or opened in the 
process, whole cement slurry will not invade most formations.  

When circulation is possible in the annulus between two openings or sets of 
perforations, a low-pressure or "circulating" squeeze can be applied. Slurry 
volume requirements may be much greater in these cases, depending on the 
height of the zone or distance between perforations.  

Squeeze applications performed at pressures above formation fracturing 
pressure (high-pressure squeezes) are performed whenever fracturing is 
required to displace the cement and effectively seal off low-permeability 
formations or to establish communication between channels and 
perforations. Slurry volumes and filtration rates will vary depending on the 
size of the fractures, the depth of the cement fill, and the leakoff to 
surrounding formations.  

"Block" squeezing is the process of squeezing off permeable sections above 
and below a potentially productive zone to isolate it for production or 
stimulation. High pressure is also normally required to widen natural 
fractures to enable cement placement. This process is commonly used in 
limestone, shales, or salts to seal off sensitive or nonproductive zones, or to 
prevent gas or fluid migration through natural fractures. Block squeezes may 
also be used to change oil/water or oil/gas contacts, and to isolate and seal 
off unwanted or depleted production intervals. A vertical fracture is usually 
created during a high-pressure squeeze just as in other hydraulic fracturing 
operations. In some cases, when the overburden pressure above the zone is 
less than the fracturing pressure, a horizontal fracture may be created, but 
this condition is only possible in very shallow applications. 

Isolation 

The squeeze location can be isolated with the "Bradenhead" technique or 
through the use of squeeze tools such as packers, retainers, and bridge 
plugs. In the Bradenhead technique, a workstring is run into the wellbore, 
and cement slurry is pumped down the workstring and spotted across the 
squeeze interval. Once cement is in place, the string is pulled above the top 
of the cement, and the backside of the string is sealed off at the surface with 
the blowout preventer (BOP) or wellhead control valves. Fluid is then 
displaced down the workstring to squeeze the cement. Displacement 
continues until the necessary amount of cement slurry is squeezed, or a 
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predetermined squeeze pressure is obtained. This method is used most 
frequently in coiled tubing applications, shallow wells, and lost-circulation 
zones, or to set cement plugs. A disadvantage of the Bradenhead technique 
is that the pressure from the surface is applied not only to the cement slurry 
but to the entire wellbore. If the pressure exceeds the burst pressure of the 
casing up the hole, casing rupture or formation fracture could occur. Figure 
9-3 shows the typical wellbore setup for a Bradenhead squeeze application. 

 

Figure 9-3 Filter-cake buildup inside casing perforations 

Squeeze tools isolate pressure much closer to the squeeze interval for better 
pressure control. Isolation is achieved by a bridge plug set below the 
squeeze zone and a packer or retainer set above the zone. A workstring can 
be either attached to the packer when it is run in the hole or later inserted 
into the packer or retainer after it has been set. Cement slurry is then 
pumped down the workstring and squeezed into the required interval 
between the packer/retainer and bridge plug. Squeeze pressure is isolated 
between the upper and lower tools, which minimizes the risk of breakdowns 
in other formations or casing collapse, and it allows the process to be more 
easily controlled. Figures 9-4 and 9-5 show the placement of isolation tools 
and typical surface-pressure response for this type of squeeze application. 
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Figure 9-4 Squeeze-tool placement and operational sequence for isolation squeeze 
of two zones 

 

Figure 9-5 Typical surface-pressure response for walking squeeze application 
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Placement Method  

A packer/retainer can be set just above the zone, and cement slurry can be 
continuously pumped into the squeeze interval until the necessary squeeze 
pressure is obtained. Continuous pumping operations are referred to as 
running or walking squeezes. Although the running squeeze is easier to 
design and apply, controlling the rate of pressure increase or obtaining the 
necessary squeeze pressure during the job is sometimes difficult. Many 
running squeeze applications designed for low-pressure squeezes have 
become high-pressure applications because of poor slurry designs and lack 
of control. 

Squeeze tools can be set high enough above the squeeze interval to permit 
the entire cement slurry volume to clear the squeeze tool before pressure is 
applied from the surface. Setting height is easily calculated from casing 
dimensions and slurry volume. This method is preferred when retrievable 
tools are used, since calculating the setting height will reduce the risk of the 
tools becoming cemented in place in the wellbore. A running squeeze can 
still be performed, but this method is most suited for a "hesitation" squeeze 
job, which consists of alternating pumping and static sequences until a 
squeeze is obtained. Figure 9-6 illustrates typical surface pressure response 
for a running or hesitation squeeze.  

 

Figure 9-6 Typical surface-pressure response for hesitation squeeze application 

When squeeze pressures are slow to build during the pumping sequence, the 
pump can be stopped to allow the slurry to build gel strength, which further 
reduces leakoff rates and controls filter-cake deposition. This technique 
results in a better foundation to squeeze against, especially across lost-
circulation zones, long perforated intervals, or extended casing splits. 
Pumping sequences may vary between 2 and 5 bbl of cement slurry pumped 
at rates ranging from 1/2 to 1 bbl/min, followed by a 5 to 12-minute 
shutdown period. This sequence may be repeated several times before the 
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required squeeze pressure is obtained. Thixotropic slurries or low fluid-loss 
slurries are often used in this process, as well as lost-circulation materials.  

When downhole problems prevent the hole from being circulated and 
cleaned, or the problem cannot be addressed by conventional perforating 
and squeezing, the cement may have to be bullheaded down the annulus. 
Although bullheading is not a true squeeze technique, it may be the only 
way to seal off a troublesome zone. Bullheading pushes everything ahead of 
the cement into the formation; therefore, care must be taken to ensure that 
incompatible fluids are not forced into potential producing formations. Often, 
low-density, high-yield, inexpensive slurries are used, because large slurry 
volumes and multiple attempts may be necessary to complete this process. 

Job Design 

Many factors affect squeeze applications; however, when the problem is 
diagnosed properly and a good plan is prepared, a squeeze cement design 
can be a fairly simple process.  

Tool Selection 

Tool selection and placement are critical since use of the wrong tool may 
cause more problems to occur after the squeeze. Two basic types of tools 
are used for squeeze cementing: retrievable and nonretrievable (drillable).  

A wireline or mechanical bridge plug seals off the zone below the squeeze 
interval to keep the slurry from being pumped, or from freefalling down the 
casing. Most plugs are drilled after the job; however, some can be retrieved 
if they are not cemented in place. Sand is often placed on top of the plug to 
prevent it from being cemented and to allow retrieval after the job. This 
technique is especially useful for squeezing multiple zones. 

When they plan to reverse-circulate excess cement after placement, 
operators use a retrievable packer above the zone. Retrievable packers are 
equipped with bypass valves that permit complete circulation of the wellbore 
(1) while the toolstring is being run in the hole, (2) after the packer has 
been set, or (3) during reverse circulating after the job. This circulation 
capability prevents excessive pressure from being applied to the formation 
while the toolstring is being run into in the hole, and it prevents the well 
from being swabbed when the packer is released and retrieved. Retrievable 
packers can be either tension- or compression-set and can be run on 
wireline or a workstring. A fiberglass or aluminum tailpipe can be attached to 
the bottom of the packer to allow the cement slurry to be spotted close to 
the zone while the packer is set well above the zone (Hempill and Crook, 
1981). 

Drillable packers or retainers can also be used; however, double check-
valves are built into these tools to prevent unwanted flow from either 
direction. Once the packer is set, a workstring is strung into the retainer, 
then cement is pumped and squeezed below the retainer. The workstring is 
then pulled out, and the retainer is closed. Retainers are often used to help 
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prevent pressure reductions in the wellbore from causing cement flowback 
either after the squeeze job or when the cement is separating zones that 
have a high pressure differential. Setting a retainer between the zones 
isolates the intervals and permits operators to squeeze the lower zone and 
the upper zones in one application.  

Fluid Selection  

As discussed in Primary Cementing, many drilling fluids are incompatible 
with cement slurries and can cause excessive gelation and delayed 
compressive-strength development. Drilling fluid is also damaging to many 
producing formations. Whenever possible, drilling fluids should be circulated 
out the wellbore and replaced with clean, solids-free fluids such as water, 
KCl, and NaCl brine before the squeeze is performed. Completion fluids can 
also be used, but some completion fluids such as zinc bromide, calcium 
chloride, or calcium bromide brines are also incompatible with cement 
slurries, and they will cause a very rapid set. 

When problem areas behind the casing will be squeezed, perforations must 
be shot in the casing to establish a communication path to the problem. 
Whenever possible, the casing should be filled with clean fluid during the 
perforating process (Perforating). If drilling fluid is left in the hole during 
perforation, the fluid and any solids remaining in perforation tunnels should 
be removed before the squeeze. Otherwise, they might block the flowpath or 
be pushed into the formation ahead of the cement slurry. 

Often, perforations become clogged and are very difficult to open before the 
squeeze. Perforations cannot always be opened by the simple application of 
pressure; other methods may be required. Diverting agents or perforation 
ball sealers are frequently used to divert fluid as pressure builds and to open 
new perforations. Perforation wash tools are also recommended. Surge tools 
may also help open stubborn perforations. HCl or HCl/HF acids are 
frequently used to clean perforations and dissolve any rust, scale, or clays 
behind the casing or in the formation. Surfactants and chelating agents 
increase acid penetration, water-wet the surfaces, and trap metallic salts as 
the acid spends and the pH rises. Diesel, xylene, or aromatic solvents are 
frequently used to remove oil-based drilling fluids, asphaltenes, and 
paraffins around the perforations. Unless perforations are open and cleaned, 
they will seldom accept the cement slurry, and an unsuccessful squeeze may 
result. 

Spacer fluids or preflushes should be used ahead of the cement slurry. These 
fluids separate the slurry from the drilling fluid when the squeeze is 
performed with drilling fluid in the wellbore. Spacers and preflushes should 
(1) be compatible with the drilling fluid and cement slurry, (2) effectively 
sweep drilling fluid from the wellbore, and (3) water-wet the formation 
surfaces to enhance cement bonding. 
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Slurry Design 

Key properties of any squeeze slurry design are density, viscosity, thickening 
or pumping time, and fluid loss (Smith, 1990). Compressive strength is not 
that critical since the slurry is dehydrated in place. As dehydration occurs, 
the cement density climbs quickly and may easily exceed 20 lb/gal, a 
density that usually produces tremendous compressive strength. API test 
conditions are generally the basis for cement slurry designs; however, the 
best designs simulate actual well conditions, and again, temperature and 
pressure are the main factors to control. The same additives used in primary 
cementing are required under the same conditions in squeeze cementing.  

The following basic design guidelines are commonly used: 

Basic Slurries Light, thixotropic Class A, G or H cement 11 to 13 lb/gal 

Extenders Bentonite, sodium silicate, calcined gypsum, 
normal thixotropic- cement, calcined gypsum 

13.8 to 15 lb/gal 

  Class A, G or H cement 15.6 to 17.5 lb/gal 

Additives Retarders, dispersants, fluid-loss additives 
35% silica at BHST >230°F, barite or 
hematite at densities > 
17.5 lb/gal 

  

Fluid loss is probably the most important parameter to consider (Beach et 
al., 1961; Binkley et al., 1958). Based on API high-pressure, high-
temperature (HPHT) tests (1000 psi, 325-mesh screen), regular cement 
mixed with water has a fluid loss greater than 1000 cm3/30 min (API Spec 
10, 1990). Almost total dehydration of the cement slurry occurs in seconds, 
creating a thick filter cake. When cement slurry is used without fluid-loss 
control, bridging can occur in the workstring, perforation tunnels, or 
annulus. Once cement particles pack off, the excessive pressure needed to 
fracture the cement may also fracture the formation. Many squeezes are 
performed with moderate fluid-loss control (200 to 500 cm3/30 min API). 
This level of fluid-loss control provides rapid dehydration but reduces the 
rate of filter-cake development and will seldom bridge a casing or 
workstring. For maximum slurry penetration, a 50-cm3/30 min API fluid-loss 
control level is preferred. Dehydration is very slow, and only a moderate 
filter cake develops, but this filter cake is adequate to seal perforation 
tunnels. Although extremely low fluid loss (<20 cm3/30 min) is possible with 
modern additives, the resultant filter cakes may be too thin to seal off 
perforation tunnels or too weak to withstand pressure; therefore, they may 
be easily pumped away or swabbed off after the squeeze. A variety of solid 
and liquid fluid-loss additives is available for every type of cement design 
condition. Recommended squeeze cement slurry design guidelines are 
presented in Table 9-3.  
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Table 9-3 Cement Composition Properties for Various Types of Squeeze 
Application 

Problem Recommended Slurry Properties 

Casing-shoe squeeze API density, high fluid-loss, rapidly dehydrating slurry or 
moderate fluid-loss slurry followed by high fluid-loss slurry  

Linear top squeeze Low fluid-loss slurry to prevent bridging in tight annulus 

Water zone or lost-circulation interval Thixotropic cement, no fluid-loss control, LCM additives; or 
may need barrier to squeeze against, i.e., CaCl2 brine and 
sodium silicate spearhead 

High water flow in zone  Slurry Oil Squeeze or Gunk Squeeze, diesel oil:bentonite +/- 
cement combination, or larger water seal-off cement design 
with silicate spearhead and LCM 

High-permeability zone Low fluid-loss slurry 

Vugs or fractured formation Thixotropic slurry followed by moderate fluid-loss slurry 

Low-permeability zone Low-to-moderate fluid-loss slurry for greater penetration in 
high-pressure squeeze 

Squeeze lower perforations  Low fluid-loss slurry to prevent dehydration in casing and 
penetration into the zone; do not use LCMs 

Split casing No fluid-loss control for short sections, and thixotropic slurries 
for longer sections 

Corroded casing Low fluid-loss slurry, or thixotropic slurry followed by low 
fluid-loss slurry 

Long perforation interval Low fluid-loss slurry, or low fluid-loss slurry followed by a high 
fluid-loss design 

Failed connection Extremely low fluid-loss if split will take whole cement epoxy 
resin, or very fine cement (8000 to 9000 cm3/g) 

Cement composition and execution procedures can be calculated by 
commercial squeeze-cementing design simulators that are similar to those 
used for designing primary treatments. Figure 9-7 provides an example of 
simulator input and output.  
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Figure 9-7 Comparison of actual surface pressures during a foam cement squeeze 
with predicted surface pressure 

As described by Bour et al. (1990), simulators compare theoretical surface 
pressure predictions to actual pressure responses and relate these responses 
to the downhole progress of the squeeze. 

Experience and repeated successes furnish the best design guidelines for 
squeeze cementing; however, a primary cementing design and procedure 
that eliminates the need for squeeze cementing is more desirable. 

Squeeze-Job Procedures 

Thus far, this chapter has presented a technical review of problem 
diagnostics, types of applications, slurry specifications, and job design 
considerations for avoiding or applying squeeze cementing. Careful review of 
this information will provide a better understanding of squeeze cementing; 
however, training and experience are necessary to master this complex 
process. Numerous publications on this topic have been written in the past 
40 years, and the science of squeeze cementing has been greatly improved 
in the last decade (Rike et al., 1982; Cementing, 1992). The following 
example illustrates the various aspects of preparing a squeeze-cementing 
procedure. Although every type of application cannot be presented in this 
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book, the following example clearly shows the steps involved and the 
complexity of this application.  

Diagnostics 

A primary cement job has been performed on a 7-in. OD, 25-lb/ft production 
casing. After 48 hours WOC time, the bond log and the interpretations of 
other logging tool results, when compared to the primary cementing 
program, confirm that a channel exists in the annulus across a principal 
production interval. The casing depth is 10,000 ft total depth (TD), and the 
zone of interest ranges from 9750 ft to 9850 ft. The BHCT is 140°F. The 
formation is a low-permeability sandstone that has an 0.6-psi/ft fracture 
gradient. The zone at TD is weaker than the production interval and has a 
fracture gradient of only 0.7 psi/ft. A 10-lb/gal polymer drilling fluid was 
used to drill to TD and displace the primary cement. Isolation was necessary 
to test and produce this zone, and later to test secondary zones located up 
the hole. A "block" squeeze will be necessary to seal off the channel. The 
following squeeze plan and cementing procedure are recommended to solve 
this problem. 

Squeeze-Cementing Plan 

Because a low fracture gradient exists at the bottom of the well, a bottom 
squeeze tool or bridge plug should be used. This tool will prevent possible 
overpressuring and fracturing out the bottom of the well as the attempted 
squeeze occurs at the production interval.  

1. The interval is perforated with a tubing-conveyed gun run on 2 
7/6-in. OD EUE tubing. Perforations are made across the top 
50 ft of the interval (9750 to 9800 ft), 4 shots/ft at 360° 
phasing.  

2. Since the 10-lb/gal polymer drilling fluid may be damaging to 
the formation, the wellbore is circulated, and 10-lb/gal NaCl 
completion brine is loaded into the hole for perforating.  

3. After perforating is completed, the hole is circulated to clean 
the perforations. If necessary, a perforation wash tool can be 
run in the hole to jet and clean all perforations.  

4. The tubing is then tripped out of the hole, and a retrievable 
bridge plug is installed, run in the hole, and set at a depth of 
9850 ft. The tubing is then removed from the bridge plug and 
pulled up. Then, a column of approximately 30 ft of sand is 
slowly pumped with the brine and allowed to settle on top of 
the plug. This sand prevents the bridge plug from being 
cemented in the hole and brings the false bottom of the well 
up to 9820 ft (or 20 ft below the bottom perforation).  

5. A circulating, retrievable packer equipped with a 200-ft tailpipe 
is run in the hole on the 2 7/6-in. tubing to a packer depth of 
9575 ft. This packer extends the tailpipe into the middle of the 
perforated interval. With circulation ports open on the packer, 
the hole is circulated.  
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6. Next, 20 bbl of 7.5% HCl:1.5% HF acid + 1 gal/bbl nonionic 
surfactant is pumped down the tubing to "break down" the 
formation. Once acid is displaced to the end of the tailpipe with 
the completion brine, the packer is set and the circulation 
ports are closed. Pump pressure is built up slowly until 
formation breakdown occurs and acid injection begins. All 
pressures and flow rates are recorded.  

7. Acid is displaced into the perforations and the injection rate 
and pressure are monitored. An injection rate of 2 bbl/min is 
usually sufficient to clean the perforations, clear the channel, 
and treat the formation near the wellbore. Alternating rates or 
pressure surging may help open and clean any partially 
clogged perforations. Once complete, the pumps are shut 
down and the instantaneous shut-in pressure (ISIP) is 
recorded.  

8. The packer is then released (unseated), pulled up the hole, 
and reset at a level high enough above the bottom perforation 
to allow complete cement slurry placement below the packer 
and across all perforations before the squeeze is started. If the 
packer were set lower (for example, at the perforations), the 
cement would have to be reverse-circulated out of the tubing if 
the total volume was not displaced during the squeeze. Setting 
the packer high and using the tailpipe allows all cement to be 
placed below the packer before the squeeze begins and 
eliminates problems that may be caused by reverse-
circulating. The cement that remains in the casing after the 
squeeze is drilled out later. Setting depth has been calculated 
at 9285 ft. When the packer is set, the circulation ports are 
opened and completion brine is circulated.  

9. Because the cement slurry is greatly accelerated if it is 
commingled with the completion brine, 30 bbl of 9-lb/gal 
compatible spacer is used to separate cement slurry from 
brine. A total of 25 bbl of spacer is pumped ahead of the slurry 
and 5 bbl are pumped behind the slurry.  

10. Because of the great length of this interval and the possibility 
for cement to be displaced above and below the perforated 
interval behind the casing, 100 sacks of cement + 0.5% fluid-
loss additive + 0.2% retarder is batch-mixed on the surface. 
The cement slurry density is 15.8 lb/gal; the slurry has a 
thickening time of 3 hours and an API fluid loss of 100 to 200 
cm3/30 min.  

11. The following pumping sequence will occur: 25 bbl spacer, 20 
bbl cement slurry, 5 bbl spacer, 10 lb/gal completion brine. 
Pump rates are controlled and displacement occurs until the 
cement slurry has cleared the packer. Once the slurry is 
properly placed, the circulation ports are closed, and the 
squeeze process begins.  

12. The cement is displaced at 1/4 to 3/4 bbl/min and the surface 
gauge pressure is monitored. Once pressure builds to the 
calculated squeeze pressure, pumping is stopped for 5 to 10 
minutes; then, the pumps are slowly engaged and the 
pressure is observed. If all voids are full, the pressure should 
immediately increase to squeeze pressure. If squeeze pressure 
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is not achieved, displacement is continued until the pressure 
builds. The process is repeated until the squeeze is complete.  

13. The packer is slowly unseated and pulled up the wellbore until 
it is clear of all cement (approximately 10 casing joints). The 
wellbore is then reverse-circulated and brine is pumped down 
the backside of the tubing to clean the packer. Pump rates 
should be carefully controlled; otherwise, excessive downhole 
pressure could damage the squeeze.  

14. Once reverse circulation is completed, the well is shut down for 
6 to 8 hours of WOC time. At this time, the bottomhole 
assembly (BHA) and bit are made up, and then the bit is 
tripped into the hole to drill out any excess cement across the 
perforations. If the cement tagged is soft or drills too easily, 
the bit is pulled up, the hole is circulated, and the WOC time is 
extended until the cement can be safely drilled out.  

15. Once drillout is completed, pressure is applied to the squeezed 
interval as a means of testing the squeeze. At this stage of the 
job, the squeeze must not be overpressured; excessive 
pressure could fracture the curing cement in the perforations 
or in the channel. Generally, 1000 to 1500 psi should be 
sufficient for testing, provided this range does not exceed the 
previously established injection pressure.  

If the job has been successful, operations are continued as planned, and 
drilling resumes to the sand-fill on top of the bridge plug. If the bridge plug 
will be retrieved or moved and reset for future work, operators must trip 
out, make up the assembly, run into the hole, and unseat the bridge plug. If 
not, the bridge plug can be drilled out.  

If the job has not been successful, the interval must be retested, the job 
must be replanned, and the interval must be resqueezed.  

Calculations 

The following data will be used for the squeeze-cementing calculations in 
this section. 

Capacity of 2 7/6-in. EUE tubing (0.005794 bbl/ft or 172.6 linear ft/bbl) 

Capacity of 7-in. OD (25-lb/ft casing) (0.3826 bbl/ft or 26.135 ft/bbl) 

Capacities are available from any pumping service company engineering handbook. 

Perforated interval: 9750 to 9780 ft 

Perforation density 4 shots per foot, 360° phasing 

Formation fracture gradient 0.8 psi/ft 

Completion-fluid pressure gradient: 10 lb/gal x 0.052 psi/ft = 0.52 psi/ft 

Bridge-plug depth: 9850 ft (+30 ft sand-fill for false bottom of 9820 
ft) 
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1. Slurry volume and packer setting depth. Based on the 
assumption that 100 sk of cement will be used, the following 
volume and fill equations are used:  

Volume Equation 

(9-1) 

where Vslurry is the volume of the slurry, bbl; S is the 
number of sacks of cement, and Y is the yield, ft3/sk. 

Fill Equation 

(9-2) 

where H is the height of cement column, ft, and C is 
the hole capacity, ft/bbl. 

Given that 100 sk of slurry at 15.6-lb/gal density has 
a yield of 1.15 ft3/sk, from Equation 9-1, Vslurry = 
20.5 bbl. From Equation 9-2, H = 535 ft of cement 
fill in the 7-in. casing.  

Therefore, the packer setting depth that would allow 
complete cement placement below the packer and 
across all perforations before the squeeze sequence 
is begun would then be 9820 ft (false bottom) - 535 
ft = 9285 ft.  

A 200-ft tailpipe will help displace the cement across 
the entire perforated interval. 

2. Displacement volume. Equation 9-3 is used for calculating 
job displacement.  

(9-3) 
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Approximately 71 bbl is required to prevent 
overdisplacement.  

3. Surface breakdown pressure. Equation 9-4 is used for 
calculating the surface "breakdown" pressure, pbd , to pump 
into the formation.  

(9-4) 

where FG is the fracture gradient and Ph is the 
hydrostatic pressure, which is equal to the 
completion fluid gradient × depth. Therefore, Pbd = 
(0.8 psi/ft × 9750 ft) - (0.52 psi/ft × 9750 ft) = 
2730 psi. 

This pressure is the optimum breakdown pressure. 
Breakdown can occur at lower pressures depending 
on the number of opened perforations, increased 
efficiency with higher viscosity, etc. 

4. Estimating squeeze pressure. Several recommended 
guidelines are available for estimating squeeze pressure. One 
of the simplest is to add 1000 psi to the breakdown 
pressure; in this case, 2730 psi + 1000 psi = 3730 psi. This 
pressure is the pressure at the perforations—not the surface 
gauge pressure. Another equation commonly used is  

(9-5) 

(9-6) 

Since Pcement = (0.052 psi/ft × 20 bbl × 26.135 
ft/bbl × 15.8 lb/gal) = 429 psi, Pspacer = (0.052 
psi/ft × 5 bbl × 172.6 ft/bbl × 11.0 lb/gal) = 494 psi  

and completion brine column = 9750 ft - 523 ft 
cement fill in casing - 863 ft spacer in tubing = 8364 
ft brine fill, Pcompletion brine = (0.052 psi/ft × 8364 ft × 
10.0 lb/gal) = 4349 psi. 

Thus, Ph = 4329 + 494 + 429 = 5272 psi, and from 
Equation 9-5, Psqueeze = 4478 psi. 

The difference between these two calculation 
methods is 750 psi. In this case, the use of 1000 psi 
above breakdown pressure provides an additional 
safety margin for successful completion. 
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5. Pressure at the injection point. The following equation is 
used for calculating the pressure at the injection point:  

(9-7) 

where pz is the pressure at injection point (top 
perforation), Ph is the hydrostatic pressure from 
fluid column ( 5272 psi), Pf is the friction pressure 
(usually negated at low pump rates), and pp is the 
pump pressure applied from surface equipment. 

Fracture pressure = 0.8 psi/ft × 9750 ft = 7800 psi  

The Pz should be kept below this value by at least 
1000 psi to prevent this interval from being 
fractured. Therefore,  

7800 psi (fracture pressure) - 5272 Ph = 2528 psi. 

If pump pressure or gauge pressure at the surface exceeds 2500 psi, the 
formation may fracture, so pump pressure should be kept at or below 1500 
psi. In this case, attempting to monitor squeeze pressure on the surface 
would result in fracturing the formation interval. Because of the low pump 
rates, friction pressures are negligible. 

Procedure 

Once the plan has been established and the calculations have been double-
checked, the last phase of the squeeze program is the squeeze procedure 
itself.  

Note: In the following example, the 10-lb/gal drilling fluid has already been 
changed to 10-lb/gal NaCl completion fluid. The casing has already been 
perforated from 9750 to 9800 ft, and the bridge plug has been set in the 
casing at 9850 ft. A 30-ft column of sand has been dumped on top of the 
bridge plug. The well has been circulated at 3 to 5 bbl/min to stabilize 
conditions.  

1. All 2 7/6-in. tubing is inspected, and a drift (a device with OD 
similar to tubing ID) is run inside the tubing to ensure that the 
tubing is clean and unobstructed.  

2. All equipment and valve assemblies are positioned where 
personnel can observe them. Verbal communication will be 
used; however, hand signals may also be necessary. All 
communication equipment is checked.  

3. All emergency safety equipment is positioned in easy-access 
areas close to the operation.  
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4. The working condition and pressure ratings of all surface 
valves, lines, and connections are examined.  

5. The pumping equipment is isolated and all lines are pressure-
tested to exceed squeeze pressure.  

6. If field test equipment is available, a test series is run on a 
sample of the cement blend to verify that data are repeatable. 
The service company's cement mixing instructions are 
reviewed and the volumes of cement, additives, and mix water 
are verified. Representative samples of each material are 
collected and stored for after-action testing in case of job 
failure.  

7. The BHA, consisting of the retrievable packer and tubing 
tester, is made up on the 2 7/6-in. tubing. The workstring 
should be pressure-tested when it is halfway in the wellbore.  

8. A length of 200 ft of tailpipe is run below the packer assembly, 
and the 2 7/6-in. tubing is run into the 7-in. casing at a run-in 
rate of approximately 90 ft/min.  

9. When the tubing is approximately halfway down the casing 
(4900 ft), the packer is set, and the annulus and tubing are 
pressure-tested to the maximum reverse-out pressure for the 
entire cement column. In this case, the cement column 
consists of 20 bbl × 172.6 ft/bbl or 3452 ft of cement. The 
column produces a differential pressure of (15.8 lb/gal × 0.052 
psi/ft) = 0.822 - (10 lb/gal × 0.052 psi/ft)= 0.52, so (0.822-
0.52) × 3452 ft = 1042 psi. (This pressure is the maximum 
anticipated casing pressure for circulating all the cement out of 
the tubing.)  

10. The packer is then run to depth at 9575 ft, and circulation is 
established. The packer is set and the tubing and annulus are 
again pressure-tested. The packer's circulation bypass ports 
are then opened and a 20-bbl breakdown of HCl/HF acid is 
displaced down the tubing. Once the fluid is displaced just 
above the packer, the tubing tester is released and acid is 
injected, which breaks down the formation and cleans the 
channel. At this time, the breakdown pressure is recorded. 
Displacement into the formation continues until an injection 
rate of approximately 2 bbl/min is established. The circulation 
bypass ports are then opened and 10-lb/gal brine is circulated 
in the hole.  

11. The packer is unseated and slowly pulled up to the required 
setting depth (9285 ft) for the squeeze-cement job. The 
packer is set and the tubing and annulus are pressure-tested 
again. The test pressure must be kept below the recorded 
breakdown pressure.  

12. Next, 20 bbl of cement slurry is batch-mixed to 16 lb/gal. 
Density is checked with a pressurized mud balance. Then, 30 
bbl of 9-lb/gal spacer is made up and its density is checked.  

13. With the packer set and the bypass open, the following 
pumping sequence is performed: (a) 25 bbl of spacer, (b) 20 
bbl of cement slurry, (c) 5 bbl of spacer, and (d) 10 lb/gal of 
completion brine for displacement. The cement is displaced 
down the 2 7/6-in. tubing until the cement volume has cleared 
the packer (the total fluid pumped to this point equals 9285 ft 
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÷ 172.6 ft/bbl or 54 bbl). At this point, 5 bbl of spacer should 
be located just above the packer, and the entire openhole 
section below the packer should be full of cement since the 
heavier 12-lb/gal cement will easily displace the brine and 
spacer (up the wellbore) ahead of it.  

14. The packer bypass is then closed, and the cement is squeezed 
into the perforations at ¼ to ½ bbl/min. During this operation, 
the pressure must not exceed 1500 psi on the surface.  

15. Once squeeze pressure is obtained, the pumps are stopped for 
5 to 10 minutes. At this point, the packer should be clear of all 
cement, and the 5 bbl of spacer and displacing completion fluid 
should be in or through the tailpipe. Cement will still be 
outside the tailpipe.  

16. Pumping is slowly resumed and pressure is observed. If the 
squeeze has been successful, the pressure should rapidly 
return to its previous reading. Pressure is then held on the 
tubing for 15 minutes for testing. If additional breakdown 
occurs at any perforations, the pressure may bleed off slightly. 
If bleedoff occurs, pumping must be resumed.  

17. Once the squeeze has been tested successfully, the packer is 
unseated, the bypass valves are opened, and 10 joints of 
tubing (approximately 400 ft) are slowly pulled up to clear the 
tailpipe. If the tailpipe becomes stuck, it can be broken off 
below the packer and drilled out later. Reverse-circulation 
occurs until the packer is clear. Note: In this procedure, the 
cement in the casing is not removed by reverse circulation 
through the packer. Instead, a safer approach is used, in 
which the packer is pulled above the cement and the cement is 
drilled out of the casing.  

18. After 12 to 24 hours, the drillstring is run in hole, and the 
cement is drilled out. Then, either the squeeze can be tested 
or a bond log can be run on the treated section. If the 
treatment was successful, the bridge plug isolating the lower 
wellbore can be drilled out, retrieved, or moved to a new 
location for other treatments.  

19. All records, laboratory reports, pressure charts, and other 
pertinent data are kept for job evaluation and improvements 
for future applications.  

Job Evaluation 

The primary evaluation method for a squeeze treatment is the application of 
hydraulic pressure to the treated interval. Increased pressure response 
indicates that a seal was obtained. This pressure can be applied either by 
pumping into the well (positive differential into the well) or by reducing 
hydrostatic pressure in the wellbore through the use of swabbing or 
introducing a lighter fluid into the wellbore (negative differential into the 
well). Additionally, squeezes to recement or to fill voids behind casing can be 
evaluated through the use of bond logs. 

 



 435 

Plug Cementing 

Plug cementing refers to the placement of cement slurry in a wellbore to 
create a solid seal or "plug." This form of remedial cementing can be 
conducted at any time during the life of the well for a variety of reasons, 
including those outlined in Table 9-4.  

Reasons To Set a Cement Plug 

 

As with squeeze cementing, the wellbore problem must be correctly 
diagnosed, the wellbore condition must be well understood, and the 
application must be properly planned, designed, and controlled. However, 
the problem diagnosis for plug cementing is more straightforward than for 
squeezing. 

Plug-Cementing Theory and Mechanics 

The theory of plug cementing appears to be simple and straightforward: A 
plug location is selected, and the cement is mixed, pumped, and allowed to 
set. In reality, however, plug-cementing applications are significantly more 
complicated because of the unknown nature of the environment in which the 
plug will be placed, the unstable nature of static slurries, and the inability to 
sufficiently displace resident well fluid. 

Since plugs can be set throughout the life of the well, the wellbore 
temperature at the point of plug placement may range from a static 
temperature for zones that have long been undisturbed to temperatures that 
are well below the normal circulating temperature for lost-circulation zones. 
As discussed earlier for squeeze applications, accurate temperature 
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estimates are essential for the proper set control of the cementing 
composition. Additionally, the condition of resident fluids varies widely, and 
the displacement and conditioning methods discussed in Primary Cementing 
are required to ensure that the hole is completely filled with uncontaminated 
slurry. These two criteria require no new theory or mechanics beyond those 
previously described. Additional considerations are covered in Section 9-3.3. 

The unstable nature of static slurries is second only to fluid contamination as 
the leading cause of cement-plug failure. Since cements and most other 
fluids in the wellbore are slurries, these fluids must suspend the solid 
particles they contain even when fluids are static. Variations in density or 
slurry consistency can create instability whereby a denser fluid on top flows 
through a lighter fluid below. 

Beirute (1978) conducted a theoretical study of the movement of unset 
cement plugs after placement. This study combines analytical model 
development from the fundamental equations of motion for the internal 
phase (slug of plug slurry) and external phase (wellbore fluid below the 
plug) with confirming laboratory modeling. The resulting mathematical 
model analyzed the potential for plug stability or movement for field 
applications when the geometry, rheology, and density of the fluids were 
known.  

Results from the modeling were summarized into the following qualitative 
practices for unwanted plug movement:  

• Matching plug cement slurry density to resident fluid density 
as closely as possible while still accomplishing plug 
performance demands  

• Using thixotropic cements with high yield points  
• Using the minimum possible retardation (accurate placement 

temperature must be known)  
• Maximizing plug length  
• Using small-diameter tubing to place a balanced plug and 

retrieve the tubing as slowly as possible  

Calvert et al. (1995) conducted additional laboratory investigations of plug-
cement stability in various geometries with various fluid properties. This 
experimental work confirmed previous work and resulted in empirical 
guidelines for density differentials and minimum drilling-fluid rheology. The 
authors cited the boycott effect (Davis and Acrivos, 1986) as the instability 
mechanism for cement migrating through low-rheology drilling fluid. This 
effect describes the migration of particles from each slurry, which creates a 
downward movement of the heavier cement through the less dense, thinner 
drilling fluid. However, as supporting fluid (drilling fluid) becomes thicker, 
downward migration occurs as the "roping" of whole cement slurry through 
the lighter drilling fluid. A rough correlation between the density differential 
and the drilling-fluid yield point is proposed to indicate plug stability. 

This study revealed that horizontal cement plugs would form easily if the 
yield point of drilling fluid is sufficiently high (30 to 40 lb/100 ft2). Under 
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these circumstances, the cement would require a high yield point and a low 
volume of free water to create a plug seal.  

Problem Diagnosis 

Cement plugs can correct a wide array of problems. Each problem requires a 
different plug type or procedure. These plug variations are described below.  

Lost Circulation 

According to a 1991 API survey, lost circulation occurs during drilling on 
about 20 to 25% of wells drilled worldwide. Lost circulation is caused by all 
or part of the drilling fluid flowing up the annulus and entering a weak 
formation through natural or induced fractures or vugs. In severe cases, lost 
circulation can result in the total loss of fluid introduced into the wellbore. 
Minor lost-circulation problems can usually be alleviated with the addition of 
lost-circulation material (LCM) to the drilling fluid or the reduction of drilling-
fluid density where possible. In severe cases, the leak path must be sealed 
by a cement plug. The severity of the fluid loss is based on its economic 
impact, its effect on cuttings removal, and its ability to maintain well control.  

Lost-circulation plugs usually consist of low-density, quick-setting cement. 
Although non-Portland cement materials can be used to combat lost 
circulation, Portland cement is the most durable material, and it offers the 
best chance for success for permanent lost-circulation control. LCM is usually 
added to keep slurry from migrating into lost-circulation zones. LCMs range 
from fast-setting hydraulic materials such as blast-furnace slag or gypsum 
cement, to organic or inorganic materials that can be triggered to gel or 
precipitate bridging material. These materials are useful for many 
applications, and some offer advantages of compatibility, speed, or cost.  

Kickoff Plugs 

If debris or objects lost in the hole must be sidetracked, or if directional 
drilling is required, a kickoff plug must be used. In this operation, which can 
occur either in open or cased hole, the plug is set just below the point at 
which the directional hole will be started. Next, a window is milled in the 
casing if applicable. Then, a bit with a bent (deviated) sub is run in the hole 
to drill against the plug, which provides resistance to drilling. This resistance 
forces the bit to drill into the side of the wellbore, creating a new path for 
the well. Kickoff plug cements must be dense, high-strength cements that 
are resistant to drilling. In addition to strength and density, other factors 
affecting drillability include reduced water requirements because of 
dispersant addition and increased ductility through polymer modification. 
The addition of silica or inert weighting materials has no positive effect on 
the cement's drillability.  
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Well Abandonment 

When production from a zone falls below commercial levels, and the 
operator wants to produce from other zones up the well, a cement plug can 
be placed across the zone to seal it from the wellbore. This operation 
requires cement to be placed across the depleted zone, creating a fluid-tight 
seal as a result of dehydration and node creation, just as in a squeeze 
application. 

Similarly, cement plugs are used to seal a well being abandoned. Procedures 
and plug locations are often specified by regulatory authorities, but the 
function of the cement plug is the same. Plugs set for abandonment must 
consist of durable, nonshrinking, low-permeability cement. Cement 
compositions for this application are usually of normal density. Depending on 
the well configuration and local regulations, ten or more plugs may be 
required to abandon the well.  

Temporary Plugs 

If the borehole wall is too weak to support a sidewall anchor, cement plugs 
can provide a temporary solid base for test-tool applications. These plugs 
must be strong enough to support the tool's weight and to seal the lower 
portion of the well. Since these plugs are set in open hole, the hydrostatic 
pressure generated by the plug and the plug cement's density must be 
considered in the design. 

Other types of less permanent plugging materials seal producing formations 
from the wellbore for workover operations. These materials include silicate 
gels, barite, sand, and polymer gels. A special type of acid-soluble cement, 
described by Vinson et al. (1992), forms a solid seal across a producing zone 
for workover isolation that can later be removed with an HCl treatment. This 
acid-soluble cement allows positive sealing characteristics without near-
wellbore damage associated with regular Portland cement.  

Plug Effectiveness 

Failure of a plug attempt typically results in another attempt. Sometimes, 
the procedure or mechanics of the treatment are altered, but often, the 
same technique is attempted until success is achieved. The average 
estimated success rates for different types of plugs range from 35% for 
kickoff plugs (Heathman et al., 1994) to 5 to 20% for lost-circulation plugs 
(Bugbee, 1953). These low success rates can be significantly increased if the 
plugs are properly designed and installed.  

Controlling Factors  

Since the materials used in plug cementing are usually Portland cement-
based, the design criteria described in Primary Cementing affect plug cement 
behavior. However, these criteria may have a slightly different impact on the 
application, just as they did for squeeze cementing. 
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The application temperature for plug placement relative to static 
temperature varies widely with the well condition and the time since last 
circulation. Because the success of a plug placement ultimately depends on 
the cement curing in a relatively narrow time window, accurate knowledge of 
placement temperature is mandatory for successful design. Low estimates of 
placement temperature result in under-retarded slurries that may hydrate 
too quickly; high estimates of placement temperature can result in over-
retarded slurries that may not fully set within the planned WOC time. 
Because cementing the drillstring in the hole during plug placement is a 
catastrophic event, most plug cement designers are cautious concerning 
placement temperature and thickening-time requirements. As a result, many 
plug cement slurries are over-retarded, resulting in plugs that have 
strengths lower than originally planned for the remedial operation. 

The length of the plug is dictated by the severity of the problem requiring 
attention, the depth of the wellbore to be treated, and government 
regulations. Minimum lengths are approximately 10 ft, but plug lengths of 
500 ft are not uncommon. As discussed in Section 9-3.1, the length of the 
plug influences its stability.  

When a cement plug is placed into a wellbore, the fluids occupying the hole 
must be displaced. Poor displacement can result in the primary problem 
encountered in plugging operations: cement contamination. Standard design 
practices dictate the use of a minimal volume of cement to create the plug. 
Additionally, minimal spacer volumes or hole conditioning operations are 
used. However, these small volumes of cement must remain 
uncontaminated if they are to achieve the designed performance 
characteristics. Therefore, excellent displacement and compatibility 
measures are required to sweep the wellbore fluids from the hole and 
segregate them from the cement. To minimize contamination, plug 
designers must often deviate from minimum cement volumes, apply best 
practices to condition the fluid in the wellbore, and use realistic fluid 
volumes.  

As stated earlier, cement-plug placement is difficult because the cement 
slurry is usually more dense than the wellbore fluid being displaced. Thus, 
the plug must balance on a column of lower-density fluid, making fluid 
migration an unwanted possibility. The downward migration of unset cement 
plugs because of density differences is second only to cement contamination 
as a cause for cement-plug failure. In addition to density differential, the 
problem is aggravated because the cement and drilling fluid are both 
slurries. Movement of particles from the slurries at the fluid interface 
initiates instability, which can result in the entire plug flowing to the bottom 
of the hole while the lighter drilling fluid comes up the hole from below. 
Solving this problem requires both careful placement techniques and the 
design of a cement slurry that will maximize integrity. These criteria are 
outlined in Section 9-3.1, and specific guidelines are covered in Section 9-
3.6.  

Other mechanical problems are created by plug placement in an eccentric 
annulus. Usually, the annular radius between the wellbore and workstring is 
greater than that described for primary cementing in Primary Cementing. 
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This size difference is especially true when coiled tubing is used as the 
workstring (a practice that is steadily increasing in workover operations). A 
large, eccentric annulus aggravates displacement mechanics because 
resident fluid is more easily bypassed by cement moving at a low velocity. 
This low-velocity condition is further aggravated when coiled tubing is used, 
because the flow rate through the tubing is limited by the reduced diameter 
and pressure limits of the tubing.  

Wellbore deviation also produces complex geometry for the placement of a 
stable plug (Calvert et al., 1995). As deviation increases, gravity and density 
effects make the formation of a complete wellbore seal very difficult. 
Thixotropic slurry designs that minimize static movement, extended plug 
lengths, and mechanical packers that "stack" the slurry will improve the 
chances of successful plug placement.  

Placement Techniques 

One of the following placement techniques can be used to place cement 
slurry for plug formation:  

• Balanced-plug method  
• Dump bailer method  
• Two-plug method  
• Mechanically supported method (with jet-hole cleaning)  

Additionally, several variations of each method can be applied to improve 
chances of achieving plug placement. These methods are described 
thoroughly by Smith (1991). The method chosen is based on the volume of 
depth of the plug's location, the difficulty associated with setting a stable 
plug, and the economic or operational importance of placing a competent 
plug. Because of the low success rate of cement plugging operations, every 
possible procedural enhancement should be used to ensure successful 
placement. 

Balanced-Plug Method 

For this most prevalent method of cement-plug placement, cement slurry is 
pumped down open-ended drillpipe into the wellbore with the annulus open 
at the surface. When the height of cement inside the drillpipe is calculated to 
be equal to the height of the cement that has exited the drillpipe and 
traveled up the annular space, displacement is stopped. Thus, when spacer-
fluid density is taken into consideration, the fluid inside and outside the 
drillpipe is calculated to be at a balance point. Once the cement is placed, 
the drillpipe is slowly pulled from the plug (90 to 140 ft/min) to minimize 
disturbance of the cement. The drillpipe is retrieved to a point 10 to 15 
stands above the calculated top of the cement, and reverse circulation is 
started to displace any cement clinging to the pipe. This method (Figure 9-8) 
places cement in the wellbore in a balanced state with minimized 
disturbance, which allows the cement to form a homogeneous plug and to 
hydrate.  
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Figure 9-8 Cement plug placed by balanced-plug placement method 

Gelling chemical formulations or mechanical tools can be used to provide a 
base in the wellbore for a balanced plug, thus eliminating downward 
migration caused by density variation. As discussed in Section 9-3.1, cement 
and most other fluids in the wellbore during well construction are actually 
solids-laden slurries. Gravity, wellbore deviation angle, and fluid suspension 
characteristics govern a slurry's ability to remain stable in static condition. If 
unstable solids in the slurry migrate downward, or heavier slurry migrates 
through lighter slurry below it, plug placement becomes more difficult since 
a higher-density cement is usually placed on lighter drilling fluid. Mechanical 
tools create a solid support for the plug, prevent inversion and dilution of 
fluids, and ensure the accurate location of the plug in the wellbore.  

Chemical plug systems used as a base for a cement plug can either consist 
of highly gelled thixotropic fluids, such as bentonite or organic polymers, or 
they can be composed of materials that exist as fluids until, when 
commingled, they chemically react to form a gelatinous mass. This second 
type, described by Bour et al. (1986) can provide a relatively solid base for 
plug stability, supporting density differentials of over 7 lb/gal.  

Dump Bailer Method 

A dump bailer is a cylindrical container run into the well on wireline. A 
mechanically or electrically triggered mechanism on the bottom of the device 
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can open the bailer, releasing its contents into the wellbore at any specified 
depth. This method (Figure 9-9) usually requires a mechanical packer, which 
is placed at the point of the plug bottom to minimize migration of the small 
volumes of cement.  

 

Figure 9-9 Cement plug placed by dump bailer method 

Multiple bailer runs may be necessary to achieve the desired fill.  

For optimum dump bailer performance, especially at high temperatures, 
operators must use specially designed cement slurries that remain fluid after 
long static times at elevated temperature. Not only must setting reactions be 
retarded, but the slurry's static gelatin properties must be modified, as 
discussed in Chapters 8 and 10.  

Two-Plug Method 

For this method, workstring wiper plugs isolate the cement from well fluids 
in the drillpipe and provide a positive indication of cement placement. As 
shown in Figure 9-10, the bottom plug precedes the cement and wipes the 
inside of the workstring, preventing contamination.  
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Figure 9-10 Cement plug placed by two-plug placement method 

When the bottom plug reaches the end of the workstring, it exits into the 
wellbore and the cement moves up the annulus. As the last of the cement 
exits the plug catcher, the top plug seats in the plug catcher, resulting in a 
pump pressure increase, which indicates that cement placement is complete. 
The plug latches into the catcher to prevent cement flowback into the 
workstring.  

Next, the workstring is raised to the desired depth of the plug's top. 
Pressure-actuated ports are then opened, and reverse circulation is initiated 
to clean the inside of the workstring and to dress off the plug top at the 
correct height.  

Mechanically Supported Method with Jet-Hole Cleaning 

This adaptation of the balanced-plug method offers the best guarantee of 
plug location available. For this procedure, an inflatable-set packer provides 
a solid bottom for the plug. The packer is equipped with a diverter tool that 
thoroughly washes the wellbore by means of circulation as the tool is run 
into the hole. Above the packer, drillable aluminum tailpipe is installed to the 
required height of the plug. 

Once the tool is placed at the necessary location, the inflatable packer 
element is filled with cement and expanded in the hole to form a permanent 
mechanical bottom for the cement slurry, which will form the plug. Next, 
ports in the tailpipe just above the packer are opened, and cement slurry is 
circulated into place just as it was in the balanced-plug method. The tailpipe 
is then disengaged and left in the plug. 
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This method is costly and is only used in critical situations involving well 
control or on offshore rigs where costs associated with failed cement plugs 
are great. However, Heathman et al. (1994) report complete success for 
kickoff plugs when this method is used. 

Planning 

Once the need for a plug is established, a program detailing the design, 
execution, and evaluation procedures must be developed. The same general 
process outlined in Table 9-2 for conducting squeeze treatments also applies 
for plug treatments. Several key design parameters for plugs are discussed 
below. 

Plug Type 

The type of plug to be placed dictates plug length, cement composition 
performance parameters, and placement technique. Plug length mainly 
varies with placement techniques. The most common type of placement 
technique, the balanced-plug method, requires the most volume since the 
method is the most prone to cement contamination. Lost-circulation plugs 
and whipstock plugs should be designed with lengths of up to 500 ft of fill. 
The dump bailer method, usually used for temporary zonal isolation, 
requires short lengths since cement is accurately placed over a solid base 
created by the bridge plug. Cement composition for various plugging 
applications is outlined in Table 9-5. 
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Table 9-5 Cement Composition Properties for Various Plug Applications 

General Adequate retardation for placement but rapid strength development 

Nonshrinking Rheology adequately low for placement without excessive pump 
pressure but sufficient consistency to prevent settling  

Minimum density to produce desired ultimate strength 

Abandonment  

open hole 

cased hole 

Fluid-loss control  

Low permeability 

Low permeability 

Directional Drilling Resistance to drilling  

High strength, ductility 

Zonal Isolation  

Temporary 

permanent 

Thixotropic  

Filtrate non-damaging to formation  

Removable 

Low permeability 

Lost Circulation Thixotropic  

Low density 

Particulate LCM 

Formation Testing High intrinsic strength  

High bond strength 

Temperature 

The importance of temperature, discussed earlier in this chapter as well as in 
Primary Cementing, is magnified for plug cementing because of the unstable 
condition of the plug, which can be caused by lost-circulation flows or 
density differences. In every case, the cement must be designed to set as 
quickly and safely as possible. This criterion requires accurate knowledge of 
the application temperature at the time of placement. Although this 
information is difficult to obtain, it is the most critical variable in the design 
of any plug treatment. 

Wellbore Fluids 

The condition of wellbore fluids before cementing and the role of spacers 
were both emphasized earlier in this chapter and in Primary Cementing. The 
same general guidelines apply for plug cementing. Additionally, low 
placement flow rates and widely variable resident fluid conditions may be 
encountered in a plugging operation. As a result, larger amounts of spacer 
volume should be considered, as well as the use of such mechanical tools as 
centralizers and flow diverters.  



 446 

Deviation 

As deviation increases, the length of the plug should increase proportionally, 
with the length of a plug designed for a horizontal well being at least twice 
as long as a plug designed for a comparable straight-hole application. 
Mechanical or chemical aids to prevent migration improve the chance of 
success as deviation increases. 

Evaluation Procedures 

Evaluation techniques for most cement plugs are quick and straightforward. 
Plugs to isolate zones or wellbores are pressure-tested to ensure seal 
integrity. The success of a lost-circulation plug is based on the degree of 
circulation gained after the plug is drilled out. The success of sidetrack 
kickoff plugs is based on the plug's resistance to drilling and the successful 
initiation of the sidetrack hole. Plug tops are tagged to confirm that the plug 
is correctly placed. 

Designing the Cement-Plug Procedure 

The following section briefly describes the process of designing a cement 
plug. 

Tools 

Mechanical aids provide a positive base for the plug and improve the 
displacement of resident fluids. Bridge plugs, discussed in Primary 
Cementing, are commonly used to create a positive base and prevent static 
cement slurry from possibly moving. Placement in the well is calculated to 
the desired location of the plug bottom. Centralizers and scratchers, also 
described in Primary Cementing, are used on the placement tubing for 
balanced-plug methods. They enhance displacement of resident fluids by 
providing a concentric annulus and lowering fluid rheology by pipe 
movement with the scratchers. Flow diverters that jet cement out the 
borehole wall rather than straight down also improve displacement. Plugs 
and baffles used in the two-plug method isolate cement, thus preventing 
intermixing and dilution. 

Cement Composition 

Cement composition design is discussed in Primary Cementing. Table 9-5 
presents specific considerations for various types of plug applications. 

Procedures  

1. The location and length of the cement plug are determined.  
2. The tools and the placement method are selected. Whenever 

possible, mechanical aids are used. Although these devices add 
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cost to the procedure, they greatly improve the chances for 
success.  

3. Equation 9-2 or 9-8 is used for calculating cement volume. A plug 
length of 300 to 500 ft is generally used. For openhole plugs, as 
much as 100% more cement is used. For cased-hole plugs, as 
much as 50% more cement is used.  

4. Equation 9-13 is used for calculating displacement.  
5. The cement composition is then designed according to the 

guidelines in Table 9-5 and Primary Cementing.  
6. The resident fluid is conditioned according to procedures outlined 

in Primary Cementing.  
7. Spacer is pumped ahead and behind the cement. The spacer 

must be compatible with resident fluids, as discussed in Primary 
Cementing.  

8. If possible, pipe movement should be used during cement 
placement.  

9. After the cement is allowed time to set, the plug is tagged and 
pressure-tested.  

Plug Calculations 

1. Sacks of cement needed for required fill. Equation 9-8 
calculates the quantity of cement needed to fill the  
treatment zone. 

(9-8) 
The feet of fill for a given number of sacks is then calculated 
from Equation 9-2.  

2. Height of balanced plug. Equation 9-9 calculates the 
height of the balanced plug before the pipe is withdrawn.  

(9-9) 
where Cp is the capacity of drillpipe or tubing (sk/ft), and Ca 
is the capacity of the annulus (sk/ft). The capacity of the 
annulus can be measured between the drillpipe or tubing 
and the hole or casing. Some frequently used tables do not 
show the annular capacity for large hole sizes. In such 
cases, Ca is the capacity of the hole (sk/ft) minus the 
capacity of the hole (sk/ft) that is the same size as the 
drillpipe OD.  

3. Volume of spacers pumped ahead and behind cement. 
Equation 9-10 is used for calculating the spacer volume 
pumped ahead and behind cement for a balanced-plug 
design.  

(9-10) 
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where Vs2 is the volume of spacer ahead of cement (bbl), 
and Vs1 is the volume of spacer behind cement (bbl). To use 
Equation 9-10, select Vs1, the spacer needed in the drillpipe 
or tubing (usually 1 or 2 bbl) and solve for Vs1, the volume 
of spacer to be used in the annulus. This calculation will 
provide the same height of spacer both inside and outside 
the pipe.  

4. Volume of displacing fluid to pump balanced plug. 
Equation 9-11 is used for calculating the amount of 
displacing fluid to pump the balanced plug into place.  

(9-11) 
where V is the total volume of mud and spacer required 
(bbl), and Lp is the length of drillpipe or tubing (ft).  

Examples 

The following two examples are of typical cement-plug applications. The first 
example concerns a severe lost-circulation occurrence, and the second 
covers setting a kickoff plug through the use of the balanced-plug method. 
All pertinent design parameters are discussed.  

Lost-Circulation Zone 

During drilling, a lost-circulation zone was encountered at 6500 ft. The 
decision was made to spot a balanced plug of cement 300 ft long in an 8 
3/4-in. open hole. The drilling-fluid density at the time of the partial loss of 
returns was 12.5 lb/gal. A cement slurry will be designed near the density of 
the drilling fluid to minimize losses. This thixotropic slurry will contain 
particulate material to minimize losses into the formation. A volume of 20 
bbl of water will be pumped ahead of the cement slurry as spacer, and a 
sufficient volume of water spacer will be pumped behind the cement to 
provide a balanced plug. The plug will be spotted across the lost zone, and 
the drillpipe will be slowly pulled out of the plug. The plug will be allowed to 
set before drillout. 

Capacity of 5-in. (19.5-lb/ft) drillpipe: (0.01776 bbl/ft or 56.3 ft/bbl) 

Capacity of 8 3/4-in. open hole:(0.0744 bbl/ft or 13.4454 ft/bbl) 

Capacity of drillpipe/openhole annulus: (0.0501 bbl/ft or 19.9644 ft/bbl) 

Bottom of plug: 6500 ft 

1. Calculated slurry volume  
 
ft plug × 0.0744 bbl/ft in open hole = 22.32 bbl  

2. Calculated height of plug with drillpipe in place 
 
bbl / (0.01776 bbl/ft + 0.0501 bbl/ft) = 328.9 ft 



 449 

3. Calculated water spacer volume to pump after the 
cement slurry 
 
Lead water spacer annular height  
= 20 bbl × 19.9644 ft/bbl = 399.3 ft 
Water spacer volume after cement  
= 399.3 ft × 0.01776 bbl/ft = 7.1 bbl  

4. Calculated drilling-fluid displacement to spot and 
balance plug 
 
Total displacement = (6500 ft - 328.9 ft) × 0.01776 bbl/ft 
= 109.6 bbl 
Drilling-fluid displacement = 109.6 bbl - 7.1 bbl = 102.5 
bbl  

Whipstock Plug Example 

A prtion of the BHA is lost in the hole and cannot be retrieved by fishing 
operations. A whipstock plug will be set and the portion of the wellbore 
containing the fish will be abandoned and sidetracked. Offset well caliper log 
data indicate that the 7 7/6-in. hole size will be washed out to 9 1/2 in. in 
the section of the hole where the plug will be set. A 500-ft balanced plug will 
be placed with 16.4-lb/gal cement slurry (1.05-ft3/sk yield). Next, 50 bbl of 
viscosified spacer with a slightly greater density than the drilling fluid will be 
pumped ahead of the cement slurry, and a sufficient volume of the same 
spacer will be pumped behind the cement to provide a balanced plug. 

Plug setting depth: 9000 ft 

Bottomhole temperature at plug: 200°F 

Capacity of 4-½-in. (16.60-lb/ft) drillpipe: (0.01422 bbl/ft or 70.32 ft/bbl) 

Capacity of 9-½-in. open hole: (0.0877 bbl/ft or 11.4063 ft/bbl) 

Capacity of drillpipe/openhole annulus: (0.0680 bbl/ft or 14.7059 ft/bbl)  

1. Calculated cement volume 
 
ft × 0.0877 bbl/ft × 25% excess = 54.8 bbl (minimum) 
bbl × 5.6146 ft3/bbl / 1.06 ft3/sk = 290.26 sk of cement 
(round to 300 sk) 
sk × 1.06 ft3/sk × 0.1781 bbl/ft3 = 56.6 bbl total slurry 

2. Calculated height of the plug with the drillpipe in 
place 
 
Plug height = 56.6 bbl / (0.01422 bbl/ft + 0.0680 bbl/ft) = 
688.4 ft 
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3. Calculated spacer volume to pump behind the cement 
slurry 
 
Lead spacer annular height = 50 bbl × 14.7059 ft/bbl = 
735.3 ft  
Spacer volume after cement = 735.3 ft × 0.01422 bbl/ft = 
10.5 bbl 

4. Calculated drilling-fluid displacement to spot and 
balance the plug  
 
Total displacement = (9000 ft - 688.4 ft) × 0.01422 bbl/ft 
= 118.2 bbl 
Drilling-fluid displacement = 118.2 bbl - 10.5 bbl (spacer) 
= 107.7 bbl  

The previous examples are very basic job designs; they do not include 
recommended placement procedures and design improvements that would 
increase the likelihood of a successful plug after the first application. 
Heathman et al. (1994) discusses job design and execution 
recommendations that have greatly improved the success rate for whipstock 
plug applications. In addition to the job parameters discussed here and in 
Primary Cementing, these parameters include proper slurry design and 
volume, proper hole conditioning, plug stability, and plug placement through 
the use of a diverter wash tool and tailpipe assembly. 
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Ghapter 10 - Perforating
 

The Petroleum Well Construction Book was published by John 
Wiley and Sons. Content provided has been authored or co-

authored by Halliburton employees to be used for educational 
purposes. 

James Barker, Halliburton Energy Services 
Phil Snider, Marathon Oil Company 

 

Introduction 

After an oil or gas well is completed, the wellbore is isolated from the 
surrounding formation by casing and cement. Establishing fluid 
communication between the wellbore and formation, for either production or 
injection, requires some perforating operation. Perforating is the process of 
creating holes in the casing that pass through the cement sheath and extend 
some depth into the formation. The formation penetration can range from 
essentially zero to several inches, depending on the perforator used and the 
mechanical and physical properties of the materials being penetrated. The 
holes may be dispersed in an angular pattern around the interior of the 
wellbore; this dispersion is called phasing. The number of shots per linear 
foot can vary, typically ranging from 1 to 24 (or more if a zone is perforated 
several times); this number is referred to as shot density. Figure 10-1 shows 
the geometry of a typical perforated wellbore.  
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Figure 10-1 Perforated Wellbore Geometry (after Bell et al., 1995) 

Different methods can be used to create perforations in wellbores; bullet 
perforating is among the oldest. Hilchie (1990) reports that the original 
bullet perforator was conceived and patented in 1926, but it was not until 
the 1930s that the method started to gain widespread use. The bullet gun 
performed most perforated completion operations into the early 1950s, but 
little new development work has been done on bullet perforators for the past 
two decades (Bell et al., 1995). In the bullet-perforating method, propellant-
driven bullets are shot through casing and cement into the formation. A steel 
carrier, called a gun, is used to convey the bullet penetrators downhole. 
Firing is accomplished by sending an electrical signal down a wireline to 
ignite the propellant. The burning propellant accelerates a bullet through a 
short barrel (2-in. or shorter) to velocities up to 3300 ft/sec. This velocity is 
sufficient for the hard, armor-piercing bullet to penetrate casing, cement 
sheath, and formation. However, bullet-penetration performance decreases 
substantially in high-strength formations and when very high-strength 
casing is used (Bell et al., 1995 and Thompson, 1962). Currently, bullet 
perforators are used infrequently, but they still have applications in soft 
formations, brittle formations, or where consistently round holes in casing 
(for ball sealers) are needed (King, 1995). 

Another perforating method involves the use of high-pressure water jets or 
sand-laden slurries to abrade a hole into the casing, cement, and formation. 
The slurry is pumped down the tubing and turned at the bottom by a 
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deflector and nozzle arrangement that allows the fluid stream to impinge 
directly on the casing (King, 1995). Holes and slots can be made, and the 
casing can even be cut completely by manipulation of the tubing. In another 
method, a tool that uses a pump to force high-pressure fluid through a 
flexible, extending lance is conveyed downhole. In this process the lance jets 
its way into the formation. A major advantage of this method is that very 
clean tunnels can be created with little or no formation damage. The major 
drawback, however, is that the process is slow and expensive, and the holes 
must be created one at a time. Thus the process is impractical for long 
intervals. 

A third method to perforate wellbores, called jet perforating, involves the 
use of high explosives and metal-lined shaped charges. Jet perforating is by 
far the most widely used technique to create perforations in wellbores. Bell 
et al. (1995) report that over 95% of all perforating operations are 
performed with shaped-charge jet perforators. Jet perforators can be 
conveyed downhole by a variety of means: slickline, electric line, coiled 
tubing, and production tubing. Since jet perforating is the most popular 
method used today, the remainder of this chapter will be devoted to 
describing the technique and the hardware associated with it. 

The Explosive Train 

Jet-perforating systems comprise different explosive components that are 
linked to form an "explosive train." Figure 10-2 schematically shows a typical 
perforating gun and the explosive train inside it.  
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Figure 10-2 Perforating Gun and Explosive Train 

The pertinent explosive elements of the train are (1) an initiator, or 
detonator, that is used to start the explosive process, (2) a detonating cord 
that is used to transmit detonation along the longitudinal axis of the gun, 
and (3) shaped charges that perforate the casing and penetrate the cement 
sheath and formation. The explosives used in these components are called 
"high explosives." When initiated, high explosives react supersonically in a 
process called detonation. By comparison, "low explosives" react 
subsonically in a process called deflagration. Propellants and gunpowders are 
examples of low explosives, while TNT is an example of a high explosive. 
Low explosives are generally not used in jet-perforating applications, but are 
used instead in other oilfield situations such as setting plugs and packers 
and taking core samples from the formation sidewall. 

Primary and Secondary High Explosives 

The family of high explosives can be subdivided into two categories: primary 
and secondary. Primary high explosives are used in initiators only; their sole 
purpose is to start the detonation reaction with a small energy input (usually 
by electrical heating of a filament wire or by impact). Examples of primary 
explosives are lead azide and lead styphnate. They are sensitive to energy 
inputs from heat, flame, friction, impact, and static discharge. Tucker (1972) 
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reports that some primary explosives are sensitive to energy inputs as low 
as a few ergs; this presupposes that they must be used with great care. The 
oil industry still uses devices that contain primary explosives, but is rapidly 
moving away from them because of their sensitive nature. 

Secondary high explosives are used in all three components (detonators, 
detonating cord, and shaped charges) of the explosive train. The secondary 
explosives are much less sensitive to external stimuli than are primary 
explosives, and therefore are much safer to handle. Because of their 
insensitivity, they are somewhat difficult to initiate, but once initiated they 
release tremendous amounts of chemical energy in microseconds. Although 
TNT is a common secondary explosive, its relatively low thermal stability 
prevents it from being a viable oilfield explosive. For oilfield use the most 
widely used secondary explosives are RDX, HMX, HNS, and PYX. These four 
explosives differ in thermal stability and are necessary because of the wide 
range of downhole temperatures encountered worldwide. Table 10-1 gives 
additional information about these explosives.  

Table 10-1 Secondary explosives used in oilfield applications 

Explosive Chemical Formula Density 
(g/cm3) 

Detonation 
Velocity (ft/sec) 

Detonation 
Pressure (psi) 

RDX 
Cyclotrimethylene 
trinitramine 

C3H6N6O6 1.80 28,700 5,000,000 

HMX 
Cyclotetramethylene 
tetranitramine 

C4H8N8O8 1.90 30,000 5,700,000 

HNS 
Hexanitrostilbene 

C14H6N6O12 1.74 24,300 3,500,000 

PYX 
Bis(picrylamino)-
3,5-dinitropyridine 

C17H7N11O16 1.77 24,900 3,700,000 

Thermal Decomposition 

The thermal stability of explosives is important because explosives are 
energetic materials with decomposition rates that are exponential functions 
of temperature. At room temperature, where the decomposition rate is 
extremely small, the effective shelf life of an explosive can be a million 
years—but the same material will react within microseconds at 1500oF 
(Army Material Command, 1972). Other decomposition rates and 
corresponding lifetimes exist between these two extremes. 

The decomposition of explosives is a process that generates heat and 
releases gaseous byproducts (Cooper, 1996). This decomposition is 
commonly called "thermal outgassing," and if the heat generated by 
decomposition can be balanced by heat dissipation to the surroundings, then 
the explosive quietly decomposes until none remains. If, however, the heat 
generated by decomposition is not removed quickly enough, then it is 
possible for the process to become unstable, and the reaction can accelerate 
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uncontrollably until an explosion occurs (sometimes called "thermal 
runaway"). The process can be stated in simple terms as follows: 

 

The rate of heat generation caused by decomposition is an exponential 
function of temperature as mentioned before, while the conductive heat loss 
is not. As temperature increases, the heat generated by decomposition 
quickly begins to dominate and can result in a variety of outcomes, including 
catastrophic thermal explosion. To aggravate the process further, it is 
possible for gaseous byproducts generated by decomposition to serve as 
catalysts to the reaction, thereby increasing the rate even more. 

Figure 10-3 depicts a set of time-temperature curves that have been 
experimentally generated for various explosives.  

 

Figure 10-3 Time/Temperature Curves for Example Explosives 

They provide guidelines about the probability of quiet decomposition versus 
violent events. As long as a particular explosive stays below its time-
temperature curve, it will function properly. If the time-temperature 
relationship is exceeded, quiet decomposition may or may not take place, 
which means it is entirely possible that a violent event can occur. Thus the 
time-temperature limits should never be exceeded; further, it is important to 
recognize that no safety factor has been built into the curves, and that this 
safety factor must be accounted for when planning downhole jobs requiring 
the use of energetic materials. One must always consider the accuracy of the 
downhole temperature measurement or estimation and the amount of time 
the explosives will remain at that temperature under worst-case conditions, 
and adjust plans accordingly. Past experience with various exposure times 
has shown that a minimum safety factor of 50% should be applied when 
choosing the explosive type. For example, if the estimated time on bottom is 
60 hours, then 30 more hours (90 hours total) should be added when 
selecting an explosive from the time-temperature chart. 
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The curves are applicable for conditions where the explosive is exposed 
solely to the effect of temperature. In the case of gun systems where the 
explosive components are exposed to both temperature and pressure, the 
time-temperature relationship is different. As an example, HMX detonating 
cord is normally rated to 400oF for one hour at ambient pressure as shown in 
Fig. 10-3, but laboratory tests show it can undergo violent reaction after 
only 8 minutes when subjected to the simultaneous conditions of 400°F and 
15,000 psi. Thus, pressure serves to accelerate the decomposition reaction. 

Initiators 

Initiators currently used with perforating systems are of two general types, 
electric and percussion. For wireline conveyed systems, the most common 
mode of initiation is an electrical detonator, more generally referred to as an 
electroexplosive device, or EED. Hot-wire detonators are one common type 
of EED and Fig. 10-4a shows such a device in its simplest form.  
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Figure 10-4 Initiators for Perforating Systems 
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Safety improvements have been made by detonator manufacturers such as 
the incorporation of safety resistors in the legwires (Figure 10-4b). These 
so-called "resistorized" detonators can impede stray current flow (up to a 
small level) that might be picked up in the detonator circuit from 
unintentional sources. The stray current is converted to heat by I2R heating 
in the resistors rather than the bridgewire, resulting in a safer device. Other 
recent improvements in EEDs, such as the elimination of sensitive primary 
explosives, have also added to the safety of the devices. Exploding foil 
initiators (EFIs), exploding bridgewire detonators (EBWs), and deflagration-
to-detonationtransition (DDT) detonators are examples of EEDs that do not 
contain primary explosives. 

The relative safety among the different types of EEDs can be evaluated, to a 
first approximation, by comparing the threshold instantaneous powers to fire 
the devices. Table 10-2 shows these powers; those for EBWs and EFIs are 
extremely high and their safety is unquestionable; however, they require 
downhole firing modules and special firing panels to function.  

Table 10-2 Threshold Powers to Function Various Electroexplosive Devices 

Device Type Threshold Power Relative Safety Uses Primary 
Explosives 

Hot Wire 0.25 W 1 Yes 

Resistorized 13.8 W 55 Yes 

RF-protected DDT 187 W 748 No 

Exploding Bridgewire 125 KW 5 x 105 No 

Exploding Foil 1.5 MW 6 x 106 No 

The hot-wire and resistorized detonators are much simpler to fire, but are 
also the most susceptible to hazards, and thus their use is dependent on 
operational restrictions such as radio silence. The RF-protected DDT devices 
are between these two extremes and attempt to offer greater margins of 
safety without the need for special ancillary equipment (Motley and Barker, 
1996). 

For tubing-conveyed perforating, the initiator most commonly used is a 
percussion-initiated device (Fig. 10-4c).  

Percussion devices function by having an appropriately contoured firing pin 
strike a relatively sensitive part of the initiator. The pinching and shearing of 
explosive inside the initiator generates a flash that reacts with primary and 
secondary explosives to achieve detonation. Because percussion detonators 
do not have legwires or bridgewires, they are not susceptible to electrical 
hazards. Nonetheless, the percussion devices must still be handled with 
appropriate care because they are designed to function by impact. Typical 
impact energies for functioning are approximately 5 to 7 ft-lb.  
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Detonating Cord 

As mentioned previously, detonating cord is used to transmit detonation 
along the axis of the perforating gun, sequentially initiating each charge as 
the detonation wave passes by. Figure 10-5 shows a cross-sectional view of 
a detonating cord.  

 

Figure 10-5 Cross-Sectional View of a Detonating Cord 

It is simply a core of secondary explosive that is enclosed by a protective 
sheath. The sheath can be a single-component material such as lead or 
aluminum, or it can be composed of layered materials such as an extruded 
plastic jacket over a woven fabric braid. Detonating velocities can differ 
among cords primarily because of the properties of the explosive being used. 
Cords made from HNS and PYX are typically slowest, with velocities ranging 
from 20,000 to 21,000 ft/sec. The RDX and HMX cords are faster, with 
velocities approaching 26,000 ft/sec. Velocities just over 29,500 ft/sec have 
been achieved by preconditioning HMX cords with pressure (the applied 
pressure increases explosive density inside the cord, thus boosting 
detonation pressure and velocity). This characteristic is sometimes used 
when trying to avoid shot interference (described later) in ultra-high shot-
density systems. 
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Shaped Charges (DP and BH) 

The shaped charge, or jet perforator, is the explosive component that 
actually creates the perforation. It is based on the same technology used by 
armor-piercing weapons developed during World War II. The history of the 
shaped charge and its principle of functioning is well documented and is 
described in detail by several recent authors (Walters and Zukas, 1989, 
Carleone, 1993, and Halleck, 1995). The shaped charge is a simple device, 
containing as few as three components, as shown in Fig. 10-6.  

 

Figure 10-6 Shaped Charge Perforator 

The complication, however, resides in the physics of liner collapse and target 
penetration; the extreme dynamic conditions that exist during collapse and 
penetration involve the disciplines of elasticity, plasticity, hydrodynamics, 
fracture mechanics, and material characterization (Walters and Scott, 1985). 
It is only since the introduction of powerful computer codes, called 
hydrocodes, that the mechanics of the collapse and penetration processes 
can be studied in detail (Walker, 1995 and Regalbuto and Gill, 1995). Much 
insight into the mechanics of the collapse and penetration processes has 
recently been gained with the development of hydrocodes because they 
allow the viewing of explosive events on a microsecond-by-microsecond 
basis. Figure 10-7 shows the predicted penetration of a jet in a steel target 
compared to experiment.  
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Figure 10-7 Perforation-Damaged Zone (from Bell et al., 1995) 

The agreement is virtually exact and it serves to illustrate that the 
hydrocodes correctly model the physics of the penetration process as long as 
the dynamic material properties for both the shaped charge and the target 
are well known. 

The process of liner collapse and jet formation begins with the initiation of 
the explosive at the base of the charge. A detonation wave sweeps through 
the explosive, chemically releasing the energy of the solid explosive. The 
high-pressure gases at the detonation front (approximately 3 to 5 million 
psi) impart momentum which forces the liner to collapse on itself along an 
axis of symmetry. Depending on the shape and material of the liner, 
different collapse and penetration characteristics will result. If the liner 
geometry is conical, a long, thin, stretching jet will be formed as shown in 
the hydrocode results of Fig. 10-8a to 8e.  
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Figure 10-8 The Deep Penetrating (DP) Charge 

The penetration of the jet into the target is relatively deep and the hole 
diameter is small. Walters (1992) reports that strain rates of 104 to 107 
(in./in.)/s occur during collapse and that peak pressures along the centerline 
reach approximately 29 million psi, decaying eventually to about 2.9 million 
psi. The jet-tip velocity can reach values up to 26,000 ft/sec for a copper 
liner. The fraction of the liner that constitutes the jet is around 20% (Walters 
and Zukas, 1989); the remaining 80% is in the form of a slower-moving slug 
that generally does not contribute to penetration. 

If the liner is parabolic or hemispherical as shown in Fig. 10-9a to 9e, a 
much more massive, slower-moving jet will be formed that penetrates 
shallow.  
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Figure 10-9 The Big Hole (BH) Charge 

However, the hole diameter created during penetration will be relatively 
large. For hemispherical liners, the jet-tip velocity is around 13,000 to 
20,000 ft/sec and the jet represents about 60 to 80% of the total liner mass 
(Carleone, 1993). The remaining 20 to 40% constitutes the slug. Therefore, 
the liner design has a tremendous influence on the penetration 
characteristics of a shaped charge, which is why the shape of the liner is 
used to categorize a jet perforator as either deep-penetrating (DP) or big- 
hole (BH). Typical DP charges create hole diameters between 0.2 and 0.5 
in., with penetrations up to several dozen inches in concrete. They are used 
primarily for perforating hard formations. By comparision, the BH charges 
are generally used for perforating unconsolidated formations. They typically 
produce hole diameters between 0.6 and 1.5 in. and their penetrations 
seldom exceed 8 in. 

The hydrocode results of Fig. 10-9a to 9e also explain an often-confusing 
phenomenon that occurs with big hole charges; namely that the hole in the 
gun is smaller than the hole in the casing. The hydrocode graphics illustrate 
how this can happen: the jet exits the gun at a relatively small diameter and 
continues its development and expansion in the annular gap between gun 
and casing. The presence of fluid in the annulus encourages the jet to 
mushroom because of the fluid's impeding nature. If designed properly, the 
jet will have attained a proper balance between its diameter and velocity 
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just at the moment of casing impact. Thus, for a given charge design, there 
is an optimal "focal length" for big-hole charges that will produce the most 
uniform holes with the largest diameter in casing. Many service companies 
therefore recommend that big-hole gun systems be centralized whenever 
possible. 

Many of the recent advances in shaped-charge technology are related to 
manufacturing techniques and metallurgy. The importance of the liner in 
charge performance cannot be overemphasized; Walters and Zukas (1989) 
consider the liner to be the most important shaped-charge design element. 
Attributes of a good liner material are high density, high ductility, and high 
sound speed. Mixtures of powdered copper and tungsten are excellent 
choices for oilwell DP perforators; a small amount of powdered lead or tin is 
added to serve as a binder. Liners for DP charges today routinely contain 
high percentages of tungsten (55% or more is not uncommon); 
experimental evidence shows that the higher density of tungsten generally 
results in deeper penetration in hard targets. Liners for big-hole charges are 
usually fabricated from wrought materials. Copper was the most popular 
material until recently, when the industry began to shift from copper to 
brass alloys. Experimental results indicate that the presence of alloying 
elements (primarily zinc) in the brass cause the jet to break up and leave 
less liner debris in the perforation tunnel. 

Safety and Accidents 

With the use of explosives, perforating operations have the potential to be 
dangerous. However, when the rules of explosive safety are followed, the 
industry has a very good safety record. Nonetheless, accidents have 
occurred and their outcome can be very unforgiving. Human error frequently 
causes industrial accidents, and much design effort is expended to reduce 
the frequency of these errors. Accidents have occurred in all parts of the life 
cycle of oilfield explosives, ranging from the manufacture of bulk powder to 
the final disposal of unusable product. 

Within the oil and gas industry, document API-RP 67 (1994) provides 
recommended guidelines for the safe handling and use of explosives at the 
well site. These guidelines cover operational practices in the field and design 
recommendations for surface and downhole explosive-related equipment. 

The Penetration Process 

Jet penetration from a shaped charge occurs by the jet pushing material 
aside radially. The process is analagous to a high-pressure water stream 
penetrating a block of gelatin—the shear strength of the gelatin is so low 
that it offers essentially no resistance to the water stream. The water stream 
pushes the gelatin aside radially as it penetrates, leaving a hole. Material is 
not removed, but is only displaced radially. 

Essentially the same penetration process occurs with a shaped charge jet 
penetrating a target, only at much higher pressures (Fig. 10-10).  
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Figure 10-10 Schematic of Penetration Process (after Walters and Zukas, 1989) 

The earliest penetration models (circa 1940s) assumed the jet and target 
were incompressible, or Bernoulli, fluids. This allowed the strengths and 
viscosities of the jet and target materials to be neglected, an assumption 
called the hydrodynamic approximation. This hydrodynamic approximation is 
a rational assumption for the early stages of jet penetration since the impact 
pressure far exceeds the yield strength of most materials. For example, the 
impact pressure generated by a copper jet against casing is approximately 
15 to 30 million psi, whereas the yield strength of typical high-strength 
casing is only around 100,000 psi. Thus, even a material as strong as steel 
is weak when compared to the stresses resulting from high-velocity impact. 
Temperature plays a negligible part in the penetration process. Not only is 
the time frame too fast for any significant heat transfer to occur, but the 
temperature is too low. Von Holle and Trimble (1977) experimentally 
measured temperatures of copper jet tips to be around 750 to 1100oF, well 
below the melting point of materials such as steel. 

Experimental evidence soon confirmed, however, that the hydrodynamic 
approximation was not valid for all stages of penetration. In fact, since the 
jet possesses a velocity gradient (which is why it stretches), there is a point 
where the velocity is insufficient to allow material strength properties to be 
neglected. For the oil industry, Thompson (1962) was the first to publish 
data showing that perforator penetration decreased as a function of 
increased formation compressive strength. His data correlated to the semi-
logarithmic expression:  

(10-1) 

where lpf is the penetration into the producing formation and lps is the 
penetration into the test sample in in., and C1 is the compressive strength of 
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the test sample and C2 is the compressive strength of the producing 
formation in psi. 

Thompson's work was later expanded by Berhmann and Halleck (1988) 
where they confirmed his conclusions and also noted that penetration 
differences in various targets were not only a function of compressive 
strength, but also of the target type (concrete or Berea) and charge design.  

For penetration of rock downhole, not only is the compressive strength 
important but also the downhole effective stress, which is equal to the 
overburden stress minus the pore pressure. This "effective stress" acts to 
make the rock stronger and thus more resistant to penetration. Work by 
Saucier and Lands (1978) showed that penetration decreased with 
increasing in-situ effective stress, up to a plateau of 5000 to 6000 psi. 
Penetration models were refined further when it was realized that 
compressibility effects should be considered when predicting penetrations in 
porous targets such as formation rock. Furthermore, if the jet possesses a 
higher sound speed than the target, it is possible for localized shocks to 
occur during the penetration process, reducing penetration. Regalbuto et al. 
(1988) proposed using the bulk sound speed of the target as a simple means 
to account for compressibility and shock effects. Later work by Halleck et al. 
(1991) used the bulk modulus to account for compressibility and found that 
penetration decreased with increasing bulk modulus. 

In summary, several factors are known to reduce jet penetrations in 
formation rock under downhole conditions when compared to penetrations 
obtained in concrete surface shots. Table 10-3 gives laboratory data that 
shows how these penetrations decrease for a typical charge. 

Table 10-3 Penetration Reductions for a 2-1/6-inch Capsule Charge 

Target Compressive 
Strength (psi) 

Effective Stress 
(psi) 

Penetration 
(in.) 

Comments 

Concrete 6,600 0 15.49 Benchmark surface shot in concrete 

Berea Sandstone 7,000 100 10.25 Reduction caused by change in 
target material 

Berea Sandstone 7,000 1500 9.21 Reduction caused by increased 
effective stress 

Nugget Sandstone 13,000 100 6.68 Reduction caused by higher 
strength target 

Finally, Ott et al.(1994) proposed a model for predicting penetration in 
downhole formations based on concrete penetration in surface test shots. 
The simple method is used in several popular nodal analysis programs. An 
underlying assumption in the model is that penetration of stressed Berea 
targets is about 70% that of concrete. From Table 10-3, if the concrete 
penetration of 15.49 in. is multiplied by 0.7, a predicted Berea penetration 
(in stressed rock) of 10.84 in. is obtained. This is 18% greater than the 
experimental result of 9.21 in. Thus, some researchers believe that the 
model is too simple for reasonably accurate results, while other researchers 
maintain that it is more than adequate for practical engineering purposes. 
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The Damaged Zone 

During the jet-penetration process some damage occurs to the rock matrix 
surrounding the perforation tunnel as shown in Fig. 10-11.  

 

Fig. 10-11 Perforation-Damaged Zone (from Bell et al., 1995) 

The altered zone is called the damaged (or crushed or compacted) zone and 
results from the high-impact pressures that occur during perforating. The 
damaged zone consists of crushed and compacted grains that form a layer 
approximately ¼- to ½-in. in thickness which surrounds the perforation 
tunnel (Asadi and Preston, 1994; Pucknell and Behrmann, 1991). Later work 
by Halleck et al. (1992) shows that the damaged zone is nonuniform in 
thickness, and it actually decreases down the length of the perforation 
tunnel. The greatest damage occurs near the entrance hole where the 
impact pressure from jet impingement is greatest, while the least damage 
occurs at the tip of the tunnel where the impact stress is least. There is 
some evidence that big-hole charges (especially those with explosive loads 
exceeding 23 g) may cause damaged zone layers that approach 1 in. 
Laboratory studies indicate that the permeability of the damaged zone can 
be 10 to 20% of the surrounding virgin formation (Bell et al., 1972). To 
restore effective communication between the reservoir and wellbore, several 
techniques are used in an attempt to remedy the effects of the damaged 
zone. One technique is underbalanced perforating, in which the operator 
tries to remove damage by backflushing or surging the formation. Another 
technique is extreme overbalanced perforating in which an attempt is made 
to circumvent perforation-induced damage by creating microfractures that 
pass through the crushed zone. The overbalance pressure can come from 
either a pressurized wellbore or from downhole propellant charges. 
Additionally, shaped-charge research today is concerned with developing 
ways to make the penetration process less damaging through new liner 
geometry and metallurgy. 
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Types of Gun Systems 

Figure 10-12 shows the three general types of gun systems used in the 
industry today: ported, scalloped, and capsule.  

 

Figure 10-12 Gun System Types 

Both ported and scalloped guns belong to a family called hollow carrier guns. 
These guns are relatively heavy-walled, sealed tubular conduits that are 
used to convey the explosive train inside them, and to protect the explosives 
from the surrounding wellbore environment. The port plug gun possesses an 
economic advantage over the scalloped gun because it can be used as many 
as 100 times. However, the port plug gun must also make an individual seal 
at each charge, increasing the likelihood of fluid leaks when it is run 
downhole. If a hollow carrier gun leaks and the explosives are surrounded by 
fluid during detonation, the gun will rupture upon firing and stick inside the 
casing Therefore, port plug guns are generally used where wellbore 
conditions are not as demanding, such as in wells with moderate hydrostatic 
pressures and temperatures. Recommended limits for reliable operation of 
these guns is around 20,000 psi and 325oF; however, with special attention 
they can be run to 400oF. Port plug guns are generally run on wireline and 
are fired from the bottom using a "fluid-disabled" electric detonator. This 
type of detonator is designed to disable itself if submerged in fluid, 
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preventing the problem of a ruptured gun in the event of an inadvertent 
leak. 

The scalloped hollow carrier guns are used in the most demanding well 
conditions, and are the mainstay of tubing-conveyed perforating (TCP) 
operations. Scalloped guns are available in a wide range of sizes, from 
small-diameter guns (1-9/16 in. OD) that will pass through 2 3/6-in. tubing 
to large-diameter (7-in. OD) guns that are made to run in 9 5/6-in. casing. 
Ratings up to 30,000 psi and 500oF are available, and the guns can be run 
on either wireline or tubing. Because these guns are much less susceptible 
to leaks than are port plug guns, they are often top-fired. Gun intervals of 
more than 2700 feet have been shot with these types of guns and a wide 
variety of mechanical, hydraulic, and electrical firing mechanisms are 
available to mate with them. Hollow carrier guns also absorb explosive shock 
when the charges are detonated, protecting the casing from potential 
damage. They also retain a significant amount of charge and gun debris 
after detonation. 

Capsule perforating guns consist of charges that are enclosed, or 
encapsulated, by a protective cap as shown in Fig. 10-13.  

 

Figure 10-13 Capsule Charge  

The charges are affixed to a carrier, which is generally a set of wires or a 
flexible strip, and are usually conveyed by wireline. Since there is no thick-
walled carrier present with a capsule gun, the charges can be larger than 
those used in hollow carrier guns and still pass through downhole tubulars. 
This is especially advantageous in through-tubing operations where small-
diameter guns are necessary for passage yet maximum penetration is 
desired. As an example, for running through 2 7/6-in. tubing, an operator 
can run either a 2-in. OD hollow carrier gun with 7.5-g explosive charges or 
a similar diameter capsule gun with 12-g charges. Because of its larger size, 
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the capsule charge penetrates nearly twice the depth of the smaller charge 
and the hole size in casing is approximately 20% bigger. However, the 
primary drawback to capsule gun systems is that the detonator and 
detonating cord are exposed to the effects of the wellbore-fluid environment. 
Fluid intrusion can occur at the interface between the detonator and 
detonating cord, which necessitates the use of special sealing techniques. 
Also, as mentioned earlier, the time-temperature relationships that are valid 
for hollow carrier guns are not applicable for capsule gun systems because 
the explosive train is exposed to the simultaneous effects of temperature 
and pressure. 

One unique variation of the capsule gun uses "elongated" charges that 
articulate, or pivot, on a carrier through a 90o rotation. This pivoting allows 
the charges to remain folded and to pass through downhole tubulars, and to 
open up when it is time to fire. The charge performance for this type of 
system is impressive, but the mechanical complexities of the equipment and 
the large amount of debris left downhole after firing may be undesirable. 

Performance Measures of Charges and Gun 
Systems (API RP-43) 

To evaluate the performance of jet perforators and gun systems, a series of 
standard tests was developed by the industry and is described in API RP-43 
(1991). These tests allow a fair comparison of different charges and gun 
systems so that operators can choose the appropriate explosives and 
hardware for conducting perforating operations. The four sections of tests 
are 

Section 1: This test evaluates the performance of multiple-shot perforating 
systems in concrete targets. The minimum concrete compressive strength is 
5000 psi and the casing is grade L-80. The test is conducted at ambient 
temperature and atmospheric pressure; recorded data include both hole 
diameter and target penetration. Because multiple shots are fired, Section 1 
testing can account for the effects of charge-to-charge interference. 
Interference occurs whenever the case fragments of a detonated charge 
impact a neighboring charge and "interfere" with jet development. 
Interference is especially likely to occur in high-density gun systems where 
the charges are very close to each other. Since the Section 1 test is the 
most economical of the four to conduct, it is the most widely used. However, 
it is the least simulative of downhole conditions since the target is not a 
fluid-filled formation rock under stressed conditions. 

Section 2: This test evaluates perforator penetration in a hydraulically 
stressed (3000 psi) Berea sandstone target. It is generally used only for 
deep penetrating charges. Two target diameters are specified to account for 
external boundary effects on penetration: 4-in. diameter for charges 15 g or 
less and 7-in. for charges exceeding 15 g. This is a single-shot test and is 
conducted at ambient temperature. 

Section 3: This test evaluates how perforator performance may be changed 
after exposure to elevated temperature and time. It is a multiple-shot test 
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conducted at atmospheric pressure using steel targets. After firing, the 
penetration in steel is compared to the penetration of charges that have not 
been thermally conditioned, which gives a measure of charge degradation 
after exposure to elevated temperature. 

Section 4: This test provides a measure of flow performance of a 
perforation tunnel under simulated downhole conditions. With respect to 
downhole perforator performance, it is the most representative of the four 
tests; but it is also the most costly and is therefore used on a limited basis. 
The test is a single shot test and the target is quarry rock or an actual well 
core. Three pressures are applied as part of the test: (1) pore pressure to 
simulate reservoir formation pressure, (2) an external, confining pressure on 
the core to simulate overburden stress, and (3) a wellbore pressure that 
simulates the effects of underbalanced perforating. Typical values of the 
three pressures might be 1500 psi pore pressure, 4500 psi confining 
pressure, and 1000 psi wellbore pressure. This combination of pressures 
provides an effective rock stress of 3000 psi and 500 psi underbalance. 

Completion Techniques for Hard Rock 

Selection of a perforating system for a completion must be made with a 
reasonable understanding of what additional stimulation, if any, will be 
required for the well. Certain stimulation methods may not be possible if the 
well is perforated in a manner that did not take future activities into 
consideration. For example, some formations are stimulated during hydraulic 
fracturing by using a limited number of perforations to divert fluids into 
different layers of a formation. This technique usually is conducted with 30 
or fewer holes in the intervals to be stimulated—not in wells where entire 
intervals were previously perforated with high shot-density perforator 
systems. Perforating planning is therefore difficult; a system to maximize 
initial well productivity is not necessarily the best system for subsequent well 
stimulation. It is critical for the completion engineer to have a good 
understanding of the formation characteristics and discuss future well 
activities with other individuals (such as the geologists) to determine a 
mutually agreeable approach. 

Natural Completion Perforating 

"Natural" completions can be defined as those wells with sufficient reservoir 
permeability and formation competence to produce the desired volumes of 
reservoir fluids without the need for additional stimulation. On these wells, 
effectively communicating the undamaged formation to the wellbore is 
critical. The more important perforating parameters include perforator depth 
of penetration, charge phasing, effective shot density, percentage of the 
productive interval that is perforated, and underbalance levels. Perforator 
hole size in the casing string is less important, except in wells with 
extremely high deliverability (high permeability) potential.  

Well geometry does not allow all perforating parameters to be optimized 
economically, and numerous technical articles have been written about how 
to predict inflow performance from a wellbore based upon the perforating 
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parameters (Locke, 1981; McLeod, 1983; Hong, 1975; and Karakas and 
Tariq, 1988). Many operators and service companies have developed 
computer programs based upon these technical articles to assist the 
engineer in gun systems selection based upon specific well criteria. One of 
the standard comparison methods of perforator systems is the use of 
productivity index ratios, which are defined as Jp/J, where Jp is the 
productivity index of the perforated well and J is the productivity index of an 
open-hole well. 

Calculation of the Perforation Skin Effect 

A mechanism to account for the effects of perforations on well performance 
is through the introduction of the perforation skin effect, sp , in the well 
production equation. For example, under steady-state conditions 

(10-2) 

Karakas and Tariq (1988) have presented a semianalytical solution for the 
calculation of the perforation skin effect, which they divide into components: 
the plane-flow effect, sH; the vertical converging effect, sV ; and the wellbore 
effect, swb . The total perforation skin effect is then 

(10-3) 

Below, the method of estimating the individual components of the 
perforation skin is outlined. 

Calculation of sH. 

(10-4) 

where r'w( ) is the effective wellbore radius and is a function of the phasing 
angle : 

(10-5) 

The constant depends on the perforation phasing and can be obtained 
from Table 10-4.  
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Table 10-4. Constants for Perforation Skin Effect Calculationa 

Perforation 
Phasing 

aθ a1 a2 b1 b2 c1 c2 

0 0.250 -2.091 0.0453 5.1313 1.8672 1.6E-1 2.675 

(360o)               

180o 0.500 -2.025 0.0943 3.0373 1.8115 2.6E-2 4.532 

120o 0.648 -2.018 0.0634 1.6136 1.7770 6.6E-3 5.320 

90o 0.726 -1.905 0.1038 1.5674 1.6935 1.9E-3 6.155 

60o 0.813 -1.898 0.1023 1.3654 1.6490 3.0E-4 7.509 

45o 0.860 -1.788 0.2398 1.1915 1.6392 4.6E-5 8.791 

This skin effect is negative (except for = 0), but its total contribution is 
usually small. 

Calculation of sv. To obtain sv , two dimensionless variables must be 
calculated: 

(10-6) 

where kH and kV are the horizontal and vertical permeabilities, respectively, 
and 

(10-7) 

The vertical pseudo-skin is then 

(10-8) 

with 

(10-9) 

and 

(10-10) 

The constant a1 , a2 , b1 and b2 are also functions of the perforation phasing 
and can be obtained from Table 10-4. The vertical skin effect, sV , is 
potentially the largest contributor to sp; for small perforation densities, that 
is, large hperf , sV can be very large. 
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Calculation of swb . For the calculation of swb , a dimensionless quantity is 
calculated first: 

(10-11) 

Then 

(10-12) 

The constants c1 and c2 also can be obtained from Table 10-4. 

Example: Perforation Skin Effect 

Assume that a well with rw = 0.328 ft is perforated with 2 shots/ft, rperf = 
0.25 in., (0.0208 ft), lperf = 8 in. (0.667 ft), and = 180o. Calculate the 
perforation skin effect if kH /kV = 10. Repeat the calculation for = 0o and = 
60o.  

If θ = 180o, show the effect of the horizontal-to-vertical permeability 
anisotropy with kH /kV = 1. 

Solution: 

From Eq. 10-5 and Table 10-4 (  = 180o) 

(10-13) 

Then, from Eq. 10-4 

(10-14) 

From Eq. 10-6 and remembering that hperf = 1/shots/ft 

(10-15) 

and 

(10-16) 

From Eqs. 10-9 and 10-10 and the constants in Table 10-4, 
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(10-17) 

and 

(10-18) 

From Eq. 10-8, 

(10-19) 

Finally, from Eq. 10-11 

(10-20) 

and with the constants in Table 10-4 and Eq. 10-12 

(10-21) 

The total perforation skin effect is then 

(10-22) 

If = 0o , then sH = 0.3, sV = 3.6, swb = 0.4, and therefore sp = 4.3. 

If = 60o , then sH = -0.9, sV = 4.9, swb = 0.004, and therefore sp = 4. 

For = 180o , and kH /kV = 1, sH and swb do not change; sV , though, is only 
1.2 leading to sp = 0.9, reflecting the beneficial effects of good vertical 
permeability even with relatively unfavorable perforation density (2 
shots/ft). 

Example: Perforation Density 

Using typical perforation characteristics such as rperf = 0.25 in. (0.0208 ft), 
lperf = 8 in. (0.667 ft), = 120o, in a well with rw = 0.328 ft, develop a table 
of sV versus perforation density for permeability anisotropies kH /kV = 10, 5, 
and 1.  

Solution: Table 10-5 presents the skin effect sV for perforation densities 
from 0.5 shots/ft to 4 shots/ft using Eqs. 10-6 to 10-10.  
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Table 10-5. Vertical Contribution to Perforation Skin Effect 

  sv 

shots/ft kH /kV = 10 kH /kV = 5 kH /kV = 1 

0.5 21.3 15.9 7.7 

1 10.3 7.6 3.6 

2 4.8 3.5 1.3 

3 3.0 2.1 0.9 

4 2.1 1.5 0.6 

For high perforation densities (3 to 4 shots/ft), this skin contribution 
becomes small. For low shot densities, this skin effect in normally anisotropic 
formations can be substantial. For the well in this problem, sH = -0.7 and swb 
= 0.04.  

Near-Well Damage and Perforations 

Karakas and Tariq (1988) have also shown that damage and perforations 
can be characterized by a composite skin effect 

(10-23) 

if the perforations terminate within the damage zone (lperf < rs). In Eq. 10-
23, (sd)o is the open-hole equivalent skin effect by Hawkins' formula. If the 
perforations terminate outside the damage zone, then 

(10-24) 

where s'p is evaluated at a modified perforation length 1'perf and modified 
radius, r'w. These are 

(10-25) 

and 

(10-26) 

These variables are used in Eqs. 10-4 to 10-12 for the calculation of the skin 
effects contributing to the composite skin effect in Eqs. 10-23 and 10-24. 



 479 

Perforating past the near-wellbore damage can greatly increase wellbore 
productivity. Drilling fluid solids and filtrate invasion, cement solids and 
filtrate invasion, created emulsions, and destabilized formations caused by 
drilling and vibrations can all reduce near-wellbore permeability permanently 
or temporarily. Figure 10-14 is an example showing that productivity index 
ratios can be greatly improved if the perforating charge can penetrate past 
the depth of damage.  

 

Figure 10-14 Improved Productivity Index Ratios When Perforating Charge 
Penetrates Past the Depth of Damage 

In most cases, however, the depth of damage surrounding the wellbore is 
uncertain, but openhole resistivity data can be used as a first approximation. 
The engineer should compare the shallow, medium, and deep resistivity 
curves (after determining the depth into the formation that each measure is 
made) and this should provide some sense of depth of at least fluid invasion. 
For example, if the medium and deep resistivity curves measure essentially 
the same value and are significantly different from the shallow resistivity 
curve (which only measures approximately 1 in. from the wellbore), the 
depth of invasion is probably somewhere between the shallow and medium 
measurement points.  

Perforator penetration is also believed to be a critical parameter in wells 
where natural fractures are prevalent. In this instance, charges with the 
deepest penetration are more likely to encounter the natural fracture 
system. 

Charge phasing is an often-overlooked variable that has significant 
importance in many formations. Many through-tubing wireline perforator 
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systems are designed as "zero-degree" phased guns to maximize formation 
penetration and entry hole size by decentralizing the gun and placing all 
perforations in the same plane from the wellbore. Productivity ratios can be 
reduced (typically 5 to 10%) because of the more tortuous path that the 
formations fluids have to travel to enter the wellbore. Where natural 
fractures are prevalent in the formation, perforating gun systems phased to 
penetrate at different directions are also desirable; there is a higher 
probability of contacting the fractures and gun systems with phasings of 45°, 
60°, 90°, 120°, and 180° are commonly used. Zero-degree-phased guns 
also have the additional drawback that, by placing all of the perforations in 
the same plane, the casing is more susceptible to failure due to reduced 
yield strength (King, 1989). 

Effective shot density is an important perforating parameter not only to 
increase the number of flow paths to the wellbore, but also to contact thinly 
laminated hydrocarbon layers. Many completion engineers believe that four 
shots per foot will always provide comparable inflow performance to an 
openhole completion, but this "rule of thumb" can be quite misleading. 
Higher shot densities become more advantageous in natural completions 
with high formation permeabilities and, as discussed later in this chapter, 
high shot densities are critical in cased-hole, gravel-packed wells. It is 
important for the completion engineer to realize that perforating systems are 
mechanically complex and that not all charges which are run into a well 
automatically result in effective perforations being created or contacting 
productive formations. Studies within industry (Keese, 1976; Hushbeck, 
1986) suggest that 50 to 70% of the perforations are actually effective. This 
factor should be considered when designing the completion. 

Some wells are perforated in only a portion of the productive pay because of 
geologic and drilling constraints or as an effort to reduce water gas influx; 
this technique is referred to as a partial completion. Well productivity from a 
partial completion is impaired, and lower productivity will result because the 
formation fluids must converge to enter the wellbore (Cinco-Ley et al., 
1975).  

Underbalanced Perforating 

Underbalanced perforating is defined as perforating with the pressure in the 
wellbore lower than the pressure in the formation. When used properly, this 
technique has effectively provided, higher productivity completions. 
Numerous technical articles have been written to compare this technique 
with overbalanced perforating both in the laboratory and in field studies 
(Allan, 1985; Bell, 1984; Bonomo, 1985; Behrmann, 1995; Halleck and Deo, 
1989; and King, 1985 among others). Underbalanced perforating creates an 
environment where formation fluid flow can immediately begin to enter the 
wellbore, rather than have the well in an overbalance condition where 
completion fluids and other particles continue to be lost into the formation. 
At the instant of perforating, the pressure differential to the wellbore is 
believed to help clear the perforations and remove crushed rock, debris, and 
explosive gases from the formation. Formation fluid type and reservoir 
permeability are the two primary factors influencing the amount of 
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underbalance level to remove a portion of the crushed rock and other 
damage mechanisms from the near-wellbore area. 

King (1985) and others published the results of a large number of 
underbalanced perforating jobs in which initial well productivity was 
compared to subsequent well productivity after acidizing. Figure 10-15 
shows the results of this study and plots the formation permeability versus 
total minimum underbalance necessary to achieve clean perforations in oil 
zones in sandstones.  

 

Figure 10-15 Formation Permeability vs. Minimum Underbalance To Achieve an 
Undamaged Completion in Oil Zones (after King, 1989) 

Figure 10-16 shows similar data for gas zones.  
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Figure 10-16 Formation Permeability vs. Minimum Underbalance To Achieve an 
Undamaged Completion in Gas Zones (after King, 1989) 

Higher drawdowns are necessary in gas wells, probably because gas has a 
lower drag coefficient and cannot move particles as readily. As seen in these 
two figures, a few hundred psi of drawdown may be sufficient in a high-
permeability formation such as Berea Sandstone, but low-permeability 
formations of a millidarcy or less may require a total underbalance of several 
thousand psi to effectively clean the perforations. Subsequent laboratory 
studies (Behrmann, 1995) suggest that even higher underbalance levels 
than those in Figs. 10-15 and 10-16 are necessary. In unconsolidated 
formations, sand influx can potentially stick the perforating guns, and 
articles (Crawford, 1989) suggest the maximum underbalance that should be 
used based upon log data from the adjoining shales. 

The studies cited above and others suggest that the instantaneous 
underbalance must be followed with continued sustained flow of several 
gallons per perforation to further clean the perforation and to remove the 
crushed rock and other materials that have been loosened. This point is 
critical and well documented, yet is often overlooked on many jobs. A large 
influx of hydrocarbons into the well is undesirable because of the increased 
complexity it will cause if other well activities are planned. Underbalanced 
perforating is operationally much easier with tubing-conveyed perforating 
systems or if a single wireline perforating run is possible. Proper 
underbalance levels and continued flow are often not effectively used on 
wireline operations where multiple gun runs are required. Achieving 
appropriate underbalance levels with other intervals contributing flow and 
backpressure is operationally difficult. Continued wellflow after perforating 
concerns some operators because of the possibility that debris can be 
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produced above the perforating guns and wireline being retrieved from the 
wellbore. 

Extremely Overbalanced Perforating 

In many low-permeability formations, remaining reservoir pressures are 
insufficient to effectively clean the perforations, as suggested by King (1985) 
and others. In other instances, formation competence is questionable, and 
the risk of sticking the perforating guns with high underbalance levels makes 
the use of underbalanced perforating methods an operational risk. Extremely 
overbalanced perforating is a near-wellbore stimulation technique (Handren, 
1993; Pettijohn, 1994; Snider, 1996) used in conjunction with the 
perforating event. The method has gained popularity within the past few 
years because of the large number of wells that could not be effectively 
perforated using underbalance techniques. Extreme overbalance perforating 
also provides perforation breakdown in preparation for other stimulation 
methods and, therefore, eliminates the need for conventional breakdown 
methods, e.g. breakdown of perforations in carbonate formations. 

During extreme overbalanced perforating jobs, most of the tubing is 
pressurized to high overbalance levels with compressible gases above 
relatively small volumes of liquids. The gases have high levels of stored 
energy; upon expansion at the instant of detonation, the gases are used to 
fracture the formation and to divert fluids to all intervals. The high flow rate 
through relatively narrow fractures in the formation is believed to enhance 
near-well conductivity. Field data also suggest that high initial pressures are 
more likely to create fractures within the perforated interval and to limit 
height growth. Perforating systems have also recently been developed to 
release proppant material downhole with the gun detonation so that the 
extremely overbalanced fluids and nitrogen rushing to the formation carry 
erosive and propping materials. Most of the extremely overbalanced 
perforating jobs are currently designed with pressure levels set at a 
minimum of 1.4 psi/ft of true vertical depth. The technique is also being 
used to obtain a production test in very low-permeability formations before 
more large, expensive stimulations. While most jobs are being conducted 
using tubing-conveyed perforating systems, some completions with short 
intervals have used wireline perforating methods. 

Perforating for Remedial Cementing, Hydraulic 
Fracturing, or Other Stimulations 

In many instances, perforating operations are conducted primarily to create 
a conductive path to allow remedial cement squeezing or for stimulation of 
the formation with treating fluids such as massive hydraulic fractures and 
acidizing (discussed in Remedial Cementing and Well Stimulation 
respectively). In each case, it is important to fully understand the objective 
of the subsequent activities before selecting a perforating system because 
the selection criteria are quite different. 

For remedial cementing, it may be assumed that the perforating objective is 
to allow cement to subsequently be placed in a non-cement filled void 
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behind the casing. If it is believed that no cement or solids bed exists behind 
the casing, a few perforations placed in a single plane will be sufficient, but 
in most instances the downhole wellbore configuration is much more 
complex. It is important to visualize the well and also to realize that most 
wells have deviation that must be considered. In many instances the casing 
will be uncentralized and lying on the low side of the hole either against the 
formation or against drilled solids and other mud filtrates. If a liquid-filled 
channel exists, it is more likely to be on the high side of the hole. Expensive 
methods are available to orient the perforator in the direction of the channel 
(if known), but in most instances the best choice of a perforator system is to 
select a highshot-density perforator system that creates holes at least every 
30 degrees around the wellbore. Specialized gun systems with specific-
application shaped charges are available if it is desired to create holes in an 
inner string of casing without damaging an outer string of casing. These gun 
systems generally require the perforating charge to be placed directly 
against the inner casing wall. 

For hydraulic fracturing with proppants, the first important parameter to 
consider is perforator entry hole size in the casing to eliminate proppant 
bridging. Entry hole size in the casing should be six times the average grain 
diameter of the proppant (Haynes, 1974). It is important to realize that 
technical data suggests that the hydraulic fracture rarely exits the wellbore 
region from the perforations (Behrmann, 1992). The perforation event 
creates a damaged area that is difficult to break down; in most instances, 
the fracture will initiate between the cement and the casing and travel a 
certain distance around the casing before the fracture extends. This tortuous 
path around the wellbore not only creates additional frictional forces, but it 
can lead to premature screen-outs of the hydraulic fracture stimulation. 
These types of issues are addressed in additonal detail in Rock Mechanics in 
Wellbore Construction. In fields where fracture orientation is well-known, 
operators who began perforating with 180-degree phased perforating 
systems and oriented the perforations to be in the same plane as the 
fracture plane report good success. Perforating with 60- or 120-degree 
phasing is recommended to improve the chances of the perforations being in 
line with the fracture plane if fracture orientation is unknown or it is 
economically unjustifiable to obtain the information. The effect of perforation 
orientation on fracture initiation and propagation relative to the in-situ stress 
direction is discussed in Rock Mechanics in Wellbore Construction. 

Sufficient perforations should be placed to reduce shearing of the fracturing 
fluids transporting the proppant. Although it is not recommended, some 
wells continue to be stimulated with a limited number of perforations used to 
divert flow to different intervals. Several problems that exist with this 
limited-entry method can be reduced but not eliminated. In addition to the 
problems of shearing the fracturing fluids through the perforations, one of 
the biggest problems noted in the field is effectively communicating each 
perforation of known size with the desired fracture plane. It is recommended 
to (1) verify the perforation diameter with the shaped charge manufacturer 
for the specific weight and grade of casing and clearance; (2) centralize or 
decentralize the perforating gun such that each hole has the same clearance 
and subsequently should be of the same diameter; and (3) always acidize or 
break down each perforation and attempt to remove near-wellbore 
tortuousity prior to the limited-entry fracture stimulation. Limited-entry 
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perforating is a good application for which to consider the use of bullet guns; 
the created hole is of a known size and less damage to the sand face outside 
the wellbore may occur. 

For acid stimulations in carbonate formations, perforation hole size is less 
important because proppants are not normally used. As stated in the 
introduction to this chapter, perforator system selection should be conducted 
with subsequent operations in mind. If a "ball-out" acid job is planned, 
specially designed shaped charges or bullets that create no burr on the 
casing wall can be used; this will improve the ability of the ball to seal on the 
casing wall. 

Completion Techniques for Unconsolidated Sandstones 

Perforating for Cased Hole Gravel-Packing Operations 

Unlike natural completions, perforating for gravel-packing requires a 
completely different philosophy to optimize well productivity. Sand 
Stabilization and Exclusion of this textbook addresses gravel-packing 
operations in greater detail, but a brief overview is appropriate here. A 
wellbore cross section for a natural completion and a cased-hole gravel-
packed completion are shown in Fig. 10-17.  

 

Figure 10-17 Wellbore Cross Section for a Natural Completion and a Cased-Hole 
Gravel-Packed Completion 
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In a natural completion, formation fluids entering the perforation tunnel can 
flow unimpeded into the wellbore. In a gravel-packed completion, a primary 
objective is to prevent unconsolidated formation sands from entering the 
wellbore, and a series of "filters" is created to hold back the formation sand 
while still allowing fluid flow. As shown in Fig. 10-17, fluid flow entering the 
perforation tunnel of a gravel-packed well still must flow linearly through the 
sand and gravel in the perforation tunnel and inside the annulus of the well 
before entering the gravel-pack screen. Although this linear flow path is only 
a few inches long, the materials inside it have a tremendous impact on well 
productivity. Equation 10-27 is the inflow performance equation for a cased 
hole gravel pack:  

(10-27) 

which, for a specific well, simplifies to 

(10-28) 

Ultimately, the two key parameters to well productivity (q) for a gravel-
packed completion are: area open to flow (A) and permeability of the gravel 
in the perforation tunnel (kg).  

The area open to flow (A) is essentially the number of perforations multiplied 
by their respective cross-sectional area. Most completion engineers perforate 
with at least 12 holes per foot in casing sizes of 7 in. and larger. Recognizing 
that area is a function of diameter to the second power, it is important for 
the completion engineer to realize that small increases in perforation 
diameter can increase the total area substantially. Big-hole perforating 
charges are generally designed to be shot in a centralized condition inside 
the wellbore, and substantial increases in cross-sectional area can be 
achieved by simply shooting the perforating gun in that manner. As can be 
seen in Fig. 10-18, a 26% increase in cross-sectional area can be achieved 
by centralizing the gun, and uniform hole sizes are created.  
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Figure 10-18 Loss in Big-Hole Charge Performance If the Guns Are Not Centralized 

If a perforating gun were to become stuck because of formation-sand influx 
upon detonation, it would also be easier to fish from the wellbore if it were 
centralized. Uniform hole size is also operationally desirable for completion 
and production operations, so there are few negative aspects to using 
centralized guns for big-hole perforating operations if the centralization 
system is properly engineered. 

Again referring to Eq. 10-28 in its simplified form, the other key parameter 
to cased-hole, gravel-pack well productivity is kg, permeability of the gravel 
in the perforation tunnel. Gravel-pack sand permeability will be discussed in 
Sand Stabilization and Exclusion, and permeability values in excess of 
40,000 millidarcies are common. This number is extremely high and is as 
much as two orders of magnitude greater than many formation sand 
permeabilities. The key to perforating strategies for gravel packing is 
therefore to help ensure that the high-permeability, gravel-pack sand can be 
placed in the perforation tunnel, which means that removal of perforating 
debris and other activities that impair injectivity is essential. Most 
completion engineers attempt to perforate underbalance and flow the well to 
remove crushed rock and perforating debris before gravel-packing.  

Removal of all of the perforating debris and crushed rock with subsequent 
flow is operationally difficult and is ineffective in some cases. Many current 
perforating-industry studies are focused on injectivity subsequent to 
perforating, rather than flow testing. Blok and Behrmann (Blok et al., 1996) 
and other researchers have published technical articles describing how 
conventional big-hole perforating charges crush a significant amount of 
formation material that essentially creates an excellent filter cake, thereby 
reducing injectivity. It is very likely that the types of perforating systems 
used before injection for stimulation, including gravel-packing operations, 
will change in the next few years as a result of these studies. Reduction in 
explosive gram weights of the charges, liner material types, penetration 
requirements, and other charge design parameters are likely, and efforts 
now focus on injectivity subsequent to perforating. 
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Perforating Unconsolidated Sands Without Gravel Packs 

In some instances, it is desirable to complete wells without gravel-packing 
the well, yet sand production could occur. Some engineers have assumed 
the use of big-hole charges as an approach because the larger holes have 
less flow velocity per perforation, but most studies and field tests indicate 
the opposite. Perforating these wells with highshot-density guns (12 or more 
shots per foot) with deep penetrating charges is recommended as the best 
method to reduce sand production potential. The deep penetrating charge 
destroys a smaller radius around the perforating tunnel in the near-wellbore 
area. Big-hole charges can destroy the integrity of a much larger area 
around each tunnel and even reach the point where the damage areas 
between perforations become interconnected. When the perforating holes 
and the surrounded damaged rock is interconnected, continuous sand 
production is more likely to occur. Deep-penetrating charges also provide 
greater depth of penetration into undamaged formation material away from 
the wellbore. Studies within industry suggest this approach is less likely to 
produce sand than using big-hole charges.  

In field operations in unconsolidated sandstones, stable arch bridges occur 
at the set producing rate. If the producing rate is adjusted, sand production 
may occur for a short period of time until a different-shaped stable arch 
occurs. It is important for field personnel to realize that, when increasing a 
well's producing rate, sand production may be only temporary and will cease 
after a few hours. 

Depth Correlations 

One of the most important and often-overlooked perforating considerations 
is depth correlation. Desired perforation depths are always related to 
openhole logs, and it is important to realize that drilling depths and the 
depths of cased-hole logs will all vary. Drilling depths are based upon pipe 
tallies, and wireline depths are influenced by line stretch, line size, wear of 
the counter wheels, and other measurement devices. Use of a gamma-ray 
log on the perforating run is one of the best methods to ensure proper depth 
control, but this approach is not always available or economically feasible, so 
correlations using cased-hole casing collar logs, or CCL's, is common. The 
depth correlation is to be made to openhole logs, and different corrections 
may be necessary if perforating more than one interval. It is also important 
to measure the distance from the measurement device (CCL or gamma ray) 
to the top perforation and to make that adjustment to correlations. New 
engineers should develop a standard technique for these depth corrections, 
but it is advisable to write the corrections down and to ensure that they are 
made properly. A common mistake is to correct the wrong way, for example 
adding 7 ft to the cased-hole logging depth instead of subtracting the 7 ft to 
get-on depth with the open-hole logs. Correlating cased-hole logs is greatly 
enhanced by having one or more short casing joints and/or a radioactive 
marker joint in the casing string. Completion engineers should ensure that 
well programs are written with the specific requirement to put some type of 
correlation markers near potential pay intervals.  
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The common depth correlation strategy is to first run the open hole logs and 
to always use the depths recorded on one of these logging runs (such as the 
resistivity logging suite) as the basis for future reference. This same logging 
suite also contains a gamma-ray log that measures formation radioactivity. 
After casing is set, a subsequent gamma-ray log and casing-collar log are 
run in combination. By cross-referencing the gamma-ray logs, the casing-
collar log can ultimately be compared to the resistivity log depths. 

Perforating Summary 

In summary, the importance of perforating strategies is often 
underestimated during completion operations, leading to potential problems. 
The perforation provides the entire conduit between the wellbore and the 
formation and can affect inflow performance issues and well-stimulation and 
completion-design issues. The perforating strategy needs to be planned as 
early as possible in the well design, since it may ultimately even affect the 
size of casing and tubulars used in the well. When perforations are placed in 
the well, they are difficult, if not impossible, to plug effectively without 
damaging the adjacent formation. Placing perforations in a well is similar to 
the simple analogy of cutting a board; it is difficult to add unperforated 
casing back into the well, just as if you had sawed a board too short. More 
seriously, however, it is important to respect the explosives used in 
perforating operations. They are hazardous, and accidents can occur if they 
are not handled carefully or if proper procedures are not followed. It is not 
easy to determine a perforating strategy for the well, and all of the 
individual topics discussed in this chapter deserve consideration. The 
ultimate objective is to maximize well performance, but poor perforating 
strategies can easily reduce productivity and revenue streams 10 to 50%. 
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Introduction 

In the early 1900s, oil and gas wells were commonly completed with only a 
single string of cemented casing. As deeper, multiple, and higher pressure 
reservoirs were encountered, it was recognized that such completions 
imposed limitations on well servicing and control and that downhole designs 
would need to be changed to meet increasing needs for zonal isolation, 
selectivity, wellbore re-entry, and control. This objective was achieved 
through the development of downhole equipment. 

Today, conventional oil and gas wells are completed with a variety of 
downhole devices. The devices specified depend on the well's ability to 
produce fluids and other functional requirements of the completion. 

This chapter provides an introduction to the principal types of downhole 
equipment, their functions, and applications. This chapter also presents 
typical completions that use these devices. 

Tubular Goods 

Most wells include at least one string of tubing in the completion. Other 
items, such as flow couplings, circulation devices, blast joints, and packers 
are threaded into and run as an integral part of the completion string or 
tailpipe. These devices become part of the well completion. Together, tubing 
and other completion devices provide control of the fluids from the reservoir 
to the wellhead and facilitate servicing the well. 

Tubing 

Tubing refers to the pipe used to create a flow conduit inside the wellbore 
between the reservoir and the wellhead. This flow conduit provides control of 
the produced fluid and facilitates wellbore service operations such as 
wirelining or circulating. Typically, tubing is run inside a string of casing or a 
liner, but tubing can also be cemented in slimhole wells as the casing and 
production tubing. In slimhole wells, service tools and completion equipment 
will be limited. 
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One or more strings of tubing may be used in a completion. This decision is 
a function of the number of reservoirs to be produced, whether the 
reservoirs will be commingled or produced separately, and whether the 
reservoirs will be produced concurrently or sequentially. 

To specify tubing for a well completion, it is necessary to determine the 
grade and weight required. In addition, a type of threaded connection must 
be selected. 

Tubing Size 

API has developed tubing specifications that meet the major needs of the oil 
industry. (API Spec. 5CT, 1990) Table 11-1 shows example tubing 
dimensions, grades, and strength of tubing. 
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Table  11-1 Landing Nipple with Flow Coupling 
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Tubing size, or diameter, selection is based on the flow rates or pump rates 
anticipated from the well. Flow rate, or pump rates are determined with a 
systems analysis curve. A systems analysis is based on the inflow 
performance of the reservoir and the tubing performance (Inflow 
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Performance/Tubing Performance ). Several different tubing sizes are 
investigated in a systems analysis, which aids in determining a tubing size 
that will optimize the production rate for some period of time. 

Tubing Grade 

API has designated tubing grades based on chemical composition and 
physical and mechanical properties of the pipe. Each grade has a designation 
such as J55, K55, N80, L80, C75, and P110. The alphabetical designation in 
the tubing grade is arbitrary, but the numerical designation reflects the 
minimum material yield strength. The minimum yield strength must be 
sufficient to withstand forces in the tubing caused by changes in pressure 
and temperature at depth. 

The tubing grade selected for a particular completion is the grade that 
satisfies the minimum performance requirements of the application. Some 
grades (for example L80) have controlled hardness, which provides 
resistance to sulfide stress cracking. These grades are generally specified 
when the partial pressures of H2S or CO2 exceed NACE MR0175 
recommendations. 

Tubing Weight 

Tubing weight is normally expressed as lb/ft and is a function of the 
thickness of the pipe wall. This measurement is an average and includes the 
weight of the coupling. Generally, there are two or more weights available 
for each tubing size and grade (Table 11-1). 

Threaded Connections 

Tubing comprises multiple sections of pipe threaded together and suspended 
from the wellhead by a tubing hanger. The standard and commonly used API 
connection for tubing is EUE-8R (external upset ends, eight-round thread 
tubing and coupling). This connection can provide reliable service for the 
majority of wells and is used extensively in the oilfield. 

Proprietary connections, often referred to as premium threads, offer 
additional sealing mechanisms, such as O-rings or self-energized metal-to-
metal seals, which maximize the effectiveness of the sealing area and 
minimize the instance of leakage failure. Common uses include corrosion-
resistant alloy tubing strings, high-pressure applications, and wells with 
bends and doglegs. These connections are broadly classified according to 
their design; for example, metal-to metal seal integral-joint (MIJ), integral-
flush-joint (IFJ), and slim-line high-performance (SLH). Klementich (1995) 
gives an overview of proprietary connections and World Oil (1990) annually 
publishes a summary of threaded connections and their properties.  

In selecting a threaded connection, the loads expected in the tubing string 
should be reliably established, and the complete performance properties of 
the threaded connection should be identified (Klementich, 1995). When two 
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or more types of threads meet the performance specifications required, the 
lower cost thread is normally preferred, unless other considerations, such as 
availability and the ability to re-cut the thread, are significant. 

Flow Couplings 

A flow coupling is a short piece of pipe which has a wall thickness greater 
than the tubing string. Flow couplings are used to delay erosional failure at 
points inside a completion string, where turbulent flow is expected to occur. 
Figure 11-1 depicts the use of a flow coupling around a landing nipple and a 
subsurface safety valve. 

 

Figure:11-1 Landing nipple with flow coupling 
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Flow couplings offer wall thickness nearly twice the tubing wall thickness. 
Their internal diameters are the same as the tubing, but they have larger 
external diameters. Flow couplings are available in 3- to 5-ft and 10-ft 
lengths. The length selected depends on fluid flow rates (how quickly 
turbulent flow is expected to dissipate) and the abrasiveness of the 
particular fluid. 

API recommended practice suggests the use of flow couplings around a 
subsurface safety valve (API RP14B, 1994). In addition, flow couplings are 
typically used downstream of landing nipples or circulation devices. A 
suggested rule of thumb is to include flow couplings above and below any 
downhole device which restricts the flow area by more than 10% of the 
nominal tubing ID. Various applications of flow couplings can be seen in the 
completions presented in Section 11-6. 

Blast Joints 

Fluids entering perforations may display a jetting behavior. This fluid-jetting 
phenomenon may abrade the tubing string at the point of fluid entry, 
ultimately causing tubing failure. 

Blast joints are joints of pipe with a wall thickness greater than the tubing. 
These joints are run in the completion opposite the casing perforations, as 
shown in Figure 11-2. 
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Figure 11-2 Blast joint 

The blast joint delays the erosional failure at the point where fluids enter the 
wellbore and impinge on the tubing string. 

Blast joints are similar in design to flow couplings. They have the same 
internal diameter as the tubing, but a larger external diameter. Blast joints 
are normally available in 20-ft or 30-ft lengths. 

Section 11-6 presents a dual completion that includes a blast joint in the 
design. 

Landing Nipples 

Landing nipples are short sections of thick-walled tubulars that are machined 
internally to provide a locking profile and at least one packing bore. The 
purpose of a landing nipple is to provide a profile at a specific point in the 
completion string to locate, lock, and seal subsurface flow controls, either 
through wireline or pumpdown methods. 

Every subsurface control device set inside a landing nipple is locked and 
sealed in the profile with a locking mandrel. The profile and bore area in the 
nipple offer an engineered and controlled environment for the locking 
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mandrel to form a seal. For this reason, the lock mandrel must conform to 
the profile of the nipple; for example, an 'X' nipple requires an 'X' lock profile 
and an 'R' profile requires an 'R' lock mandrel.  

Landing nipples can be used at virtually any point in the completion string. 
Typically, they are used in conjunction with a wireline subsurface safety 
valve at an intermediate point in the tubing above a packer to pressure test 
the tubing or set a flow-control device, immediately below a packer for 
packoff above perforations in multi-zone completions, and at the bottom of 
the tubing string for setting a bottomhole pressure gauge. Applications of 
landing nipples are shown in completions presented in Section 11-6. 

There are three principal types of landing nipples. These are no-go nipples, 
selective nipples, and subsurface safety valve nipples. The characteristics of 
these nipples are discussed below. 

No-Go Landing Nipples 

A no-go landing nipple includes a no-go restriction in addition to the profile 
and packing bore. The no-go restriction is a point of reduced diameter, i.e. a 
shoulder. This no-go shoulder is used to prevent the passage of larger 
diameter wireline tools and offers the ability to positively locate subsurface 
control devices in the nipple. Figure 11-3 shows a no-go landing nipple and 
associated lock mandrel. 
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Figure 11-3 No-Go landing nipple and lock mandrel. 

No-go profiles may be included either above or below the packing bore of 
the landing nipple. When the no-go occurs below the packing bore, it is 
referred to as a bottom no-go. In this case, the minimum internal diameter 
is the diameter of the no-go restriction. When the no-go occurs above the 
packing bore, it is referred to as a top no-go. In a top no-go, the no-go 
diameter is the same as the packing-bore diameter. 

The no-go restriction determines the largest size of wireline equipment or 
other devices that can be run through the device. Therefore, in completions 
that include many no-go profile devices, each successively deeper profile 
device must have a smaller internal diameter than the one above, so that 
the wireline equipment for the deeper profile can pass through the no-go of 
the profile device immediately above it. This design is often referred to as 
"step-down" sizing. 

No-go profiles aid in positive setting for the wireline equipment because the 
wireline tool physically bumps against the no-go shoulder when the tool is 
landed in place. However, if many profiles are required in the design, the 
step-down sizing phenomenon may mean that the bottom no-go will be too 
small, either for the desired production rate or for well servicing. For this 
reason, many profile systems include only one no-go at the bottom, or 
deepest set, profile device. 
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Selective Landing Nipples 

Landing nipples that do not include a no-go, or diameter restriction, are 
referred to as selective. In a completion equipped with selective nipples, it is 
possible to "select" any one of the nipples to install a flow-control device in 
it. Figure 11-4 shows a selective landing nipple and associated lock mandrel. 

 

Figure 11-4 Selective nipple with lock mandrel 

For a given tubing size, all selective nipples run in the tubing string will have 
the same internal diameter. Unlike the no-go nipples, there is no progressive 
restriction of the minimum diameter. 

Selective nipples are divided into two categories. One type is a profile-
selective landing nipple. The second type is a running-tool-selective landing 
nipple. 

Profile-selective landing nipples have the same minimum internal diameter, 
the same locking profile, and the same packing bore. However, these nipples 
include a different locating profile. When setting a control device in one of 
these nipples, the lock mandrel used with the control device must be 
equipped with a locator assembly that matches the locating profile of the 
nipple in which it will be installed. 
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Running-tool-selective landing nipples are selected according to the running 
tool that is used to install the lock mandrel and the control device in that 
nipple. Each running-tool-selective landing nipple of a given size and type in 
the tubing string is identical, allowing a virtually unlimited number of 
running-tool-selective landing nipples to be used in a single tubing string. 

Selective nipples offer the advantage of providing a profile without 
restricting the minimum diameter of the completion string. However, it may 
be more difficult to positively set equipment in selective profiles, particularly 
in highly deviated wells. 

Subsurface Safety Valve Landing Nipples 

A subsurface safety valve landing nipple is a special type of nipple designed 
to hold a wireline-retrievable safety valve (Figure 11-5). 

 

Figure 11-5 SCSSV nipple 

The nipple differs from a standard landing nipple because the nipple body is 
adapted to accept a 1/4-in. hydraulic control line. The body is bored so that 
the control line pressure feeds into the safety valve, which is sealed between 
an upper and a lower packing bore (Figure 11-6). 
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Figure 11-6 Valve latched in safety valve landing nipple 

Subsurface safety valve nipples are available with a sliding sleeve feature 
incorporated. The sleeve seals off the control line when running and 
retrieving the valve body by wireline. This feature keeps the well fluids and 
pressure off the control line at all times. 

Tubing Annulus Communication: Circulating 
Devices  

Tubing annulus communication refers to an opening or access between the 
inside of the tubing string and the tubing casing annulus. Such access is 
required to circulate fluids in a well, to treat a well with chemicals, to inject 
fluids from the annulus into the tubing string, or to produce a zone that is 
isolated between two packers. 

Two devices provide communication between the inside of the tubing string 
and the tubing casing annulus, either above a packer or between two 
packers. These devices are the sliding sleeve and the side-pocket mandrel.  

The sliding sleeve, discussed below, is the principal tubing annulus 
communication device. Sliding sleeves provide the ability to circulate a well 
and selectively produce multiple reservoirs. 
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Some operators set a dummy valve inside a side-pocket mandrel (SPM) with 
the intent of using this device for circulating the well. It is possible to use an 
SPM as the principal circulation device. However, the SPM has a restricted 
flow area that limits the rate of circulation. For this reason, most operators 
use a sleeve as the principal circulation device and include an SPM as an 
emergency, or backup, method for killing a well. Side-pocket mandrels are 
discussed in Section 11-1.6 because the principal use of the SPM is for gas 
lift. 

In addition to these two devices, some operators choose to punch a hole in 
the tubing when circulation is required or pull an overshot or extra-long 
tubing seal receptacle (ELTSR) assembly off the packer to circulate. These 
methods have significant drawbacks. If a hole is punched in the tubing, the 
operator must replace this joint after circulation is no longer required. 
Furthermore, it is only possible to back off an ELTSR to circulate if such a 
device exists in the completion string.  

Sliding Sleeves 

A sliding sleeve is a cylindrical device with an internal sleeve mechanism. 
Both the inner sleeve and outer body are bored to provide matching 
openings. The inner sleeve is designed to move upward and downward, 
through the use of a wireline shifting tool. When the sleeve is shifted to the 
open position, the sleeve openings mate with the openings in the outer 
body, thereby establishing tubing/annulus communication. When the sleeve 
is shifted to the closed position, the sleeve openings are displaced from the 
outer body openings, which are then isolated by the inner sleeve wall. An 
example of this device is shown in Figure 11-7. 
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Figure 11-7 Sliding sleeve 

Sliding sleeves are versatile and flexible components. They can be used at 
virtually any point in the completion string where circulation, injection, or 
selective production is required. The device can be opened and shut by 
wireline and therefore does not require the completion to be retrieved after 
circulation is established. Depending on the design of the communication 
ports, the device can offer a circulation area even greater than the internal 
diameter of the tubing. 

Sliding sleeves may open in either direction, that is, by jarring upward or 
jarring downward. The main consideration in selecting a jar-up or jar-down 
sleeve is the amount of force required to shift the sleeve. A jar-down 
situation limits the force created to the weight of wireline tool string; it is not 
possible to compress the wireline to add more force. In the jar-up to open, it 
is possible to pull tension on the wireline up to the strength of the wire. 

Sliding sleeves include a nipple profile above the inner sleeve. This profile is 
often used to set a blanking sleeve inside the device, to provide a means of 
shutting off flow if the sleeve is stuck in the open position. 
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Sliding sleeves are typically set above the shallowest packer to provide for 
well unloading and circulation (Figure 11-8) or between two packers to 
provide selective well production from multiple zones (Figure 11-9). 

 

Figure 11-8 Single sliding sleeve for circulation 
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Figure 11-9 Sliding sleeve for multi-zone selective completion. 

Side-Pocket Mandrels 

A side-pocket mandrel, or SPM, is a special receptacle with a receiving 
chamber parallel to the flow chamber (Figure 11-10). 
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Figure 11-10 SPM with dummy valve in place. 

The tubular side of the device mates with the tubing string and leaves the 
bore of the mandrel fully open for wireline tools to pass without interruption. 
The parallel receiving chamber is offset from the string. This chamber is 
used to house a number of flow control or sealing devices. 

The side-pocket mandrel was originally designed to house retrievable gas-lift 
equipment, and this function is still the primary use of the component. 
However, at least two other uses of the SPM are now recognized. These 
include providing an emergency kill device and providing a means of 
circulating fluids. 

To provide an emergency-kill capability, the SPM is fitted with a dummy 
valve. This valve is normally closed and prevents communication between 
the tubing and the annulus. However, the valve is set to shear at a 
predetermined pressure and can, therefore, be opened by applying pressure 
to the annulus or the tubing. This configuration is considered to be an 
emergency-kill capability because kill fluid can be circulated without running 
wireline beforehand. 

Since the dummy valve can be sheared open by applying pressure to the 
annulus, SPM's can also be used as a means of circulation. The SPM is one of 
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the least preferable means of circulation, since the flow area through the 
SPM is small and restricts the pumping rate. In addition, the valve must be 
replaced once circulation is completed. 

Travel Joints 

A travel joint is used to allow tubing movement or travel while maintaining 
pressure integrity. A travel joint consists of two concentric tubes that 
telescope relative to one another (Figure 11-11). 

 

Figure 11-11 Travel joint. 

Seal elements on the inner tube isolate annulus pressure and fluids from the 
tubing string as the travel joint strokes open and close. 

A travel joint allows the completion string to expand or contract freely with 
changes in downhole pressure and temperature, thereby solving the 
problems associated with tubing contraction and elongation in producing 
wells, injection wells, or disposal wells. Typically, a travel joint is placed in 
the completion string above the shallowest packer to accommodate tubing 
movement. A travel joint may also be placed between packers or near the 
surface to facilitate well space out. 
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Standard stroke lengths for travel joints are 2, 4, 8, 10, 15, 20, and 25 ft. 
The travel joint can be shear-pinned fully closed or partially open. The 
position of the travel joint when it is run in the hole is a function of the 
expected tubing movement. For example, if future well operations will 
introduce both tubing expansion and contraction over time, then the joint 
can be run partially opened to allow for both types of movement downhole. 

Travel joints can rotate freely, or can provide the capability to translate 
tubing rotation to the packer. A swivel travel joint offers continuous 360° 
rotation, but cannot translate this motion downhole. Swivel joints with a 
clutch are similar to the regular swivel travel joints except that in the 
collapsed position (or fully extended position) torque can be transmitted to 
packers or other equipment located below. Splined travel joints are used 
when transmission of torque through the travel joint is required. 

Adjustable Unions 

Adjustable unions are similar to travel joints in that they consist of 
concentric tubes designed to open and close. However, adjustable unions are 
threaded and open or close by rotation rather than by travel or stroking the 
device.  

Adjustable unions are used to facilitate spacing out at the surface and 
between packers and other subsurface components where spacing is critical. 
They offer 12 to 24 in. of extension. 

Adjustable unions with keys are designed to allow tubing torque to packers 
and other equipment below. Adjustable unions without keys are used when 
tubing torque below is not required. 

Tubing Hanger 

The surface tubing hanger is a device run in the completion string, which 
lands inside and becomes an integral part of the wellhead (Figure 11-12). 
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Figure 11-12 Tubing hanger and wellhead 

It is used to provide a seal between the tubing and the tubing head 
(wellhead) or to support the tubing and to seal between the tubing and the 
tubing head (Bradley, 1987) 

The tubing hanger is a solid piece of metal that has one or more bores. The 
tubing string mates with one bore to continue the flowpath to the surface. If 
an electrical submersible pump is used in the completion, the tubing hanger 
must also have a bore to accommodate the motor cable.  

Several different types of tubing hangers are available, including wrap-
around hangers, polished-joint hangers, boll-weevil, and stripper-rubber 
hangers (Bradley, 1987b). Both solid and split hangers are available for dual 
completions. The advantage of the split hanger is that each string can be 
manipulated separately. 

Subsurface hanger assemblies that sit inside the casing are also available. 
These assemblies include a shear joint in the tubing string above the hanger. 
Such assemblies provide the ability to pull tubing-retrievable safety valves 
without removing the tubing string, disturbing the packer, or killing the well. 
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Production Packers 

A packer is a downhole device used to provide a seal between the outside of 
the tubing and the inside of the production casing or liner. The packer seal is 
created by resilient elements that expand from the tubing to the casing wall 
under an applied force. When set, this seal prevents annular pressure and 
fluid communication across the packer. 

Production packers are those packers that remain in the well during normal 
well production. Service packers, such as those used in well testing, cement 
squeezing, acidizing, and fracturing are used temporarily and then retrieved 
from or milled out of the well. This discussion focuses on production packers. 

Production packers are specified for many reasons (Greene, 1966). For 
example, they are used to protect the casing from pressure and produced 
fluids, isolate casing leaks or squeezed perforations, isolate multiple 
producing horizons, eliminate or reduce pressure surging or heading, hold 
kill fluids in the annulus, and permit the use of certain artificial-lift methods. 

On rare occasions, well completions may not incorporate a packer. For 
example, many high-volume wells are produced up both the tubing and the 
annulus and therefore will not include a packer. Packers are not normally run 
in rod-pumped wells. However, in offshore wells and in many other 
applications, it is considered a safer practice to produce with at least one 
packer downhole. 

Once an engineer determines that a packer is required for the completion, 
certain physical attributes of the packer must be specified. These attributes 
include the type and size of packer, the number of bores required, how the 
packer will be conveyed and set in place, and how it will be removed from 
the wellbore.  

Packer Basics 

Although packers are available for a wide variety of applications, all share 
similar design and operational characteristics. Each packer includes a flow 
mandrel, resilient elements, a cone or wedge, and slips (Figure 11-13). 
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Figure 11-13 Production packer. 

The mandrel provides the flow conduit for production. Resilient elements 
form the tubing-to-annulus pressure seal. The cone assists in positioning the 
slips, which grip the casing wall and prevent the packer from moving upward 
or downward. 

To set a packer, a compressive force is applied to the mandrel between the 
slips and the resilient elements. The force moves the slips outward to grip 
the casing and then transfers the compressive load to expand the packing 
element. 

Packer Type: Permanent vs. Retrievable 

Packers may be classified according to a number of criteria, such as their 
retrievability, setting mechanism, or application. Most commonly, they are 
classified by their retrievability. 

Permanent packers are those packers that cannot be entirely retrieved and 
reinstalled in the well. This type of packer is normally run and set separately 
on electric cable or slickline, a workstring, or tubing, and the production 
tubing is then either stabbed into or over the packer. A permanent packer 
may also be run integrally with the tubing string, provided that there is a 
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means of disconnecting the tubing above the packer. Permanent packers 
must be milled out to remove them from the wellbore. 

Retrievable packers are those packers that are designed to be retrieved and 
reinstalled in the wellbore. Retrievable packers are normally run integrally 
with the tubing string and are set with either mechanical manipulation or 
hydraulic pressure. Certain retrievable packers may also be set on electric 
cable. They are unset either by a straight pull or by a combination of 
rotation and a straight pull or with a special retrieving tool on drillpipe. Once 
unset, the compressible packing elements and slips or hold-down buttons 
relax and retract, allowing the packer to be removed from the wellbore. 

Permanent packers have historically provided the advantage of deeper and 
more accurate setting depths, larger internal diameters, and the ability to 
withstand larger differential pressures, whereas retrievable packers have 
offered the ability to remove the packer easily and nondestructively from the 
wellbore. However, recent developments in packers have obscured this 
historical distinction. There are now semi-permanent packers that are 
retrievable packers with performance characteristics similar to permanent 
packers. 

Number of Packer Bores 

The packer mandrel, or bore, refers to a cylindrical, machined opening in the 
packer. This opening is required to allow produced hydrocarbons or injection 
fluids to pass through the packer. Packer bores are also used to provide 
annular access for any electrical or instrument cables run below the packer. 
Normally, packers possess 1, 2, or 3 bores and are referred to respectively 
as single, dual, or triple packers. 

The number of packer bores required is a function of the number of tubing 
strings in the completion and whether electrical cables will be passed 
through the packer. Single-string completions with no cable requirements 
use a single-bore packer. Dual-bore packers are run with either dual 
completion strings or single-string completions that require cables to be 
passed through the packer.  

Packer Setting Method 

All packers are set by applying a compressive force to the slips and rubber 
packing elements. This force may be created in a number of ways, including 
tubing rotation, slacking off weight onto the packer, pulling tension through 
the tubing, pressuring the tubing against a plug, or sending an electric 
impulse to an explosive setting tool. The techniques for creating the setting 
force are referred to as packer setting methods. 

Packer setting methods are classified as mechanical, hydraulic, or electric. A 
mechanical setting method refers to those techniques that require some 
physical manipulation of the completion string, such as rotation, picking up 
tubing, or slacking off weight. A hydraulic setting method refers to applying 
fluid pressure to the tubing, which is then translated to a piston force within 
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the packer. The third method, electric line, involves sending an electric 
impulse through an electric cable to a wireline pressure setting assembly. 
The electric charge ignites a powder charge in the setting assembly, 
gradually building up gas pressure. This pressure provides the controlled 
force necessary to set the packer. 

Packer Setting and Unseating Forces 

Certain packers rely on applying a force to the packer to maintain the packer 
in a set position. These packers are referred to as tension- or compression-
set packers. They are set mechanically, since the tubing string must be 
manipulated to provide the required compressive or tensile forces. 

Compression packers require that a compressive load be continuously 
applied to the top of the packer. Normally, this load is supplied by slacking 
off tubing weight; therefore, compression packers are commonly referred to 
as weight-set packers. However, the compressive load may also be provided 
by a pressure differential across the packer; in this case, the pressure above 
must be greater than the pressure below the packer. As a result, these types 
of packers are suitable for injection wells. 

A compression packer is not designed to withstand a pressure differential 
from below the packer, unless an anchoring device or hydraulic holddown is 
included. The packer may unseat if the compressive force is reduced or 
counteracted by a tensile tubing load. Expected wellbore operating 
conditions that cause the tubing to contract may cause a weight-set packer 
to unseat. 

The tension-set packer is the opposite of the compression packer. A tensile 
force is pulled on the tubing to initiate packer setting and to maintain the 
packer in a set position. Because the packer is set with the tubing in tension, 
large pressure differentials from below tend to support the setting action. 
However, this type of packer will attempt to unseat if the tubing is in neutral 
or in compression. Hence, wellbore operating conditions that cause the 
tubing to expand may cause a tension-set packer to unseat, unless a 
holddown system compensates for these forces or an additional, initial 
tensile force is placed on the tubing. 

All other packers are considered to be neutral set because their setting 
mechanisms allow the tubing to be in tension, neutral, or in compression as 
required. Generally, all packers that are set hydraulically and electrically will 
fall into this category. Some packers that are set mechanically, such as 
rotation-set packers, can also be set with the tubing in tension, neutral, or in 
compression. 

In specifying a packer for a well completion, it is important to know the 
forces required for setting and unseating the packer and to ensure that 
these characteristics are not violated by tubing forces induced from expected 
operating and/or treating conditions within the well .  
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Conveying the Packer 

Packer conveying is the manner in which the packer is run to its setting 
depth. Conveying methods include running the packer (and any tailpipe) on 
wireline, running the packer on a workstring or drillpipe, or using the 
production tubing to convey the packer, either separately or integrally. 

The packer conveying method selected must be mechanically compatible 
with the type of packer and the means of connecting the packer and tubing. 
For example, a permanent type packer is normally conveyed and set 
separately, and such packers are used with connections that allow the tubing 
string above the packer to be easily retrieved. 

The manner in which the packer is conveyed to its setting depth and its 
manner of connecting with the tubing string are also important in analyzing 
and comparing completion running procedures. For example, if a permanent 
packer is conveyed and set on electric cable, then at least two trips will be 
required to run the completion, rather than a single trip for a packer run 
integrally on tubing. It is important to recognize these differences if design 
alternatives are to be assessed and compared on the basis of total cost.  

Connecting the Tubing to Packer 

There are four methods of connecting tubing to a packer. These include an 
integral threaded connection, an anchor or ratch-latch assembly, a J-latch, 
and a locator seal assembly. These connection alternatives are shown in 
Figure 11-14.  
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Figure 11-14 Tubing-to-packer connections. 

With a threaded connection, the tubing is threaded into the top of the packer 
and the packer becomes an integral part of the tubing string. A ratch latch, 
or anchor assembly, consists of a short seal stack with a ratch latch above, 
which engages (stabs into) an Acme-type box thread at the top of the 
packer. A J-slot connection is used above a seal stack. The J-slot engages or 
locates with either internal or external pins at the top of the packer. 

The threaded, anchor, and J-latch connections fix the tubing at the packer 
and do not allow the tubing to move at that point. 

The fourth connection is the locator seal assembly. A locator seal assembly 
consists of a seal stack, with either a no-go shoulder or straight slot locator 
positioned above the seal stack. The no-go shoulder or straight slot locator 
is used for positive landing and space out, but does not anchor the locator 
assembly to the packer. The length of the seal stack depends on the type of 
seal and expected service environment. 

A locator seal assembly differs from the three other connections in that it 
allows tubing movement, such as expansion or contraction, at the packer. 
The degree of movement allowed by a locator depends on the amount of 
tubing expansion or contraction expected, whether a no-go shoulder or 
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straight-slot locating head is included in the assembly, and where the no-go 
shoulder is landed relative to the top of the packer when the completion is 
spaced out. 

The tubing-to-packer connection must be consistent with the type of packer 
being used. Typically, permanent packers have locator seal assemblies or 
some anchor system and an overshot seal assembly. Retrievable packers 
may be designed for a threaded connection, J-latch, or anchor. The type of 
connection specified depends on the requirements of the particular 
application. 

Packer Retrieving Method 

When a workover is required, part or all of the completion string is removed 
from the wellbore. Frequently, this requires removal of the production 
packer. The manner in which this is accomplished is referred to as the 
packer retrieving method. 

The packer retrieving method depends on the type of packer. Retrievable 
packers are released by rotating, pulling on the tubing string, setting weight 
on the packer, or using a retrieving tool run on a workstring. Permanent 
packers normally cannot be retrieved by these means and must be milled to 
release the setting mechanism. 

If the type of packer being used in a well completion is retrievable, it is 
important to consider how it will actually be removed. In cases where 
rotation is required, it is important to verify that it is indeed possible to 
rotate the completion string, since this will not be feasible for all 
completions.  

Common Types of Packers and their Application 

A number of companies manufacture packers, and each manufacturer 
frequently includes its own mechanical enhancements to the designs 
discussed above. A complete discussion of manufacturers' equipment is 
beyond the scope and purpose of this book. However, it is useful to 
recognize the main types of packers in widespread use and their range of 
application. 

Mechanical Retrievable Packers 

Mechanical-set retrievable packers are designed to be run and set on tubing, 
released, and moved and set again without tripping the tubing. In general, 
these packers are capable of BHT up to 275°F and a pressure differential of 
6500 to 7500 psi.  

Mechanical-set retrievable packers may have slips above and below the seal 
element. Depending on their internal locking mechanism, they can be set 
with tension, compression, or rotation and, once set, the tubing can be left 
in tension, compression, or neutral mode.  
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Certain types of mechanical-set retrievable packers can be used for 
production, steam injection, disposal, injection, testing and reservoir 
stimulation. Typically, they cannot be used in deep, deviated wells because it 
is difficult to transfer sufficient tubing movement to set and maintain the 
packer. 

Hydraulic Retrievable Packers 

Hydraulic-set retrievable packers are designed to be set by pressuring up 
the tubing string against a plugging device below the packer. Once the 
packer is set, the tubing may be put into tension or compression or left in a 
neutral mode. A hydraulic packer has bidirectional slips or a set of slips to 
resist downward movement and a hydraulic hold-down system to prevent 
upward movement. The packer is released by a straight pull on tension-
actuated shear pins. 

In general, hydraulic-set retrievable packers can normally be used in 
applications with a BHT up to 275°F and a pressure differential of 6500 to 
7500 psi. They have a nearly universal application and are used for highly 
deviated wells or wells with small control lines (where rotation may be a 
problem). Hydraulic-set packers are also used in completions requiring 
multiple packers and one-trip operations. 

Dual and triple hydraulic packers are installed similarly to the single 
hydraulic packers. Most dual hydraulic packers are run on the long string 
and set by hydraulic pressure applied to either the long string or to the short 
string. To retrieve a dual packer, the tubing is released from the short 
string, and the well is circulated above the packer. A straight pull on the long 
string shears releasing pins and places the packer in retrieving position. 

Seal Bore Retrievable Packers 

Seal bore retrievable packers are production packers designed for 
intermediate-pressure wells. They are used in applications with bottomhole 
pressures of up to 10,000 psi and BHT of 275°F. These packers have the 
production features of permanent packers with the added feature of 
retrievability. External components are millable for cases when conventional 
release is not be possible. 

These packers are designed to be retrieved with a retrieving tool. They can 
be set with electric line or hydraulically on the tubing string. 

Seal bore retrievable packers may be used in many of the same applications 
where permanent packers are used. Their application depends on downhole 
pressure requirements, temperature requirements, and cost considerations. 

Permanent Packers and their Accessories 

Permanent packers are production packers designed for high-pressure 
and/or high-temperature wells (Hopmann, 1995). Designs are available for 
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pressure differentials and bottomhole temperatures in excess of 15,000 psi 
and 450°F, respectively. Once these packers are set, milling operations are 
required for retrieval. The two types of permanent packers are wireline and 
hydraulic-set.  

Wireline-set permanent packers are generally run and installed using electric 
wireline. When the required setting depth is reached, setting tools are 
activated from the surface by electric current to set the packer. These 
packers may also be run on tubing using hydraulic setting tools, which are 
activated by surface pump pressure to set the packers. These packers 
feature a polished bore receptacle in which a production seal unit attached to 
the bottom of the production tubing may be installed. 

Hydraulic-set permanent packers are generally run on the bottom of the 
production tubing. When the required depth is reached, surface pump 
pressure is applied to set the packer, which features a setting piston as an 
integral part. Using surface pump pressure to set either type of packer 
requires a means of plugging the tubing at the hydraulic setting tool or 
below the hydraulic set permanent packer before applying surface pump 
pressure. 

Depending on well completion requirements, a variety of latching options is 
available to attach the production seal unit or tubing to the top of each 
packer. A variety of connections is also available to attach either tubing, 
casing, or accessory items to the bottom of each packer. 

Seal Units 

Seal units consist of a stack of alternating seals and rings located at the end 
of the tubing string (Figure 11-14). The seal unit stabs into the top of a 
packer or polished bore receptacle (PBR) and forms a pressure seal between 
the tubing string and packer. The seal is created by compressing elastomers, 
plastics (nonelastomers), or rubber configurations between the smooth 
metal surfaces of the seal unit and the mating receptacle.  

A seal stack is designed to move within with the receptacle but may only 
move if the tubing-to-packer connection is not a J-latch, anchor, or ratch 
latch. 

There are several types of seal units designed to accommodate the various 
pressures, temperatures, and fluids that may be encountered in an oil well. 
Molded seal units are designed for lower temperatures and pressures and 
are best suited for applications where the seal unit may be moving in and 
out of the receptacle. Premium seal units are Vee packing seal systems 
designed for high temperature and pressure environments and harsh or 
hostile well fluids. Various seal material combinations can be used to tailor 
the seal unit for compatibility to the fluid environment to be encountered. 
Seal units are available in pressure ratings up to 20,000 psi and up to 
450°F.  

Seal units are sized and designed to fit inside a particular size of mating 
receptacle. As a result, the flow area through the seal unit will be less than 
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the tubing ID. For applications requiring a larger flow area, an overshot or 
ELTSR assembly is used. In this case, the seal stack is located inside the 
tubing extension, and the seals create an external pressure seal between the 
tubing and a slick joint above the packer. 

Seal stacks are susceptible to damage if cycled repeatedly in and out of the 
packer or PBR. To maintain pressure integrity, seal stacks should be 
removed only when necessary. 

Seal Bore Extension 

A seal bore extension is a separate tubular member which is placed on the 
bottom of a permanent or retrievable seal bore packer. Its purpose is to 
extend the bore of the packer to provide a longer receptacle that can 
accommodate longer seal units. Packers equipped with seal bore extensions 
can accommodate seal stacks of 30 ft or more.  

Seal bore extensions allow flexibility for extending the seal bore length for 
tubing movement requirements. Generally, the seal stack selected must be 
as long as the tubing movement expected, and a safety factor (1.25 to 1.5) 
is often applied to the calculated length. Depending on the magnitude and 
direction the anticipated movement, the seal stack may be lengthened or 
shortened to coordinate with landing and space-out requirements. Section 
11-3 provides information on tubing movement. 

Millout Extension 

When a permanent packer must be milled up, either a flat or overshot mill is 
used to mill up the packer. The choice of mill depends on the type of packer. 
For example, if the slips, cones and packer elements are designed to be 
milled, an overshot mill is used, and the inner body of the packer is 
retrieved. Alternatively, the flat mill is used when the entire packer must be 
milled. 

After milling, the slips retract and the packer can fall to the bottom of the 
well when the setting mechanism is released. A fishing job is therefore 
required to retrieve the remaining body of the packer. If a fishing job is not 
desirable, a millout extension is run below the packer at the time the packer 
is installed. The millout extension provides the ability to run a packer-
retrieving spear with the mill. This spear engages in the millout extension 
and prevents the packer from falling when the packer slips collapse.  

Tubing Movement and Packer Forces 

Changes in downhole pressure and temperature can cause the tubing to 
elongate or contract. Such phenomena must be predicted and accounted for 
in the selection of downhole equipment. 

If the predicted tubing movement is small (a few feet), then the movement 
may be offset by slacking off or picking up tubing weight, or the movement 
may simply not be provided for. In the latter case, changes in tubing length 
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that cannot actually occur are translated into forces on the packer. Any 
packer selected should be able to withstand such forces. If the packer 
cannot withstand the induced force, it will move or unseat. 

If it is preferable to allow tubing expansion or contraction to occur downhole, 
then the downhole equipment must provide that capability. The downhole 
equipment selected to allow tubing expansion or contraction mainly depends 
on the type of packer and the tubing-to-packer connection.  

Retrievable packers (either hydraulic or mechanical) typically have a fixed 
tubing connection. In this case, tubing movement must be provided at a 
travel joint located above the packer.  

Permanent packers and retrievable seal bore packers have a locator or short 
stab-in seal stack as the tubing-to-packer connection. Usually, this is not a 
fixed connection and the tubing is free to contract or expand at the packer, 
with the amount of permissible movement determined by landing conditions. 
If the expected movement is small, then the length of the short seal stack 
may be sufficient to accommodate the expected tubing length change. If 
not, a seal bore extension and a longer seal assembly can be added to the 
design to accommodate a longer tubing length change. 

An overshot or extra-long tubing seal divider may also be used to 
accommodate tubing movement with seal bore packers. This device includes 
a seal stack which stabs over the top of the packer and strokes open and 
shut. These stab-over seal configurations may be used in conjunction with 
an anchor sub, which provides a fixed connection at the packer. 

For any downhole equipment used to accommodate tubing movement, the 
engineer must design a system which provides the maximum expansion or 
contraction expected with an applied safety factor. 

Subsurface Safety Valves 

A subsurface safety valve (SSSV) is a control device used to shut off 
production from the well in an emergency situation, for example, if the 
surface control system is damaged or destroyed (Figure 11-15). 
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Figure 11-15 SCSSV 

The subsurface safety valve's opening and closing may be controlled at the 
surface by pressure supplied in a hydraulic line or directly by subsurface well 
conditions. Dines (1979) and Bleakley (1986) provide an overview for the 
selection of subsurface safety valves. 

Surface-controlled subsurface safety valves (SCSSV) incorporate a piston on 
which hydraulic pressure acts to open the closure mechanism. A spring acts 
in the opposite direction on the piston to close the closure mechanism as 
hydraulic pressure is lost. In most SCSSV designs, well pressure acts in 
conjunction with the spring to oppose the hydraulic pressure and close the 
valve.  

Subsurface-controlled subsurface safety valves (SSCSV) are operated 
directly by well pressures and require no hydraulic line for their operation. 
They are normally open while installed in the well and typically require 
flowing the well outside its normal production regime to close. The inability 
to control SSCSVs from the surface limits their use to applications that are 
outside the capabilities of SCSSVs.  

Subsurface valves first came into prevalent use in the 1930s. However, early 
valves were not reliable, and there was a reluctance to voluntarily use this 
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component. Operators were required to use these devices only if there was 
an obvious and imminent chance of disaster. At present, the use of 
subsurface safety valves is still optional in many places worldwide. Certain 
geographical areas, such as the US Continental Shelf, do now require a 
subsurface safety valve of some type.  

At this time, most operators are electing to use surface-controlled valves 
because this type of valve affords direct control of well operation. Therefore, 
this discussion focuses on surface-controlled subsurface safety valves. 

Tubing Safety Valves 

The following sections provide information about tubing safety valves. 

Subsurface Safety Valve Basics 

Subsurface safety valves are classified according to their method of 
retrieving and their internal closure mechanisms. Tubing retrievable safety 
valves (TRSV) are valves which are an integral part of the tubing string, 
requiring the tubing to be removed for retrieval of the safety valve. Wireline 
retrievable safety valves (WLRSV) are installed inside the tubing with a 
locking device to secure them inside a safety valve landing nipple. WLRSV's 
can be installed and retrieved without removal of the tubing.  

The most common types of closure mechanisms for subsurface safety valves 
are the ball and the flapper. Either mechanism can be used with a tubing-
retrievable or wireline-retrievable safety valve.  

To evaluate subsurface safety valves for an application, it is necessary to 
understand the basics of safety valve operation and application. These basics 
include understanding the advantages and disadvantages of the different 
retrieval methods and closure mechanisms. Determining the valve setting 
depth is another consideration. In addition, the requirement to equalize 
pressure across a closed valve must also be considered. These factors are 
discussed here. 

Retrieval Method 

Many factors are considered by operators when selecting the means of 
retrievability of their SSSVs. Access for maintenance and past experience 
normally are strong influences. 

Tubing retrievable subsurface safety valves (TRSV) are threaded into the 
tubing string, maintaining an inside diameter that is equivalent to that of the 
tubing. To provide this inside diameter and still encase a closure mechanism 
and valve operator, the outside diameter of the TRSV will be larger than that 
of the tubing. This larger outside diameter must be allowed for in the 
completion design and can sometimes be a limiting factor in the selection of 
a tubing size. Because a TRSV maintains an inside diameter equivalent to 
that of the tubing, it introduces no restriction to flow or tool access below 
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the safety valve. This advantage must be weighed against the requirement 
to pull the tubing to retrieve and service the valve. Pulling a TRSV normally 
requires that a drilling or workover rig move onto the well. However, most 
TRSV's are designed so that a WLRSV can be run inside. Should the TRSV 
experience problems, a workover can be delayed and wireline can be used to 
set the WLRSV inside the TRSV body. This option greatly extends the use of 
TRSVs. 

Wireline retrievable subsurface safety valves (WLRSV) are installed inside 
the tubing string and, therefore, must have an outside diameter small 
enough to fit inside the tubing. Allowing for room to encase a closure 
mechanism and valve operator results in the inside diameter of a WLRSV 
being substantially smaller than that of the tubing. This smaller diameter 
acts like a downhole choke and introduces a pressure drop that may 
significantly reduce system flow capability. Tool access below the safety 
valve is not normally a major consideration because the WLRSV can be 
retrieved before running tools in the well and re-installed after the tools are 
removed. Retrieval of a WLRSV is typically done using standard wireline 
service methods which are substantially lower in cost than mobilizing a rig. 

Reliability and longevity have become areas of significant interest with 
respect to subsurface safety valves. Statistical data has been gathered in an 
attempt to measure reliability. These data have been reported by a number 
of surveys and papers, the most highly publicized articles being the 
"SINTEF" reports, by the Foundation for Scientific and Industrial Research at 
the Norwegian Institute of Technology in Trondheim, Norway (Molnes, 1990; 
Molnes et al., 1987; Molnes and Rausand, 1986a; Molnes et al., 1986b). 
These reports generally show a statistical reliability advantage toward 
tubing-retrievable safety valves. However, one should consider that tubing-
retrievable safety valves are not normally operated as often as wireline-
retrievable safety valves. Another factor that may have skewed the data is 
the fact that most TRSVs in the studies did not contain an internal equalizing 
mechanism, whereas most of the WLRSVs did contain such a mechanism. 

Closure Mechanisms 

The two primary closure mechanisms used for subsurface safety valves are 
the ball and the flapper. Typical flapper closure mechanisms consist of a 
plate (flapper) which covers a seat to shut off well flow. The flapper rotates 
90° as the flow tube pushes it open and moves past it, opening the safety 
valve. For the safety valve to close, the flow tube must move back out of the 
way of the flapper, allowing a torsion spring to rotate the flapper back onto 
the seat. 

The typical ball-type closure mechanism uses a rotating ball which covers a 
seat to shut off well flow. To open the safety valve, the ball is rotated 90°, 
opening a flow path through the ball. Closing the ball requires it to reverse 
its rotation to recover the seat. 

The flapper-type closure is the primary choice of most operators because of 
its simplicity and its superior record of reliability. However, both mechanisms 
have specific advantages and disadvantages that should be considered in 
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selecting a subsurface safety valve closure mechanism. These advantages 
and disadvantages are compared in Table 11-2. 

Table 11-2 Comparison of safety valve closure cechanisms 

Flapper Closure Mechanism Ball Closure Mechanism 

Advantage Disadvantage Advantage Disadvantage 

Lower mechanism 
friction results in fewer 
problems in operating 
mechanism (especially 
in opening). 

Flapper swings onto seat, 
sometimes trapping 
debris, resulting in 
sealing problems. 

Ball is wiped by seat as it 
operates reducing debris 
accumulation. 

Greater contact 
surfaces result in 
higher mechanism 
friction (primarily in 
opening). 

Flapper is easily 
pumped through from 
above should kill 
operations through a 
closed safety valve be 
necessary. 

Flapper relies on a 
relatively low force 
torsion spring to return it 
to the seat during 
closure. 

Balls are normally pulled 
closed with a 
compression spring 
which generates a 
substantial force. 

Most ball mechanisms 
can be pumped 
through from above, 
but offer greater 
pressure drops to do 
so. 

Tool strings can 
normally be run past a 
partially open flapper 
valve should it 
experience operational 
problems. 

The flow tube must move 
completely past the 
flapper during closure 
before the flapper can 
start rotating closed 
resulting in longer 
closing strokes and 
reaction time. 

Ball mechanisms start 
rotating closed as soon 
as the flow tube moves, 
resulting in a short 
closing stroke and quick 
response time. 

Ball mechanisms must 
be able to open fully 
to pass tool string 
through them. 

    Ball mechanisms are 
inherently resistant to 
damage during closure 
against flow. 

  

In addition, Sizer and Krause (1968) and Sizer and Robbins (1963) provide 
an analytical study of the locking mandrel and an evaluation of safety 
valves. Calhoun (1977) gives design considerations for SCSSV systems. 
Rubli (1980) cites new developments in valve technology.  

Setting Depth Determination of Surface Controlled Subsurface Safety 
Valves 

Surface-controlled subsurface safety valves are operated by a hydraulic 
piston that opens the closure mechanism with the application of hydraulic 
pressure. This piston is typically a single-acting piston that is opposed by a 
compression spring. When hydraulic pressure is released from the piston, 
the compression spring returns the safety valve to the closed position. The 
strength of this compression spring also plays an important role in 
determining the setting depth of the surface-controlled subsurface safety 
valve.  

The hydraulic fluid is supplied to the piston of the safety valve by a line 
connected to a control system at the surface wellhead area. This line is 
typically ¼-in. stainless steel tubing. The distance from the surface wellhead 
to the subsurface safety valve is referred to as "setting depth." The weight 
of the hydraulic fluid over this "setting depth" distance produces a 
hydrostatic pressure on the piston of the safety valve. The compression 
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spring must be able to overcome this hydrostatic pressure to close the 
safety valve. The relationship between the safety valve's compression spring 
force and its piston area results in a "closing pressure" of the subsurface 
safety valve. This relationship is Equation 11-1: 

(11-1) 

where pclos = closing pressure of the subsurface safety valve, psi; SFcomp = 
compression spring factor, lbf; and Apist= piston area, in.2 

Equation 11-1 presents the fundamental design principal. Closing pressure of 
a subsurface safety valve is also affected by seal friction, part weight, and 
tolerances. 

The maximum setting depth is the closure pressure divided by the hydraulic 
fluid gradient, calculated as 

(11-2) 

where 0.433 psi/ft is the gradient of water; Hmax = maximum valve setting 
depth, ft; pclos= closure pressure of the valve, psi; f = specific gravity of the 

fluid in control line; and = safety factor (1.1 to 1.25). 

Example 

The following example illustrates the calculation of valve-setting depth. 

Suppose the hydraulic fluid being used on an offshore platform weighs 52 
lb/ft3. The fluid's specific gravity is 52/62.4 = 0.833. If the surface-
controlled subsurface safety valve to be used has a closing pressure of 440 
psi, and the setting depth safety factor is 1.20, the maximum valve setting 
depth is calculated with (Equation 11-2) as follows: 

(11-3) 

The safety valve in this example could be set shallower than 1016 ft, but 
should not be set any deeper unless some means for balancing the 
hydrostatic pressure on the piston is considered. Conventional safety valves 
in use today range in maximum setting depths from 500 ft to 5000 ft. Dines 
(1980) provides a discussion of setting safety valves in deepwater fields 
where setting depths are large. 
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Equalizing vs. Non-Equalizing Subsurface Safety Valves 

When a subsurface safety valve is closed, a pressure differential often forms 
across the closure mechanism. This pressure differential can be from 
formation pressure building below the closed valve or from bleeding down all 
or part of the pressure above the closed valve. The pressure differential 
must be eliminated before opening the closure mechanism by equalizing the 
pressure across the safety valve. 

Some valve designs incorporate an equalizing mechanism as an integral part 
of the safety valve; these are referred to as equalizing valves. This 
equalizing mechanism can be opened to allow pressure to equalize across 
the safety valve before opening. Safety valves that do not contain an 
equalizing mechanism are referred to as nonequalizing valves and must be 
equalized by applying pressure to the tubing above the closed valve. This 
pressure can be supplied from a pump/compressor or another well with 
equivalent or greater pressure. Actual opening procedures vary across 
designs, and manufacturers' actual opening procedures should be followed. 

Equalizing devices can offer convenience in opening closed safety valves, but 
because of the nature of their task are often subject to high stresses and 
velocities that can lead to problems. Many operators prefer the 
nonequalizing valve because they typically have fewer leak paths, which 
boosts their reliability. This statement is especially true for tubing retrievable 
safety valves where retrieval of a faulty safety valve is particularly costly.  

Annular Safety Valves 

The purpose of an annular safety valve (ASV) system is to seal the annulus 
between the tubing and the casing immediately below the wellhead. This 
procedure protects surface facilities and personnel from any gas in the 
tubing/casing annulus in the event that wellhead integrity is compromised. 
The ASV system is usually set shallow and near the wellhead to limit the 
volume of annular gas that would escape in the event of wellhead failure.  

The primary application of annular safety valves is offshore platforms where 
there is a concentration of personnel and surface facilities in the immediate 
vicinity of production wellheads. 

Numerous completion configurations can be used to achieve annulus control. 
One configuration uses a dual completion packer with dual tubing strings to 
surface and conventional safety valves in each string. One string serves as a 
gas injector below the dual packer and the other as the production string. 
While this system can use standard completion tools, it is not a desirable 
system for most applications.  

An alternative is to use an ASV packer with a single tubing string connecting 
the wellhead to the packer (Figure 11-16). 



 530 

 

Figure 11-16 Annular safety valve 

This arrangement maximizes the production tubing flow area and the 
injection capabilities of the annulus. The remainder of this text will address 
these applications.  

Gas-lift completions and completions where an ESP is used and vent gas is a 
byproduct are the two primary completions in which an ASV is included. In 
gas-lift completions, gas is injected into the annulus and the large volume of 
gas compressed in the annulus poses a danger. In these cases, an ASV is 
included to shut in the annulus in the event of wellhead failure. In an ESP 
completion, gas which breaks out of the ESP is vented through a bottomhole 
packer and enters the annulus. An ASV located high in the well provides 
protection from and control of the gas in the annulus. 

The ASV system usually consists of a production packer, an annular safety 
valve, a tubing safety valve, an optional travel joint, and an optional, 
engineered, tension member (Robison, 1991; Figure 11-16). The safety-
valve components are controlled by surface-supplied hydraulic pressure and 
are designed to fail into a closed position when hydraulic pressure is 
removed.  
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The ASV packer has multiple functions as part of the system. The packer 
must provide the annular flow path for the lift gas or vent gas. The packer is 
usually located at a shallow depth to limit gas volume. As a result, the entire 
tubing hang weight must be supported by the packer. The casing in which 
the packer is set may not be supported. Specially designed slip systems 
must be used to load the unsupported casing evenly so as not to 
permanently deform and compromise casing strength (Robison, 1991). 
Because of the size of the annulus area created by the casing and the tubing 
(which can be greater than normal completions), the axial loads resulting 
from the pressure differential on the packer can be great. The elastomers 
used on the ASV packer should be rated for temperature cycles as high as 
120°F.  

An alternative to a packer in the ASV system would be a specially designed 
tubing hanger with a dedicated casing nipple profile with a polished bore 
receptacle. This design offers the attributes mentioned above but cannot be 
run into a wellbore equipped with standard casing. 

The annular safety valve functions as a surface-controlled, fail-closed device 
for the annular flow path created by the ASV packer. Depending on the 
specific application, the ASV and tubing safety valve can have a common 
hydraulic system or independent hydraulic systems. The ASV should feature 
a dependable metal-to-metal closure mechanism. The ASV should also have 
a pump-through feature which will allow kill fluid to be pumped into the 
annulus volume below the ASV packer. In addition, the annular safety valve 
needs to be connected to the ASV packer to interface directly with the 
annular flow area feature of the ASV packer. Annular safety valves can be 
either tubing retrievable or wireline retrievable.  

A tubing-retrievable ASV includes a concentric annular poppet closure 
mechanism. The closure mechanism should have a conical geometry with 
surface treatment to enhance performance and longevity of the metal-to-
metal seal. The tubing-retrievable ASV should also have a large flow area 
and be debris tolerant. With these features, the tubing-retrievable ASV is 
suited for gas-lift installations where large injection rates are required.  

The wireline-retrievable ASV has a smaller flow area and is less debris-
tolerant than the tubing retrieval version. The wireline retrievable ASV could 
be a side-pocket device positioned on top of an ASV packer with twin flow 
construction. Standard wireline kickover tool methods would be used to run 
and retrieve the ASV. The wireline retrievable ASV is normally used where 
either moderate gas injection is required or for ESP vent-gas applications 
with low flow rates.  

The tubing safety valve should be compatible with the complete ASV safety 
system. The tubing safety valve is usually positioned just above the ASV in 
the completion. 

Tubular members between the ASV and wellhead are an important 
consideration. Because of the thermal cycles that occur to the upper part of 
a subsea well completion, it is common to use a travel joint in the tubing 
string above the tubing safety valve (Robison, 1991). If it is undesirable to 



 532 

introduce a potential leak path associated with the seals in the travel joint, 
the tubing members must be rated to withstand the stresses from thermally 
induced tubing movement. Another possible addition in the tubular members 
between the ASV and the wellhead is an engineered tension member 
(Robison, 1991). If it is desirable to limit the upward shock loads on the ASV 
packer and system components associated with shearing off the wellhead, 
then a tension member can be designed to fail before the ASV packer is put 
into critical loading.  

The future applications for ASV systems will increase as operators continue 
to explore the application of downhole separation and re-injection of fluids 
within a single completion.  

Equipment Selection 

The following sections provide information about selecting equipment. 

Design requirements 

Each downhole equipment item included in a completion is selected on the 
basis of some functional requirement of the completion (Designing Well 
Completions for the Life of the Field). For example, it will generally be 
necessary to establish flow from wells that have been completed and are 
standing full of heavy completion fluids. This situation creates some 
requirement to circulate out the completion fluid. This requirement would be 
satisfied by including a sliding sleeve in the completion above the shallowest 
packer. 

Another functional requirement might be to provide the capability for 
initiating gas lift at some point in the future. In this case, the requirement 
for future gas lift is met by including one or more SPM's in the completion, 
equipped with dummy valves. 

These two examples illustrate how requirements of the completion dictate 
the use of various downhole devices. Once a decision is made to include a 
device in the completion design, then all of the detailed attributes for that 
component must be specified. Packer selection is discussed here as an 
example. These details regarding packer selection exemplify the level of 
detail required in selecting and specifying all other downhole equipment. 

Choosing the correct packer first requires careful examination of the well 
conditions and required operational capabilities. Many packer manufacturers 
publish packer selection charts that provide detailed information regarding 
the correct application of their packers. By identifying well conditions and 
the operational requirement of the packer factors before reviewing different 
packer designs, selection is accurately based on the needed capabilities 
instead of packer features. Long-term planning should also be considered 
when making a packer selection. 

Once well conditions (pressure, temperature, fluids, etc.) and operational 
requirements are identified, packer capabilities should be ranked according 
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to priority because there may be trade-off features to consider for different 
packers. Operational considerations for making packer selections can be 
divided into three general categories:  

• running, setting, and tubing space-out  
• production and treating  
• packer retrieval  

Methods for running and setting the packer will mostly depend on whether 
the packer is to be run in on tubing or electric line. Permanent packers can 
be run and set on tubing, electric line, or downhole power units by selecting 
the appropriate setting adapter kit. Mechanical and hydraulic set retrievable 
packers are typically set on tubing since they require tubing manipulation or 
tubing pressure to set.  

The packer features must also be compatible with the required space-out 
requirements. Setting the production tubing in tension, neutral, or in 
compression will have different results on each packer type. Packer features 
to consider when the tubing is in tension are:  

• Does the packer have a tension-shear-release feature?  
• Does the packer have an emergency tension-shear-release 

feature?  
• Will the tension reduce the setting force in the rubber packer 

elements?  
• What effect will there be on seal bore assemblies and other 

accessories?  

Setting the production tubing in compression may be desirable to 
compensate for tubing movement caused by thermal and pressure 
variations. This step will be very important if the production packer has a 
straight-tension, shear-release feature. It may also be important when 
setting multiple packers over short intervals where some tubing movement 
may be required to set the packer.  

Thermal and pressure variations over the well's life can occur as the 
reservoir depletes, but most severely when treating the well or when 
pumping into an injection well. Thermal cycles will result in changes at the 
packer from tubular expansion or contraction. Thermal cycling can also have 
an effect on the performance of the packer sealing elements. A hydraulic 
retrievable packer with re-settable features may be required to compensate 
for the thermal changes that may affect the packer element performance. 

Retrieval considerations differ among straight-tension release, minimal 
tubing rotation and straight-pull release, mill out, and—for some packer 
types—chemical or mechanical cut to release. Permanent packers are 
typically milled out, and retrievable packers are generally either straight- 
tension or shear-release or require a one-third turn and a straight pull to 
release. Some retrievable packer types constructed with permanent element 
packages can be retrieved by using chemical or mechanical cutters to 
release the packer. 
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Well Conditions 

The following sections provide information about well conditions that 
influence equipment selection. 

Deviation 

In the course of drilling a well, the drill bit will drift from the true vertical 
position and may also take a helical path. This divergence from the vertical 
position is called deviation and is measured in degrees. The term straight 
hole or vertical hole defines a well with very low deviation and that generally 
will present no problems in landing the completion equipment. In wells with 
high deviation, sharp changes in the wellbore referred to as "doglegs" can 
occur, thus creating a tight area for long, stiff tool assemblies. The same 
situation can occur in directionally drilled or horizontally drilled wells where 
the kick-off point from the vertical progresses through a short radius. A 
short radius similar to a dogleg may create problems in long, stiff tool 
assemblies.  

Hole Conditions/Completion fluids 

To facilitate setting a well completion on-depth, casing ID restrictions should 
be minimized or eliminated and the well fluids should be circulated and 
conditioned before running the completion equipment. 

Casing ID Restrictions 

Casing ID restrictions may result from mudcake build-up, cement scale, 
over-torque of casing connections, and pipe scale build-up. 

Mudcake build-up results from solids in the drilling fluid adhering to the 
casing ID. Mudcake can develop into a semi-solid, thus preventing the 
successful installation of completion equipment. Cement scale build-up can 
cause the same problem. After drilling the well, the casing is cemented to 
the wellbore by pumping cement down the casing and back up the annulus. 
Even though wiper plugs should be used, some cement residue can remain 
in the casing ID. This problem may be more severe with heavy or thixotropic 
slurries.  

Excessive over-torque of casing threads can cause the pin connection to 
crimp or flare inward, thus reducing the casing ID. A gauge ring run before 
running completion equipment should detect this problem. If detected, a 
string mill may be required to correct the pin ID. 

In the case of existing wells, re-completion efforts can encounter problems if 
pipe scale build-up is present. Similar to mudcake and cement scale, pipe 
scale can be corrected by making a bit-and-scraper run. 
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Well Fluids 

Non-conditioned well fluids may develop gel strength or conversely may not 
be able to keep solids in suspension. In either case, a viscous, coagulated, 
semi-solid may develop downhole, making it difficult if not impossible to run 
completion equipment. A bit-and-scraper run may be necessary to circulate 
out and recondition the wellbore fluids. 

Material Considerations 

The following sections provide information about the factors that influence 
materials selection.  

Pressure and Temperature Considerations for Standard Service 

When selecting completion equipment for downhole service, it is necessary 
to specify equipment that is suitable for use with the production tubulars in 
burst, collapse, and tension. Deviating from this requirement may be costly 
if equipment failure downhole occurs.  

Standard-service equipment typically meets the mechanical requirements of 
API L-80, which is also suitable for sour or corrosive service, regardless of 
temperature. Service temperatures greater than 275°F may cause 
degradation of elastomers over a period of time. While the upper limits of 
the service temperature are sometimes debated by different suppliers, it is 
certain that typical nitrile compounds begin to lose their original resiliency, 
allowing a possible leak path.  

Higher performance elastomeric compounds such as propylene-
tetrafluorethylene copolymer (Aflas), fluorocarbon (Viton), perflourors 
(Chemrez and Kalrez), and ethylene/propylene diene (EPDM) are capable of 
higher working temperatures but, in high pressure applications, may require 
containment or backups to prevent extrusion of the elastomer. Table 11-5 
gives service temperatures and pressures applicable to elastomers in specific 
fluid environments.  
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Table 11-3 Guidelines for Seals and Packer Elements 

Compound 
(1) 

Nitrile 
(6) 

Fluoro-
Carbon(6) 

Aflas 
(4,6) 

Chemraz(3) EPDM Kalrez(3) 

Service 
Temperature  

°F (°C) 

32° to 
275°F  

(0 to 
135°C) 

32 to 400°F  

(0 to 
204°C) 

100 - 
400°F  

(38 to 
204°C) 

40 to 400°F  

(4 to 204°C) 

40 to 550°F  

(40 to 
288°C) 

100 to 400°F  

(38 to 204°C) 

Pressure (2)  

psi (MPa) 

10,000  

(69) 

9000  

(62.1) 

8000  

(55.2) 

6000  

(41.4) 

3000  

(20.7) 

6000  

(41.4) 

Environments             

H2S NR A A A NR A 

CO2 A B B A NR B 

CH4 
(Methane) 

B A A A NR B 

Hydrocarbons  

(Sweet 
Crude) 

A A A A NR A 

Xylene NR A B A NR A 

Alcohols A C B A B A 

Zinc Bromide NR A A A NT A 

Inhibitors B(5) NR A A NT B 

Salt Water A A A A A A 

Steam NR NT B B A B 

Diesel B A B A NR A 

Hydrochloric 
Acid (HCl) 

NR A A A NR A 

A: Satisfactory; B: Little or No Effect; C: Swells; NR: Not Recommended; 
NT: Not Tested 

Note:  

1. These materials are mainly used as O-rings.  
2. All pressure tests were done using 6 mil (0.006-in.) gaps; 

larger radial gaps will reduce pressure rating.  
3. Back-up rings must be used above 250°F (121.1°C) and 4000 

psi (27.6 MPa).  
4. Back-up rings must be used above 350°F (176.7°C) and 5000 

psi (34.5 MPa).  
5. Water-soluble inhibitors only.  
6. Good for O-rings, packer elements and molded seals  
7. For packer element application – EPDM compound – y267  
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Material Considerations for Harsh Environments 

The following sections discuss the factors that influence the choice of 
materials for harsh environments. 

Metal Corrosion 

The presence of waters, either reservoir water or condensed, is closely 
related to corrosion. Corrosion cannot occur unless an electrolyte, an 
electrically-conductive fluid, is present. Common downhole electrolytes 
include mineralized (connate) waters and/or "dew-point" waters that 
condense inside the production tubing. These waters become corrosive when 
they are acidified by CO2, H2S, stimulation fluids, or combinations thereof. 
The corrosivity of the electrolyte at downhole temperatures in combination 
with acid gases, CO2 and H2S, must be assessed before the selection of 
downhole metallic goods. Corrosion rate increases with water production and 
as water pH decreases. Corrosion is mitigated by oil-wetting of the tubing or 
water-in-oil emulsions whenever these conditions are found. 

Carbon dioxide-water (CO2- H2O) corrosion increases as the gas phase 
increases (CO2 partial pressure), which is the main factor influencing CO2-
H2O corrosion at temperatures below 140°F. Conversely, for temperatures 
up to 140°F, corrosion decreases with increased salinity. Flow rate has little 
influence on corrosion. With temperatures above 140°F, corrosion in CO2-
H2O mixtures decreases because of deposition of FeCO3 and Fe oxide films 
on carbon and low-alloy steels. Increased salinity increases corrosion in CO2-
H2O mixtures (Rice et al., 1989). Operators should not rely on the formation 
of FeCO3 films to protect steel tubulars; each case must be evaluated based 
on factors such as CO2 partial pressure, corrosion history, in-situ pH, 
pressure of other ionic species, and presence of organic acids (Crolet, 1994).  

Other important corrosion considerations when designing and selecting 
downhole equipment are galvanic corrosion from dissimilar metals, well 
stimulation services where acids are used, and corrosion induced from 
injecting insufficiently deaerated waters in enhanced oil recovery (EOR) 
operations (Bradburn et al., 1983). 

Metal Embrittlement 

Embrittlement is a term used to characterize materials that have interacted 
with their environments and have become brittle or glass-like. This situation 
is more common when nonbrittle metals become brittle after being affected 
by chemicals such as H2S and water. This phenomenon is commonly called 
sulfide stress cracking. The National Association of Corrosion Engineers 
(NACE) has issued guidelines for preventing embrittlement in sour-gas 
systems, most notably the document NACE standard MR0175 (NACE, 1994). 
Waters containing dissolved H2S can catalyze the entry of hydrogen atoms 
into susceptible metallic materials and, in the presence of tensile stresses, 
cause embrittlement. The greater the gas pressure in the well and the 
concentration of H2S in the gas phase, the greater the tendency of hydrogen 
to enter the metal. When a sufficient quantity of hydrogen has entered over 
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a period of time, cracking may occur. Factors that promote sulfide stress 
cracking of low-alloy steels are tensile stresses, temperatures less than 
150°F, and the presence of acidic waters. Other forms of embrittlement are 
possible, most notably chloride stress cracking, which primarily affects 
corrosion-resisting alloys in hot, saline waters (Rice, 1991).  

Controlled-hardness API tubulars, such as L-80, C-90, and T-95, are 
typically specified for sour service. In cases where high corrosion rates are 
anticipated, alloys other than carbon and low-alloy steel (such as chrome) 
are commonly used to combat stress cracking and embrittlement. These 
alloys typically contain nickel, chromium, molybdenum, and major alloying 
constituents (Rice,1991). 

Elastomers  

Nitrile compounds have proven to be acceptable elastomers for seals and 
packer elements in the oil and gas industry. However, nitrile compounds 
have limited capabilities as the service environment becomes more harsh. 
Typically, nitrile will begin to degrade when service temperatures exceed 
275°F over time. The presence of H2S, aromatic solvents such as xylene or 
toluene, heavy completion fluids such as zinc bromide, and acids such as 
hydrochloric and hydrofluoric will also cause degradation of the compound.  

Fluorocarbon elastomers such as Viton and Fluorel have outstanding 
resistance to the hostile environments that attack nitrile compounds. 
However, organic amine corrosion inhibitors, methanol injection systems, 
glutaraldehyde, and steam will have detrimental effects on viton and fluorel 
compounds. 

Aflas has resistance to organic amine corrosion inhibitors, H2S, zinc, and 
calcium bromide, with slight swelling in CO2, methane, and steam. Aflas is 
not desirable for temperatures below 100°F; and for temperatures above 
325°F, back-up seals must be used to help contain the compound. 

Perfluoro elastomers such as Chemraz and Kalrez have outstanding 
resistance to heat, solvents, and harsh environments. Both elastomers can 
be used with organic amine-corrosion inhibitors, H2S, CO2 , methane, 
aromatic solvents, and acid. 

Non-Elastomers 

Non-elastomer materials used in seal configurations are most commonly 
thermoplastic materials. Some thermoset plastics are used, but they may 
have limitations to high temperatures, whichreduces their physical 
properties. Both thermoplastic and thermoset plastics have excellent 
chemical resistance. Thermoplastics, however, are the materials of choice 
because of their broad temperature capabilities, chemical resistance, ability 
to blend with glass fibers to enhance performance, and flexibility to be the 
sealing device or to be used in conjunction with elastomeric seals to enhance 
performance. Thermoplastics are considered high-performance materials, so 
they are typically used in harsh or demanding environments. Common 
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thermoplastics are polyphenylene sulfide (Ryton), polyetherether ketone 
(Peek), and Teflon (Ray, 1996). 

In addition to these materials, metal-to-metal seals are being used 
increasingly in circumstances where elastomeric and thermoplastic materials 
cannot be used (Morris, 1984). 

Equipment Compatibility 

The following sections provide information about equipment compatibility. 

Dimensional Compatibility 

In the designing phase of a completion system, it is an absolute requirement 
to record the tubing size, weight, grade, thread, depth to set packers, and 
the maximum ODs and minimum IDs of the equipment. Likewise, the 
minimum casing ID(s) must also be known. If a tapered casing string or liner 
exists in the well, the completion equipment must be compatible with the 
zone where the equipment is to perform. Before running equipment into a 
well, each piece of equipment must be measured for maximum OD, 
minimum ID, and length, and these measurements are recorded. Balls, 
darts, or locating nipples used to activate or hydraulically set packers must 
also be measured, recorded, and compared to the minimum IDs of the 
completion string. Part numbers, serial numbers, and pertinent descriptions 
should also be recorded and related to a completion schematic. 

Installation Considerations 

When installing completion packers and equipment, it is best to run and set 
as quickly and accurately as possible. Safe run-in speeds should be 
determined since most completion packers have small clearances with 
respect to the casing ID. Running-in too fast may cause the packer elements 
to swab the well, which may damage the elements.  

The method of conveying the packers to setting depth is dependent on the 
type of completion packer, depth, well deviation, and sometimes completion 
fluid viscosity. Permanent packers can be conveyed and set on electric cable 
or on tubing. Most retrievable packers require manipulation of the tubing or 
a pressure conduit to set the packer. Wireline-set retrievable packers require 
both electric cable for setting and tubing for retrieving.  

Deep setting depths, 12,000 to 15,000 ft, are more difficult to properly 
position and manipulate the packer to the set and release positions because 
of pipe stretch. Therefore, hydraulic- or electric-set options are preferred. 
Wells with high deviation present a difficult situation for electric-cable-set 
packers since there is no tubing weight to push the packer to setting depth. 
Mechanical-set packers also may experience problems in transferring surface 
tubing manipulations downhole. Therefore, hydraulic-set packers run on 
hydraulic setting tools are most likely to be successful, since they require no 
tubing manipulation and can take advantage of pipe weight. 
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In a similar manner, heavy fluid viscosities like highly deviated wells, can 
present a challenge for electric cable set packers since there may not be 
adequate hang weight to get the packer to depth quickly. This environment 
would require the packer to be run and set on tubing. Mechanical-set or 
hydraulic-set options would be dependent on the well conditions previously 
discussed in this section. Other factors that influence installation techniques 
are heavy tailpipe loads below the packer, completions that require the 
packer to be set and released multiple times, and completions requiring 
installation of multiple packers in a single trip. 

Common Downhole Designs 

Figures 11-17 through 11-20 are examples of common completion designs. 

 

Figure 11-17 Gravel-pack completion with gas lift 
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Figure 11-18 Single-string permanent packer completion 
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Figure 11-19 Dual-string retrievable packer completion 
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Figure 11-20 Large-bore single-string completion 

Each design shown satisfies a unique set of design requirements, such as a 
need for artificial lift. These basic designs have been widely used and 
adapted to fit the specialized needs of particular reservoirs or geographical 
producing areas. 

Figure 11-17 shows a gravel-pack completion with gas lift, which is typically 
used in offshore wells. In this completion, the well is first gravel-packed. 
Then the production seal assembly, gas lift mandrels (SPMs) and safety 
valve are run at the appropriate depth in the tubing. The side pocket 
mandrels may be equipped with dummy valves if gas lift is not required 
immediately. Since there is no sliding sleeve in the design, the well would be 
circulated through the bottom SPM. The design includes a tubing-retrievable 
SCSSV, protected with flow couplings both upstream and downstream of the 
SCSSV. 

Figure 11-18 depicts a single-string, permanent-packer installation. This 
completion is most typically used to produce a single zone, but multiple 
zones located beneath the packer could be commingled and produced with 
this completion. The permanent packer includes a seal bore extension to 
accommodate a long seal unit and a millout extension to enable the packer 
to be recovered, if milled. The stab-in seal assembly would normally use a 
straight-slot locator to allow tubing movement, but a J-latch or ratch-latch 
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could be used if necessary. The design includes a tailpipe with a selective 
landing nipple, perforated pup joint, and a no-go nipple located above the 
wireline entry guide. The bottom no-go nipple allows flowing bottomhole 
pressure surveys with flow through the perforated pup joint.  

The tailpipe assembly shown in Figure 11-18 is run into the well with the 
permanent packer. The tubing is then run with the other completion 
equipment, and the seal stack is stabbed into the permanent packer. 

A sliding sleeve is included in the design for circulating the well and to 
provide a landing nipple profile for flow control devices. Flow couplings and a 
tubing-retrievable SCSSV are used as shown in Figure 11-17. Either a 
tubing-retrievable or wireline-retrievable valve could be used in the design.  

Figure 11-19 depicts a dual-string, retrievable packer installation. This 
design allows production from two reservoirs through separate production 
strings. In this design, a permanent packer and tailpipe are run first, 
normally on tubing or electric line. The dual tubing strings are then run with 
a seal assembly on the bottom of the long string and the dual hydraulic set 
packer. When the dual tubing strings have been landed and spaced out at 
the surface, the tree can be installed. Fluid can be circulated down the 
tubing string and returns taken up the annulus to help unload and later 
initiate production. A ball is then dropped down the short string, locating in 
the collet catcher sub below the dual packer. Applied surface pressure sets 
the dual hydraulic packer, and increased surface pressure expels the ball 
from the collet catcher. 

The uppermost zone in Figure 11-19 can be produced up the short string or 
through the sliding sleeve into the long string. A blast joint protects the long 
string opposite the zone. With this design (a polished nipple placed below 
the blast joints and a circulating device placed above), the circulating device 
can be opened and closed to produce the zone selectively. The polished 
nipple and circulating device provide profiles that can be used to place a 
straddle packoff across the blast joint in the event of failure.  

Landing nipples are located in the long string and in the short string. The 
lowest no-go nipples enable flow testing. The landing nipple below the blast 
joint in the long string could be used to shut off production from the lower 
formation if required.  

The dual completion shown in Figure 11-19 includes a safety valve landing 
nipple equipped with a wireline-retrievable SCSSV. Flow couplings are used 
both upstream and downstream of the sliding sleeve and safety valve. 

Figure 11-20 is similar to the completion shown in Figure 11-18, except that 
the tubing is stabbed over the packer with an overshot or ELTSR. As shown, 
this arrangement allows a larger sealbore diameter and larger ID seals. This 
arrangement provides for full tubing flow.  

In Figure 11-20, the tubing is anchored to the short sealbore with a ratch-
type locator. If tubing movement is expected, then the overshot tubing seal 
divider is installed immediately above the ratch latch. 
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A nipple profile is provided in the top of the male member to allow the well 
to be plugged and the tubing to be retrieved without disturbing the packer or 
locator seal. Location of the nipple profile at the top of the male member 
prevents trash from accumulating on top of the plug. 

All landing nipples shown in Figure 11-20 are no-go nipples Because of the 
larger tubing sizes typically run in this type of completion, all no-go nipples 
can be provided without significantly restricting tubing ID. 

The completion designs presented here demonstrate basic arrangements of 
downhole completion equipment discussed in this chapter. Many 
modifications and enhancements of these basic designs exist and some 
specialized designs are reported in technical literature (Morris, 1986; McNair, 
1992; Hopmann, 1993; Vinzant, 1995). Completion equipment will continue 
to evolve as operators devise new ways of applying basic completion 
equipment to meet the requirements of unique reservoir and production 
situations, such as high pressure and temperature (Nystrom, 1983; Boyle, 
1992; Henderson, 1996; Hilts, 1996). 
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Introduction 

Understanding the fundamentals of fluid flow in porous media and in pipes is 
necessary for optimizing well and reservoir productivity. This chapter 
discusses not only the basic flow equations and concepts, but also fluid flow 
in hydraulically fractured reservoirs and in reservoirs with horizontal wells.  

Basic Concepts in Fluid Flow Through 
Porous Media 

The following sections provide information about the basic concepts in fluid 
flow through porous media. 

Mathematical Basis for Fluid Flow through Porous 
Media 

Except near a high-gas-flow-rate well, fluid flow in a reservoir is usually 
laminar. Extensive analysis of this type of flow in porous media has been 
presented in several classic works in the petroleum literature. Coupled with 
knowledge of physical properties of fluids and rock, fluid flow theory forms 
the principal basis for the study of fluid flow in porous media. For in-depth 
information, please refer to Matthews and Russell (1967) and Earlougher 
(1977). 

Flow of Oil (Constant Compressibility Liquid) 

If the rock and fluid properties are assumed to be constant, the following 
partial differential equation describes the flow of an incompressible fluid: 

(12-1) 
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Dimensionless expressions for pressure, time and radius (in oilfield units) 
are used to generalize Eq. 12-1: 

(12-2) 

(12-3) 

(12-4) 

In Eqs. 12-1 through 12-4, the subscript D refers to the following associated 
terms being dimensionless: p is pressure, t is time r is distance. The term 
is porosity, µ is viscosity, ct is total compressibility, k is permeability and rw 
is the well radius. Substituting Eqs. 12-2 to 12-4 into Eq. 12-1 produces the 
dimensionless flow equation: 

(12-5) 

Equation 12-5 is used to construct the general solutions of fluid flow through 
porous media, which are often referred to as type curves.  

The governing partial differential equation (Eq. 12-5 ) may be solved for 
either constant rate an imposed constant rate at the surface) or constant 
bottomhole pressure. The constant rate condition is useful in analyzing 
pressure transient tests; the constant pressure solution has been used to 
predict the production rate. 

Steady-State Solutions 

The steady-state solutions assume that the reservoir has constant pressure 
at both the inner and outer boundaries. Thus, reservoir pressure at each 
point remains constant and fluid is flowing at a constant rate across the 
reservoir. Although a steady-state solution may not represent well 
performance accurately, in many cases it gives an acceptable measure of the 
well potential. The steady-state solution also gives a fairly reliable measure 
for comparing production under various well-completion options. Under 
steady-state conditions, the production rate for a vertical well located in a 
homogenous and isotropic reservoir is given by the following equation: 



 549 

(12-6) 

Flow of Gas 

Although many equations of state are available for gases, the one that is 
based on the law of corresponding states has achieved wide acceptance in 
petroleum engineering because it can be readily applied to multi-component 
gases: 

(12-7) 

Because the compressibility and viscosity of gas are strong functions of 
pressure, Eq. 12-1 has to be linearized before the dimensionless solution 
may be used to describe gas flow in a porous medium. If the reservoir 
pressure is relatively low, p2 may be used to linearize the governing partial 
equation. If the pressure is high, the use of p in the governing equation 
coupled with the average viscosity-compressibility factor product would be 
an acceptable approach to linearize Eq. 12-1. In the middle range, neither 
approximation is accurate. 

A general approach to linearize Eq. 12-1 for gas flow is to use the 
transformation suggested by Al-Hussainy et al.(1966): 

(12-8) 

Thus, the governing partial differential equation of gas flow in a porous 
medium becomes 

.(12-9) 

The function m(p) is usually called the gas pseudopressure.  

The similarity between Eqs. 12-1 (for liquid flow) and 12-9 (for gas flow) 
indicates that the solution for Eq. 12-5 (dimensionless form) can be used as 
a solution for the pseudopressure distribution in a gas reservoir. 
Furthermore, this implies that all techniques developed for analyzing and 
predicting the transient behavior of an oil well can be applied to a gas well if 
m(p) is substituted for pressure. 

Equation 12-9 may be transformed into a dimensionless form using 
dimensionless pressure and time expressions similar to the ones defined in 
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the liquid case. Because of the pressure dependency of gas properties, the 
dimensionless pressure and time are defined as follows: 

(12-10) 

(12-11) 

Substituting Eqs. 12-10 and 12-11 into Eq. 12-9 yields the dimensionless 
form of the fluid flow equation given earlier as Eq. 12-5. Thus, regardless of 
the type of fluid, the same general equation may be used to produce the 
pressure behavior with time. The effect of the type of fluid would appear 
through the use of the dimensionless definition of pressure and time. 

Skin Effect 

As a result of drilling and completion practices, the formation permeability 
near the wellbore is usually reduced. Drilling fluid invasion of the formation, 
dispersion of clay, presence of a mudcake, and cement tend to reduce the 
formation permeability around the wellbore. A similar effect can be produced 
by a decrease in the area of flow exposed to the wellbore. Therefore, partial 
well penetration, limited perforation, or plugging of perforations would also 
give the impression of a damaged formation. Conversely, an inclined well or 
inclined formation increases the area of flow near the wellbore, giving the 
impression of a stimulated well. 

The zone of reduced (or higher) formation permeability has been called a 
"skin," and the resulting effect on well performance is called "skin factor." 
Skin factor can be used as a relative index to determine the efficiency of 
drilling and completion practices. It is positive for a damaged well, negative 
for a stimulated well, and zero for an unchanged well. (See Fig. 12-1).  
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Figure 12-1 Pressure distribution in a reservoir with a skin. 

Acidized wells usually show a negative skin. Hydraulically fractured wells 
show negative values of skin factor that may be as low as -7. 

Hawkins (1956) derived the following expression relating the skin factor to 
wellbore radius, radius of altered permeability, and both reservoir and 
altered area permeabilities: 

(12-12) 

This expression indicates that if the area around the wellbore has a lower 
permeability than the original reservoir permeability—that is, a damaged 
well—the skin factor is greater than zero (positive value). If the permeability 
around the wellbore is higher than the reservoir permeability, meaning that 
the well is stimulated, the skin factor is lower than zero (negative value). A 
skin factor of zero indicates no change in permeability around the wellbore. 

The effective wellbore radius is related to the wellbore radius by: 

(12-13) 

The effective wellbore radius is a term that was developed to describe the 
radius of an equivalent well with a skin factor of zero. Equation 12-13 
suggests that if s is positive, the effective wellbore radius, r'

w , is smaller 
than rw . Thus, the damaged well under consideration is equivalent to a well 
with zero skin but with a smaller radius. Therefore, both real and equivalent 
wells would have the same productivity under the same pressure drop.  

An equation similar to Eq. 12-13 has been developed for fractured wells. In 
this case, an equivalent skin factor and wellbore radius may be related to 
the length of a vertical hydraulic fracture with infinite conductivity through 
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(12-14) 

If rw is equal to 3 in. and the half-length of an infinitely conductive fracture, 
Lf , is 75 ft, the equivalent well flowing under radial conditions would have a 
negative skin factor equal to 5.  

As mentioned earlier, the skin factor acts as a pressure sink/source. This 
extra pressure drop is  

(12-15) 

In field units, Eq. 12-15 is simply 

(12-16) 

If the skin is positive, the flowing pressure pwf will be lower than that of an 
undamaged well by the amount of pskin. 

Perforation and Skin Factor 

Because most wells are cemented, cased, and perforated, the effect of 
perforation on the skin factor is extremely important. Perforation is arguably 
the process contributing most to the value of the skin factor. Figure 12-2 
gives an idealized schematic of the perforation system geometry.  
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Figure 12-2 Perforation system geometry (after Bell et al., 1995) 

This schematic readily indicates that the convergence of stream lines 
towards the perforation could increase the value of the skin factor. On the 
other hand, the penetration in the formation tends to give the opposite 
effect (stimulation effect). Which of these two effects dominates the final 
outcome depends on several factors that will be discussed briefly below. 

Perforations, usually created using shaped charges, may pass through the 
steps illustrated in Fig. 12-3 (Mix et al., 1996).  
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Figure 12-3 Events in perforation cleanup (after Bell et al., (1996) 

The perforation process may be underbalance, overbalance, or extreme 
overbalance. Each process has its own merits and applications. Either 
underbalance or overbalance perforations should eventually yield a 
perforation that may be schematically represented by Fig. 12-4.  

 

Figure 12-4 Schematic of sources of damage around wellbore and perforation. 

The degree of perforation tunnel cleanliness may depend on optimization of 
both the degree of underbalance and shaped charges. 
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The productivity of a perforated wellbore depends on the length and 
diameter of the perforations, degree of damage around the perforation, 
perforation density (per foot), and phase angle. Figure 12-5 (Tariq, 1987) 
summarizes the effects of phase angle, number of perforations, and 
perforation length on well productivity.  

 

Figure 12-5 Effect of shot density and perforation length on productivity ratio (after 
Tariq, 1987) 

The figure indicates that for a 90° phasing and perforations longer than 10 
in., even 4 shots/ft will be superior to open hole (yielding a negative skin). 
Tariq (1987) also indicated that unless the perforation tunnel is very narrow, 
the effect of the perforation diameter is fairly small. Klotz et al. (1974) 
suggested that it is highly desirable to have the perforation extending 
beyond the damaged zone. 

Extreme overbalance perforation, attempted recently, adds to the 
perforation process the benefit of creating a short fracture. Although the 
basic idea behind extreme overbalance perforation has been around for a 
few years (Branagan et al., 1988), the technique in its present form is rather 
new. The perforation process is immediately followed by a surge of hydraulic 
pressure sufficient to create a fracture. This pressure is usually provided 
through the use of highly pressurized nitrogen. 

In extreme overbalance perforating, the tubing-conveyed setup is used and 
liquid, gas, or a mixture of the two is used as the fracturing fluid. An 
additional source of gas provides the pressure gradient necessary to fracture 
the formation. Handren et al. (1993) have provided a detailed description of 
the technique and the setup used in this technique. Mason et al. (1995) 
described new equipment especially designed for extreme overbalance 
perforation, and Couet (Couet et al., 1996) introduced a fracturing model for 
matching the pressure history during extreme overbalance perforation. 
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Hydraulically Fractured Wells 

Many reservoirs must be hydraulically fractured to become economically 
productive. Hydraulic fracturing involves injecting a large volume of 
proppant-laden fluid at a pressure sufficiently high to fracture the formation. 
After the fracturing fluid leaks off into the formation, the remaining proppant 
keeps the fracture open. Although a hydraulic fracture is narrow (a fraction 
of an inch in most cases), the presence of this high-permeability channel 
significantly enhances the productivity of the well. The presence of a fracture 
alters the flow regime inside the formation as the fluid flows into the fracture 
and then through the fracture into the wellbore, with very little or no fluid 
flowing directly from the formation into the wellbore. The presence of a 
hydraulic fracture adds another dimension to the fluid flow in porous media 
and to well test design and analysis.  

The presence of a fracture dictates a change and an addition of definitions: 

(12-17) 

(12-18) 

The term CfD is the dimensionless fracture conductivity. The dimensionless 
pressure is identical to the definition in Eq. 12-2. 

Three types of fractures have been presented in the literature: infinite 
conductivity, uniform flux, and finite conductivity. These fractures are 
discussed below. 

Infinite-Conductivity Fracture  

In this case, the fracture permeability is significantly higher than the 
formation permeability, causing the pressure drop inside the fracture to be 
negligible compared to the pressure drop in the formation. Practically, this 
situation is achieved when dimensionless fracture conductivity is higher than 
100. 

The solution for a well intersecting an infinitely conductive fracture was 
presented first by Gringarten and Ramey (1975). In their work, Gringarten 
and Ramey (1975) and Gringarten et al. (1975) discussed the behavior of a 
hydraulically fractured reservoir and its effect on well test analysis.  

Because of the presence of the infinite-conductivity fracture, fluid in the 
porous medium immediately surrounding the fracture will start to flow into 
the fracture as soon as the well is put on production. Since the stream lines 
are perpendicular to the fracture face, the flow pattern during this early time 



 557 

period is linear. The dimensionless pressure is given by the following 
equation: 

(12-19) 

As more volume of the reservoir starts contributing to production, the flow 
pattern becomes elliptical. After a long time period, this elliptical flow may 
be approximated by a radial flow pattern. This period is usually referred to 
as pseudoradial flow: 

(12-20) 

Figure 12-6 is the log-log type curve of a well intersecting an infinite-
conductivity fracture. The early-time period is a line with a slope of one-half, 
indicating the presence of linear flow in the formation.  

 

Figure 12-6 Type curve for a well intercepting an infinite-conductivity fracture (after 
Gringarten and Ramey, 1975) 

If the distance to the reservoir boundary is significantly larger than the 
fracture half-length, the pseudoradial flow will appear at approximately the 
dimensionless time of three, which means that after that time, a semi-log 
plot of pressure vs. logarithm of time (or logarithm of Horner time for a 
buildup test) would yield a straight line. The slope of the straight line may be 
used to calculate the formation permeability and an equivalent skin factor. 
However, remember that a dimensionless time of three could correspond to 
a very long time, depending on the fracture length, the formation, and the 
fluid properties. This point will be illustrated by an example when finite-
conductivity fractures are discussed. 

The fracture length may be calculated from the skin factor using Eq. 12-14. 
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Uniform-Flux Fracture 

In this case, it is assumed that the flow rate from the formation into the 
fracture is uniformly distributed across the fracture face. This solution was 
initially used to approximate fluid flow in naturally fractured formations. The 
use of this model for that purpose has significantly declined in recent years, 
in favor of the dual-porosity models. However, we have found that many of 
the acidized, naturally fractured reservoirs tend to follow this model, 
especially reservoirs located in the Middle East.  

As in the case of the infinite-conductivity fracture, the fracture length may 
be calculated from the skin factor. However, the equation is slightly 
different: 

(12-21) 

Finite-Conductivity Fracture 

It is more realistic to assume that a hydraulic fracture will have a finite 
conductivity. In this case, the pressure drop inside the fracture is not 
negligible when compared to the total pressure drop in the system. The flow 
regime in a reservoir that has a finite-conductivity fracture is significantly 
more complex than in the case of infinite-conductivity fractures. 

The flow regimes experienced during producing or testing a finite-
conductivity fracture are represented by Fig. 12-7 (Cinco and Samaniego, 
1982).  

 

Figure 12-7 Fracture flow regimes (after Cinco et al., 1978) 
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At very early time, fluid inside the fracture expands and starts flowing 
towards the wellbore, forming an early linear flow inside the fracture. This 
period is controlled by both the conductivity and diffusivity of the fracture. 
This flow period will appear as a one-half slope, straight line on the type 
curve for a fractured well. This flow period is at very early time, and it would 
probably not be recorded or it would be masked by the presence of wellbore 
storage. Therefore, although this flow period may be of technical interest, it 
does not have much significance from a practical point of view.  

When the pressure drop inside the fracture becomes significant, fluid starts 
flowing from the reservoir into the fracture. Initially, only a limited area 
surrounding the part of the fracture near the wellbore will contribute to 
production. The flow is linear in both the formation and fracture; therefore 
the flow regime is termed "bilinear flow." This period has several interesting 
characteristics:  

• It appears as a one-quarter slope, straight line on the type 
curve.  

• The tip of the fracture has not affected the pressure behavior 
yet. It is not possible to determine the fracture length from 
tests that have not been run long enough to detect the end of 
quarter slope. The equation describing the well behavior 
during this period is  

(12-22)  

• In dimensional form, Eq. 12-22 is independent of the fracture 
half-length.  

• Cinco et al. (1978) and Cinco and Samaniego (1982) have 
shown that the start and the duration of the bilinear flow 
period depend on the value of the dimensionless fracture 
conductivity. Figure 12-8 provides their findings, which 
indicate that bilinear flow will not take place if the conductivity 
is excessively high or excessively low.  

• Because of the essentially straight-line nature of the bilinear 
flow period, type-curve matching of data that are still in this 
flow period is very difficult, and analysis of such data will not 
yield a unique answer.  
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Figure 12-8 Dimensionless time at the end of the bilinear flow period; constant 
pressure production (after Cinco et al., 1978) 

As the pressure drop in the formation becomes dominant, linear flow in the 
formation dominates well response. This flow period may or may not take 
place, depending on the duration of the bilinear flow. In many cases, flow 
regimes pass from bilinear flow directly to an elliptical or transitional period. 

The last flow period that may appear is the pseudoradial flow period. It may 
be assumed that this flow period appears at a dimensionless time that varies 
from two to three, depending on the dimensionless fracture conductivity.  

Log-log type curves for a well intercepting a finite conductivity fracture are 
provided in Fig. 12-9.  
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Figure 12-9 Constant rate log-log type curves for finite-conductivity fractures (after 
Cinco et al., 1978) 

This figure shows the great similarity between the bilinear flow curves for 
different dimensionless conductivities. It is important to recognize that the 
pseudoradial flow may take a long time to start. To illustrate this point, we 
will calculate the time necessary for a well to reach pseudo-radial flow (at a 
dimensionless time of three). Table 12-1 lists the hypothetical but typical 
properties of a fractured gas reservoir. 

Table 12-1 Typical Gas Reservoir Properties 

Formation permeability, md 0.2 

Formation porosity, fraction 0.1 

Gas viscosity under reservoir condition, cp 0.02 

Total system compressibility, psi-1 10-4 

Fracture half-length, ft 700 

Substituting the parameters from Table 12-1 into the definition of 
dimensionless time, the time necessary to reach pseudoradial flow is 3712 
hours (155 days). This value indicates that, up to that time, the well 
performance may not be approximated with a radial flow model and a 
negative skin factor. 

From a testing point of view, the calculations above indicate that a test 
should be run for 1550 days to produce one cycle on the semi-log straight 
line. Since such a test duration is obviously impractical, semi-log analyses of 
tests run on fractured wells should not be used unless the permeability is 
high and the fracture length is very short. 

To calculate the effective skin factor, the following relationship between skin 
and fracture half-length may be used: 
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(12-23)  

The parameter n is a function of the dimensionless fracture conductivity and 
may be obtained from Fig. 12-10. 

 

Figure 12-10 Factor n as a function of fracture conductivity 

Many analysts use the skin factor for a hydraulically fractured well to judge 
the degree of success or failure of the fracturing treatment. Although such 
an approach is not necessarily wrong, it has some limitations and needs to 
be correctly understood to avoid erroneous application of the concept. The 
use of skin factor to approximate a fractured well behavior is only valid after 
the start of the pseudoradial flow regime. In the case of tight gas 
formations, it may take months or even years for the reservoir to reach this 
pseudoradial flow. Therefore early-time prediction of fractured-well behavior 
using the equivalent skin factor could be in error. 

Fractures with Changing Conductivity 

During the creation of a hydraulic fracture, the conductivity may vary from 
one place in the fracture to another. Several works have studied this effect 
(Bennet et al., 1983; Soliman, 1986a; Soliman et al., 1987). Using both 
analytical and numerical simulators, Soliman (1986b) showed the choking 
effect of having low fracture conductivity near the wellbore as well as the 
effect of using a tail-in of better proppant near the end of the fracturing 
treatment. It was concluded that the effect of fracture conductivity 
distribution is more complex than was thought at the time. Soliman (1986b) 
has also calculated the optimum conductivity distribution inside the fracture, 
Fig. 12-11.  
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Figure 12-11 Optimum conductivity distribution inside a hydraulic fracture (from 
Soliman, 1987) 

This optimum conductivity distribution indicates that if conductivity within 
the fracture follows a certain distribution pattern, a fracture may behave as 
if it had uniform conductivity equal to the one at the wellbore. Poulsen and 
Soliman (1987) presented a procedure to convert the curves in Fig. 12-11 
into an optimum proppant distribution, thereby producing an optimum 
fracture design. This procedure could lead to the use of less proppant and to 
a lower chance of sand-out. At the same time, it does not compromise the 
performance of the designed fracture.  

Effect of Low Fracture Conductivity 

As the fracture conductivity declines, the fracture becomes less efficient. 
Prats has studied this problem analytically, producing Fig. 12-12. Before we 
discuss this figure, we need to define the conductivity term used by Prats: 

(12-24) 

and thus, 
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(12-25) 

 

Figure 12-12 Effect of fracture conductivity on effective wellbore radius (after 
Pratts, 1965) 

Prats found that a plot of dimensionless effective wellbore radius vs. C'fD will 
become linear at a C'fD value of 9.8. This means that increasing the fracture 
length would not improve fracture performance. However, increasing the 
fracture conductivity would improve the fracture performance. If a fracture 
has a conductivity lower than the value indicated by Prats, the part of the 
fracture that reduces the dimensionless conductivity below the Prats 
threshold would be ineffective. This statement explains why a long fracture 
would not be advised in high-permeability formations. On the other hand, it 
is advisable to create a long fracture in tight formations. Prats also 
investigated the creation of an optimum fracture assuming a fixed volume. 
He concluded that for a specific fracture volume, the optimum fracture would 
have a dimensionless conductivity of about 1.6. We must remember that 
Prats' study assumed steady-state conditions, and although the conclusions 
reached by Prats are generally valid, the exact figures may be somewhat 
different under unsteady-state conditions. Cinco et al. (1987) and Azari et 
al. (1992) have expanded on this area of research. This point is also 
discussed in Well Stimulation. 
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Steady-State Production Increase Resulting from 
Fracturing 

The first step in the optimization of the design of a hydraulic fracture is to 
predict well performance with and without the proposed fracture. This step 
may be done either under steady- or unsteady-state conditions. As we 
mentioned earlier in this chapter, steady-state solutions provide a quick and 
fairly reliable indication of how a well will perform. Several studies have 
been presented in the literature to predict the steady-state production 
increase as a result of fracturing. The following paragraphs are a brief 
discussion of these methods. 

McGuire and Sikora (1960) presented the first study of production increase 
resulting from hydraulic fracturing. Because of the nature of their 
experimental work, their model represented production during pseudosteady 
state; therefore, their values were higher than other strictly steady-state 
methods. Figure 12-13 represents their results. 

 

Figure 12-13 Increase in productivity from fracturing (from McGuire and Sikora, 
1960) 

Prats (1961) presented production increase curves based on an analytical 
solution. His solution considered a fully penetrating hydraulic fracture. 

Tinsley et al. (1969) introduced the first production increase model that 
considered a partially penetrating model. The study was an experimental 
one. 
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Mao (1977) presented production increase curves based on an experimental 
study. Similar to Prats' solution, Mao only considered a fully penetrating 
hydraulic fracture. 

Soliman (1983) discovered that the analysis performed by Tinsley et al. to 
convert the raw experimental data into a usable form was in error. Soliman 
did the analysis again and converted the raw data into a new dimensionless 
representation of the production increase curves. The new solution was 
verified by comparing it to Prats' and Mao's results for full-fracture 
penetration. Figure 12-14 gives an example of the production increase curve 
for fracture height to formation height equal to unity. 

 

Figure 12-14 Production increase curves for h1/h=1 (after Soliman, 1983) 

The steady-state production-increase curve may be used for the initial 
design of a particular fracture or to gain insight into the process of planning 
fracture length and conductivity. Figures 12-13 and 12-14 show that if the 
formation is tight, the fracture length should be maximized within 
operational, rock mechanics, and economic constraints. If the formation has 
a higher permeability, increasing conductivity may be an option. For a 
certain fracture volume, it may be possible to design an optimum fracture 
length and conductivity as discussed in the previous section. 

Fracturing High-Permeability Formations  

Hydraulic fracturing has been recently applied in high-permeability 
(generally > 10 md) formations for both well productivity and sand control. 
The reservoir engineering and fracturing aspects and justification for 
fracturing high-permeability formations have been extensively studied 
(Roodhart et al., 1994; Meese et al., 1994; Hunt et al., 1994; Mathur et al., 
1995). High-permeability fracturing is treated extensively in High-
Permeability Fracturing. 
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Hydraulic fracturing is usually thought of as a technique to increase 
productivity or to establish production in low-permeability reservoirs. 
However, benefits can be realized by fracturing highly permeable formations 
that have formation damage and/or sand production tendencies. A well that 
has a reduced permeability several feet away from the wellbore can be made 
more productive by fracturing through this damaged zone to establish a 
better link with the undamaged region of the reservoir. Reservoir fluids are 
therefore provided an unrestricted pathway from the undamaged reservoir 
to the wellbore. Encountering a very deep damage has been documented in 
the industry and has been discussed at length by Peterson and Holditch 
(1985). The conductivity within the fracture can be maximized so that the 
pressure drop along the fracture itself can be held to a minimum. In the case 
of a well with sand-producing tendencies, a hydraulic fracture decreases the 
pressure drop necessary to produce the well at a given rate. In addition, the 
hydraulic fracture changes the flow regime around the well such that sand 
production is minimized or even eliminated, allowing the well to be produced 
at a rate higher than the critical sand-producing rate for an unfractured well.  

Operationally, fracturing high-permeability formations is different from 
fracturing low-permeability formations because of the expected high leakoff 
rate, which influences the fracturing pressure. In addition, because of the 
desired high fracture conductivity, the concept of tip screenout is applied. In 
tip screenout (Smith et al., 1987), the fracture is designed in such a way 
that by the time the fracture reaches the required length, the leading pad 
volume has leaked off into the formation. After the pad volume has leaked 
off, the presence of the proppant-laden fluid at the leading edge of the 
fracture initiates the screenout process (Fig. 12-15).  

 

Figure 12-15 Schematic view of a tip screenout 

Continued injection of the proppant-laden fluid causes the fracture to widen 
or balloon, reaching a considerably enlarged width and high proppant 
concentration (a packed fracture). The tip-screenout fracturing technique 
has been successfully applied in the field. Martins and Stewart (1992) 
reported that tip-screenout succeeded in more than doubling productivity of 
treated wells in the Ravenspurn field. Other authors (Meese et al., 1994; 
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Abass et al., 1993; Dusterhoft and Chapman, 1994; Liu and Civan, 1994) 
have reported equally impressive results.  

Many wells that are good candidates for this treatment are wells that are 
drilled in poorly consolidated formations. The failure behavior of such 
formations is different from that of competent formations. Under radial flow 
conditions with the anticipated high-pressure drop near the wellbore, the 
drag force on the sand could exceed the cohesive strength of the rock, 
causing formation failure and resulting in sand production (Rock Mechanics 
in Wellbore Construction). This well instability causes severe operational 
problems and a reduction of formation permeability around the wellbore. A 
fracturing treatment reduces the sanding tendency of a poorly consolidated 
formation by reducing the pressure gradient around the wellbore and by 
acting as a gravel pack that supports and holds the formation sand in place.  

Migration of fines toward the wellbore causes a reduction in permeability in 
the region around the wellbore. Drilling, completion, and production 
processes may also cause permeability reduction in the near-wellbore 
region. The resulting depth of damage may extend from as little as a few 
inches to as much as several feet into the formation (Martins and Stewart, 
1992). During the production processes, fines migration and paraffin 
deposition are expected to yield a greater depth and degree of damage than 
the drilling and completion processes. Such deep damage cannot be 
removed by acidizing, leaving fracturing as the only alternative. 

Fracturing high-permeability formations requires the understanding of the 
impact of certain parameters that are not usually considered when fracturing 
low-permeability formations. The first such parameter is the effect of the 
damaged region on fractured-system productivity. The damaged region can 
be visualized as an inner, circular region of reduced permeability extending 
from the wellbore to some radial distance; outside the inner region is 
undamaged reservoir permeability. This system is generally referred to as a 
radial composite system. Another parameter is the presence of a damaged 
fracture face with reduced permeability caused by the expected high leakoff 
of fracturing fluid. A third important parameter is the effect of the fracture 
on the pressure profile around the wellbore.  

Because of the high formation permeability, it is expected that a relatively 
long fracture (hundreds of feet) is neither feasible nor effective. As discussed 
earlier, Prats (1961) has suggested that below a certain threshold 
dimensionless conductivity, a fracture may be ineffective. In other words, 
only the fraction of the fracture that yields at least that minimum 
dimensionless conductivity may be effective. Thus, fracturing high-
permeability formations usually involves the creation of short fractures. To 
achieve this threshold dimensionless conductivity, high fracture conductivity 
is sought. Hunt et al. (1994) presented a detailed study of the effect of the 
various parameters on the performance of high-permeability fracturing. 
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Candidate Selection for Fracturing High-
Permeability Formations 

The discussion above indicates that the candidates for high-permeability 
fracturing may be loosely divided into two groups based on whether the 
treatment's primary goals are production enhancement or sand control. 

For production enhancement, the treatment candidates are  

• Moderate- or high-permeability formations with deep damage. 
In such formations, matrix stimulation (acidizing) would be 
ineffective.  

• Formations that do not respond favorably to acid treatments.  
• Cases where a large treatment is not advised because of 

height or length restrictions, as would be the case in the 
presence of an underlying aquifer or nearby injection wells.  

• Wells that have lost productivity because of pore collapse 
around the wellbore. A fracturing treatment would bypass the 
damaged zone and subsequently reduce the pressure drop 
necessary to produce the formation. This treatment would 
reduce the chance for further pore collapse.  

• For sand control purposes, the treatment candidates are  
• Poorly consolidated formations for which a fracturing 

treatment may act as a form of gravel-pack without the 
associated likely positive skin.  

• Formations with low cohesive force for which it is necessary to 
reduce the pressure gradient associated with the required flow 
rate.  

Effect of Length and Conductivity on High-
Permeability Fracturing 

A large improvement in production occurs when a fracture propagates 
beyond the damaged region. This conclusion was first reached by Hunt et al. 
(1994) and was later confirmed by Chen and Raghavan (1994). 

Fractures effectively extend the wellbore into the formation, and this 
extension is critical in low-permeability formations. In high-permeability 
formations, the fracture is a conduit between the well and the undamaged 
portion of the formation. It is important to generate enough length to 
penetrate into the undamaged portion of the formation. Because of the 
expected high leakoff, this goal may be difficult to achieve. Higher 
conductivity is, of course, the obvious target in high-permeability fracturing. 

Fracture Damage 

Numerically modeling the effect of fracture face damage caused by 
fracturing fluid leakoff, Holditch (1979) concluded that unless the damage is 
exceedingly high, the effect of damage on fracture performance is fairly 
small. Damage to the formation around the fracture may be expected when 
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a high-permeability formation is fractured because fluid leakoff during 
treatment is significant. However, Hunt et al. (1994) suggested that the 
conclusion reached by Holditch (1979) for low-permeability formations is still 
valid for fracturing high-permeability formations. In addition, deep damage 
extending from the fracture may be minimized by properly designing the 
fracture treatment to minimize excessive fluid loss. For all practical 
purposes, a properly designed and conducted treatment should result in no 
significant productivity impairment from fracture face damage. 

Mathur et al. (1995) developed an approximate equation to describe the 
combined damage resulting from both the damage around fracture face and 
the radial damage around the wellbore: 

(12-26) 

The definitions of the parameters in Eq. 12-26 are illustrated in Fig. 12-16.  

 

Figure 12-16 Equivalent radial skin of damaged wellbore and fracture face (after 
Mathur et al., 1995) 
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Similar to the classical development of skin equations, Eq. 12-26 assumes a 
steady-state flow condition in the damaged area, which has no storage 
capacity. Using this equation, Mathur et al. (1995) concluded that unless the 
damage is very large, a fractured well will always yield a negative skin 
factor. This conclusion is illustrated in Fig. 12-17 relating skin factor to 
damaged-zone thickness and permeability. 

 

Figure 12-17 Variation of total skin with fracture-face permeability impairment 
ratio, k2/kr (from Mathur et al., 1995) 

Post-Fracture Well Test Analysis 

As discussed in the previous subsection, an effective hydraulic fracture 
should extend beyond the damaged zone. The behavior of a fractured well in 
a composite system under well-testing mode is examined in this section. 
Figure 12-18 presents the pressure profile of a fracture extending 50 ft into 
the formation characterized in Table 12-2.  
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Figure 12-18 Simulated well test data: post-frac (after Hunt et al., 1994) 

Table 12-2 Values Used in Simulator 

pi 5000 psi 

 20 % 

rs 20 ft 

rw 0.4 ft 

h 100 ft 

q 500 STB/d 

k 100 md 

ks 5 md 

Lf 50 ft 

CfD 1, 10, and 100 

Because of the relatively short fracture length combined with the high 
formation permeability, the flow regime reaches pseudoradial flow in a few 
hours. The pseudoradial flow appears as a horizontal line on the derivative 
plot. Thus, for the larger part of the test, the fractured system behavior 
closely resembles that of radial flow. At a low dimensionless-fracture 
conductivity (CfD =1), the pressure profile looks very much like the radially 
composite system with no fracture. However, the inner region appears to 
have higher permeability than the original value before fracturing. In other 
words, the effect of fracturing is reflected in an apparently less-damaged 
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inner region. At higher dimensionless-fracture conductivities, the pressure 
profile approaches that of a homogenous formation with the fractured inner 
region appearing as a skin factor.  

Because of the complexity of the system and the similarity of its pressure 
behavior to that of a radial system, it is possible to misdiagnose this 
fractured, composite, reservoir system. This difficulty explains why many 
analysts have chosen to judge the effectiveness of a high-permeability 
treatment based on a reduction in the skin factor, rather than in terms of 
fracture length and conductivity. Achieving an accurate description of the 
system in terms of fracture length and conductivity requires some 
knowledge of the inner-region permeability and depth, making a prefracture 
test necessary. 

To illustrate the problem, the simulated post-fracture well-test data were 
matched against an unstimulated, radially composite system. The match was 
achieved using a commercially available well-test analysis software. The 
analyses for CfD of 1, 10, and 100 are summarized in Table 12-3.  

Table 12-3 Analysis Results from Simulated Data 

Case k, md ks , md rs , ft s 

CfD = 1 105.8 22.6 19 - 0.72 

CfD = 10 97.5 16.9 42 - 3.26 

CfD = 100 99.6 15.8 41 - 3.61 

Because pseudoradial flow was reached in all three tests, it is not surprising 
that the calculation of the outer-region permeability is fairly accurate. Table 
12-3 clearly shows that prefracture testing is a highly recommended 
procedure for reaching a good description of fracture length and conductivity 
from a post-fracturing test. 

Horizontal Wells 

Reservoir engineering applications for horizontal wells have centered around 
productivity improvements in comparison to vertical wells. The steady-state 
analytical solution has been used extensively to develop the current 
understanding of well productivity. The conclusion is that horizontal well 
length is the primary factor in productivity enhancement. 

Horizontal Well Performance 

Figure 12-19 is a schematic of a horizontal well in a reservoir illustrating the 
important variables.  
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Figure 12-19 Horizontal well model 

The main factors influencing well productivity are : the length of the well 
relative to the formation height, the vertical permeability, and eccentricity.  

The productivity of a horizontal well having an infinitely conductive wellbore 
resembles that of a partially penetrating vertical fracture of infinite 
conductivity. The dimensionless well length, LD, should be greater than four 
for an accurate comparison. In some cases, because of limited conductivity 
associated with fractured vertical wells, the performance of a horizontal well 
may be greater than that of a hydraulically fractured vertical well for 
equivalent wellbore and fracture lengths. 

In homogeneous and isotropic reservoirs, low permeability and reduced 
reservoir thickness contribute to low productivity for conventional vertical 
wells. Drilling a horizontal well increases the length of the wellbore exposed 
to the formation, thereby improving the performance. This improvement 
becomes even more noticeable in a heterogeneous reservoir where a 
horizontal wellbore increases the chances of penetrating more favorable 
sections of the reservoir. 

The steady-state productivity index of a horizontal well has been examined 
in the past by several investigators. Borisov (1964) studied the steady-state 
flow behavior of a horizontal. That work was further developed by Giger et 
al. (1984). Until Giger's study, the investigations dealt with the qualitative 
prospects surrounding the performance of a horizontal wellbore. The 
equations were expressed in three-dimensional flow of the combined 
behavior of two-dimensional flow. The flow patterns were defined as radial 
flow along the vertical plane of the wellbore and linear flow in the horizontal 
plane through the thickness of the reservoir. These studies assumed a 
centered well in an infinite slab reservoir. 

Joshi (1988) presented a form of the productivity equation that is considered 
now as the standard equation for horizontal well performance: 
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(12-27) 

for L>βh, δ<h/2, L<1.8 reh, where ; = horizontal well 

eccentricity, ft; and  

Equation 12-27 needs a slight modification as shown by Economides et al. 
(1991). Assuming that d = 0, the second logarithmic term in the 
denominator should be h/( +1)rw , instead of h/2rw , as Joshi's equation 
suggests. As shown by Economides et al. (1991), this is necessary in an 
anisotropic formation where the circular shape of a well would behave as if it 
were an ellipse. 

Equation 12-27 has proven to be very useful in comparing the productivity 
of horizontal wells to that of vertical wells. The various parameters such as 
well length, permeability anisotropy, and formation thickness can be used to 
conduct sensitivity analyses on potential reservoirs for how much production 
improvement a horizontal wellbore will provide over that of a vertical well.  

The influence of reservoir height on the horizontal-to-vertical well 
productivity ratio can be seen in Fig. 12-20.  

 

Figure 12-20 Productivity Ratio of Horizontal and Vertical Wells vs. Well Length for 
Different Reservoir Thicknesses 
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This figure shows the change in productivity ratio as a function of horizontal 
well length and formation thickness. For a given horizontal well length, the 
productivity ratio increases as formation thickness decreases. The influence 
of kv /kh on productivity ratio and horizontal well length is illustrated in Fig. 
12-21.  

 

Figure 12-21 Effect of Vertical Permeability on Productivity Ratio of Horizontal and 
Vertical Wells 

For a given horizontal well length, the productivity ratio increases as kv 
increases. For a narrow formation, the effect of vertical-to-horizontal 
permeability anisotropy becomes less important. Under unsteady-state 
conditions, the effect of well length on productivity is illustrated in Fig. 12-
22. 
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Figure 12-22 Effect of Horizontal Well Length on Transient Rate (after Soliman et 
al., 1996) 

The dimensionless parameters are defined below: 

(12-28) 

(12-29) 

(12-30) 

Joshi (1991) has shown that under steady-state conditions, the effect of well 
eccentricity on horizontal well productivity is fairly small as long as the 
horizontal well is located +/- h/4 from the reservoir center. Under unsteady-
state conditions, the same behavior should be expected. 
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Based on a numerical simulation study for modeling mud filtrate into the 
formation, Frick and Economides (1991) suggested that the damage 
distribution around a horizontal wellbore would resemble the shapes shown 
in Figs. 12-23 and 12-24.  

 

Figure 12-23 Simulated Horizontal Well Damage Profile (after Frick and 
Economides, 1991) 

 

Figure 12-24 Simulated Horizontal Well Damage Profile (after Frick and 
Economides, 1991) Cross Section 

These two figures indicate that the shape of damage around a horizontal well 
is that of a truncated cone with the base of the cone at the heel of the well 
and the top of the truncated cone at the toe of the horizontal well. The cross 
section is elliptical, and its degree of ellipticity depends on the formation 
degree of anisotropy. Equations for calculating skin factor for this damage 
configuration have been developed by Frick and Economides (1991). 
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Fractured Horizontal Wells 

Depending on the well orientation with respect to the minimum horizontal 
stress and length of the perforated interval, either a transverse or 
longitudinal fracture may be created. If the horizontal well is drilled parallel 
to the minimum horizontal stress, the created fractures are expected to be 
perpendicular to the horizontal well; transverse fractures will be created 
(Fig. 12-25).  

 

Figure 12-25 Transverse Vertical Fractures 

If the horizontal well is drilled perpendicular to the minimum horizontal 
stress, the created fracture will be longitudinal (Fig. 12-26).  
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Figure 12-26 Longitudinal Vertical Fracture 

These two cases illustrate the two limiting conditions; they are also the 
desired configurations.  

However, if the well is at a different angle from the longitudinal (including 
the fully transverse), a complicated and undesirable situation may occur. In 
this situation, the perforated interval plays a crucial role. If the perforated 
interval is longer than four times the diameter of the well, an axial fracture 
is expected to be created at the wellbore. Away from the wellbore, the 
fracture reorients and becomes perpendicular to the minimum stress. The 
reorientation occurs as shear fractures tend to take the form of "steps" 
(Daneshy, 1973). The presence of "steps" not only contributes to abnormally 
high fracture propagation pressure but may also lead to a premature 
screenout. Thus, the perforated interval should be minimized. An interesting 
possibility is to "notch" the casing and cement sheath with an abrasive 
cutter, forcing the fracture to initiate transversely to the wellbore, limiting 
the near-well tortuosity. 

The preferred geometry in higher-permeability reservoirs is longitudinally 
fractured horizontal wells; transverse fractures in a horizontal well are for a 
low-permeability formation. 
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Performance of Transverse Fractures  

The main advantage of transverse fracturing is the capability to create 
multiple fractures intersecting the horizontal, thereby covering a large 
reservoir volume with fairly small fractures. Their main disadvantage from a 
reservoir engineering point of view is the convergence of fluid inside the 
fracture towards the wellbore, which creates an increased pressure drop that 
would not be encountered during fracturing vertical wells. Figure 12-27 is a 
schematic of the convergence of the stream lines into the horizontal well.  

 

Figure 12-27 Fluids Radially Converge in a Transverse Fracture Approaching a 
Horizontal Borehole 

Soliman et al. (1990) and Larsen (1991) presented solutions for modeling 
this new flow regime. Mukherjee and Economides (1988), on the other hand, 
presented the following equations to account for the increased resistance to 
flow inside the fracture: 

(12-31) 
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(12-32) 

(12-33) 

Using the simplified equations above, it is possible to approximate the 
performance of transverse fractures using those of a fractured vertical well. 

Although productivity of a system of transverse fractures increases as the 
number of fractures increases, the rate of this increase declines with a larger 
number of fractures because of interference. Simulations and field 
experience have shown that the optimum number of fractures is usually 
between 6 and 10. 

Inflow-Performance Relationship 

Expressions such as Eq. 12-2 (and the implicit solution for transient 
behavior), Eq. 12-6 for steady state, and 

(12-34) 

for pseudosteady state can provide the well-production rate given the 
flowing bottomhole pressure. 

While the latter would dictate what the reservoir can deliver, it is not 
independent from the hydraulics of the well. Clearly, the well production rate 
depends on the well depth, the tubing diameter, and the backpressure 
provided by the wellhead pressure. 

Because well hydraulics differ depending on well configuration (plumbing), a 
traditional depiction of reservoir inflow is to allow the flowing bottomhole 
pressure to vary. A plot of the production rate (on the horizontal axis) vs. 
the flowing bottomhole pressure, pwf (on the vertical axis), has been termed 
the inflow performance relationship (IPR) and has been in wide use in 
petroleum production engineering. 

Figure 12-28 contains an IPR curve.  
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Figure 12-28 Combination of Inflow Performance Relationship and Vertical Lift 
Performance 

The intercept on the y-axis is the initial reservoir pressure (for transient 
conditions); the constant pressure at the outer boundary, pe (for steady 
state); or the average reservoir pressure, (for pseudosteady state). The 
intersection with the x-axis at zero flowing bottomhole pressure is a 
characteristic value of the reservoir inflow and is termed the absolute open-
flow potential. 

The IPR curve is a straight line for steady-state liquid. It becomes curved for 
two-phase or gas flow, as shown in a number of petroleum production 
engineering textbooks. The steady-state IPR remains constant throughout 
the life of the well. For pseudosteady-state flow, while the shape of the IPR 
is similar to the one for steady state, its position will shift with time parallel 
to the original IPR, reflecting reservoir pressure depletion. For a transient 
IPR, while the vertical intercept will remain constant (at pi ), the curve will 
swing inward for later times. (For a more detailed analysis, refer to 
Economides et al., 1994).  

Vertical Lift Performance 

The fluid entering the sandface, whether into a vertical, deviated, or 
horizontal well, must travel to the surface through a rather complicated 
path. This path contains some or all of the following: slots, perforations, 
downhole packers, a string of tubing(s), wellhead valves, and chokes. The 
fluid then continues through surface pipes, fittings, and valves into a 
separator. 
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Given either the flowing bottomhole pressure or the wellhead pressure, the 
other can be calculated by accounting for the pressure drop in the pipe. The 
total pressure drop is simply 

∆p = ∆pPE + ∆pF + ∆pKE (12-35) 

∆pPE is the difference in the potential energy (often referred to as hydrostatic 
pressure drop), ∆pF is the friction pressure difference, and ∆pKE is the 
pressure difference caused by kinetic energy. The latter has an appreciable 
value if changes in the conduit diameter are involved and is generally 
negligible when compared to the other two pressure drops. In pipes carrying 
two-phase hydrocarbons, the problem of calculating the total pressure drop 
is compounded because the phases are miscible. 

In the unlikely case that the bubblepoint pressure is below the flowing 
wellhead pressure, or in the case of neat natural gas, a single-phase 
calculation can be made. For all other cases, which encompass almost all oil 
and gas-condensate wells, two-phase correlations are needed. These 
correlations, prominent among which are those by Hagedorn and Brown 
(1965) and Beggs and Brill (1973), incorporate the mechanical energy 
balance and the phase behavior and phase-dependent properties which are 
implicit functions of the pressures being sought. Even more important is the 
identification of flow regimes that cause variations in the correlations. 

While the presentation of these correlations and calculations is outside the 
scope of this book (see Economides et al., 1994 for details), the results are 
usually illustrated in the style of Fig. 12-29, presenting the gradient curves.  

 

Figure 12-29 Gradient Curves for an Oil Well 
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Plotted on the vertical axis going downward is the tubing depth; on the 
horizontal axis is the pressure. The intersection of the gradient curves with 
the upper horizontal axis is the flowing wellhead pressure. At the reservoir 
depth (bottom horizontal axis) are the flowing bottomhole pressures. 

A calculation such as the one in Fig. 12-29 is specific. It involves the 
production string diameter, the flow rate, the water/oil ratio and the 
temperature. (The last two affect the fluid properties.) A parameter allowed 
to vary is the gas/liquid ratio (GLR). In addition to its natural value (for 
which only one gradient curve would exist), other values are used in 
anticipation of artificial lift through the introduction of gas at the well bottom 
(gas lift; see Artificial-Lift Competions). 

For most crudes, increase in the wellhead pressure (for example, 100 psi) 
would require a disproportionate increase in the flowing bottomhole pressure 
(for example, 300 psi or higher, depending on the depth). Because a higher 
backpressure at the top would make the fluid column more liquid-like, an 
increase in the fluid density and a marked increase in the hydrostatic (or 
potential energy) pressure difference would result. Conversely, artificially 
increasing the GLR (for fixed wellhead pressure) would result in a decrease 
in the hydrostatic pressure and a decrease in the required flowing 
bottomhole pressure to lift the fluid. 

However, a decrease in the hydrostatic pressure is associated with an 
increase in the friction pressure until eventually, for larger values of GLR, 
the decrease in ∆pPE is offset by a larger increase in ∆pF. The maximum 
value of the GLR at which this happens is called the limit GLR. The economic 
maximum GLR for gas lift may be much lower than this physical limit. (This 
issue is discussed in detail in Artificial-Lift Competions). 

Brown et al. (1977) published a five-volume work containing the correlations 
and especially multi-thousands of pages of gradient curves for every 
conceivable flow conduit, flow rate, water/oil ratio, and GLR. Of course, with 
the proliferation of computers such graphical depictions have become largely 
obsolete. Now, calculations as depicted in Fig. 12-29 are done to combine 
the IPR with the hydraulic performance of the well system. For each 
production rate, all pressure drops along the flow path are summed. The 
pressure at any point can be specified. A common and logical approach is to 
set the separator pressure. Then, the wellhead choke outlet pressure is 
calculated. This calculation would be the result of the friction pressure drop 
along a horizontal line. The inlet pressure of the choke is then obtained, and 
it becomes the flowing wellhead pressure, which is the starting point of the 
calculation of the pressure drop along the vertical (or deviated) well. The 
flowing bottomhole pressure is then obtained. In all cases, the natural or 
artificially induced GLR can be used.  

For each production rate, the required flowing bottomhole pressure is 
calculated. This calculation is repeated several times and is plotted as shown 
in Fig. 12-28, labeled VLP. On the right part of the VLP, a gentle positive 
slope (the slope is larger for larger GLR) reflects the increase in the friction 
pressure by increasing the production rate. On the left of the VLP, the 
upwards bend at lower production rates reflects holdup, a phenomenon that 
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refers to liquid accumulation in the pipe. At these lower rates, the volumetric 
throughput of liquid is reduced, leaving a more liquid-like fluid in the well, 
thereby increasing the hydrostatic pressure component. The intersection of 
the IPR with the VLP curve is exactly the well deliverability at the actual 
flowing bottomhole pressure. This simultaneous solution of the two main 
systems, the reservoir and the well, is one of the main tasks of the 
petroleum production engineer. 

Systems Analysis 

A petroleum production engineer deals with modifications to the IPR (such 
as stimulation, reservoir pressure maintenance) or modifications to the VLP 
(such as artificial lift). The impact of these modifications on well performance 
can be assessed through variations of Fig. 12-28. In addition, constructions 
similar to Fig. 12-28 that allow an unknown variable to fluctuate (such as 
the number of open perforations) can be a valuable well-diagnostic tool. 

Figure 12-30 is a depiction of IPR modifications for a given well 
configuration.  

 

Figure 12-30 Modifications to the IPR Curves: Effect on Well Performance 

For example, IPR1 may mean the current state of the well, IPR2 may mean 
the expected well performance following matrix stimulation, and IPR3 may 
denote a hydraulically fractured well. The relative departure among the IPR 
curves is a direct indicator of attractiveness of any reservoir intervention, 
balanced against the costs. 
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Sustaining an IPR curve by maintaining the reservoir pressure (gas injection, 
waterflooding, etc.) instead of allowing the natural decline is another means 
of IPR modification (or retardation of its natural decline). 

If all possible IPR modifications have been accomplished, well performance 
can be affected by VLP adjustment, an example of which is shown in Fig. 12-
31.  

 

Figure 12-31 Modifications to the VLP Curves: Effect on Well Performance 

Means of accomplishing the VLP modification include all artificial lift 
methods, changing the tubing diameter, changing surface chokes, etc. 

Finally, Fig. 12-32 shows one of the most important uses of analyzing the 
system: the well performance diagnosis.  
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Figure 12-32 Well Performance Diagnosis with Production Systems Analysis 

Suppose that the number of open perforations is unknown. IPR curves 
reflecting different perforation skins can be drawn and the actual well 
performance can be compared with the expected performances. The number 
of open perforations can then be estimated. 

Similar uses of systems analysis diagnosis can be envisioned for any 
reservoir and well configuration. Coupled with production economics, this 
approach is the essence of well management. 
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Chapter 13 - Artificial-Lift Completions
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Introduction 

All petroleum reservoirs experience pressure declines, and most wells require artificial 
lift at some point, most commonly where reservoir pressure is insufficient for natural 
flow. Artificial lift systems may also be used to enhance production from flowing wells 
with a reservoir pressure that is insufficient to produce a required amount of fluid.  

Extensive research and field studies have been conducted on a range of artificial-lift 
systems that have been developed and applied extensively to meet industry needs. These 
systems include beam pumping, gas lift, electrical submersible pumps (ESPs), and 
hydraulic lift. This chapter provides an overview of these systems and their engineering 
fundamentals. 

Overview of Artificial-Lift Methods 

A number of artificial-lift alternatives are used, each of which has advantages and 
disadvantages, and each of which has a "window" within which it operates most 
efficiently. The major forms of artificial lift are shown in Figure 13-1.  
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Figure 13-1 Major Forms of Artificial Lift 

Here beam, hydraulic, electrical submersible, gas lift, and progressive lift (progressive 
cavity pumps, PCP) are illustrated. Clegg et al. (1993) found that in the U.S. a beam or 
rod pump is used about 85% of the time, continuous gas lift 10%, hydraulic lift 2%, ESP 
4%, and PCP 1% of the time. 

All of the pumping methods add energy to the fluid stream calculated by  

(volumetric flow through the pump) × (the pressure difference across the pump).  

Gas lift lightens the fluid gradient to increase the flow and correspondingly lower the 
sand-face pressure. 

One definition of lift system efficiency is found by dividing the power added to the fluid 
stream by the amount of power needed from external sources such as motors or 
compressors.  

Clegg et al. (1993) noted the efficiency of artificial-lift methods ranging from 70% to 
5%, with PCP being the best, followed by beam, ESP, hydraulic reciprocating and jet, 
continuous gas lift, and intermittent lift. 

An artificial-lift methods chart by Blais et al. (1986) is summarized in Figure 13-2.  
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Figure 13-2 Artificial-Lift Methods Chart 

This figure gives an idea of what one author indicates as best usage ranges, but there are 
proven applications at higher rates and deeper depths for almost all lift methods. 

Selection and maintenance of the proper lift method is a major factor in the long-term 
profitability of most oil and gas wells. Lea and Kol (1995), Clegg et al. (1993), Brown 
(1982), Bennett (1980), Neely (1980), and Johnson (1968) provide details on the possible 
performance ranges of various methods of artificial lift and some of the factors involved 
in the most economic selection process. Clegg et al. (1993) contains an excellent list of 
references on artificial lift, organized by categories of lift. Although two methods of lift 
may both produce the desired rate, energy consumption, reliability, initial cost, 
maintenance, manpower, and other costs must be considered in the life-cycle cost of any 
artificial-lift method.  

Beam pumping systems actuate a downhole plunger pump with traveling and standing 
valves. PCP pumps rotate from rods or a downhole motor that spins a metal rotor inside a 
rubber stator and moves a cavity of fluid upward as the pump spins. ESP systems include 
a motor powered through a three-phase cable from the surface to rotate a stack of 
impellers inside a stack of diffusers. The hydraulic reciprocating pump is a rapidly 
reciprocating plunger pump with ball-and-seat check valves. An overhead hydraulic 
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piston motor that is actuated by a continuous supply of high pressure fluid from the 
surface powers the system. Hydraulic jet pumps use the venturi effect from a power fluid 
pushed through a nozzle that creates a low-pressure area seen by well formation fluids. 
Gas lift relies on high-pressure gas injected at depth into the flow stream to lighten the 
flowing gradient so the formation will flow at a higher rate.  

Table 13-1 lists advantages and Table 13-2 lists disadvantages of various artificial-lift 
systems. These tables have been extracted from Brown (1982). Clegg et al. (1993) 
contains more extensive tables, but these are too lengthy to include here.  
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Table 13.1 - Relative Advantages of Artificial Lift Systems 
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Table 13.2 - Relative Disadvantages of Artificial Lift Systems 
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Beam Pump Completions 

Figure 13-3 shows a schematic of a typical beam pump system.  

 

Figure 13-3 Beam Pumping System 
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The surface pumping unit is designed to provide a reciprocating up-and-
down motion at certain strokes per minute (SPM) and a given stroke length. 
Some design considerations for the surface unit are given in Table 13-3. 

Table 13-3 Beam Pump Surface Unit Considerations 

Proper Motor Sizing The motor should be able to carry average loads. It should not be 
oversized more than 1-1/2 to 2 times needed, as this lowers 
efficiency. A moderate-slip motor is preferred. 

Sheave Sizing to Get the 
Proper SPM 

The motor and unit sheave can be changed to adjust speed. Motor 
sheaves less than about 10 in. long can cause belt wear and slip. 

Gear Box Sizing The gear box must be large enough to handle the required torque. 
The gear box is the most expensive component. For long life it 
should not be overloaded, although the manufacturer should have 
safety factors built in. A 640-305-144 unit has a 640,000 in.-lb 
output torque capability at 100% loading. 

Peak Load The unit must handle the peak load required.  

The peak polished rod loading must not exceed the middle unit 
designation (e.g. 640-305-144) times 100 lbs. For this designation 
the peak load should not exceed 305 x 100 lbs. 

Stroke Length  Several stroke lengths are usually available. Up to a point, the 
longest stroke helps efficiency. It also can reduce wear to other 
components if the target rate is being met. A 640-305-144 unit has 
a maximum stroke of 144 inches. 

Unit Geometry  There are many geometries and types of units available.  

An air balance unit weighs less. Because of this, it is sometimes 
used offshore. 

A unit with a faster downstroke is more efficient with less peak 
torque, but can "stack" the rods on a high SPM unit.  

Other units include those that have an offset gear-box or various 
hydraulic and long-stroke units. 

The rods are connected to the pumping unit by a polished rod (PR) hanging 
through the carrier bar with a clamp on the PR above the carrier bar. The PR 
passes through the stuffing box on the wellhead to prevent leaks. 

The rod string, composed of sucker rods, extends from the surface to the 
pump plunger at depth. Design considerations for the rods are summarized 
in Table 13-4 
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Table 13-4 Rod String Considerations 

Fatigue Loading Rods must satisfy fatigue loading criteria usually calculated from 
maximum and minimum loads. These calculations may be made by 
using the so-called Goodman Modified diagram, described in API 
bulletin 11B. 

Rod Size, Taper Design Rods may be tapered with equal stress at the top of each smaller 
string of rods going downhole.  

Rods must support themselves and the fluid load. Therefore the top 
rods carry the most load and should be larger than rods near the 
bottom of the rod string. An "86" rod string would have 1-in. rods at 
the top, then a section of 7/6-in. rods, and then a section of 6/6-in. 
or 3/4-in. rods at the bottom. Rods are 30 ft long (25 ft in 
California) with threaded-pin connections on both ends typically 
ranging from 1/2- to 1-1/4-in. diameter. Couplings have at least 
two connections, sized for sizes 4 to 8 eighths of an inch. 
Dimensions must be checked for various tubing sizes. 

Metallurgy Rods must be made of metallurgy suited to perform in the well 
fluids. Grade D rods are the most commonly used rods. Grade D 
rods are used for heaviest pumping loads in deep wells; Grade C 
rods are used for non-corrosive wells of average load conditions; 
Grade K rods are used for corrosive conditions in average loading 
conditions. Special service grades are used for very corrosive wells 
or heavy rod loads. 

Rod and Tubing Wear Rods may be centralized or protected to reduce tubing and rod wear 
and reduce buckling. Rods in wells that have severe doglegs or in 
deviated wells may need centralizers in certain locations to prevent 
rod wear.  

The tubing may be anchored to prevent cork-screwing. Most 
operators anchor the tubing to prevent tubing movement and 
reduce wear on the rods or tubing above the pump. 

Buckling  Sinker bars may be used above the pump to reduce buckling and 
help rod fall. It is not uncommon to have a few large rods located 
on the bottom of the rod string to carry compression loads on the 
downstroke and reduce wear above the pump. 
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Figures 13-4a and 13-4b show two types of downhole pumps.  

 

Figure 13-4 Downhole Beam Pumps 

A tubing pump has the barrel connected to the tubing, and the tubing must 
be pulled to replace a worn pump. An entire rod pump can be pulled by 
pulling only the rods. Downhole pump design concerns are shown in Table 
13-5. 
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Table 13-5 Pump Design Considerations 

Pump Metallurgy Pump metallurgy (barrel, plunger, balls, and seats) is selected for 
corrosion and wear. Materials selected to resist corrosion, perhaps 
in conjunction with a corrosion treatment plan, must be considered. 
Barrels could be carbon steel, stainless steel, brass, monel, or 
chrome plated, for example. Plungers could be plain steel, chrome- 
or nickel-plated, popular spray metal, or other options.  

Balls and seats can be stainless steel (440C, specially treated, 329, 
other) balls and seats, K monel balls and seats, bronze balls, 
tungsten carbide balls and seats, silicon nitride balls, or other. 
Cages for the balls can be of various materials. 

Pump Sizing The pump size determines the pumping rate. The largest pump 
(lowest SPM) will provide the most energy efficiency, but also the 
biggest loads to the equipment. The optimum choice is the biggest 
pump with no overloads on the rods, unit, or motor. 

Spacing Pumps should be spaced to maximize the pump compression ratio 
for gas handling. The pump should be built and spaced so that the 
traveling valve comes close to the standing valve on the downstroke 
to help prevent gas lock. This may not be practical for fiberglass 
rods since they are widely spaced to prevent possible compression 
and destruction on the downstroke. 

Pump Type, Holddown For deeper applications, the outside of the barrel should withstand 
exposure to produced fluid pressure (bottom hold down), and 
thicker wall (heavy wall) pumps are used.  

For shallower applications, the outside of the barrel should 
withstand exposure to suction fluid pressure (top hold down). This 
eliminates sediment problems around the barrel. 

Production Problems Specialty pumps are designed for sand, gas, viscous oil, and other 
problem situations.  

Figures 13-4a to 13-4d show some different types of commonly used pumps. 
The RHA and the RWA are the heavy-walled barrel and thin-walled barrel 
pumps with a stationary barrel and top anchor. The RHB and the RWB are 
the heavy-walled barrel and thin-walled barrel pumps with stationary barrel 
and bottom anchor. The designation TH is for a heavy-walled tubing pump 
that has to be pulled with the tubing. Pump selection depends on the type 
and volume of fluid produced—whether there are sand, gas, scale or other 
associated production problems—and the mechanical strength of the pump 
required. API has standardized pump nomenclature as shown in Table 13-6. 
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Table 13-6 Pump Designation 
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One of the main problems with beam pump systems is that free gas ingested 
into the pump severely reduces the pumping capacity and can even 
completely gas-lock the pump. One of the best methods to combat the 
presence of free gas downhole is simply to land the pump below the 
perforations. If the pump is spaced with the traveling valve coming very 
close to the standing valve on the downstroke, gas that gets into the pump 
can be compressed out. 

If the pump must be set above the perforations, then gas separators can 
send the gas up the casing and prevent it from coming into the pump. Figure 
13-5, after Clegg (1989), shows first the placement of the pump below the 
perforations.  

 

Figure 13-5 Concepts of Gas Separation–Beam Pumps 
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Next is a packer-type separator, which works very well by letting the fluid 
fall back to the pump intake but requires a packer. The next four schematics 
are variations of the "poor-boy" design concept, which creates a downflow 
space where the fluid must flow downward while the bubbles (ideally) travel 
upward at a faster speed. Finally, the new Echometer concept (Podio et al., 
1995) lets the fluid come in and vents gas out of the top of the separator. 
The separator is decentralized so that the intake is near the casing, and 
large bubbles are excluded from the intake section to flow up the large area.  

For slim-hole applications, two types of beam completions may be 
considered. In the casing pump (Figure 13-6) the pump is anchored directly 
to the casing with no gas passage up the casing.  

 

Figure 13-6 Concepts of Gas Separation–Slimhole 

All of the fluid (gas and liquids) must pass up the pump. The hollow-rod 
completion (possibly small diameter tubing or coiled tubing) directs the fluid 
production up the hollow rods, and the pump anchor allows the gas up the 
casing. Hollow rods are used for fairly shallow depths because the hollow 
tubing cannot support heavy loads. For horizontal wells, the pump may be 
landed above the kick-off or placed in the curved hole with rod guides or 
roller rods sections.  

Takacs (1993) provides a summary of most of the other considerations for 
beam pumping operations. Specialty pumps can pump downward below a 
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packer to take water out of the flow of gas wells. Specialty rods include 
high-strength, fiberglass, composite, and continuous rods wound on large 
reels to eliminate rod couplings. Viscous oil can be pumped with a traveling 
downhole stuffing box to divert the production into the casing and eliminate 
rod drag. Sand is handled with special pumps, and filters are available for 
the pump intake.  

Beam Pump Design 

Beam pump design is an interesting subject. Although wave equation 
models, such as those initially developed by Gibbs (1977), are used quite 
extensively now, the API method (API RP 11L) and other more approximate 
methods were used previously. Without detailing the theoretical background 
and calculations, a design example (Table 13-7) is shown to illustrate what 
must be determined when designing a beam pump system. 

Table 13-7 Example Beam Pump and Sucker Rod Design 

Fluid Level from 
Surface:  

5000 ft. Wr = 2.2470 lb/ft       

Pump Depth from 
Surface: 

5000 ft  Er = 0.0000006790 Fc = 1.1610     

Pumping Speed: 10.00 SPM  Fo/Skr = 0.16032       

Surface Stroke Length: 144.0 in. Stroke @ Pump = 
129.2 in. 

PPRL = 22,095 
lb 

    

Plunger Diameter: 2.0000 in. MPRL = 5237 lb PT = 685,955 in-
lb 

    

Specific Gravity: 1.000 PRHP = 28.5 hp CBE = 13,989 lb     

Anchored Tubing: Y [Y or N] max = 28,132 psi min = 6668 psi     

Rod No. (API RP11L 
Table 4.1): 

86 [N = nonAPI] [S = SinkerBar] For Service 
Factor  

= 1.0 

LTV Type HS: 46.8%         

Conventional, Mk II, or 
Air Bal.: 

C [C,M or A] API Grade D : 83.1 API Grade C : 
109.6% 

    

Production:  (100% 
eff`y) = 

602.6 BPD. API Grade K : 
117.1% 

( 80% 
eff`y) = 

482.1 
bbl/d 

API RP11L(MODIFIED) SUCKER ROD PUMP PREDICTION  

Rev. 1.1 from LTV Energy Products, Garland, TX (214) 487-3000 

Oct. 88 (C) Copyright 1987 LTVEP 

The design shown in Table 13-7 was generated with a programmed version 
of the API RP 11L method. The system is designed with the fluid level at the 
pump for maximum load and more conservatism in the design. The results 
are given for anchored tubing with a 2-in. pump set at 5000 ft, operating at 
10 SPM. An 85-rod string (1 in., 7/8 in., and 3/4 in.) tapered according to 
the API method is shown.  

Using the so-called Modified Goodman Diagram (Frick, 1962), the grade "D" 
rods (the most commonly used) would be 83% loaded, but grade "C" rods 
would be overloaded. The torque required is over 640,000 in.-lb, so a 
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912,000 in.-lb-torque pumping unit is required. The peak load is 22,095, so 
the middle designation for an API unit must be over 220; and the stroke 
input is 144 in., so the stroke must be 144 in. in the maximum or lower 
stroke length. An acceptable unit designation would be something like a 
913-305-144 conventional pumping unit, where the first number is the 
torque designation of 912,000 in.-lb torque, the second is the load rating of 
305 × 100 lb of maximum load at the polished rod, and the last number is 
144 in. of maximum stroke.  

The production in the example above, with the pump 100% filled and no 
leakage, is approximately 600 STB/d. Because the fill is nearly always lower 
and there is leakage, the production is more likely to be near 480 STB/d. To 
determine if the well is producing as much as possible, the fluid level is 
monitored or pump-off control is used to pump more than the well will 
produce and to periodically shut off the well to allow the casing level to rise 
again.  

The PRHP (HP required at the polished rod) is 20.5, and a good rule of 
thumb is to size the motor with twice this value to account for downhole 
energy losses in the rod string, surface losses in the pumping unit, and 
losses through the motor. In the example given here, 50 hp is acceptable 
and 40 hp could be marginal.  

This type of design can also be made using a wave equation model, which 
was first designed and used extensively by Gibbs (1977). The resultant 
calculated predicted surface and bottom hole dynamometer cards and gear 
box torque are shown in Figure 13-7 using a typical wave-equation design 
program.  

 

Figure 13-7 Beam-Pump Design Example (from Wave Equation) 

Electrical Submersible Pump Completions 

Figure 13-8 shows an overall schematic of an electrical submersible pump 
(ESP) system installation.  
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Figure 13-8 Schematic of Electrical Submersible Pump Installation 

At the surface, transformers bring the voltage down to a value equal to the 
motor nameplate voltage plus the cable voltage loss. If a variable-speed 
drive is used, the voltage is brought to 480 volts before the drive and 
brought up again before the wellhead. The switchboard is used to turn the 
unit on or off; to monitor voltage, current, starts, and stops; and to protect 
against emergencies. The vent box breaks the cable to prevent well gas from 
traveling though the cable to the switchboard. The cable is connected at the 
wellhead to the downhole cable or is packed off against rubbers. The cable 
seals the well from the ambient conditions and supports the tubulars. The 
cable is banded to the tubing and usually has some protectors to prevent 
damage on run-in. A check and drain may be installed above the pump to 
allow the tubing fluid to flow out before pulling the tubing.  

The pump is a stack of centrifugal impellers keyed to the shaft running 
inside a stack of diffusers. The intake can be a standard intake or a rotary 
gas separator intake. The seal section (or protector or equalizer) is located 
below the intake to protect the motor. It carries the thrust of the shaft 
extending from the pump and allows the fluid in the motor to expand 
without leaking wellbore fluids to the motor. The seal can be a tortuous-path 
or a bag-type protector that contains shaft seals to prevent fluids from 
traveling along the shaft and carries the motor torque to the pump above. 
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The motor is on the bottom of the unit so that it can be cooled by fluids 
traveling to the intake. A three-phase current is supplied to a two-pole, 
squirrel-cage motor through a cable connected to the top of the motor. The 
motor can be a single, a tandem, or even a triple motor, although single 
motors are preferred if they have enough horsepower for the job. The motor 
is filled with a dielectric oil which cools and insulates the motor. The magnet 
wire in the motor is insulated; some new insulations have been suggested to 
insulate the wire even if water gets into the motor. Instrumentation for 
pressure and temperature is sometimes housed on the bottom end of the 
motor.  

Free gas diminishes the effectiveness of the centrifugal stages. The standard 
intake, as shown schematically in Figure 13-9a, tries to have the fluid break 
over sharp edges for some separation effect before entering the pump.  

 

Figure 13-9 Schemes for Handling Gas with ESP 

However, the rotary separator shown in Figure 13-9b centrifuges the fluid 
and sends the heavier fluids into the pump and the lighter gas back into the 
casing. The rotary separator may not be the best choice if abrasives are 
present in the well.  

In the type of completion shown in Figure 13-9c, the pump assembly may be 
set below the perforations, and a special pump and fluid path send fluid 
down below the motor to keep the motor cool. The annulus may then 
provide gas separation.  

Another choice when gas is present is a device that mixes the gas and 
liquids and provides a component of positive displacement to the fluids 
before they enter the pump. This device helps the centrifugal stages provide 
energy to the fluids in the presence of free gas (see Figure 13-9b). 
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Figure 13-9 also presents some shrouding schemes which are intended to 
prevent gas from entering the pump.  

The "Y" tool (Figure 13-10) is an old but effective completion used where 
space permits.  

 

Figure 13-10 Y-Tool with ESP 

This tool offsets the pump assembly and allows wireline work to extend 
below the pump when a plug is removed in the bypass.  

If sand is present, the options are to try to filter it before it enters the pump 
or to provide a pump which is durable enough not to wear as it pumps sandy 
fluid. The completion looks the same if a hardened pump is used. If filters 
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are used, they hang below the pump and some are quite long to allow 
enough surface area to prevent high velocities. Filters are available using 
wire-wrapped steel elements, soft flexible-rubber elements, annulus 
elements of pre-packed sand or "gravel pack," and intakes which swirl the 
fluids before they enter the pump so the heavier sand can be collected and 
dropped back down the rathole (if present). With any filters, the rathole 
must be cleaned out periodically if sand is being pumped and filtered out.  

Hardened pumps are used to pump the sand with pump elements harder 
than the sand, and they provide long service before wear destroys the 
pump. Figure 13-11 shows a pump design in which several stages in the 
pump are supported by a hardened thrust bearing.  

 

Figure 13-11 ESP with Hardened Thrust Bearing 

Figure 13-12 shows another concept where hardened inserts are used to 
combat sand wear by carrying radial and axial loads.  



 612 

 

Figure 13-12 ESP with Hardened Inserts 

In spite of all of these innovations, ESPs and sand are still not a good 
combination. Gas-lift and PCP pumps are probably the best options if sand is 
present in large amounts. 

Horizontal wells are becoming more common, and several types of 
completions use ESPs to pump horizontal wells. The following figures are 
presented by Wilson (1995). 

Figure 13-13 shows the ESP in the vertical.  
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Figure 13-13 ESP in Vertical Section of a Horizontal Well 

This simple arrangement can be used in vertical wells, or the vertical portion 
of a horizontal well, but the latter can suffer from free gas from the 
horizontal section.  

Figure 13-14 is the ESP in a rathole before the horizontal lateral.  

 

Figure 13-14 ESP in Rathole of a Horizontal Well 
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This is a new concept, and no record on its actual use is currently available. 
The motor would require special downward flow of some fluid to keep it cool, 
but this is possible now. This configuration would allow good gas separation. 

Figure 13-15 shows the ESP in the well tangent.  

 

Figure 13-15 ESP in Tangent Section of a Horizontal Well 

This allows some of the gas to pass over the pump and avoids some of the 
risk of entering the horizontal lateral. However, in inclined wells, the liquid 
hold-up (percent liquid by volume) is greater in a near-45 degree section 
than in vertical or horizontal flow. If the dogleg is greater than 10 degrees 
per 100 ft, then special high strength ESPs may have to be specified.  

Figure 13-16 shows an ESP in the horizontal section of the well.  
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Figure 13-16 ESP in Horizontal Section 

This method has been successfully used to help avoid gas problems. The 
same problem about dog-leg severity still applies.  

Figure 13-17 shows an ESP in the vertical section of the well but with a 
stinger inserted into the horizontal section as an attempt to avoid gas 
problems.  

 

Figure 13-17 ESP with Stinger 



 616 

The pump intake is still at low pressure and there could be an additional 
amount of gas to handle as the pressure drops along the stinger to the 
pump intake, which would eliminate some of the effects of free gas present 
in the horizontal. 

Figure 13-18 shows a stinger completion with a gas separator that is 
designed to separate gas to the casing before entering the pump.  

 

Figure 13-18 ESP with a Gas Separator 

A problem with this arrangement is that gas separators might not function 
with a pressure differential of more than 15 psi because of the friction loss in 
the tubing. An extension of this idea is to run a separate vent string for the 
gas separator, as shown in Figure 13-19.  
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Figure 13-19 Stinger with Vent String 

Figure 13-20 shows an ESP with an inverted shroud over the pump intake.  
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Figure 13-20 ESP with Inverted Shroud "Portable Rathole 

This arrangement allows gas to travel up the annulus while the fluids take a 
downward path to the pump intake, but would not function well in the 
horizontal lateral.  

Other types of ESP completions are also used. Figure 13-21 shows an ESP 
run on coiled tubing (CT) with the cable banded to the CT as presented by 
Robison et al. (1992).  
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Figure 13-21 Installation of a Coiled-Tubing Deployed ESP 

A paper from the ESP workshop by Dublanko et al. (1995) describes the 
installation of ESP's using a power cable and a strength cable in the Gulf of 
Suez. Tovar et al. (1994) describes the installation of an ESP with the power 
cable installed inside CT. These are rare installations compared to the 
conventional installations mentioned above in more detail. Another special 
installation is to have the ESP pump downward to inject liquids in a gas well 
below a packer and into a water-taking zone.  

ESP Design Example  

A case is generated using water properties for the production fluid. To begin, 
a set of well conditions must be specified: 

Well Conditions: 
Depth: 5000 ft 
PI: 1 STB/d/psi, pr = 1200 psi 
Tubing: 2-3/8 in. OD, 1.995 in. ID 
Surface Tubing Pressure: 50 psi 
Desired production: = 1000 STB/d 
BHT: 190°F 
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Select the number of stages required, motor size needed, cable size, and 
voltage loss.  

1. Find the pipe friction loss. 
Friction loss may be calculated by 

(13-1) 
 
where pf= friction loss, psi; f = friction factor, dimensionless; 
L = depth, or length of tubing, ft; d= internal diameter of 

tubing, in.; f = fluid density, psi/ft (0.433 psi/ft for 
water); v = fluid velocity; and g = gravitational constant, 32.2 
lbm-ft/(lbf-s2). 
 
Most vendors provide charts for determining the friction loss 
for fluids flowing in a pipe, and most real designs use 
computer programs with multiphase flow pressure drop 
routines. In this example, it is assumed that the pipe 
roughness and viscosity and other fluid properties result in a 
Reynolds number in the pipe such that the friction factor f is 
0.03. 
 
The fluid velocity is calculated as the volumetric rate (1000 
bpd) divided by the tubing area. The cross sectional area for 
1.995 in.-ID tubing is 0.0217 ft2. Hence, the fluid velocity is 

(13-2) 
Substituting into Equation 13-1, 

(13-3)  
2. Now calculate the pump discharge pressure, pdischarge 

(13-4) 
where Pdischarge = pressure at pump discharge into tubing, psi; 
pPE = potential energy or gravity component, psi; and psurf = 

surface pressure, psi. Thus, 

(13-5)  
3. Next calculate the intake pressure, pintake 

(13-6) 
 
Solving for sandface flowing pressure, pwf, 
 

(13-7) 
 
Note: In this example, it is assumed that the pump intake is 
set at the perforations. Since the pump is at the perforations, 
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pwf = 200 psi is also the pintake at 1000 STB/d. If the pump is 
set above the perforations, pintake will be less than pwf.  

4. Next find H, the head per stage, and BHP, the brake 
horsepower per stage at 1000 STB/d, from the example pump 
performance curve, Figure 13-22.  

H = 23 ft/stage  
BHP .3 hp/stage 

 

Figure 13-22 Example Pump Performance Curve 

5. Find the number of stages, Ns required: 

(13-8) 
This calculation assumes that the stages are turning at 3500 
rpm, as indicated on the pump curve.  

6. Find the minimum motor HHP of the motor required: 
 

(13-9) 
where f is the specific gravity of the fluid 
 

(13-10) 
 
Using motor specifications from a particular manufacturer, 
motors of 62 hp and 75 hp are available. If all of the data are 
certain, and if the well will not experience increase in 
production because of reservoir injection, then a 62-hp motor 
should be chosen. If there is some possibility that the data 
could be in error, then the 75-hp motor should be chosen to 
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ensure that the motor will not be overloaded. Normally, a 
larger motor may be chosen because well data may not be 
accurate. 
 
For this case, suppose that the 75-hp motor (2180 volts, 22 
amps @ 60 Hz) is chosen. Often the same HP motor may have 
different volt/amp combinations. The highest voltage rating 
gives the best electrical efficiency but puts more stress on the 
cable insulation. However, most operators choose the higher 
voltage.  

7. Next, the motor load should be checked by entering an 
appropriate motor curve showing rpm vs. load and seeing what 
actual motor rpm would be delivered. If the rpm is not 3500 
rpm as on the pump curve, then there is a need for iteration 
until the motor performance speed agrees with the pump 
performance. 
 
The motor load is, 

(13-11) 
 
where NPHP is the nameplate horsepower. For the purposes of 
this example, it is assumed that the motor load gives a motor 
speed of 3500 rpm. Hence, the previous pump performance 
parameters from a 3500 rpm curve will not have to be 
adjusted although the pump curve shows that the speed could 
be a little lower.  

8. The tubing intake curve for this design is plotted on Figure 13-
23 with IPR curves for PIs of 0.75 and 1.25 in addition to the 
PI of 1 STB/d/psi used for the design selection.  



 623 

 

Figure 13-23 Nodal Plot for Gas-Lift System 

For simplicity, the friction factor of 0.03 is assumed to remain the same for 
the calculation of the pdischarge. For this example, the speed corrections 
plotted from the motor to the pump are not included; the values are read at 
a particular rate; and the load on the motor curve is calculated as the sum 
of the BHPs divided by the NPHP of 75 hp. However, a more sophisticated 
computer program should be able to make these corrections. The tabulated 
results are in Table 13-8.  

Table 13-8 ESP Design Example 

q 
bbl/d 

Pd 
psi 

H 
ft/stg 

ppsi Pmp 

(Pd-
∆p) 
psi 

PwfPi 
= 1 

Pwf1.25 Pwf0.75 

800 2249 27 2431 -182 400 560 133 

1000 2269 23 2069 200 200 400 -133 

1200 2293 15.8 1423 870 0 240 -400 

Examination of Figure 13-23 shows that the design for 208 stages produces 
1000 STB/d at 200 psi intake pressure. However, if the PI were 1.25 
STB/d/psi, then the production would be about 1040 STB/d at about 370 psi 
intake pressure. If the PI were 0.75, the production would be 900 STB/d but 
the intake pressure would be zero. This situation would be unacceptable and 
the well would have to be choked back to a lower rate (moving the pump-
tubing curve upwards and to the left) to avoid pumping off, gas interference, 
and inadequate pump charging pressure. 
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At this point, the depth, the well temperature, and the motor-required 
nameplate voltage and amps should be used to determine an appropriate 
cable size and the needed surface-voltage transformer taps. Details 
regarding this equipment selection can be found in manufacturer literature. 
Additional design details can be found in API 11S4, "Recommended Practice 
for Sizing and Selection of Electric Submersible Pump Installations." 

The previous example is for one speed (3500 rpm) and for water. The 
following discussion details pump performance at different rotational speeds 
(rpms) and with variations in fluid properties.  

An electrical submersible pump is a multi-stage stack of diffusers and 
centrifugal impellers. The performance of the pump is determined by  

1.The design of the stage  
2.The properties of the fluids being pumped  
3.The number of stages stacked in the pump housing or 

housings  
4.The rpm of the pump-stage impellers  

Fluid properties including specific gravity and viscosity are accounted for by 
correction factors to pump performance.  

As the pressure is increased through the pump stages, the volume of any 
free gas is decreased and is finally eliminated entirely if the gas all goes 
back into solution as the fluid proceeds through the pump. The formation 
volume factor of the oil can also slightly decrease as the fluid passes through 
the pump. However, for a high-water-cut fluid with little or no free gas, the 
fluid through the pump has about the same volume into the pump as it does 
leaving, so the pump performance can be considered as being at one point 
on a pump head curve.  

Therefore, the total pump performance is determined as 

(13-12) 

where Hpump is the total differential head generated by the pump. Similarly, 
the total horsepower required by the pump is  

(13-13) 

The relation of performance to speed is closely approximated by three 
relationships, derived from the "affinity" laws. The first of these states that 
flow through the pump, q, is directly related to the pump rpm as follows: 

(13-14) 
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where the subscript '1' indicates the initial rate or speed, and the subscript 
'2' denotes the new conditions. The head produced is also proportional to the 
pump rpm and is described by 

(13-15) 

The power required to drive the pump is also related to the rpm by 

(13-16) 

Because the motor speed is proportional to the frequency (Hz) of the power 
supply, the pump performance taken from a pump curve at 3500 rpm (60 
Hz) can be converted to other rpms or to the proportional Hz of the power 
being supplied using the relationships in Equations 13-14, 13-15 and 13-16.  

The relationships in Equations13-14 and 13-15 are fairly accurate over a 
wide range of flows for the pump. The stages may actually show an increase 
in efficiency at higher Hz, but this effect is small. A family of pump-stage 
operating characteristics can be obtained by using these affinity laws.  

Variable-speed motors provide the ability to adjust the rotational speed of an 
ESP and can extend the operational range of the pump. In addition to speed 
control, the ESP variable drive serves to provide a "soft start," filters voltage 
transients from the motor, and provides a record of various diagnostics for 
the user. These devices are very effective, but they can be expensive, so 
some users have only a few for testing new wells and move them from well 
to well. These variable-speed motors are especially useful offshore where 
great expense is involved in changing out an ESP system to more closely 
match the system to the well.  

Gas-Lift Completions 

In a gas-lift completion, gas is injected into the tubing string at selected 
depths, either continuously or intermittently. The injected gas reduces the 
fluid gradient and, therefore, the hydrostatic head components of the 
pressure difference from the bottom to the top of the well. When the 
hydrostatic head is lightened, fluids are able to flow to the wellhead. 

A complete gas-lift system includes a source of gas; a surface injection 
system, including all related piping, compressors, control valves, etc.; a 
producing well completed with downhole gas-lift equipment; and the surface 
processing system, including all related piping, separators and control valves 
(Figure 13-24).  
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Figure 13-24 

The gas source may be gas produced from adjoining wells that is 
compressed and reinjected after separation. In most cases a secondary 
source of gas is required to supply any shortfall in the gas from the 
separator. 

There are two principal methods of gas lift, continuous and intermittent. For 
continuous gas lift, a self-regulating operating valve injects the appropriate 
amount of gas at the desirable tubing pressure at the injection depth. Other 
valves may be placed below the injection point and may be put into service 
during the life of the well as the reservoir pressure declines or if the water-
oil ratio increases. 

For intermittent gas lift, either a single injection point or multiple injection 
points can be used. In a single-point injection, a liquid slug is allowed to 
build up in the tubing above the bottom valve. The valve is opened, and gas 
displaces the liquid slug upward. The valve remains open until the liquid slug 
reaches the surface, and then the valve closes. The valve reopens when 
another liquid slug has formed, and the process is repeated. In multi-point 
intermittent injection, one or more unloading valves open as the liquid slug 
moves upward, and these valves also inject gas below the slug to assist in 
lifting the liquids to surface. 

The gas-lift technique has a number of advantages over mechanical-lift 
techniques. It is the only lift method that can lift an already gassy well; it is 
not hindered by sand production; it can be used in deviated wells; and it 
does not require pump systems that suffer reduced effectiveness from heat, 
chemicals, light hydrocarbon ends, and gas. Gas lift is also often the 
simplest method of lift for high-volume lift, especially in remote areas, but it 
is not able to reduce the wellbore pressure to a pressure as low as many 
pumping systems can when they are operating to peak effectiveness.  
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Downhole Equipment 

Downhole equipment for gas lift includes gas-lift valves and mandrels. 
Recent work such as that by Nieberding (1993) has led to an understanding 
of the valve as a complex flow model instead of only a fully open orifice 
providing a reference point for determining flow. Brown et al. (1980) 
provides details on gas-lift valves. A brief discussion of this equipment is 
included here.  

Gas-lift valves fall into one of three major categories: injection-pressure-
operated valves, production-pressure-operated valves (Figure 13-25), and 
valves with an orifice rather than a closing mechanism.  

 

Figure 13-25 Basic Types of Gas-Lift Valves 

Orifice valves are used only as operating valves because they are always 
open to flow from the casing to the tubing. They are typically used in 
continuous-flow applications at the point of expected injection of gas and 
continuous operation.  

Casing (tubing flow) or injection-pressure-operated valves are the most 
common valves used in unloading situations. Casing pressure valves are 
designed such that changes in the casing pressure have more effect in 
opening, closing, and moving the stem ball in and out of the seat in the 
valve than upon the tubing pressure. This allows control and diagnosis of the 
well by monitoring and controlling the casing pressure. However, it also 
requires some reduction of the casing pressure as the well unloads to lower 
and lower valves.  
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Tubing pressure-sensitive valves are used in annulus flow situations and 
when a particular tubing pressure is required, such as in an intermittent lift 
application where the valve is designed to remain closed until a sufficient 
fluid load is present in the tubing. The pressure-sensitive valves use either a 
dome charge (typically nitrogen) or a spring to provide the closing force. 
Normally a bellows is used to contain the dome charge or to otherwise 
provide the operating area. All of the valves will include a reverse-flow check 
valve which prevents backflow. Tubing pressure valves may be used in 
places where casing pressure is limited. However, fluctuations in tubing 
pressure can cause periodic movement of the injection point up and down 
between lower valves, leading to inefficient lift or multi-point injection in 
some cases.  

For a well where minimal intervention is a design objective, such as in a 
subsea completion, the spring-loaded valve may be the most reliable. With a 
spring-loaded valve, the closing force of the valve is either supplemented or 
provided entirely by a spring instead of a gas-charged bellows. If a bellows 
ruptures, the spring will keep the stem on the seat and the valve will remain 
closed. Spring-loaded valves are also desirable in wells where the 
temperature fluctuates so that the pressure of the gas in a bellows-charged 
valve is not dependable.  

Gas-lift mandrels are placed in the tubing string to position the gas-lift valve 
at the desired depth. Conventional mandrels accept threaded gas-lift valves 
mounted externally, and the valves are only retrievable by pulling the 
tubing, so they are not run where workover costs are prohibitive. Side 
pocket mandrels (SPM) have an internal, offset pocket that accepts a 
slickline-retrievable gas-lift valve. The pocket is accessible from within the 
tubing using a positioning or kickover tool (Figure 13-26) and the gas-lift 
valves use locking devices that lock into mating recesses in the SPM.  
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Figure 13-26 Side Pocket Mandrel with Gas-Lift Valve 

Both types of mandrels are installed in the well in the same manner, but 
only the SPM system is serviceable with slickline operations for post-
completion repair or well maintenance. Conventional mandrels are generally 
preferred in low-cost installations. 

Unloading  

When a well is completed, the completion fluids are present in the tubing 
and the annulus created between the tubing and casing. The fluid in the 
annulus must be displaced with the lift gas before the gas can reach the 
optimum point of injection, which is as deep in the well as possible. The 
surface pressure required to displace the fluid from the annulus into the 
tubing with the lift gas may be prohibitive depending on the depth of the 
well and on the density of the completion fluid. The casing must be able to 
withstand the high pressure of the lift gas, and many operators are unwilling 
to subject aging casing to these pressures.  

The most common alternative solution to this dilemma is to insert unloading 
valves at prescribed depths in the tubing. These valves are held open by the 
pressure from the completion fluid and provide a flowpath for the completion 
fluids to flow from the annulus into the tubing. When a valve starts to 
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circulate the lift gas, the pressure in the tubing at and above the valve is 
reduced at the valve until it eventually reaches a preset closing pressure. 
The unloading valves close from the top down as the point of injection 
moves deeper into the well, finally reaching the depth of the operating valve. 
The depth that makes the most of the injection gas to achieve the lowest 
pressure at the sand face is an optimized rate of gas injection to as near the 
perforations as possible.  

The spacing of the unloading valves is critical to ensure that the system is 
operating in the most efficient mode, which occurs when the injection gas 
enters the tubing at the lowest point possible. Incorrect valve settings may 
cause an unloading valve to reopen and the injection point to move up the 
well, reducing well production. In addition, if the spacing of the valves is too 
wide, the pressure of the injection gas will not allow the gas to reach from 
valve to valve, and the unloading of the well will not proceed to the lowest 
valve. If valves are spaced too close together at the bottom, multiple-point 
injection will occur, causing inefficient use of injection gas. Section 13-4.4 
includes an example gas-lift design with five valves spaced in the 
completion. 

Expected future well conditions must also be considered in spacing the 
mandrels and valves so they will last as long as possible without major 
alterations to the well. 

Unloading valves are also used in the production sequence in wells producing 
with multi-point intermittent lift. In this case, the unloading valve opens as 
the liquid slug passes, allowing gas to enter into the tubing and assist in 
lifting the liquid slug to the surface. 

Continuous Gas Lift 

In continuous gas lift, gas is injected continuously through a single, self-
regulating operating valve, and a series of unloading valves is generally 
included for initiating production. The depth of the operating valve, the 
injection gas pressure, gas-liquid ratio (GLR), and volume of gas to be 
injected can be calculated from well conditions such as desired rate, natural 
GLR, reservoir pressure, temperature gradient, and fluid composition. 

A number of multi-phase flow correlations (Inflow Performance/Tubing 
Performance) can be used to generate pressure traverses, which are plots of 
pressures versus depth for a range of GLRs (Figure 13-27).  
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Figure 13-27 Gradient Curves for qL = 500 STB/d 

Such curves can be represented by 

(13-17) 

where ptrav is the pressure traverse and is a function of flow rate, the GLR, 
reservoir depth, and fluid properties.  

Equation 13-17 can be expressed in terms of the flowing pressure gradient 
in the well, 

(13-18) 

The pressure gradient, dp/dz is not constant, as indicated by the nature of 
the gradient curves. However, for very small or large values of GLR (nearly 
constant slope), this gradient can be read directly from the traverse curves. 
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Pressure traverse curves provide the relationship between pwf, depth, and 
GLR for a specific producing rate and fluid properties. An understanding of 
this relationship is fundamental in designing gas-lift systems. 

Equation 13-18 can be expanded as follows to express the addition of gas 
injection at some depth, Hinj: 

(13-19) 

where (dp/dz)a is the flowing pressure gradient above the point of gas 
injection and (dp/dz)b is the gradient below the injection point. 

Figure 13-28 depicts the concept of continuous gas lift.  

 

Figure 13-28 Concept of Continuous Gas Lift (Depth vs. Pressure) 

With the available flowing bottomhole pressure and the flowing gradient 
(dp/dz)b, fluids could not flow to surface, as indicated by the dashed line 
projecting (dp/dz)b. For fluids to be produced to the surface, gas must be 
injected to reduce the gradient, shown as (dp/dz)a. The alteration of the 
gradient allows fluids to be produced to the surface with a flowing tubing 
pressure, ptf.  
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The balance point shown in Figure 13-28 is the point in the tubing where the 
downhole pressure of the injected gas pinj is equal to the pressure in the 
tubing. Normally, pinj is reduced by 100 psi to allow a pressure drop across 
the gas-lift valve. Hence, to allow for the pressure drop across the valve, the 
actual point of injection is higher than the balance point as shown. 

The volume of gas required in a gas-lift design can be estimated by 

(13-20) 

provided that the natural GLR, GLR1, the working GLR, GLR2, and the 
producing liquid rate, q1, are known. 

Gilbert (1954) provided the following relationship for estimating the injection 
pressure at the point of injection, pinj: 

(13-21) 

where psu f is the is the surface injection pressure in psi and Hinj is the depth 
of gas injection in feet. 

Finally, the horsepower required for gas compression can be calculated by 

(13-22) 

where pin is the inlet compressor pressure. The energy required by the 
compressors is an important consideration in gas lift and must be considered 
when comparing alternative gas-lift designs or comparing gas lift to 
mechanical lift systems. 

The following example illustrates the use of pressure traverse curves and the 
preceding equations to determine the depth of gas injection and gas 
injection rate. 

Example: Point of Gas Injection 

Suppose that a well at a depth of 8000 ft and a GLR = 300 SCF/STB drains a 
reservoir with an IPR given by 

(13-23) 

What should the surface gas injection pressure be if the gas-lift valve is at 
the bottom of the well and pinj - pvalve = pwf = 1000 psi? [The average 
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reservoir pressure, , is 3050 psi for ql = 800 STB/d, as can be calculated 
readily from Equation 13-23.] 

What should the point of gas injection be for a production rate of 500 STB/d? 
Figure 13-27 is the tubing performance curve for ql = 500 STB/d with 50% 
water and 50% oil. Note from Figure 13-27 that (dp/dz)b = 0.33 psi/ft for 
GLR = 300 SCF/STB between H = 5000 and H = 8000 ft. Use pvalve = 100 
psi. 

Solution. From Equation 13-21 and rearrangement and noting that pinj = 
1100 psi, 

(13-24) 

For ql = 500 STB/d, then from the IPR relationship (Equation 13-23), 

(13-25) 

The injection point must be located where the pressure between the injected 
gas and the pressure in the production string must be balanced. Thus, 

(13-26) 

and therefore Hinj = 5490 ft. 

Finally, the pinj at Hinj is 

(13-27) 

Inside the tubing the pressure is 940 psi, since pvalve = 100 psi. 

The intersection between p = 940 psi and Hinj = 5,490 ft is at GLR = 340 
SCF/STB (see Figure 13-27). Therefore the gas injection rate from Equation 
13-20 would be qg = 2 x 104 SCF/d. 

Limit GLR 

The amount of gas injected in a gas-lift system can be increased if the gas is 
available. Increasing the amount of gas injected will increase the GLR, 
reduce the hydrostatic pressure component, and thus reduce the pwf. If the 
reservoir pressure is constant (i.e. considering a 'snapshot in time' of the 
reservoir), then the total liquid rate, q1, should increase. If the reservoir 
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pressure is declining, then the reduction in pwf associated with the increased 
GLR may sustain the production rate at a particular level. 

There is, however, a limit value of GLR where the flowing pressure gradient 
is minimum. If the GLR is larger than the limit GLR, the flowing gradient will 
increase, mainly because of friction. If the GLR is smaller than the limit GLR, 
the gradient will increase because of the larger hydrostatic pressure. There 
is therefore a fixed quantity of injection gas which will lead to a physically 
optimum gas-lift performance for the producing system. 

An optimum gas-lift performance curve can be drawn (Figure 13-29) using 
traverse curves and the limit GLRs.  

 

Figure 13-29 IPR with Optimum Gas Lift Performance 

These curves depict the minimum flowing bottomhole pressures (minimum 
pressure intake curve) determined from the limit GLR for each producing 
rate. The intersection of the optimum gas-lift performance curve with the 
IPR defines the maximum producing rate with gas lift installed. 

Although it is possible to determine the optimum gas-lift performance, there 
may not be sufficient gas supply for the optimum injection rate, or 
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economics may dictate that a lower rate is more cost effective. The following 
example illustrates the economics of gas-lift design. 

Example: Economics of Gas Lift 

Calculate the well deliverability for 0.5, 1 and 5 × 105 SCF/d gas injection 
rates, respectively, and compare with the injection rate at the limit GLR, 
which is equal to 2.89 × 106 SCF/d. If the cost of gas injection is $0.5/HHP-
hr, the cost of separation is $1/(MSCF/d), and the price of oil is $30/STB, 
develop a simple economic analysis (benefits minus costs) versus available 
gas rate. Use the IPR curve for the example in Section 13-4.3.1, = 3050 
psi, and a natural GLR = 300 SCF/STB. 

Solution. If a gas injection rate of only 5 × 104 SCF/d is available, and if, for 
example, ql = 500 STB/d, the GLR would be  

(13-28) 

From Figure 13-27 at GLR = 400 SCF/STB, the flowing bottomhole pressure 
(with ptf = 100 psi) is 1500 psi. Similar calculations can be made with the 
gradient curves for other flow rates. The resulting gas-lift performance curve 
is shown in Figure 13-30.  

 

Figure 13-30 IPR with Well Performance for Various Gas Injection 
Rates 
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In addition to qg = 5 × 104 SCF/d, the two other curves, corresponding to 1 
and 5 × 105 SCF/d, are also drawn. Intersections with the IPR curve would 
lead to the expected production rates and flowing bottomhole pressures. 
With the help of Equation 13-21, the surface pressure can be calculated 
(assuming 100 psi pressure drop across the valve). Finally, from Equation 
13-22, the horsepower requirements are calculated (using pin = 100 psi). 
The results are shown in Table 13-9. 

Table 13-9 Well Performance With Unlimited and Limited Gas Injection 

qg (SCF/d) ql (STB/d) pwf (psi) psurf (psi) HHP 

5 x 104 615 1475 1310 7.5 

1 x 105 660 1360 1220 14.5 

5 x 105 750 1130 1025 66 

2.89 x 106 825 935 865 348 

An economic comparison among the various options is made below, 
considering the 5 × 104 SCF/d injection rate as a base case. Incremental 
benefits between this and the 1 × 105 SCF/d rate are ql x ($/STB) = (660-
615) × 30 = $1350/d. Incremental costs are HHP × 24 × ($HHP-hr) = 
(14.5 - 7.5)(24)(0.5) = $84/d and qg × $1/MSCF = [(1 × 105) - (5 × 
104)](1/1000) = $50/d. Therefore the incremental benefits are 1350 - 134 = 
$1220/d. 

Similarly, for qg = 5 × 105 SCF/d, incremental benefits are $2900/d. Finally, 
for the limit GLR (qg = 2.89 ×106), the incremental benefits are -$720/d; 
that is, the incremental production rate cannot compensate for the 
incremental compression and separation costs. 

This type of calculation, of course, is always indicated. It depends heavily on 
local costs and, like everything else in production engineering, especially on 
the price of oil. 

Properly designed gas-lift completions can provide flexibility for future lift as 
the reservoir pressure declines. Designing Well Completions for the Life of 
the Field includes an example which illustrates planning a completion to 
accommodate gas lift in the future. This example shows how to determine 
the reservoir pressure at which gas lift is needed, and the injection depth to 
sustain a specific producing rate. 

Computer Generated Gas-Lift Design Example With Valve Spacing 

Several software packages are available to assist in the spacing of the 
unloading valves, selecting the best depth for the operating valve, sizing the 
orifice in the operating valve, choosing the desired injection rate, and 
analyzing the performance of the well to optimize the recovery. A design 
sample of the spacing process is included below. Winkler and Smith (1983) 
is recommended reading for a more in-depth understanding of the design 
and optimization process, and other gas-lift references are listed in Clegg et 
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al., (1993). The API Gas Lift Book 6 of the Vocational Training Series also 
gives a good overview of most gas-lift concerns.  

A computer-generated gas-lift design example is shown here, based on the 
conditions given in Table 13-10. 

Table 13-10. Gas-lift Design Example 

Depth to perforations: 6000 ft Separator pressure: 100 psi 

Casing size: 7 in. Water Cut: 50% 

Tubing Size: currently 2 7/8 in API: 30 

GLR: 200 scf/STB Water Gravity: 1.03 

BHT: 200oF Gas Gravity: 0.7 

Surface flowing temp:  10 oF 

Injection pressure: 1100 psi kickoff  

  1000 psi operating 

IPR: Shut-in pwf:  2,000 psi  

PI: 1 STB/d/psi   

Objective rate is 500 STB/d of oil or 1000 STB/d of total liquid 

The results are shown in Table 13-11, which summarizes the valve locations, 
and Figure 13-31(a and b), which shows the tubing-spacing gradient and 
casing pressure with depth. 

Table 13-11 Valve Spacing Information Example 

VALVE TVD PortID Av/Ab 1-R TRO@60F 

1 2367  .1875  .0380  0.9620 898 

2 3947 .1875  .0380  0.9620 858 

3 5027 .1875  .0380  0.9620 845 

4 5712 .1875  .0380  0.9620 856 
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Figure 13-31 Tubing Spacing Gradient and Casing Pressure with 
Depth (Design Example) 

Figure 13-31 (top) is a "feasibility" plot. The plot shows that the static fluid 
level extends to a depth a little below 1200 ft. It also shows that an 
"objective" gradient with, in this case, about 400 scf/STB added to the 
tubing will give about 950 psi flowing bottomhole pressure. It can also be 
seen that with the PI of 1 for the well, the objective gradient flowing 
bottomhole pressure is about equal to the pressure from the well 
perforations with the objective rate of 1000 STB/d total liquid. This means 
that the injected gas must reach near the bottom of the well to achieve the 
objective rate. Many wells have the design produced without the benefit of 
having the PI data as plotted in Figure 13-31 (top and bottom). 

The design valve spacing is shown in Figure 13-31 (bottom). The first valve 
is typically located on either the fluid level or the maximum depth that the 
kick-off injection pressure will reach in the annulus. The deeper of these two 
choices is used. Using the kick-off pressure approach, the calculation would 
be to divide the injection kick-off pressure, pko, minus the separator 
pressure, psep, by the gradient of the dead liquid in the tubing, dp/dz. This 
would be L1 = (pko - psep)/(dp/dz). If the first valve is set on the fluid level, 
the definition of the depth of the first valve, expressed as a formula, is L1= 
TVD - pr/(dp/dz), where TVD is the depth to the perforations, and pr is the 
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shut-in pressure of the reservoir. In this case, the first valve is set using the 
available casing injection pressure and is not set on the fluid level, which is 
at a shallower depth.  

This procedure is repeated using injection-pressure operated valves [Figure 
13-31 (bottom)]. The plot shows that a four-valve design will reach near the 
bottom of the well with the objective tubing gradient and the injection 
pressure of 1000 psi. Note that each valve is spaced slightly more to the left 
as depth is increased to ensure that upper valves are not opened as lower 
valves are reached. Also, using injection pressure valves means that the 
injection pressure is dropped by the valve settings with depth, to ensure that 
the upper valves stay closed as the lower valves are reached. Because the 
bottom valve is not exactly at the well bottom, the design is such that the 
expected production, given the well PI, will be slightly less than the desired 
1000 STB/d if the well data and the objective gradient turn out to be 
accurate when the well is unloaded.  

Table 13-11 lists valve information for the four valves that were selected for 
this particular design. Av/Ab is the ratio of the port diameter to the bellows 
diameter. The next column is one minus this ratio. The port IDs are selected 
to pass enough gas during the unloading process, and the bottom valve is 
selected to pass enough gas to reach the objective tubing gradient when the 
desired amount of gas is injected down the casing and through the bottom 
valve. The "TRO" is the test rack opening pressure of the valves, which is 
the pressure needed to open the valve in the shop when pressure is applied 
from the casing ports (for these injection-pressure operated valves) with 
atmospheric pressure only on the port. The TRO is the shop pressure set so 
that the installed valves will have the correct nitrogen-charged dome 
pressure in the well to facilitate the unloading process.  

The first valve can be placed on the fluid level during shut-in, or if the fluid 
level is unknown, the first valve can be placed no deeper than the available 
kick-off casing pressure can reach if the annulus is considered full of fluid to 
begin with.  

Gas-lift installations provide flexibility throughout the life of the field because 
it is easy to redesign the completion for changing well conditions, and the 
same downhole components may be used again in the re-completed well. As 
the bottomhole pressure declines, at some point the well may not be able to 
be lifted economically by continuous lift. At this point, the well may be more 
economically and productively lifted by switching to intermittent lift.  

Intermittent Lift 

In intermittent lift, the well is produced and is periodically shut in until 
sufficient pressure builds in the casing to lift liquids and to produce the well 
for a brief time before shutting the well in again. The same downhole 
equipment that was used for continuous lift may be adapted to perform 
equally well intermittently.  

The optimum transfer point where wells on continuous lift should be 
converted to intermittent lift is depicted in Table 13-12. 
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Table 13-12 Maximum Flow Rates for Intermittent Lift 

Tubing Size Flow Rate 

2-3/8 in 150 STB/d 

2-7/8 in 250 STB/d 

3-1/2 in 300 STB/d 

4-1/2 in Not advised 

Efficient intermittent lift is achieved by using the largest possible orifice in 
the operating valve. When the valve opens, there should be no restriction to 
the flow of the injection gas, ensuring that the slug of liquid is transferred to 
the surface with the minimum amount of lift gas.  

To enhance the production from wells on intermittent lift, a plunger is often 
inserted into the tubing string, forming a physical barrier between the lift 
gas and the fluid to reduce the fallback associated with the intermittent lift 
operation. In fact, a plunger is suggested in any intermittent lift operation 
unless it is operated at such a high frequency that there is no time for the 
plunger to fall during shut-in cycles.  

Plungers are also used in many gas wells to unload fluids that tend to load 
the tubing, thereby reducing the inflow of gas. A typical plunger lift 
installation is shown in Figure 13-32.  



 642 

 

Figure 13-32 Plunger Installation 

Plungers are operated with the gas from the well pressuring the annulus 
during a shut-in period. The well is opened, the plunger and accumulated 
liquids are allowed to surface, and gas is permitted to flow. If the well is low 
in the ratio of gas to produced liquids, the well may require gas to be 
injected down the annulus, or it may enter some unloading intermittent gas-
lift valves located in the tubing. Plungers can pass gas-lift mandrels if the 
plunger has sufficient length to span the opening. The selection of the 
mandrel depends on the specific well conditions and servicing needs of gas-
lift wells. 

Gas-Lift Completions 

The lowest-cost completion design uses conventional mandrels. This is 
shown in Figure 13-33.  
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Figure 13-33 Gas-Lift Completion—Conventional Mandrels 
(Injection-Pressure Operated Valves) 

One of the benefits of using conventional mandrels is that it is very easy to 
integrate plunger lift with conventional mandrels, which is not true of 
installations with SPMs. The internal pocket of an SPM presents a problem 
for plunger operations because as the plunger assembly enters the SPM, the 
eccentric pocket will allow bypass of the lift gas, typically resulting in a loss 
of velocity, and in some cases may make it difficult for the plunger to reach 
the surface. Some operators have successfully used extensions to the 
plunger to straddle the pocket, but these have only worked for limited 
depths. Some typical gas-lift installations follow: 

Figure 13-34 depicts a standard completion with retrievable valves in place.  
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Figure 13-34 Gas-Lift Completion—SPMs and Retrievable Valves 

This is the most generic installation schematic for gas-lift operations. It 
presupposes that the casing string is able to withstand the injection and/or 
unloading pressures, which is not the case in many older wells, where a 
separate tubing string is used to contain the lift gas. 

In wells with questionable casing integrity, and where the high injection gas 
pressure cannot be allowed to contact the casing, a side-string mandrel is 
used. The valves are retrievable and the gas enters the pocket from a 
smaller side-mounted tubing string rather than from a gas-charged annulus, 
as shown in Figure 13-35.  
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Figure 13-35 Gas-Lift Completion—Retrievable Valves, Standpipe 
Injection 

Gas-lift operations are efficient even in high-rate wells. 

When the flowrates exceed the flow potential of the tubing, it is possible to 
reverse the production and inject down the tubing and flow up the annulus 
between the tubing and casing, as shown in Figure 13-36. 
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Figure 13-36 Gas Lift Completion—Retrievable Valves, Annular Flow 

Wells that cross multiple producing intervals may use a dual-zone gas-lift 
scheme as shown in Figure 13-37.  
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Figure 13-37 Gas Lift Completion—Retrievable Valves, Dual Zone 

The annulus between the tubing strings and casing is used as a common 
supply for the lift gas. When this producing scheme is used in intermittent 
lift wells, careful attention must be paid to the valve operating conditions to 
prevent the well from operating in an unstable fashion; one zone may 
operate as a thief zone, using an inordinate amount of the available lift gas, 
and making the other zone produce less than it is capable of and thereby 
driving both strings into a zone of unstable flow. 

When the completion configuration prevents the point of injection from 
achieving the desired depth, or when the volume of gas in an intermittent lift 
installation is less than acceptable, a chamber lift design is used. The basic 
concept is to create a chamber of sufficient volume to achieve the desired 
result, as is shown in Figure 13-38. 
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Figure 13-38 Gas Lift Completion—Retrievable Valves, Chamber 
Installation 

The number of horizontal wells has increased recently, leading a number of 
operators to consider gas lift in the horizontal section of the well. This 
practice is not advisable because in most near-horizontal pipelines increasing 
the GLR will cause additional friction pressure in the horizontal section. The 
preferred completion configuration for a horizontal well on gas lift is to use 
the gas-lift mandrels only in the portion of the wellbore where the deviation 
from vertical is less than 70º. This configuration also allows the valves to be 
replaced by wireline if necessary.  

The efforts to reduce the cost in all oilfield operations have led a number of 
suppliers to offer a gas-lift mandrel that is deployed on coiled tubing. This 
mandrel provides a quicker installation time, reduces cost, and may offer the 
advantage of reducing the flow area to make the overall gas-lift operation 
more efficient. While this is still a relatively new concept, it may become 
more popular for use in future completions. A typical mandrel is shown in 
Figure13-39. 
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Figure 13-39 Spoolable Gas Lift Valve 

In summary, gas lift provides an efficient method to produce wells that have 
a high GLR; where it is inadvisable to operate other pumping methods. Gas 
lift is a density-reduction technique rather than a pressure-boosting 
technique, as is the case with many pump methods. The compatibility of the 
injected gas and the produced fluids and the general cleanliness of the lift 
gas are critical considerations. Dirty lift gas may cause premature fouling of 
the gas-lift valves, increasing operating expenses considerably. 

Hydraulic Pump Installations 

Hydraulic pumps provide another efficient artificial-lift option. Well 
candidates that lack the bottomhole pressure to sustain acceptable flowrates 
and have low GLRs, but which still have acceptable productivity capacity, are 
ideal candidates for hydraulic pumps. Two basic pump types are piston 
pumps and jet pumps. Both pump types require similar surface equipment, 
offer good lift efficiencies, and are serviceable with slickline well servicing 
operations. 

Hydraulic pumps use a source of high-pressure power fluid—typically 
degassed and filtered production oil—to drive a downhole, positive-
displacement piston pump, or to create a suction at the outlet of a venturi 
nozzle. While hydraulic jet pump drawdown performance does not match 
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that of an ESP, hydraulic pumps are still capable of flowing as much as 
15,000 STB/d or more. In many cases one barrel of power fluid is required 
to lift one barrel of produced fluid, although this ratio can be much higher. 
Often the economics of providing the required volume of power fluid is the 
factor which determines whether a hydraulic pump should be used. For 
horizontal applications the hydraulic pump may find increased acceptance 
because power cables or rod strings lack power. All that is required is a 
suitably sized flow conduit for the power fluid.  

Figure 13-40 depicts the surface power unit and related accessories.  

 

Figure 13-40 Hydraulic Lift—Central Battery Installation 

This is the same type of power unit that could be used for either a jet pump 
or a piston pump. In most installations the power fluid is commingled with 
the produced fluids and a separator is required to ensure the removal of 
water or gas from the power fluid. The life of the downhole pump is affected 
by the cleanness of the power fluid. In the jet pump, the power fluid is 
always commingled with the production, whereas in some piston pumps 
(closed systems), the fluids may be segregated into separate flow conduits. 
The benefit in separating the power fluid is that less processing of the power 
fluid is required. 

When the casing string is incapable of withstanding the pressure from the 
power fluid and/or when a closed system is used, the operator will install a 
separate tubing string for injecting the power fluid. A simple landing nipple 
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for the pump assembly is all that is required downhole in most installations. 
No special packers are needed unless there are special circumstances for 
isolating an upper zone.  

The piston pump is a positive displacement device (Figure 13-41).  

 

Figure 13-41 Hydraulic Lift—Downhole Piston Pump 

The volume of the produced fluid depends on the pump diameter and the 
number of strokes per minute, and the boost pressure depends on the 
pressure of the power fluid. The operation of the jet pump is significantly 
different. Jet pumps have no moving parts (Figure 13-42).  
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Figure 13-42 Jet Pump 

The power fluid is directed through a converging nozzle into a plenum where 
the exit pressure creates a zone of low pressure. This drawdown is used to 
enhance the flow of fluids from the formation and the two fluids are mixed in 
the plenum. A diverging nozzle is used to restore the pressure of the 
commingled fluid so that it may be moved to the surface. Both types of 
pumps are easily serviceable. 

Hydraulic pumps are designed to be easily removable. The power fluid may 
be used to circulate the pump to the surface, or it may be retrieved with 
slickline service operations; no costly service work is required. Figure 13-43 
shows a "free" pump being circulated to the surface.  
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Figure 13-43 Hydraulic Lift—Free Pump Operation 

This makes the operating economics very attractive. The downhole 
components (the pump receiver assembly) that are installable on the tubing 
string have no moving parts and require minimal service. Of course, the 
surface equipment is readily accessible at all times. 

A typical jet pump with the pump installed inside a sliding side-door 
circulating device is very common and is the preferred design because it 
allows isolation of the casing and tubing whenever service work is performed 
on the well. Newer applications include small-diameter jet pumps run on 
small coiled tubing to unload gas wells.  

Petrie et al. (1983), Petrie et al. (1983-84), and the petroleum production 
handbook (Frick, 1962) provide a more detailed explanation of the design 
technique used for hydraulic pumps. A field example of offshore applications 
is given by Boothby (1988).  

Summary 

Many challenges still exist in the design of artificial-lift systems. Modern well 
geometries differ significantly from the vertical wellbores where artificial lift 
has historically been applied. Horizontal wells, multilateral wells, high-
temperature wells, wells with sand-laden production, wells with corrosive 
fluids, and other conditions all contribute to problems which must be 
considered when using artificial lift. The lift requirements may be for 
production of several thousands of barrels per day or may be for a very few 
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barrels of water per day to be lifted from a gas well so that gas can produce 
efficiently.  

Unique challenges also exist in applying lift systems in subsea wells. Subsea 
well requirements do not significantly change the artificial-lift system but do 
emphasize the need for reliability more than in other applications.  

Even more complexity can be introduced if artificial-lift systems are 
considered in combination as presented, for example, by Divine et al. (1990) 
where ESPs in combination with gas lift are discussed as an alternative to 
increasing compression capabilities for the gas-lift system.  

These and other design issues will provide the future advances in the 
application of artificial-lift systems in well completions. 
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Introduction 

Well stimulation ranks second only to reservoir description and evaluation as 
a topic of research or publication within the well construction process. The 
reason for this intense focus is simple: this operation increases the 
production of petroleum from the reservoir. Thus, this facet of the 
construction process actively and positively affects a reservoir's productivity, 
whereas most of the other operations in this process are aimed at 
minimizing reservoir damage or eliminating production problems. 

Additionally, the scope of this topic is sufficient to warrant several entire 
books with in-depth theory and analysis. Several authors have already done 
this for the industry (Gidley et al., eds. 1989; Economides and Nolte, eds., 
1989). It is not the intention of this discussion of well stimulation to produce 
another of these works. Rather, this chapter contains an insightful 
presentation of basic stimulation theory along with a discussion of several 
operational techniques not normally presented in technical literature. This 
information, woven into a well-referenced outline of stimulation functions, 
should prepare the reader to understand the basics and operation of well 
stimulation. 

Well Stimulation as a Means of Increasing 
the Productivity Index 

The primary goal of well stimulation is to increase the productivity of a well 
by removing damage in the vicinity of the wellbore or by superimposing a 
highly conductive structure onto the formation. Commonly used stimulation 
techniques include hydraulic fracturing, fracpack, carbonate and sandstone 
matrix stimulation (primarily acidizing), and fracture acidizing. Each of these 
stimulation techniques is intended to provide a net increase in the 
productivity index, which can be used either to increase the production rate 
or to decrease the drawdown pressure differential. A decrease in drawdown 
can help prevent sand production and water coning, and/or shift the phase 
equilibrium in the near-well zone toward smaller fractions of condensate. 
Injection wells also benefit from stimulation in a similar manner. 
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Productivity Index Before Stimulation 

In discussing the productivity of a specific well, we think of a linear relation 
between production rate and driving force (drawdown):  

(14-1) 

where the proportionality coefficient J is called the productivity index (PI). 
During its lifespan, a well is subject to several changes of flow conditions, 
but the two most important idealizations are constant production rate: 

(14-2) 

and constant drawdown pressure: 

(14-3) 

The pD and qD functions are characteristic of the formation and are not 
independent from each other. For long-term behavior, the approximation pD 
1/qD provides sufficient accuracy. It follows that 

(14-4) 

therefore, it is easy to calculate the PI for an undamaged vertical well using 
the relations well known to petroleum engineers (Table 14-1).  

Table 14-1. Flow Into an Undamaged Vertical Well 

Flow regime p PD (  1/qD ) 

Transient  

(Infinite-acting reservoir) 

Pi - Pwf 

 

Steady state Pe - Pwf  PD = ln(re/rw) 

Pseudosteady state - Pwf  PD = ln(0.472 re/rw )  

Because of the radial nature of flow, most of the pressure drop occurs near 
the wellbore and any damage in this region significantly increases the 
pressure loss. The impact of damage near the well can be represented by 
the skin effect s, added to the dimensionless pressure in the expression of 
the PI:  
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(14-5) 

The skin is an idealization, capturing the most important aspect of near-
wellbore damage; the additional pressure loss caused by the damage is 
proportional to the production rate.  

Even with the best drilling and completion practices, some kind of near-well 
damage is present in most wells. In a way, the skin can be considered as the 
measure of the quality of a well. It is reasonable to look at any type of 
stimulation as an operation reducing the skin. With the generalization of 
negative skin factor, even those stimulation treatments that not only remove 
damage but also superimpose some new or improved conductivity paths 
with respect to the originally undamaged formation can be put into this 
framework. In the latter case, it is more correct to refer to the pseudoskin 
factor, indicating that stimulation causes some changes in the streamline 
structure as well.  

An important aspect of the skin factor is illustrated in Figure 14-1. Reducing 
the skin from 1 to zero has a bigger impact on the production of an 
"average" oil well than reducing it from 25 to 20.  

 

Figure 14-1 Typical Oil-Well Productivity As a Function of Skin Effect 

In other words, the skin effect defines an intuitively "nonlinear" scale to 
represent the quality of the well.  
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Economic Impact of Well Stimulation 

Selection of the optimum size of a stimulation treatment is based primarily 
on economics. The most commonly used measure of economic effectiveness 
is the net present value (NPV). The NPV is the difference between the 
present value of all receipts and costs, both current and future, generated as 
a result of the stimulation treatment. Future receipts and costs are 
converted into present value using a discount rate and taking into account 
the year in which they will appear. Another measure of the economic 
effectiveness is the payout period; that is, the time it takes for the 
cumulative present value of the net well revenue to equal the treatment 
costs. The NPV (as other equivalent indicators) is sensitive to the discount 
rate and to the predicted future hydrocarbon prices.  

As with almost any other engineering activities, costs increase almost 
linearly with the size of the stimulation treatment but (after a certain point) 
the revenues increase only marginally or may even decrease. Therefore, 
there is an optimum size of the treatment that will maximize the NPV (Balen 
et al., 1988). When using this general sizing technique, it is understood that 
for any given treatment size we find the technically optimal way to create 
the fracture, and that is exactly when reservoir engineering knowledge 
becomes important. 

Basic Principles of Hydraulic Fracturing 

Hydraulic fracturing consists of injecting fluid into the formation with such 
pressure that it induces the parting of the formation. Proppants are used in 
hydraulic fracturing to prop or hold open the created fracture after the 
hydraulic pressure used to generate the fracture has been relieved. The 
fracture filled with proppant creates a narrow but very conductive path 
towards the wellbore. In almost all cases, the overwhelming part of the 
production comes into the wellbore through the fracture; therefore, the 
originally present near-wellbore damage is "bypassed," and the 
pretreatment positive skin does not affect the performance of the fractured 
well.  

Perhaps the best single variable to characterize the size of a fracturing 
treatment is the amount of proppant placed into the formation. Obviously, 
more propped fracture volume increases the performance better than less, if 
placed in the right location. In accordance with the general sizing approach 
outlined above, the final decision on the size of the fracturing treatment 
should be made based on the NPV analysis. The question we have to answer 
here is more technical: how do we place a given amount of proppant in the 
best possible way? 

Productivity Index Increase Because of Fracturing 

Prats (1961) showed that except for the fracture extent, all the fracture 
variables affect the well performance through the combination 



 660 

(14-6) 

called dimensionless fracture conductivity, where k is the reservoir 
permeability, xf is the half-length of the propped fracture, kf is the 
permeability of the proppant pack, and w is the average fracture width. The 
product kf × w itself is often referred to as the (dimensioned) fracture 
conductivity. When the dimensionless fracture conductivity is high (greater 
than 100, which is possible to reach in very low-permeability formations with 
a massive hydraulic fracturing treatment), the behavior is similar to that of 
an infinite conductivity fracture studied by Gringarten and Ramey (1974). 
Interestingly enough, infinite conductivity behavior does not mean that we 
have selected the optimum way to place the given amount of proppant to 
the formation.  

To characterize the impact of a finite-conductivity vertical fracture on the 
performance of a vertical well, it is indicative to present the pseudoskin 
factor as a function of the dimensionless fracture conductivity (Cinco-Ley 
and Samaniego, 1981). In other words, the PI for not-very-early times is 
given by 

(14-7) 

where the pseudoskin effect created by the propped fracture, sf , can be read 
from the graph in Figure 14-2.  



 661 

 

Figure 14-2 Pseudoskin Factor for a Finite-Conductivity Vertical Fracture (after 
Cinco-Ley, Samaniego, and Dominguez, 1978) 

The ordinate of the plot includes ln (rw /xf) because the skin effect is defined 
with respect to radial flow, where the inner boundary is the wellbore wall, 
while the performance of the fractured well is independent of the actual well 
radius. Hence, rw is present only because of the definition of the skin effect, 
but drops out when added to the similar term in PD. For large values of CfD, 
the expression  

 
approaches ln2, indicating that the production from an infinite conductivity 
fracture is π/2 times more than the production from the same surface 
arranged cylindrically (like the wall of a huge wellbore). In calculations it is 
convenient to use an explicit expression of the form 

(14-8) 

where u = ln CfD which reproduces the Cinco-Ley and Samaniego (1981) 
pseudoskin factor with sufficient accuracy. (An alternative concept to 
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pseudoskin is the equivalent wellbore radius. In this chapter, we use only 
the pseudoskin concept because there is no reason to present the same 
results twice.)  

Optimal Fracture Conductivity 

In this context, a strictly technical optimization problem can be formulated: 
how to select the length and width if the propped volume of one fracture 
wing, Vf = w × hf × xf , is given as a constraint and we wish to maximize the 
PI in the pseudosteady state flow regime. It is assumed that the formation 
thickness, drainage radius, formation, and proppant pack permeabilities are 
known and the fracture is vertically fully penetrating; i.e., hf = h. Selecting 
CfD as the decision variable, the length is expressed as 

(14-9) 

thus, the PI becomes 

(14-10) 

where the only unknown variable is CfD . Since the drainage radius, 
formation thickness, two permeabilities, and propped volume are fixed, the 
maximum PI occurs when the quantity in parentheses,  

(14-11) 

becomes minimum. That quantity is also shown in Figure 14-2. Since the 
expression above depends only on CfD, the optimum, CfD,opt = 1.6, is a given 
constant for any reservoir, well, and proppant. 

This result provides a deeper insight into the real meaning of dimensionless 
fracture conductivity. The reservoir and the fracture can be considered as a 
system working in series. The reservoir can deliver more hydrocarbon if the 
fracture is longer, but (since the volume is fixed) this means a narrower 
fracture. In a narrow fracture, the resistance to flow may be significant. The 
optimum dimensionless fracture conductivity corresponds to the best 
compromise between the requirements of the two subsystems. The optimum 
fracture half-length can be calculated as 

(14-12) 
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and, consequently, the optimum propped average width should be 

(14-13) 

The most important implication of these results is that there is no theoretical 
difference between low- and high-permeability fracturing. In both cases, 
there exists a technically optimal fracture, and, in both cases, it should have 
a CfD near unity. While in a low-permeability formation, this requirement 
results in a long and narrow fracture; in a high-permeability formation, a 
short and wide fracture provides the same dimensionless conductivity.  

To illustrate this point, we will consider two examples. In the first example, 
we assume that the reservoir permeability is low, k = 0.5×10-15 m2 (0.5 
md). If the reservoir drainage radius is 640 m (2,100 ft), the formation 
thickness is 19.8 m (65 ft), the permeability of the created proppant bed is 
60×10-12 m2 (60,000 md), and the available proppant for one wing of the 
fracture will fill 6.13 m3 (216.5 ft3), then the optimum fracture half-length 
will be xf = 152.4 m (500 ft) and the corresponding width will be 2.0 mm 
(0.08 in). If we assume a wellbore radius rw = 0.1 m (0.328 ft) and a 
pretreatment skin effect s = 5, the optimum folds of increase in PI, 
calculated with Equations 14-5 and 14-7, will be 6.3. Figure 14-3 shows how 
the productivity index deteriorates with either too small or too large a 
dimensionless fracture conductivity, once the amount of proppant is fixed.  

 

Figure 14-3 Example: Folds of Increase in Productivity Index Because of Fracture 
Stimulation 
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In the second example, we consider the same input data, but assume a high 
reservoir permeability, k = 200×10-15 m2 (200 md). Now the same amount 
of proppant should be placed into a 7.5-m (25-ft) long fracture with a width 
of 40.6 mm (1.6 in.). The optimum folds of increase will be "only" 2.57, but 
in production rate this should be very significant. 

Of course, the indicated "optimal fracture dimensions" may not be 
technically or economically feasible. In low permeability formations, the 
indicated fracture length may be too large and the small width may be such 
that the assumed constant proppant permeability is not maintained any 
more. In high-permeability formations, the indicated large width might be 
impossible to create. In more detailed calculations, all the constraints have 
to be taken into account, but, in any case, a dimensionless fracture 
conductivity far away from the optimum indicates that either the fracture is 
a relative "bottleneck" (CfD < 1.6) or it is unnecessarily packed with 
proppant instead of providing further reach into the formation (CfD > 1.6 ). 

An important issue to discuss is the validity of the pseudoskin concept for 
different reservoir types and flow regimes. In general, the pseudoskin 
created by a given fracture is constant only at late times. A fracture 
designed for optimal late-time performance may not be optimal at shorter 
times. In addition, for deeply penetrating fractures (that is, if the fracture 
half-length is already commensurate with the drainage radius), the 
pseudoskin function might deviate somewhat from the one shown in Figure 
14-2. In fact, the whole concept of pseudoskin implies that we use one 
number to characterize the quality of a well and that number is the same for 
short and long times, for bounded or infinite-acting reservoirs. While not 
rigorous, it is a useful concept to understand the effect of dimensionless 
fracture conductivity on well performance.  

A complete design process should include operational considerations such as 
tubing integrity, allowable surface pressure, and location place constraints. 
Geology also may place constraints on the treatment. For example, job size 
may be limited to keep the risk of fracturing into water zones reasonably 
low. 

Once reservoir engineering considerations have dictated the fracture 
dimensions to create, the next issue is how to achieve that goal. The design 
of fracturing treatment involves the use of mechanical properties of the 
formation and the applied materials. 

Mechanics of Fracturing: Linear Elasticity and Fracture Mechanics 

Elasticity implies reversible changes. The appearance and propagation of a 
fracture means that the material has responded in an inherently non-elastic 
way and an irreversible change has occurred. Nevertheless, linear elasticity 
is a useful tool when studying fractures, because both the stresses and 
strains (except for the vicinity of the fracture face and especially the tip) 
may still be well described by elasticity theory. 

A linear elastic material is characterized by elastic constants that can be 
determined in static or dynamic loading experiments. For an isotropic 
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material, where the properties are independent of direction, two constants 
are sufficient to describe the behavior.  

Figure 14-4 is a schematic representation of a static experiment with 
uniaxial loading.  

 

Figure 14-4 Uniaxial Loading Test To Obtain Linear Elasticity Parameters 

The two parameters obtained from such an experiment are the Young's 
modulus and the Poisson ratio. Table 14-2 shows the interrelation of those 
constants most often used in hydraulic fracturing.  

 

 

 

 

 



 666 

Table 14-2 Interrelations of Various Elastic Constants of an Isotropic 
Material  

Required / Known  E, ν  G, ν E,G 

Shear modulus, G 

 

  

Young's modulus, E   2G(1+ )   

Poisson ratio, ν    

 

Plane strain 
modulus, E' 

   

The plane strain modulus is the only elastic constant really needed in 
fracturing equations.  

In linear elastic theory, the concept of plane strain is often used to reduce 
the dimensionality of a problem. It is assumed that the body is infinite at 
least in one direction and external forces (if any) are applied parallel to this 
direction, "infinitely repeated" in every cross section. In such a case, it is 
intuitively obvious that the state of strain also "repeats itself" infinitely.  

Plane strain is a reasonable approximation in a simplified description of 
hydraulic fracturing. The main question is how to select the plane. Two 
possibilities have arisen, and they have generated two different approaches 
of fracture modeling. The state of plane strain was assumed horizontal by 
Khristianovitch and Zheltov (1955) and by Geertsma and de Klerk (1969) 
while plane strain in the vertical plane (normal to the direction of fracture 
propagation) was assumed by Perkins and Kern (1961) and Nordgren 
(1972). Often in the hydraulic fracturing literature the term "KGD geometry" 
is used interchangeably with the horizontal plane-strain assumption and 
"PKN" geometry is used as a substitute for postulating plane strain in the 
vertical plane. 

Exact mathematical solutions are available for the problem of a pressurized 
crack in the state of plane strain. In particular, it is well known that the 
pressurized line crack has an elliptical width distribution (Sneddon, 1973): 

(14-14)  

where x is the distance from the center of the crack, c is the half-length (the 
distance of the tip from the center), and po is the constant pressure exerted 
on the crack faces from inside. From Equation 14-14 the maximum width at 
the center is  

(14-15) 
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indicating that a linear relationship is maintained between the crack opening 
induced and the pressure exerted. When the concept of pressurized line 
crack is applied for a real situation, we substitute the po with the net 
pressure, pn, defined as the difference of the inner pressure and the 
minimum principal stress (also called far-field stress) acting from outside, 
trying to close the fracture (Hubbert and Willis, 1957; Haimson and 
Fairhurst, 1967). 

Fracture mechanics has emerged from the observation that any existing 
discontinuity in a solid deteriorates its ability to carry loads. A hole (possibly 
small) may give rise to high local stresses compared to the ones being 
present without the hole. The high stresses, even if they are limited to a 
small area, may lead to the rupture of the material. It is often convenient to 
look at material discontinuities as stress concentrators that locally increase 
the otherwise present stresses. 

Two main cases have to be distinguished. If the form of discontinuity is 
smooth (a circular borehole in a formation), then the maximum stress 
around the discontinuity is higher than the virgin stress by a finite factor, 
which depends on the geometry. For example, for a circular borehole, the 
stress concentration factor is 3.  

The situation is different in the case of sharp edges (such as at the tip of a 
fracture). Then the maximum stress at the tip becomes infinite. In fracture 
mechanics, we have to deal with singularities. Two different loadings 
(pressure distributions) of a line crack result in two different stress 
distributions. Both cases may yield infinite stresses at the tip, but the "level 
of infinity" is different. We need a quantity to characterize this difference. 
Fortunately, all stress distributions near the tip of any fracture are similar in 
that they decrease with r-1/2, where r is the distance from the tip. The 
quantity used to characterize the "level of infinity" is the stress intensity 
factor, KI , defined as the multiplier to the r-1/2 function. For the idealization 
of a pressurized line crack with half-length, c, and constant pressure, p0, the 
stress intensity factor is given by 

(14-16) 

In other words, the stress intensity factor at the tip is linearly proportional to 
the constant pressure opening up the crack and to the square root of the 
characteristic dimension.  

According to the key postulate of Linear Elastic Fracture Mechanics (LEFM) 
for a given material, there is a critical value of the stress intensity factor, 
KIC, called fracture toughness. If the stress intensity factor at the crack tip is 
above the critical value, the crack will propagate; otherwise, it will not. 
Fracture toughness is a useful quantity for safety calculations when the 
engineer's only concern is to avoid fracturing. In well stimulation, where the 
engineer's primary goal is to create and propagate a fracture, the concept 
has been found somewhat controversial because it predicts that less and less 
effort is necessary to propagate a fracture with increasing extent. In the 
large scale, however, the opposite is true. Fracture toughness discussion 
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also appears in Rock Mechanics in Wellbore Construction along with a 
discussion of fracture propagation direction and effects of near-wellbore 
variations such as perforation orientation or wellbore deviation. 

Fracturing Fluid Mechanics 

Fluid materials deform (flow) continuously without rupture when subjected 
to a constant stress. Solids generally will assume a static equilibrium 
deformation under the same stresses. Crosslinked fracturing fluids usually 
behave as viscoelastic fluids. Their stress-strain material functions fall 
between those of pure fluids and solids.  

From our point of view, the most important property of fluids is their 
resistance to flow. The local intensity of flow is characterized by the shear 
rate, , measured in 1/s. It can be considered as the rate of change of 
velocity with the distance between sliding layers. The stress emerging 

between the layers is the shear stress, . Its dimension is force per area, in 
SI it is measured in Pa. The material function relating shear stress and shear 
rate is the rheological curve. Knowing the rheological curve is necessary to 
calculate the pressure drop (in fact the energy dissipation) in a given flow 
situation such as flow in pipe or flow between parallel plates.  

Apparent viscosity is defined as the ratio of stress-to-shear rate. In general, 
the apparent viscosity varies with shear rate, but, for a very specific fluid, 
the Newtonian fluid, the viscosity is a constant. The rheological curve and 
the apparent viscosity curve contain the same information and are used 
interchangeably. Figure 14-5 shows typical rheological curves, and Table 14-
3 lists some commonly used rheological constitutive equations. 
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Figure 14-5 Idealized Rheological Behavior of Fluids 

Table 14-3 Commonly Used Rheological Constitutive Equations 

=  
Newtonian 

= K n 
Power law 

= + p  
Bingham plastic 

= + K n  
Yield power law 

The model parameters vary with chemical composition, temperature and, to 
a lesser extent, with many other factors, including shear history. In the case 
of foams, the volumetric ratio between the gas and liquid phases plays an 
important role (Reidenbach, 1986; Winkler, 1994). 

Most fracturing gels exhibit significant shear thinning, such as loss of 
viscosity, with increasing shear rate. A constitutive equation capturing that 
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most important aspect of their flow behavior is the power law model. The 
flow behavior index, n, usually ranges from 0.3 to 0.6. 

All fluids will exhibit some finite, high-shear, limiting viscosity. The build-up 
of very high apparent viscosity at low-shear might be approximated by the 
inclusion of a yield stress for certain fluids. Many fluids demonstrate what 
appear to be Newtonian low-shear plateaus. Much of the current rheology 
research in the oil field focuses on building more realistic apparent viscosity 
models that effectively incorporate each of the previously mentioned 
characteristics. Researchers also are exerting additional effort toward 
modeling the nonlinear, time-dependent, viscoelastic effects of crosslinked 
gels. 

The main purpose for using a rheological model is to obtain the pressure-
loss gradient expressed by the average flow velocity. The equations of 
motion have been solved for flow in circular tubes, annuli, and thin-gap 
parallel plates for most of the simple models. The solution is often presented 
as a relation between average linear velocity (flow rate per unit area) and 
pressure drop. In calculations, it is convenient to use the equivalent 
Newtonian viscosity, e, which is the viscosity we should use in the equation 
of the Newtonian fluid to obtain the same pressure drop under the same flow 
conditions. While apparent viscosity (at a given local shear rate) is the 
property of the fluid, equivalent viscosity depends also on the flow geometry 
and carries the same information as the pressure drop solution. For more 
complex rheological models, there is no closed-form solution (neither for the 
pressure drop, nor for the equivalent Newtonian viscosity) and the 
calculations involve numerical root finding.  

Of particular interest to hydraulic fracturing is the laminar flow in two 
limiting geometries. Slot flow occurs in a channel of rectangular cross 
section with an extremely large ratio of the longer side to the shorter side. 
Limiting ellipsoid flow occurs in an elliptic cross section with extremely large 
aspect ratio. The former corresponds to the KGD geometry and the latter to 
the PKN geometry. Collected in Table 14-4 are the solutions commonly used 
in hydraulic fracturing calculations.  
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Table 14-4 Pressure Drop and Equivalent Newtonian Viscosity 

  Newtonian  

=  

Power law  

= K n 

Slot flow 

 

 

Flow in limiting elliptical cross 
section 

 

 

Note that the equation for the laminar flow of a power law fluid in limiting 
ellipsoid geometry has not been derived. The solution presented here can be 
obtained by analogy considerations; for details see Valkó and Economides 
(1995).  

In calculating the friction pressure through the tubular goods, the well-
known turbulent flow correlations are less useful for fracturing fluids and 
special relations have to be applied because of the drag reduction 
phenomena caused by the long polymer chains. Rheological behavior also 
plays an important role in the proppant carrying capacity of the fluid 
(Roodhart, 1985; Acharya,1986.) 

Leakoff and Fracture Volume Balance 

The polymer content of the fracturing fluid is partly intended to impede the 
loss of fluid into the reservoir. The phenomenon is envisioned as a 
continuous build-up of a thin layer (the filter cake) that manifests an ever-
increasing resistance to flow through the fracture face. In the formation, the 
actual leakoff is determined by a coupled system, of which the filter cake is 
only one element. A fruitful approximation dating back to Carter, 1957 
(Appendix to Howard and Fast, 1957), considers the combined effect of the 
different phenomena as a material property. According to this concept, the 
leakoff velocity, L, is given by the Carter I equation: 

(14-17) 

where is the leakoff coefficient (length/time1/2) and t is the time elapsed 
since the start of the leakoff process. The integrated form of the Carter 
equation is: 
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(14-18) 

where VLost is the fluid volume that passes through the surface AL during the 

time period from time zero to time t. The integration constant, , is called 
the spurt loss coefficient. It can be considered as the width of the fluid body 
passing through the surface instantaneously at the very beginning of the 

leakoff process. Correspondingly, the term can be considered the 
leakoff width. (Note that the factor 2 appears because of integration. It has 
nothing to do with "two wings" and/or "two faces" introduced later.) The two 
coefficients, CL and Sp, can be determined from laboratory tests and/or from 
evaluation of a fracture calibration test. 

Formal Material Balance: The Opening-Time Distribution Factor 

Consider a fracturing treatment shown schematically in Figure 14-6.  

 

Figure 14-6 Material Balance Variables 
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The volume Vi, injected into one wing during the injection time te, consists of 
two parts: the volume of one fracture wing at the end of pumping (Ve) and 
the volume lost. We use the subscript e if we wish to emphasize that a given 
quantity refers to the end of pumping. Note that all the variables are defined 
with respect to one wing. The area Ae denotes the surface of one face of one 
wing. Fluid efficiency e is defined as the fraction of the fluid remaining in 
the fracture: e = Ve/Ve. The average width, , is defined by the relation V 
= A . 

A hydraulic fracturing operation may last from tens of minutes to several 
hours. Points of the fracture face near the well are opened at the beginning 
of pumping while the points at the fracture tip are younger. Application of 
Equation 14-18 necessitates the tracking of the opening-time of the different 
fracture face elements. If only the overall material balance is considered, it 
is natural to rewrite the injected volume as the sum of fracture volume, 
leakoff volume, and spurt volume using the formalism 

(14-19) 

where the variable KL is the opening-time distribution factor. It reflects the 
history of the evolution of the fracture surface, or rather the distribution of 
the opening time, hence the elegant name. In particular, if all the surface is 
opened at the beginning of the injection, then KL reaches its absolute 
maximum, KL = 2. The fluid efficiency is the ratio of the created to the 
injected volume. Dividing both volumes by the final area gives the efficiency 
as the ratio of the created width to the would-be width, where the would-be 
width is defined as the sum of the created and lost widths. Therefore, 
another form of Equation 14-18 is 

(14-20) 

showing that the term can be considered as the "leakoff width," 
while 2Sp is the spurt width. Equation 14-20 can be rearranged to obtain the 
opening time distribution factor in terms of fluid efficiency:  

(14-21) 

Note that these relations are independent of the actual shape of the fracture 
face or the history of its evolution. 

Constant Width Approximation (Carter Equation II) 

To obtain an analytical solution for constant injection rate, Carter considered 
a hypothetical case when the fracture width remains constant during the 
fracture propagation (the width "jumps" to its final value in the first instant 
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of pumping). Then, a closed-form expression can be given for the fluid 
efficiency in terms of the two leakoff parameters and the width: 

(14-22)  

If calculated from Equation 14-21, the opening-time distribution factor 
remains between 4/3 (1.33) and /2 (1.57) for any combination of the 
variables. This result is a consequence of the "fixed propagation width" 
assumption of the Carter II equation, but does not follow from the Carter I 
equation itself.  

Power Law Approximation to Surface Growth 

A basic assumption postulated by Nolte (1979, 1986) led to a remarkably 
simple form of the material balance. He assumed that the fracture surface 
evolves according to a power law, 

(14-23)  

where AD = A/Ae and tD = t / te and the exponent α remains constant during 
the whole injection period. Nolte realized that in that case the factor is a 
function only of α. He denoted the dependence of the opening time 
distribution factor on the exponent of surface growth by g0 ( ) and 
presented g0 for selected values of A simple expression first obtained by 
Meyer and Hagel (1989) can be used to obtain the value of the opening time 
distribution factor for any α:  

(14-24)  

where ( )is the Euler gamma function. In calculations, the following 
approximation to the g0 function might be easier to use: 

 

(14-25)  

Nolte assumed that the exponent remains between 0.5 and 1. With this 
assumption, the factor KL lies between 4/3 (1.33) and /2 (1.57), indicating 
that for two extremely different surface growth histories the opening-time 
distribution factor varies less than 20 % and, in general, the simple 
approximation KL = 1.5 should provide enough accuracy for design purposes.  

The exponent α has been related to the type of width equation and/or to the 
efficiency at the end of pumping and/or to the rheological behavior of the 
fluid. While none of these relations can be considered as proven 
theoretically, they are reasonable engineering approximations, especially 
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because the effect of the exponent α on the final results of a model is 
limited. Our recommendation is to use α = 4/5 for the PKN, = 2/3 for the 
KGD, and = 8/9 for the radial model, because these exponents can be 
derived from the no-leakoff equations shown later in Table 14-5.  

Table 14-5 No-Leakoff Behavior of the Basic Width Equations 

 

Numerically, the original constant-width approximation of Carter and the 
power-law surface-growth assumption of Nolte give very similar results 
when used for design purposes. The g0-function approach has, however, 
technical advantages when applied to the analysis of calibration treatments.  
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Detailed Leakoff Models 

The bulk leakoff model is not the only possible interpretation of the leakoff 
process. Several mechanistic models have been suggested in the past 
(Williams, 1970; Settari, 1985; Ehlig-Economides et al., 1994; Yi and Peden, 
1994; Mayerhofer et al., 1995). The total pressure difference between the 
inside of the created fracture and a far point in the reservoir is written as a 
sum, 

(14-26)  

where Pface is the pressure drop across the fracture face dominated by the 
filtercake, Ppiz is the pressure drop across a polymer-invaded zone, and 
Pres is the pressure drop in the reservoir. Depending on their significance 
under the given conditions, one or two terms may be neglected. While the 
first two terms are connected to the leakoff rate valid at the given time 
instant, the reservoir pressure drop is "transient" in the sense that it 
depends on the whole history of the leakoff process, not only on its instant 
intensity. Advantages of the detailed leakoff models include explicit pressure 
dependence of the leakoff volume and inclusion of physically more sound 
parameters, such as permeability and filter-cake resistance. The application 
of these models is limited by the complexity of the mathematics involved 
and by the extra input they need.  

Basic Fracture Geometries 

Engineering models for the propagation of a hydraulically induced fracture 
combine elasticity, fluid flow, material balance, and (in some cases) an 
additional propagation criterion. Given a fluid injection history, a model 
should predict the evolution with time of the fracture dimensions and the 
wellbore pressure. For design purposes, a rough description of the geometry 
might be sufficient, and therefore, simple models predicting length and 
average width at the end of pumping are very useful. Models that predict 
these two dimensions, while the third one—fracture height —is fixed are 
referred to as two-dimensional (2D) models. In addition, if the fracture is 
postulated to have a circular surface (radial propagation), the model is still 
considered 2D. A further simplification occurs if we can relate length and 
width and at first neglect the details of leakoff. This idea is the basic concept 
of the early width equations. It is assumed that the fracture evolves in two 
identical wings, perpendicular to the minimum principal stress of the 
formation. Since the minimum principal stress is usually horizontal (except 
for very shallow formations), the fracture will be vertical. 

Perkins-Kern Width Equation 

The model assumes that the condition of plane strain holds in every vertical 
plane normal to the direction of propagation, but, unlike in a rigorous plane 
strain situation, the stress and strain state is not exactly the same in 
subsequent planes. In other words, the model applies a quasi-plane-strain 
assumption and the reference plane is vertical, normal to the propagation 
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direction. Neglecting the variation of pressure along the vertical coordinate, 
the net pressure, pn, is considered as a function of the lateral coordinate x. 
The vertically constant pressure at a given lateral location gives rise to an 
elliptical cross section. Straightforward application of Equation 14-15 
provides the maximum width of the ellipse as 

(14-27) 

where hf is the constant fracture height and E' is the plane strain modulus. 
The maximum width, w0, is a function of the lateral coordinate. At the 
wellbore, it is denoted by ww,0. The pressure drop of a Newtonian fluid in a 
limiting elliptical cross section is given in Table 14-4. 

Perkins and Kern (1961) postulated that the net pressure is zero at the tip 
and they approximated the average linear velocity of the fluid at any 
location with the one-wing injection rate (i) divided by the cross-sectional 
area (w0 × hf × /4): 

(14-28) 

Combining Equations14-27 and 14-28 and integrating with the zero net 
pressure condition at the tip results in the width profile 

(14-29)  

where the maximum width of the ellipse at the wellbore is given by 

(14-30) 

[In reality, the flow rate in the fracture is less than the injection rate, not 
only because part of the fluid leaks off, but also because the increase of 
width with time "consumes" another part of the injected fluid. In fact, what 
is more or less constant along the lateral coordinate at a given time instant 
is not the flow rate, but rather the flow velocity (flow rate divided by cross 
section). The interesting fact is, however, that repeating the Perkins-Kern 
derivation with a constant-flow velocity assumption hardly affects the final 
results.] 

Equation 14-30 is the Perkins-Kern width equation. It shows the effect of the 
injection rate, viscosity, and shear modulus on the width, once a given 
fracture length is achieved. Knowing the maximum width at the wellbore, we 
can calculate the average width, multiplying it by a constant shape factor, , 
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(14-31) 

The shape factor contains /4 because the vertical shape is an ellipse. It also 
contains another factor, 4/5, which accounts for the lateral variation of the 
maximum width of the ellipse. 

In the petroleum industry, the modification of Equation 14-30 with a slightly 
different constant is used more often and is referred to as the Perkins-Kern-
Nordgen (PKN) width equation (Nordgren, 1972): 

(14-32) 

Khristianovich-Zheltov-Geertsma-deKlerk-Daneshy Width Equation 

The first model of hydraulic fracturing, elaborated by Khristianovich and 
Zheltov (1955) envisioned a fracture with the same width at any vertical 
coordinate within the fixed height, hf. The underlying physical hypothesis is 
that the fracture faces slide freely at the top and bottom of the layer. The 
resulting fracture cross section is a rectangle. The width is considered as a 
function of the coordinate x. It is determined from the plane strain 
assumption, now applied in (every) horizontal plane. The Khristianovich and 
Zheltov model contained another interesting assumption: the existence of a 
non-wetted zone near the tip. Geertsma and deKlerk (1969) accepted the 
main assumptions of Khristianovich and Zheltov and reduced the model into 
an explicit width formula. 

Recalling the plane strain solution, the fracture width at the wellbore (now 
not varying along the vertical coordinate) is  

(14-33) 

where n is some equivalent lateral average of the net pressure. Geertsma 
and deKlerk assumed a rectangular cross-sectional area. The pressure 
gradient at some location x, where the width is w and the average linear 
velocity is known, can be obtained from the corresponding slot-flow entry of 
Table 14-4. The average linear velocity of the fluid at any location was 
approximated with the one-wing injection rate (i) divided by the cross-
sectional area (w × hf): 

(14-34) 
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Combining Equations 14-33 and 14-34 is not straightforward, but Geertsma 
and deKlerk estimated n and arrived at the explicit formula for the width at 
the wellbore: 

(14-35) 

In this case, the shape factor, relating the average width to the wellbore 
width, has no vertical component and, because of the elliptical shape, we 
obtain 

(14-36) 

It is convenient to refer to Equation 14-35 as the GdK width equation. If, 
however, the concept of horizontal plane strain approximation is to be 
emphasized, it is usual to refer to KGD geometry or the KGD view of the 
fracture. 

Daneshy's (1978) model considers a non-constant pressure distribution 
along the fracture length, and a non-Newtonian fracturing fluid with 
properties that can change with time and temperature. The numerical 
computations calculate the specific leakoff, increase in width, and flow rate 
at points along the fracture length during fracture extension. The 
computations are further refined by ensuring compatibility between the fluid 
and fracture mechanics aspects of the problem. 

We can calculate the ratio of the Geertsma-deKlerk average width to the 
Perkins-Kern average width: 

(14-37) 

For short fractures, where 2xf < hf, the horizontal plane strain assumption 
(KGD geometry) is more appropriate, and for 2xf > hf, the vertical plane 
strain assumption (PKN geometry) is physically more sound. The obtained 
ratio of the average widths shows that the "transition" between the two 
commonly used width equations is essentially "smooth," since the two width 
equations give nearly the same average width for a fracture with equal 
vertical and horizontal dimension (2xf = hf ). 

Radial (Penny-Shaped) Width Equation 

This situation corresponds to horizontal fractures from vertical wells, vertical 
fractures extending from horizontal wells, or, when fracturing relatively thick 
homogeneous formations, all from a limited perforated interval. While the 
computations of fracture width are sensitive to how the fluid enters the 
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fracture (a "true" point source would give rise to infinite pressure), a 
reasonable model can be postulated by analogy, which results in the same 
average width as the PK equation when Rf = xf = hf /2. The result is 

(14-38) 

(Depending on the author's preference in applying analogies, various 
constants are used in the literature.) 

Considering the effect of the input data on the evolving fracture, the real 
significance of the simple models is the insight they provide. Additional 
insight can be gained by comparing the behavior of the models in the case 
when leakoff can be neglected. Table 14-5 shows the no-leakoff behavior of 
the basic models. 

The last row of the table deserves particular attention. The net pressure 
increases with time for the PK width equation but decreases with time for 
the other two equations. This result is a well-known result that raises some 
questions because, in massive hydraulic fracturing, the net treating pressure 
most often increases with time. As a consequence, the calculated net 
pressure from the GdK and radial width equations is of limited practical 
value. Even more startling is the (less well-known) other consequence of the 
GdK and radial width equations: the net pressure as a function of time does 
not depend on the injection rate. The reason is that the KGD (and radial) 
view of the fracture implies that the larger the fracture extent, the lower the 
net pressure needed to maintain a certain width. While it is a consequence 
of linear elasticity theory and the way the plane strain assumption is applied, 
it leads to absurd results in the large scale, characteristic of hydraulic 
fracturing. This poses a very serious obstacle to using the KGD and radial 
width equations for pressure related investigations.  

Fracture Design 

At this point, we have sufficient information to present a simple design 
procedure. It is assumed that hf, E, i, , CL and Sp are known, and a target 
length, xf is specified. The problem is to determine the pumping time, te 
using the combination of a width equation such as PKN and material 
balance. The first part of a typical design procedure is shown in Table 14-6.  
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Table 14-6 Pumping Time Determination 

1 Specify a certain target length: xf . 

2 Calculate the wellbore width at the end of pumping from the PKN (or any other) 
width equation:  

 

3Convert wellbore width into average width 

e = 0.628Ww,0  

4Assume a KL = 1.5 . 

5Solve the following material balance equation for t (note that selecting as the 
new unknown means a simple quadratic equation has to be solved):  

 
Denote the larger root by te. 

6At this point one may stop or refine KL. 

Refinement techniques are delineated in Tables 14-7 to 14-9.  

Table 14-7 Refinement of KL Using the Carter II Equation 

Calculate an improved estimate of KL from  

 

where 

 

If KL is near enough to the previous guess, stop;  

otherwise, continue the iteration with the next estimate of KL. 
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Table 14-8 Refinement of KL by Linear Interpolation According to Nolte 

Estimate the next KL from  

KL = 1.33 e + 1.57 (1- e) 

where 

 

If KL is near enough to the first guess, then stop; 
otherwise, continue the iteration with the new KL. 

Table 14-9 KL From the α Method 

Assume a power law exponent α and calculate KL = g0 ( ) using Equation 14-25. 

Use the obtained KL instead of 1.5 in the material balance. (Note that this is not 
an iterative process.) 

If the permeable height, hp is less than the fracture height, it is convenient 
to use exactly the same method, but with apparent leakoff and spurt loss 
coefficients. The apparent leakoff coefficient is the "true" leakoff coefficient 
(the value with respect to the permeable layer) multiplied by the factor rp 
defined as the ratio of permeable to fracture surface (see Figures 14-7 and 
14-8). For the PKN and KGD geometries, it is the ratio of permeable to 
fracture height,  

(14-39) 

while for the radial model it is given by 

(14-40) 

There are several ways to incorporate non-Newtonian behavior into the 
width equations. A convenient procedure is to add one additional equation 
connecting the equivalent Newtonian viscosity with the flow rate. Assuming 
power law behavior of the fluid, the equivalent Newtonian viscosity can be 
calculated for the average cross section using the appropriate entry from 
Table 14-4. After substituting the equivalent Newtonian viscosity into the 
PKN width equation, we obtain 
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(14-41) 

As an example, consider a formation with Young modulus E = 30.3 GPa (4.4 
106 psi), Poisson ratio = 0.2, permeable height 12.8 m (42 ft). Assume we 
wish to create a xf = 152.4 m (500 ft) fracture, pumping a power law fluid 
with flow behavior index n = 0.7 and consistency index K = 0.393 Pa·s0.7 
(0.0082 lbf /ft2). The slurry injection rate for one wing is i = 0.0212 m3/s (16 
bpm for two wings.) The leakoff coefficient is CL,p = 0.13×10-3 m/s1/2 
(3.3×10-3 ft/min1/2) and the spurt loss coefficient is Sp,p = 1.14 mm (0.028 
gallon/ft2), both with respect to the permeable layer. Assuming PKN 
geometry with fracture height hf = 19.8 m (65 ft), calculate the necessary 
pumping time. The first step is to convert the leakoff parameters into 
apparent values with respect to the fracture area. Since rp = hp/hf = 0.646, 
the apparent leakoff coefficient is CL = 0.0838×10-3 m/s1/2 (2.13 10-3 
ft/min1/2) and the apparent spurt loss coefficient is Sp = 0.737 mm (0.0181 
gallon/ft2). The maximum width at the wellbore from Equation 14-40 is ww,0 
= 5.3 mm (0.209 in.) and the average width is we = 3.33 mm (0.131 in.) 
Using the rough approximation KL = 1.5, the positive solution to the 
quadratic equation in Table 14-7 is 2461s; therefore, the necessary pumping 
time is 41 min. The fluid efficiency is 19.2 %. The calculated pumping time is 
40.5 min using the Carter II equation method and 38.5 min using the α-
method. In fact, the refinement is not significant.  

The design above is based on the assumption of constant height and non-
retarded fracture propagation. If evidence indicates that any of these 
assumptions is too restrictive, a more sophisticated design should be based 
on the methods discussed in Section 14-6. 

A typical design process then continues with the determination of the 
proppant schedule. The fluid injected at the beginning of the job without 
proppant is called pad. It opens up the fracture and mostly leaks off into the 
formation. The selection of the pad volume is the key factor in avoiding 
screenout, which is the premature bridging of proppant leading to sudden 
increase of injection pressure. A too-large pad volume, however, can 
decrease the final propped width, especially in the target layer near the 
wellbore. Once the pad is pumped, the proppant concentration of the 
injected slurry is elevated step-by-step until the maximum possible value is 
reached. While many sophisticated methods are available, a simple design 
technique given in Table 14-10 using material balance and a prescribed 
functional form (power law) (Nolte, 1986) may be satisfactory to calculate 
the proppant schedule. 
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Table 14-10 Proppant Schedule 

1 Calculate the injected slurry volume  
Vi = ite 

2 Calculate the exponent of the proppant concentration curve  

 

3 Calculate the pad volume and the time needed to pump it: 

Vpad = Vi 

tpad = te 

4 The required proppant concentration (mass/unit injected slurry volume) curve is 
given by 

 
where ce is the maximum proppant concentration in the injected slurry. 

5 Calculate the mass of proppant placed into one wing  
M = eCeVi  

6 Calculate the propped width:  

 
where φp is the porosity of the proppant bed and ρp is the true density of the 
proppant material 

7 Calculate the dimensionless fracture conductivity:  

 
where kf is the proppant bed permeability. 

Ideally the proppant schedule above results in a uniform proppant 
concentration in the fracture at the end of pumping, with the value of the 
concentration equal to ce. The schedule is derived from the requirement that 
1) the whole length created should be propped; 2) at the end of pumping, 
the proppant distribution in the fracture should be uniform; and 3) the 
schedule curve should be in the form of a delayed power law with the 
exponent and fraction of pad ( ) being equal. More complex proppant 
scheduling calculations may take into account the movement of the proppant 
both in the lateral and the vertical directions, variations of the viscosity of 
the slurry with time and location (resulting from temperature, shear rate and 
solid content changes), width requirement for free proppant movement, and 
other phenomena (Babcock et al., 1967; Daneshy, 1978; Shah, 1982).  

Note that in the schedule above the injection rate i refers to the slurry (not 
clean fluid) injected into one wing. The obtained proppant mass M refers to 
one wing. The concentrations are given in mass per unit volume of slurry, 
and other types of concentration (added mass to unit volume of neat fluid) 
has to be converted first. The last two steps are intended to obtain the CfD. A 
reasonable design should yield CfD around 1.6. If the resulting CfD is far from 
the technical optimum, alternates should be considered for the following 
decision variables: target fracture length, fluid properties (including rheology 
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and leakoff), proppant properties (including proppant pack permeability), 
maximum possible proppant concentration, and/or injection rate. 

Continuing our previous example, assume that maximum 12.5 lbm light 
proppant (with specific gravity 2.1) can be added to 1 gal neat fluid. In 
terms of proppant concentration in the slurry, this becomes ce = 7.3 lbm/gal 
of slurry volume, which means the maximum proppant concentration of the 
slurry is ce = 875 kg/m3. Since the fluid efficiency is 19.3 %, the proppant 
exponent and the fraction of pad volume is = 0.677. Therefore, the pad 
injection time is 27.8 min, and, after the pad, the proppant concentration of 
the slurry should be continuously elevated according to the schedule 

 

 
 
 
, where c is in kg/m3 and t is in seconds, or 

 

 
where c is in lbm/gal of slurry volume and t is in min. The obtained proppant 
curve is shown in Figure 14-9. 

Since, at the end of pumping, the proppant concentration is equal to ce 
everywhere in the fracture, the mass of proppant placed into one wing is M 
= Ve × ce = e × Vi × ce ; in our case, M = 8760 kg (19,400 lbm). The 
average propped width after closure on proppant can be determined if we 
know the porosity of the proppant bed. Assuming p = 0.3, the propped 
volume is Vp = M / [(1- p)Pp], in our case, 6.0 m3 . The average propped 
width is wp = Vp /(xf × hf), or 2 mm (0.078 in.). A quick check of the 
dimensionless fracture conductivity substituting the propped width shows 
that CfD = (60×10-12 × 0.002)/(5×10-16 × 152) = 1.6; therefore, the design 
is optimal. 

Fracturing Materials 

Now, after the discussion of fracturing theory, we will turn attention to the 
materials used to create propped hydraulic fractures. Materials used in the 
fracturing process can be categorized into fracturing fluids, additives, and 
proppants. The fluid and additives act jointly to produce the hydraulic 
fracture when pumped, transport the proppant into the fracture, then flow 
back to allow the generated propped fracture to produce. Stimulation costs 
for materials and pumping are estimated at 46% for pumping, 25% for 
proppants, 19% for fracturing chemicals, and 10% for acid. Materials and 
proppants used in hydraulic fracturing have undergone changes since the 
first commercial fracturing treatment was performed in 1949 with a few 
sacks of coarse sand and gelled gasoline. 
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Fracturing Fluids 

The functionality of the fracturing fluid was outlined above. Factors to 
consider when selecting the fluid include availability, safety, ease of mixing 
and use, compatibility with the formation, ability to be recovered from the 
fracture, and cost. 

Fracturing fluids can be categorized as (1) oil- or water-based, (2) mixtures 
of oil and water called emulsions, and (3) oil- and water-based systems 
containing nitrogen or carbon dioxide gas. Fluid use has evolved from 
exclusively oil-based in the 1950s to more than 90% crosslinked, water-
based in the 1990s. Nitrogen and carbon dioxide systems in water-based 
fluids are used in about 25% of all fracture stimulation jobs. Table 14-11 
lists commonly used fracturing fluids in order of current usage.  

Table 14-11 Crosslinked Fluid Types 

Crosslinker Gelling Agent pH range Application Temp. °F 

B, non-delayed guar, HPG 8-12 70-300 

B, delayed guar, HPG 8-12 70-300 

Zr, delayed guar 7-10 150-300 

Zr, delayed  guar 5-8 70-250 

Zr, delayed CMHPG, HPG 9-11 200-400 

Zr-a, delayed CMHPG 3-6 70-275 

Ti, non-delayed guar, HPG, CMHPG 7-9 100-325 

Ti, delayed guar, HPG, CMHPG 7-9 100-325 

Al, delayed CMHPG 4-6 70-175 

Sb, non-delayed guar, HPG 3-6 60-120 

a--compatible with carbon dioxide 

The choice of which crosslinking method to use is based on the capability of 
a fluid to yield high viscosity, while meeting cost and other performance 
requirements. 

Viscosity is one of the most important qualities associated with a fracturing 
fluid. The most efficient viscosity-producing gum is guar, produced from the 
guar plant. Guar derivatives called hydroxypropyl guar (HPG) and 
carboxymethylhydroxypropyl guar (CMHPG) are also used because they 
provide lower residue, faster hydration, and rheological advantages because 
less gelling agent is required if the guar is crosslinked. The base guar or 
guar-derivative is reacted with a metal that couples multiple strands of 
gelling polymer. Crosslinking effectively increases the size of the base guar 
polymer, increasing the viscosity in the range of shear rates important for 
fracturing from 5- to 100-fold. Boron (B) often is used as the crosslinking 
metal, followed by zirconium (Zr) and, to a smaller extent, titanium (Ti), 
antimony (Sb), and aluminum (Al). Foams (Chambers, 1994) are especially 
advantageous in water-sensitive formations. Their application minimizes 
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fracture-face damage and eases the cleanup of the wellbore after the 
treatment. 

Fluid Additives 

Gelling agent, crosslinker, and pH control (buffer) materials define the 
specific fluid type and are not considered to be additives. Fluid additives are 
materials used to produce a specific effect independent of the fluid type. 
Table 14-12 lists commonly used additives. 

Table 14-12 Fracturing Fluid Additives 

Additive Concentration  

gal or lbm added to 1000 gal 
clean fluid 

Purpose 

biocide 0.1-1.0 gal prevent guar polymer decomposition by 
bacteria 

fluid loss 10-50 lb decrease leakoff of fluid during 
fracturing 

breakers 0.1-10 lb provide controlled fluid viscosity 
reduction 

friction reducers 0.1-1.0 gal reduce wellbore frictional pressure loss 
while pumping 

surfactants 0.05-10 reduce surface tension, prevent 
emulsions, and provide wetting 

foaming agents 1-10 gal provide stable foam with nitrogen and 
carbon dioxide 

clay control ----- provide temporary or permanent clay -
water compatibility 

Biocides effectively control bacterial contamination. Most waters used to 
prepare fracturing gels contain bacteria originating from contamination of 
either the source water or the storage tanks on location. The bacteria 
produce enzymes that can destroy viscosity rapidly. Raising the pH to >12, 
adding bleach, or using a broad-spectrum biocide effectively controls 
bacteria. 

Fluid loss control materials provide spurt-loss control. The materials consist 
of finely ground particles ranging from 0.1 to 50 microns. The lowest cost, 
most effective material is ground silica sand. Starches, gums, resins, and 
soaps also provide some degree of cleanup from the formation because of 
their water solubility. The guar polymer eventually controls leakoff once a 
filter cake is established. 

Breakers reduce viscosity by reducing the size of the guar polymer. Much of 
the current fluid development efforts center around breaker testing and 
development. Table 14-13 summarizes several breaker types and application 
temperatures. 
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Table 14-13 Fracturing Fluid Breakers 

Breaker Application temp, °F Comments 

Enzyme 60-200 Efficient breaker. Limit to 
below pH 10. 

Encapsulated Enzyme 60-200 Allows higher 
concentrations for faster 
breaks. 

Persulfates  

(Sodium, Ammonium) 

120-200 Economical. Very fast at 
higher temp. 

Activated persulfates 70-120 Low temperature and high 
pH 

Encapsulated persulfates 120-200 Allows higher 
concentrations for faster 
breaks. 

High temperature 
oxidizers 

200-325 Used where persulfates are 
too quick. 

Surfactants provide water wetting, prevent emulsions, and lower surface 
tension. Reduction of surface tension allows improved fluid recovery. 
Surfactants are available in cationic, nonionic, and anionic forms and usually 
are included in most fracturing treatments. Some specialty surfactants 
provide improved wetting and fluid recovery. 

Foaming agents provide the surface-active stabilization required to maintain 
finely divided gas dispersion in foam fluids. These ionics also act as 
surfactants and emulsifiers. Stable foam cannot be prepared without a 
surfactant for stabilization.  

Clay control additives produce temporary compatibility in water-swelling 
clays using various salts. Organic chemical substitutes used at lower 
concentrations now are also available.  

Fluid Testing 

A large amount of laboratory testing and development is needed in the 
qualification of any fracturing fluid. Fluid rheology and frictional pressure, 
viscosity reduction (called breaking), fluid leakoff, compatibility with 
common additives, temperature stability, proppant transport characteristics, 
fracture conductivity, and possible damage from gel residue, ease of 
handling and mixing, special equipment requirements, availability, and 
environmental concerns are some of the dominant areas of testing. Testing 
methodology attempts to model the actual formation conditions where the 
fluid system will be applied. Following are some general considerations 
addressed by fluid testing:  

• Compatibility. Precipitation of solids may cause fracture face 
damage, reducing the overall performance. Therefore, the fluid 
should be chemically compatible with the formation at in-situ 
temperatures and pressures.  
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• Rheology. Most data for crosslinked fluids are obtained from a 
concentric cylindrical geometry or Couette-type instrument. The 
rheometer provides power law fluid data (n and K-values) for use 
in fracturing calculations. While use and suitability of these data 
are sometimes questioned, the industry has a large base of 
experience with the results of such data and can use it for 
comparative purposes. A considerable amount of fluid 
conditioning precedes the passage of fluids through these 
instruments to subject them to the same shear history as they are 
likely to experience during the actual applications. Geometric 
similarity, large scale, and advanced measurement techniques are 
advantageous for fluid characterization (Mears et al., 1993).  

• Fluid loss. Accurate prediction of fluid leakoff is important in 
simulating and designing hydraulic fractures. Current leakoff 
testing is quite comprehensive, with elaborate fluid preparation 
exposing it to the same shear and temperature as in the fracture, 
and a slot-testing geometry. Using formation core on both sides 
of this slot allows fluid leakoff measurements that allow for better 
modeling of actual conditions.  

• Breaking (viscosity reduction). While a fracturing fluid must 
retain viscosity during the treatment, ultimately the viscous fluid 
must be removed from the fracture before producing the well. 
Laboratory testing is done to establish the details and ease of this 
process. These tests consist of heating the fluid under formation 
conditions and observing the build-up and the reduction of its 
viscosity with time. During the early part of the test, the 
measured viscosities correspond to those experienced by the fluid 
during the extension of the fracture. A premature breaking of the 
fluid in this stage is considered undesirable. Later, the fluid should 
lose most of its viscosity soon enough that it does not significantly 
impede production of the reservoir fluid.  

• Proppant-carrying capacity. Current industrial practices include 
measurements of viscosity in the appropriate shear rate and 
observation of proppant settlement in static fluid columns. 
Several other experimental approaches are looking into future 
techniques for refinement of the testing process. There are at 
least two types of proppant movement inside the fracture that 
affect proppant transport. The first is single-particle settling, 
where the individual particles fall through the fluid because of 
their (usually) higher density. The size and density of the particles 
as well as the effective viscosity of the fluid affect single-particle 
settling. The concentration of particles also affects the rate of 
settling because the particles tend to clump and fall faster than 
expected at low concentrations (Shah, 1982). At higher 
concentrations, particles interfere with each other and fall slower 
than expected, producing hindered settling. In most cases, 
however, single particle settling is an insignificant parameter in 
the final propped fracture geometry where the fracturing fluid still 
maintains an apparent viscosity of 50 to 100 cp at the fracture tip 
and at the end of the job. This condition covers most treatments 
that use viscous gels. Only non-gelled water treatments, which 
intentionally aim for a banking-type design, experience significant 
single-particle settling.  
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The other proppant transport mechanism is convection. The word refers to 
the movement of proppant along with the flowing fluid (a desirable 
phenomenon) and also to the downward movement of later stages of the 
proppant laden fluid with respect to the earlier entered stages (a less 
understood and uninvited phenomenon). In either particle settling or 
convection, rigorous tracking of proppant placement requires sophisticated 
modeling techniques. Most of the current development in fracturing 
simulators is connected with improved proppant transport description 
(Cleary and Fonseca, 1992; Barree and Conway, 1995).  

• Residue in the proppant pack. The resulting permeability of the 
proppant pack will be contaminated because of the residue of the 
gelled fracturing fluid occupying part of the porespace. Breakers 
are intended to reduce the viscosity of the fracturing fluid to an 
extent that it flows back, freeing the porous space for 
hydrocarbon flow.  

• Filter-cake residue. Ultimately, the productivity of a fracture 
depends on the pressure-drop components in subsequent 
locations on the way of the produced hydrocarbon fluids towards 
the wellbore: in the reservoir, through the filter cake at the 
fracture face—which may contain 10 to 20 times the polymer 
content of the original fluid—in the fracture, and, finally, through 
the perforations. Tests to model the build-up, breaking, and 
residues of the filter cake have advanced significantly during 
recent times. These tests have shown that foams, borates, and 
uncrosslinked gels provide the best overall performance of the 
fracture.  

Proppant Selection 

Since proppants are used to hold open the fracture after the hydraulic 
pressure used to generate the fracture has been relieved, their material 
strength is of crucial importance. The propping material has to be strong 
enough to bear the closure stress; otherwise, the conductivity of the crushed 
proppant bed will be considerably less than the design value (both the width 
and the permeability of the proppant bed decrease). Other factors 
considered in the selection process are size, shape, and composition. There 
are two main categories of proppants: naturally occurring sands and 
manmade ceramic and bauxite proppants. Sands are used for lower-stress 
applications in formations at approximately 6000 ft and, preferably, 
considerably less. Manmade proppants are used for high-stress situations in 
formations generally deeper than 8000 ft. Between these two values, the 
magnitude of the stress is the deciding factor. 

Three ways to increase the fracture conductivity are to (1) increase the 
proppant concentration to produce a wider fracture, (2) use larger proppant 
size to produce a more permeable fracture, or (3) change the proppant type 
to gain more strength. Figures 14-10, 14-11, and 14-12 illustrate the three 
methods of increasing conductivity through proppant choice.  
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Figure 14-10 Fracture Conductivity for Various Areal Proppant Concentrations 

 

Figure 14-11 Fracture Conductivity for Various Mesh Sizes 

 

Figure 14-12 Fracture Conductivity for Proppants of Various Types  
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Since closure stress is a main concern when selecting the right proppant for 
a given job, Figure 14-13 provides a selection guide based on closure stress. 

 

Figure 14-13 Proppant Selection Guide  

Treatment Execution  

Pump Schedule  

An accurate pump schedule will generate the designed propped-fracture 
geometry. The first stage of the treatment is the pad. The pad protects the 
treatment from fluid loss and generates fracture length and width. Typically, 
30 to 60% of the fluid pumped during a treatment leaks off into the 
formation while pumping, and the pad provides most of this necessary extra 
fluid. The pad also generates sufficient fracture length and fracture width to 
allow proppant placement. Too little pad results in shorter fracture lengths. 
Too much pad results in too much fracture length and height growth, and 
the final propped width is too narrow. Even if fluid loss were zero, a 
minimum pad volume would be required to open sufficient fracture width to 
allow proppant admittance. Generally, a fracture width of three times the 
proppant diameter is considered as necessary to avoid bridging. Following 
the pad stage, the remaining stages of the treatment, which are the 
proppant-carrying stages, are pumped. Figure 14-14a illustrates the 
proppant distribution in the fracture after the first proppant-carrying stage.  
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Figure 14-14 Evolution of Proppant Distribution During Pumping 
(a) At Time the First Proppant Stage Is Injected; (b) At Intermediate Time; (c) At 

End of Pumping 

Most fluid loss occurs near the fracture tip, where the pad is located; 
however, some fluid loss occurs along the fracture. Additional fluid loss 
dehydrates and concentrates the proppant-laden stages. Figure 14-14b 
shows the concentrated initial proppant-carrying stage. The concentration 
can fall to 0.5 to 3 lb proppant per gal of clean fluid (lb/gal) As the 
treatment continues, the proppant concentration increases. In the later 
stages, high proppant concentrations in the pumped fluid are more 
acceptable because the fluid is exposed to less fluid loss in the remaining 
period of time until the end of pumping. 

Figure 14-14c shows a typical treatment in which the pad is totally depleted 
just as pumping ends, and the first proppant-carrying stage has 
concentrated to a final designed concentration. The second proppant stage 
has undergone less dehydration but also has concentrated to the same, final 
designed concentration. At shutdown, ideally the entire fracture—wellbore to 
tip—is filled with a uniform concentration of proppant slurry.  

During the job execution, a situation may arise when the proppant gets 
stuck in the fracture. Such bridging of the proppant blocks additional 
proppant from entering the fracture. Soon, the treating pressure rises above 
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the technical limit, and/or the well is filled with sand. This phenomenon, 
called screenout, should be avoided, because it may damage the equipment 
and/or cause a premature end of the job without fulfilling the design target. 
The critical process controlling the screenout is fluid leakoff; therefore, 
considerable effort is spent on determining the leakoff coefficient. This goal 
is the main objective of the so-called "minifrac" injection test. 

In highly permeable and soft formations, however, a screenout might be 
desirable. A well-timed bridging of the proppant near the fracture tip may 
arrest fracture propagation, resulting in the subsequent inflation of the 
fracture width. A shorter but wider fracture then results in a more desirable 
CfD, whereas the CfD without the "tip screenout" (TSO) would be much less. 
More details of this technique will be given in High-Permeability Fracturing. 

Treatment Flowback 

The standard procedure at the end of a hydraulic fracturing treatment is to 
shut in the well for a matter of hours, overnight, or for several days, 
particularly in nonenergized treatments. The extended shut-in time allows 
the fracture to close and allows any viscosified fluids to break completely 
back to water. The procedure is based on the principle that if the fracture is 
not closed, proppant will flow back into the wellbore, and any fluid viscosity 
would enhance proppant removal. 

Fractures, particularly in tight reservoirs, may require long periods to close, 
and, during this time, excessive near-wellbore proppant settling may occur. 
If the near-wellbore area loses conductivity, the hydraulic fracturing 
treatment may fail. Any pinching effect in the near-wellbore area or 
decrease in conductivity in the proppant pack may counteract fracturing fluid 
cleanup. Therefore, a technique called forced closure is applied. It consists of 
flowing back the well quickly and thereby slowing the rate of proppant 
settling in the near-wellbore area. Forced closure does not necessarily cause 
rapid fracture closure and might even involve reverse gravel-packing of 
proppant at the perforations. The flowback must begin within seconds of 
shutdown. One of the major benefits of immediate flowback is the use of a 
supercharge of pressure that was built up during the fracture treatment. 
Conventional flowback methods allow this pressure to dissipate before 
flowing the fluids back when shutting in the well for an extended period. This 
pressure buildup helps produce more flowback, even in underpressured 
wells. 

Aggressively flowing a well with viscous fluids will not carry proppant out 
through the perforations, but low flowback rates might not be sufficient to 
avoid proppant settling near the wellbore. Overbreaking of the fracturing gel 
can be detrimental to the job because of rapid settling of the proppant, even 
where immediate flowback is used. The well should produce some amount of 
unbroken gel to achieve a successful fracture treatment. A major mechanism 
in stopping proppant production is the creation of a proppant pack opposite 
the perforations. The flowback procedure allows better grain-to-grain contact 
on resin-coated sand than in conventional flowback operations and prevents 
later proppant production caused by consolidation when high velocity occurs. 
While aggressive flowback may cause a sudden increase of the load on the 
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proppant, crushing can be avoided as long as the well maintains a 
hydrostatic column and the proppant strength has been selected properly. 

When flowing back a well where a short section was stimulated, a flowback 
rate of 2 to 3 bbl/min is considered advantageous. Fewer and smaller 
perforations allow for better bridging of proppant. Typical casing gun 
perforations are the most advantageous. Smaller perforations sometimes 
can cause problems in proppant placement, and larger perforations are 
difficult to bridge and may yield sand production. When perforating sections, 
2 to 3 bbl/min per section should be used for the reverse gravel-packing 
mode. This action can generate large flow rates. 

The buildup of artificial pressure produced in the formation by the fracturing 
treatment produces enough energy to clean the proppant out of the 
wellbore. This procedure eliminates the costs incurred in coiled tubing 
cleanout and sand bailing. A viscous fluid carrying the sand acts as a buffer, 
and less abrasion occurs with viscous fluid than with low-viscosity fluids or 
fluids containing gas during flowback.  

Foam or energized treatments must be flushed either wholly or partially with 
the base fluid to provide control over the flushed volumes. The volume must 
not be overflushed. Using liquids for flushing also gives the operator some 
control of flow rate before the gas hits the surface. Flow rates can be 
controlled using pressure and choke tables. Energized and foam treatments 
should be flowed back quickly and aggressively to take advantage of the 
energized gas. Shutting in a fracture treatment that uses CO2 or N2 for any 
period is counterproductive. Reservoirs with any permeability quickly absorb 
the energizing gas. 

If a well that has been shut in for an extended period is suspected of 
proppant settling, it is recommended to flow back the well more slowly to 
prevent sand production through the open perforations. Once there is no 
more danger of sand production, the flowback rate should be increased 
gradually. 

Equipment 

Stimulation equipment has undergone extensive changes since the first 
commercial hydraulic fracturing treatment was performed in 1949. That job 
involved hand-mixing five sacks of 20-mesh sand into 20 bbl of fluid (0.5-
lb/gal proppant concentration). The mixture was pumped downhole with a 
300-hp cementing and acidizing triplex pump. 

The basics have not changed since the first treatment. Proppant and a 
treating fluid are delivered to a blender where they are mixed and 
transferred to the high-pressure pumps. The proppant-laden treating fluid is 
then pumped through a high-pressure manifold to the well. However, the 
treatments have grown in complexity, flow rate, pressure, proppant 
concentration, liquid and dry additives, and total volumes of fluid. The types 
of equipment required to perform stimulation treatments are blending, 
proppant handling, pumping, and monitoring/control equipment. 
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The blending equipment prepares the treatment fluid by mixing the correct 
proportions of liquid and dry chemical additives into the stimulation fluid. 
Mixing can be done either continuously throughout the treatment or batch-
mixed in fracturing tanks before the stimulation treatment. For continuous 
mixing of the treatment fluid, the base fluid is prepared by a preblender. The 
preblender mixes a liquid gel concentrate with water from the tanks and 
provides sufficient hydration time to yield the required base-fluid gel 
viscosity. The hydrated gel is then pumped from the hydration tank to the 
blender. In addition to the additives, the blender mixes proppant with the 
treatment fluid. 

Quality control of the mixing process is now computer controlled. Set points 
for the mixture concentrations are entered into a computer. The computer 
maintains the required concentrations, regardless of the mixing flow rate. 
Operational parameters of the blender such as tub level, mixer agitation, 
and pressures also have been placed under automatic control, thereby 
minimizing the potential for human error. 

Proppants are stored, moved, and delivered to the blender using several 
methods. The sacked proppant can be handled manually or with dump 
trucks/trailers and pneumatic systems. Ever-increasing quantities of 
proppant in treatments have necessitated the use of field storage bins. 
When the required proppant amount exceeds field storage bin capacity, 
multiple bins are located around a gathering conveyor that transfers the 
proppant to the blender. Because of the distances that the proppant often 
must travel from the farthest storage bin to the blender, automatic control 
systems have been added to the storage bins and gathering conveyors to 
allow uninterrupted delivery of proppant. 

Pumping equipment has grown from 300-hp pumps in 1949 to today's 
2000+ hp produced from a single crankshaft pump. The pressure 
requirements for treatments also have grown from 2000 psi to 20,000 psi. 
Full-power shift transmissions under computer control synchronize the 
engine speed with the gear shift such that the pump rates before and after 
the shift are the same. Computer-controlled pumping equipment also allows 
automatic pressure and/or rate control. 

Monitoring stimulation treatments has progressed from pressure gauges, 
stopwatches, and chart recorders to full computer monitoring and control. 
More than a thousand different parameters can be monitored and recorded 
during a stimulation treatment. These parameters are not limited to 
treatment fluids, proppant, and additives, but also to the equipment 
performing the treatment. Monitoring the treatment fluids is an essential 
part of the quality control. Primary fluid parameters monitored and recorded 
during a stimulation treatment include, but are not limited to, pressures, 
temperatures, flow rates, proppant and additive concentrations, pH, and 
viscosity. Any of the parameters can be plotted or displayed during the job 
along with real-time calculation of downhole parameters. Parameters 
monitored and recorded on the equipment provide data for future design 
improvements and diagnosis of equipment problems. 
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Microfracture Tests 

The microfracture stress test (microfrac) determines the magnitude of the 
minimum principal in-situ stress of a formation. The test usually is 
performed by injecting pressurized fluid into a small, isolated zone (4 to 15 
ft, 1.2 to 4.6 m) at low rates (1 to 25 gal/min, 0.010 to 0.095 m3/min). The 
minimum principal in-situ stress can be determined from the pressure 
decline after shut-in or the pressure increase at the beginning of an injection 
cycle. The fracture closure pressure and fracture reopening pressure are 
good approximations to the minimum principal in-situ stress. Additional 
discussion on the microfrac technique is presented in Rock Mechanics in 
Wellbore Construction. 

Minifracs 

The most important test on the location before the main treatment is known 
as a minifrac, or a fracture calibration test. The minifrac is actually a pump-
in/shut-in test with fluid volumes typically around thousands of gallons. The 
information gathered from a minifrac includes the closure pressure, pc, net 
pressure, and entry (perforations and near-wellbore) conditions. The fall-off 
part of the pressure curve is used to obtain the leakoff coefficient for a given 
fracture geometry. Figure 14-15 illustrates the strategic locations on a 
typical pressure response curve registered during the calibration activities. 

 

Figure 14-15 Strategic Locations on a Pressure Response Curve 

1) Formation Breakdown; 2) Propagation; 3) Instantaneous Shut-In; 4) Closure 
Pressure from Fall-Off; 5) Reopening; 6) Closure Pressure from Flowback; 7) 

Asymptotic Reservoir Pressure; 8) Closure Pressure from Rebound 
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A minifrac design should be performed with the initial treatment design. The 
design goal for the minifrac is to be as representative as possible of the main 
treatment. To achieve this objective, sufficient geometry should be created 
to reflect the fracture geometry of the main treatment and to obtain an 
observable closure pressure from the pressure decline curve. The most 
representative minifrac would have injection rate and fluid volume equal to 
the main treatment, but this is not often a practical solution. In practice, 
several conflicting design criteria must be balanced, including minifrac 
volume, created fracture geometry, damage to the formation, a reasonable 
closure time, and cost of materials and personnel. 

The fracture closure typically is selected by examining several different plots 
of the pressure decline curve and, if available, integrating prior knowledge 
obtained, such as from microfrac tests. An added complication is that 
temperature and compressibility effects may cause pressure deviations. 
However, with the aid of an analysis program, a temperature-corrected 
decline curve can be generated, and all normal interpretations of the 
different plot types still hold (Soliman, 1986). 

The original concept of pressure decline analysis is based on the observation 
that during the closure process the rate of pressure decline contains useful 
information on the intensity of the leakoff process (Nolte, 1979; Soliman and 
Daneshy, 1991) in contrast to the pumping period, when the pressure is 
affected by many other factors.  

Assuming that the fracture area has evolved with a constant exponent α and 
remains constant after the pumps are stopped, at time (te+ t) the volume of 
the fracture is given by  

(14-42) 

where the dimensionless delta time is defined as 

(14-43) 

and the two-variable function g ( tD, ) can be obtained by integration. Its 
general form is given by (Valkó and Economides, 1995): 

(14-44) 

The function F[a, b; c; z] is the Hypergeometric function available in the 
form of tables or computing algorithms. For computational purposes, the 
approximations in Table 14-14 might be useful:  
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Table 14-14 Approximation of the g-Function for Various Exponents α (d=
tD) 

 

Dividing Equation 14-42 by the area, the fracture width at time ∆t after the 
end of pumping is given by 

(14-45) 

Hence, the time variation of the width is determined by the g(∆t D,α) 
function, the length of the injection period and the leakoff coefficient, but is 
not affected by the fracture area. 

The decrease of average width cannot be observed directly, but the net 
pressure during closure is already directly proportional to the average width 
according to 

(14-46) 

simply because the formation is described by linear elasticity theory, 
Equation 14-15. The coefficient Sf is the fracture stiffness, expressed in 
Pa/m (psi/ft). Its inverse, 1/Sf, is called the fracture compliance. For the 
basic fracture geometries, expressions of the fracture stiffness are given in 
Table 14-15. 

Table 14-15 Proportionality Constant, Sf and Suggested α for Basic Fracture 
Geometries 

 

The combination of Equations 14-45 and 14-46 yields (Nolte, 1979): 
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(14-47) 

Equation 14-47 shows that the pressure fall-off in the shut-in period will 
follow a straight line trend 

(14-48) 

if plotted against the g-function (transformed time, Castillo) (1987). The g-
function values should be generated with the exponent, α, considered valid 
for the given model. The slope of the straight line, mN is related to the 
unknown leakoff coefficient by 

(14-49) 

Substituting the relevant expression for the fracture stiffness, the leakoff 
coefficient can be estimated as given in Table 14-16. 

Table 14-16 Leakoff Coefficient, CL and No-Spurt Fracture Extent for the 
Different Fracture Geometries 

 

This table shows that for the PKN geometry the estimated leakoff coefficient 
does not depend on unknown quantities since the pumping time, fracture 
height, and plain-strain modulus are assumed to be known. For the other 
two geometries considered, the procedure results in an estimate of the 
leakoff coefficient which is strongly dependent on the fracture extent (xf or 
Rf ).  

From Equation 14-47, we see that the effect of the spurt loss is concentrated 
in the intercept of the straight-line with the g = 0 axis: 

(14-50) 
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As suggested by Shlyapobersky et al. (1988), Equation 14-50 can be used to 
obtain the unknown fracture extent, if we assume there is no spurt loss. The 
second row of Table 14-16 shows the estimated fracture extent for the three 
basic models. Note that the no-spurt loss assumption results in the estimate 
of the fracture length also for the PKN geometry, but this value is not used 
for obtaining the leakoff coefficient. For the other two models, the fracture 
extent is obtained first, and then the value is used in interpreting the slope. 
Once the fracture extent and the leakoff coefficient are known, the lost width 
at the end of pumping can be easily obtained from  

(14-51) 

and the fracture width from 

(14-52) 

for the two rectangular models, and 

(14-53) 

for the radial model.  

Often the fluid efficiency is also determined: 

(14-54) 

Note that neither the fracture extent nor the efficiency are model 
parameters. Rather, they are state variables and, hence, will have different 
values in the minifrac and the main treatment. The only parameter that is 
transferable is the leakoff coefficient itself, but some caution is needed in its 
interpretation. The bulk leakoff coefficient determined from the method 
above is apparent with respect to the fracture area. If we have information 
on the permeable height, hp, and it indicates that only part of the fracture 
area falls into the permeable layer, the apparent leakoff coefficient should be 
converted into a "true value" with respect to the permeable area only. This is 
done simply by dividing the apparent value by rp (see Equation 14-39).  

While adequate for many low permeability treatments, the outlined 
procedure might be misleading for higher permeability reservoirs. The 
conventional minifrac interpretation determines a single effective fluid-loss 
coefficient, which usually slightly overestimates the fluid loss when 
extrapolated to the full job volume (Figure 14-16).  
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Figure 14-16 Fluid Leakoff Extrapolated to Full Job Volume, Low Permeability (after 
Dusterhoft et al., 1995) 

This overestimation typically provides an extra factor of safety in low-
permeability formations to prevent screenout. However, when this same 
technique is applied in high-permeability or high-differential pressure 
between the fracture and the formation, it significantly overestimates the 
fluid loss for wall-building fluids if extrapolated to the full job volume 
(Dusterhoft et al., 1995). Figure 14-17 illustrates the overestimation of fluid 
loss which might be detrimental in high-permeability formations where the 
objective often is to achieve a tip screenout. 

 

Figure 14-17 Overestimation of Fluid Leakoff Extrapolated to Full Job Volume, High 
Permeability (after Dusterhoft et al., 1995) 

Modeling both the spurt loss and the combined fluid-loss coefficient by 
performing a net pressure match in a 3D simulator is an alternative to 
classical fall-off analysis. This approach is illustrated in Figure 14-18.  
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Figure 14-18 Realistic Estimation of Leakoff Using Parameters Obtained from 
Performing a Net Pressure Match in a 3D Simulator (after Dusterhoft et al., 1995) 

It is important to note that the incorporation of more than one leakoff 
parameter (and other adjustable variables) increases the number of degrees 
of freedom. As a result, a better match of the observed pressure can be 
achieved, but the match may be not unique in the sense that other values of 
the same parameters may provide a similar fit.  

Treatment Analysis 

Treating Pressure Analysis 

Fracturing pressure is often the only available direct information on the 
evolution of the fracture during the treatment. Thus, fracturing pressure 
interpretation and subsequent decisions (depending on the result of 
interpretation) are some of the primary responsibilities of the fracturing 
engineer. A log-log plot of bottomhole treating pressure vs. time suggested 
by Nolte and Smith (1981) is used for this purpose. First, the occurrence of 
the main events (change in injection rate, fluid quality, proppant 
concentration) should be indicated as in Figure 14-19.  
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Figure 14-19 Treatment Pressure Response Types in Order of Increasing Danger of 
Screenout, Nolte-Smith Plot (after Conway et al., 1985) 

Then, a qualitative interpretation follows. A steady positive slope of order 
0.25 is interpreted as unrestricted (normal) fracture propagation. An abrupt 
increase in the fracture surface (caused by fast height growth into another 
layer) is assumed if the slope changes to a negative value. An increasing 
slope approaching the value of unity is considered a sign of restricted tip 
propagation, and it is often followed by an even larger slope indicating the 
fast fill-up of the fracture with proppant (screenout). The quantitative 
interpretation needs a more rigorous description of the leakoff rate and 
some significant assumptions on fracture geometry. 

Well Testing 

Often, a test before the fracturing treatment is not possible at all in low-
permeability formations, and we have limited information on the 
permeability. In such cases, the buildup test of the fractured well is intended 
to obtain the permeability and the fracture extent simultaneously. 
Unfortunately, this is an ill-posed problem in the sense that many different 
combinations of the unknown parameters give a good match. In high-
permeability formations, where the permeability is usually known, the 
primary goal of a post-treatment test is to evaluate the created fracture.  



 705 

For well-testing purposes an infinite-acting reservoir can be considered. The 
transient behavior of a vertical well intersected by a finite conductivity 
fracture is well known from the works of Cinco-Ley and coworkers (1978, 
1981). Figure 14-20 shows the log-log plot of the dimensionless pressure 
and the "time-log derivative" parameterized by the dimensionless fracture 
conductivity. 

 

Figure 14-20 Dimensionless Pressure and Pressure-Log-Derivative of a Vertically 
Fractured Well (after Cinco-Ley and Samaniego, 1981) 

In the so-called bilinear flow regime, in which the flow is determined by both 
the reservoir and fracture properties, the plot shows a quarter slope because 
in this flow regime the dimensionless pressure can be expressed as  

(14-55)  

where tDxf is the dimensionless time based on the fracture half-length as 
characteristic dimension. Once such a regime is identified, a specialized plot 
of the pressure vs. the quarter root of time can be constructed. The slope 
mbf of the straight line fitted is a combination of the reservoir and fracture 
properties: 

(14-56) 
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It can be used to obtain one or the other quantity or their combination, 
depending on the available information. As is obvious from the equation 
above, the formation permeability and the fracture conductivity cannot be 
determined simultaneously from this regime. Knowing the formation 
permeability, the fracture conductivity (kf × w) can be determined from the 
slope, but the fracture extent cannot. Our suggestion is to assume CfD = 1.6, 
determine an equivalent fracture conductivity from Equation 14-56, and 
calculate an equivalent fracture length: 

(14-57) 

Comparing the equivalent fracture length to the design length may provide 
valuable information on the success of the fracturing job. 

The actual fracture extent might also be determined from an earlier flow 
regime called formation linear flow or from the late-time pseudoradial flow. 
Unfortunately, the formation flow regime might be limited to unrealistically 
small times and, therefore, masked by wellbore phenomena, and, at least 
for low permeability formations, the pseudoradial flow regime might not be 
available during the limited period of time of a standard well test.  

In the literature, several other effects are considered, including the influence 
of boundaries, reservoir shape, and well location, commingled reservoirs, 
partial vertical penetration, non-Darcy flow in the fracture and/or in the 
formation, permeability anisotropy, double porosity, phase changes, fracture 
face damage, and spatially varying fracture conductivity. Several of these 
issues are addressed also in Inflow Performance/Tubing Performance. 

Logging Methods and Tracers 

Once a reservoir interval has been fracture stimulated, several logging 
methods are available to image the created fracture and evaluate the 
treatment performance. The most widely used methods include gamma ray, 
spectral gamma ray, temperature, production, full wave-form sonic, and 
oriented gamma ray logging. Spectral gamma ray images use multi-isotope 
tracers to identify fracturing outcomes such as (1) propped vs. hydraulic 
fracture height at the wellbore, (2) proppant distribution at the wellbore, (3) 
amount of understimulated interval or fracture height, and (4) fracture 
conductivity as a function of fracture width/proppant concentration. 

Staging efficiency can be measured with separate tracers in each multiple 
stage used to fracture or acidize the well. Larger stress contrast or pore 
pressure contrast between reservoir layers may exist than was anticipated, 
causing inefficient coverage from a single-stage treatment. Tracers also may 
determine that multiple stages are unnecessary, and fewer stages can be 
used. Diversion effectiveness can be determined with different tracers in 
individual stages between diverter stages (such as gel, foam, or 
mechanical). Tracers also can establish that ball sealers were effective in 
distributing the fracturing or acidizing treatment over the entire interval. 
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Proppant redistribution may be indicated by using "zero wash" tracers or by 
running more than one post-treatment image. Zero wash tracers determine 
if proppant settling or the return of early or late proppant to the wellbore 
has occurred. 

It is recommended to use tracers when one or more of the following 
conditions exist:  

• Thick intervals of reservoir to be stimulated (>45 ft).  
• Stress contrast between the zone of interest and adjacent 

barriers is less than 700 psi.  
• Limited entry stimulation technique is planned.  
• Specialty proppants (different size or type) will be used or 

tailed-in at the end of the treatment.  
• Fluid leakoff is expected to be higher than usual or is 

unknown.  

Temperature logging can determine post-treatment hydraulic fracture height 
and fluid distribution at the wellbore but is not indicative of proppant 
placement or distribution. Cold fluids (ambient surface temperature) injected 
into the formation can be detected readily by a change in the temperature 
profile within a wellbore. A series of logging passes usually is sufficient to 
determine the total treated height. Intervals that received a large volume of 
injected fluids and/or proppant will require a much longer time to return to 
thermal equilibrium. 

Advanced Modeline of Fracture 
Propagation 

Height Containment 

The vertical propagation of the fracture is subjected to the same mechanical 
laws as the lateral propagation, but the minimum horizontal stress may vary 
significantly with depth and that variation may constrain vertical growth. The 
equilibrium height concept of Simonson et al. (1978) provides a simple and 
reasonable method of calculating the height of the fracture if there is a sharp 
stress contrast between the target layer and the over- and under-burden 
strata. If the minimum horizontal stress is considerably (several hundred 
psi) larger in the over- and underburden layers, we may assume that the 
fracture height is determined by the requirement of reaching the critical 
stress intensity factor at both the top and bottom tips. As the pressure at 
the reference point (at the center of perforations) increases, the equilibrium 
penetrations into the upper ( hu) and lower ( hd) layers increase. The 
requirement of equilibrium poses two constraints (one at the top, one at the 
bottom) and the two penetrations can be obtained by solving a system of 
two equations. If the hydrostatic pressure component is neglected, the 
solution is unique up to a certain pressure called the run-away pressure. 
Above the run-away pressure there is no equilibrium state. This concept 
does not mean necessarily that an unlimited height growth occurs, but there 
is no reason to assume that the vertical growth will be more constrained 
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than the lateral one. As a consequence, we can assume a radially 
propagating fracture. In case of extremely large negative stress contrast, 
unlimited height growth may actually happen, leading to the loss of the well. 

The equilibrium height concept can be applied in an averaged manner, 
determining a constant fracture height with an average treatment pressure 
(Rahim and Holditch, 1993). If the concept is applied for every time instant 
at every lateral location, we arrive at the so-called pseudo-3D (P3D) models 
discussed below. 

Simulators 

One inherent drawback of the algebraic 2D models is that they cannot 
account for the variation in flow rate with the lateral coordinate caused by 
inflation of the width and leakoff. Figure 14-21  

 

Figure 14-21 Basic Notation for Nordgren's Differential Model 

shows the basic notation of Nordgren's (1972) model, which is based on the 
continuity equation 

(14-58)  

where q is the flow rate, Ac = (  /4) w0 hf is the cross-sectional area (both 
varying with location and time) and τ(x) is the opening time corresponding 
to a given location x. After substituting the relations between width and 
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pressure for vertical plane strain and between pressure and flow rate for 
limiting elliptical flow geometry, this equation takes the form 

(14-59) 

where w0 is the maximum width of the ellipse at location x.  

The initial conditions are w0 = 0 and xf = 0. The wellbore boundary condition 
is given by 

(14-60) 

where the injection rate, i may vary with time.  

The moving boundary (Stefan's) condition valid for the tip was rigorously 
formulated by Kemp (1990): 

(14-61) 

where the tip propagation velocity, uf, is the growth-rate of the fracture 
length, i.e. uf = dxf /dt. This equation shows that the flow rate at the tip 
(left-hand side) equals the sum of volume growth rate at the tip (first term 
on the right-hand side) plus the rate of spurt caused by creating new surface 
(second term).  

It should be emphasized that the propagation velocity is an additional 
variable. To obtain a closed system, we need another boundary condition 
that determines the propagation velocity, either directly or indirectly. 

Nordgren considered the special case when (1) there is no spurt loss and (2) 
the net pressure is zero at x = xf, and, hence, the width at the moving fluid 
front is zero. If these two assumptions are accepted, the two boundary 
conditions at the tip reduce to 

(14-62) 

The model can be written in dimensionless form where the solution is unique 
(at least for constant injection rate). In practical terms, this means that it is 
enough to solve the system once (by an appropriate numerical method). 
Most of the P3D models are generalizations of Nordgren's equation for non-
constant height (Palmer and Caroll, 1983; Settari and Cleary, 1986; Morales 
and Abou-Sayed, 1989). They relax the assumption of fixed height and 
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introduce some kind of coupled description of the height evolution (Figure 
14-22). 

 

Figure 14-22 Fracture Geometry and Height Growth  

The even more useful impact of Nordgren's equation (or rather of its moving 
boundary condition) is that it reveals the basic source of controversy in 
hydraulic fracture modeling. At first, it may look natural to assume a zero 
net pressure at the tip. However, the zero-net-pressure assumption implies 
that the energy dissipated during the creation of new surface can be 
neglected. Evidence of "abnormally high" fracturing pressures (Medlin and 
Fitch, 1988; Palmer and Veatch, 1990) suggests that the zero-net-pressure 
assumption cannot be valid in general. Our present understanding is that in 
most cases the fracture propagation is retarded, which means higher than 
zero net pressure at the tip, because there is an intensive energy dissipation 
in the near-tip area. Several attempts have been made to incorporate this 
tip phenomenon into fracture propagation models. One reasonable approach 
is to introduce an apparent fracture toughness which increases with the size 
of the fracture (Shlyapobersky et al., 1988). Other approaches include a 
controlling relationship for the propagation velocity, uf, incorporating some 
additional mechanical property of the formation.  

Additional modeling activities, including more rigorous description of the 
leakoff process, using more advanced techniques to solve the embedded 
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problem of linear elasticity, incorporating temperature variations, dealing 
with non-homogenous rock properties, and taking into account poroelasticity 
effects, temperature variations, and improving the fluid flow description 
(Clifton and Abou-Sayed, 1979; Advani, 1982; Barree, 1983; Thiercelin et 
al., 1985; Boutéca, 1988; Detournay and Cheng, 1988) have provided 
further insight.  

Matrix Stimulation 

Matrix stimulation can remove the damage in a localized region around the 
wellbore, and, in some cases, it can even create a high-permeability network 
to bypass the damage. 

Acidizing treatments, the most common matrix stimulation treatments, are 
often categorized by formation rock type (sandstone or carbonate) and acid 
type. Any acidizing treatment, regardless of formation type or acid, is 
performed through the naturally existing flow channels in the rock. Acid 
injection into the formation is carried out so that the pressures achieved 
during the treatment do not exceed the fracture pressure of the formation.  

Acidizing is usually very economically attractive, because relatively small 
treatments may improve the well performance considerably. The potential 
improvement is, however, often limited compared to proppant fracturing. In 
addition, the risks associated with this kind of treatment cannot be 
neglected. Matrix acidizing involves complex chemical and transport 
phenomena that, while effective in removing one kind of damage, may 
create another one. Acid placement and damage removal from laminated 
formations where some perforations penetrate very high-permeability layers 
is especially problematic. Diversion techniques, discussed later, are intended 
to force acid flow into the damaged layers instead of selecting the clean 
zones.  

Carbonate Reservoirs 

Carbonate acidizing is the reaction of hydrochloric acid on calcium carbonate 
(calcite) or calcium magnesium carbonate (dolomite) formation to form 
water (H2O), carbon dioxide (CO2), and a calcium or magnesium salt. As the 
carbonate is dissolved, wormholes form in the formation (Nierode and Kruk, 
1973). Wormholes are highly conductive, open channels radiating 
stochastically from the point of acid injection (Figure 14-23).  
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Figure 14-23 Wormholes Created by Matrix Acidizing 

Wormholes form because the porous media are not homogeneous. As 
permeability increases through the enlarged pores or pore throats, flow 
increases into the wellbore. The length, direction, and number of wormholes 
generated by the treatment depend on the reactivity of the formation and 
the rate at which acid leaks off to the matrix. These channels may be only a 
few inches in length or as long as several feet, depending on the 
characteristics of the rock. The efficiency of the stimulation is determined by 
the structure of the wormholes. Once formed, the wormholes carry virtually 
all the flow. 

Matrix acidizing treatments in limestone reservoirs commonly use a 15% 
concentration of hydrochloric acid, although concentrations from 7.5 to 28% 
by weight can be used. Additives such as polymers or surfactants may help 
increase the effective length of the generated wormholes. Organic acids, 
such as acetic or formic acid, also can be used if extreme corrosion, special 
metals, long contact times, or crude oil sludging are significant problems. 
Acid volumes for matrix acidizing range from 15 to 200 gal/ft of carbonate 
interval. 

Sandstone Reservoirs 

Matrix acidizing in sandstone reservoirs removes near-wellbore skin damage 
caused by drilling, completions, fines migration, or clay swelling. Small 
concentrations of HCl-HF acid react within 1 to 6 in. of the wellbore to 
dissolve damaging materials within the rock matrix. 

The reaction of HF acid with sand dissolves small amounts of rock. The 
reaction of HF acid with alumino-silicates also produces a tertiary reaction. 
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During the primary reaction, HF dissolves alumino-silicates (M-Al-Si-O), 
forming a mixture of silicon and aluminum fluorides complexes. Any other 
metal ions associated with clay also are released into solution. The silicon 
and aluminum fluorides formed in the primary reaction continue to react 
with the alumino-silicates, consuming additional acid, which can lead to 
potential precipitation. 

Diversion 

Diversion methods help place the acid effectively in the formation, while 
reducing injection into clean zones. Both chemical and mechanical diversion 
tools are available to direct fluid flow at the perforations. 

Chemical diverters include slugs of solids, viscous pills, or foams. Commonly 
used solids include oil-soluble resins, benzoic acid flakes, rock salt, or 
calcium carbonate. The solids are held in suspension with a viscous carrier 
fluid. Viscous pills contain high loadings of gelling agent with delayed 
crosslinkers. Occasionally, solids are added to help establish fluid-loss 
control before crosslinking takes place. Viscous pills are most frequently 
used for zonal isolation where the bottom zone requires protection. Foam is 
used commonly in matrix acidizing of sandstones; however, research 
indicates that foam also can divert acid in limestone formations. 

Mechanical diverting methods include ball sealers and injection-type packers. 
Ball sealers are dropped during acidizing to plug perforations taking fluid. 
Injection-type packers isolate an interval before pumping an acid sequence 
to provide positive fluid placement. However, injection-type packers are 
more costly than other diversion methods. 

Fracture Acidizing 

In fracture acidizing, acid is injected at a rate high enough to generate the 
pressure required to fracture the formation. Differential etching occurs as 
the acid chemically reacts with the formation face. Areas where the rock has 
been removed are highly conductive to hydrocarbon flow after the fracture 
closes. Fracture acidizing differs from hydraulic fracturing in that hydraulic 
fracturing fluids usually are not chemically reactive and a proppant is placed 
in the fracture to keep the fracture open and provide conductivity.  

As a general guideline, fracture acidizing is used on formations with >80% 
hydrochloric acid solubility. Low-permeability carbonates (< 20 md) are the 
best candidates for these treatments. Fluid loss to the matrix and natural 
fractures can also be better controlled in lower-permeability formations. 

A conventional fracture acidizing treatment involves pumping an acid system 
after fracturing. It may be preceded by a nonacid preflush and usually is 
overflushed with a nonacid fluid. 

Several acid fracturing methods have evolved by controlling fluid loss during 
the treatment, pumping a high-viscosity preflush ahead of the acid solution, 
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or controlling the densities of the preflush, acid, and overflush fluids used in 
the treatment. One technique uses nonacid phases containing fluid-loss 
control additives pumped at intervals during the treatment to re-establish 
fluid loss control. Another technique uses a high-viscosity preflush ahead of 
the acid solution. The acid fingers through the preflush, forcing differential 
etching. A smaller percentage of the total fracture is exposed to acid, and 
less acid is required to obtain the required penetration distance. The density-
controlled acidizing technique controls the density of the preflush, acid, and 
overflush fluids allowing gravity separation to direct the flow of acid into a 
vertical fracture. 

The closed-fracture acidizing (CFA) technique enhances fracture 
conductivity. The technique is used in conjunction with existing fractures in 
the formation. The fractures can be natural, previously created fractures, or 
fractures hydraulically induced just before the CFA treatment. The CFA 
treatment involves pumping acid at low rates below fracturing pressure into 
a fractured well. The acid preferentially flows into areas of higher 
conductivity (fractures) at low rates for extended contact times, resulting in 
enhanced flow capacity. Larger flow channels tend to remain open with good 
flow capacity under severe closure conditions. 

Proppants usually are required in wells with closure stresses greater than 
5,000 psi. Differential etching caused by fracture acidizing cannot support 
such high stresses. As the drawdown increases and additional closure 
pressure is applied, the etched regions tend to crush or collapse, severely 
restricting flow in the wellbore area. A tail-in stage of proppant following a 
fracture acidizing treatment allows the formation to provide conductivity as 
formation stresses increase. 
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Chapter 15 - Sand Stabilization and Exclusion
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Introduction 

The production of formation sand with oil and/or gas from sandstone 
formations creates a number of potentially dangerous and costly problems 
(Coberly and Wagner, 1938; Suman, et al., 1983; Decker and Carnes, 
1977). Losses in production can occur as the result of sand partially filling up 
inside the wellbore. If the flow velocities of the well cannot transport the 
produced sand to the surface, this accumulation of sand may shut off 
production entirely. If shutoff occurs, the well must be circulated, or the 
sand in the casing must be bailed out before production can resume.  

Once produced sand is at the surface and no longer threatens to erode pipe 
or reduce productivity, the problem of disposal remains. Sand disposal can 
be extremely costly, particularly on offshore locations where environmental 
regulations require that the produced sand must be free of oil contaminants 
before disposal.  

Subsurface safety valves can become inoperable, leading to large economic 
loss and personal hazards, particularly at offshore and remote locations. 
Erosion-damaged surface and subsurface equipment (Figure 15- 1) is 
expensive to replace, and valuable time is lost during replacement and 
repair. 
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Figure 15- 1 Surface Valve, Eroded by Sand Production 

Formation damage is another problem associated with wells that produce 
sand unchecked. The possible creation of void spaces behind the casing can 
leave the casing and any shaly streaks in the reservoir unsupported. 
Specifically, the casing can be subjected to excessive compressive loading, 
causing collapse or buckling. The much less permeable shaly streaks that 
remain can collapse around the perforated casing, causing severe and 
irreparable restrictions to production. Failure to prevent formation sand 
production in its early stages can therefore be very expensive in terms of 
eventual lost revenue and additional operating costs. In addition, it can 
create potentially hazardous conditions at the wellsite. 

Predicting Sand Production 

Several methods are used for predicting the likelihood of whether a 
sandstone reservoir will produce sand. Prediction methods vary in 
complexity, and no method is completely reliable. All methods depend on 
various reservoir characteristics, such as drilling rate, density, modulus of 
elasticity, drillstem test data, logs, bulk compressibility, and other 
characteristics. Conditions such as drawdown pressures, surge pressures, 
and treating fluid types may vary from well to well, limiting the reliability of 
these prediction methods (Morita et al., 1989; Mullins et al., 1974). 
Nevertheless, the following information sources are suggested as guidelines 
for predicting sand production: (1) experience in the area, (2) drilling data, 
(3) core-sample evaluation, (4) drillstem tests, (5) logs, and (6) production 
data. 
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Sand Production Mechanisms 

Before sand exclusion measures can be optimized, the following sand 
production mechanisms must be understood:  

• Grain-by-Grain Movement. Sand movement away from the 
formation face probably accounts for most formation failures. 
A well with this type of formation rock may eventually require 
some type of sand control. If the well is allowed to produce 
sand for an extended period, the choice of sand control 
method may become more limited.  

• Movement of Small Masses. Under some circumstances, 
formation rock can break away, resulting in rapid failure. 
Generally, this type of failure will result in a sanded wellbore 
that will not produce after sand covers the perforations.  

• Massive Fluidization. The massive amount of sand produced 
either prevents production or causes erosion; sand disposal 
problems become too great for production to continue.  

Most authorities (Suman et al., 1983; Decker and Carnes, 1977) recommend 
that sand control techniques be applied immediately upon indication that a 
formation will produce sand. This practice will allow the highest success rate 
and the lowest production loss possible after sand control is applied. 

Laboratory studies have shown that once an unconsolidated sand is 
disturbed, the sand cannot be packed back to its original permeability. 
(Decker and Carnes, 1977). Therefore, sand control should be applied before 
the reservoir rock is seriously disturbed by sand production. Regaining the 
original density and porosity is not difficult, but the permeability will always 
be much less than the original permeability. Therefore, if a well is allowed to 
produce enough sand to seriously disturb the reservoir rock around the 
wellbore, restressing the reservoir during sand control application can result 
in a lowered permeability zone around the wellbore. Rock Mechanics in 
Wellbore Construction describes the physics of the mechanisms of sand 
production and formation deconsolidation. 

Wells that have no sanding tendencies can be completed in a number of 
conventional ways. These options are discussed in Completion Hardware. If 
no initial indication of sand production exists, but it could become a problem 
in the future, retrievable packer equipment should be used during the 
completion, so that workovers can be performed easily if sand control 
treatments become necessary.  

Methods for Sand Exclusion 

Four broad groups of sand exclusion methods are available: (1) production 
restriction methods, (2) mechanical methods, (3) in-situ chemical 
consolidation methods, and (4) combination methods. With the exception of 
production restriction methods, the remaining methods provide some means 
of mechanical support for the formation and help prevent formation 
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movement during stresses that result from fluid flow or pressure drop in the 
reservoir.  

Production Restriction 

In a sandstone formation, stresses resulting from fluid production or 
pressure drop act on the minerals that bond the sand grains together, 
resulting in sand production. One means of reducing this sand production is 
to restrict the production rate. This method has the lowest initial cost and in 
some cases, may be a successful alternative to other available methods. 
However, in most cases, it is not a durable or economical solution to 
formation sand production.  

Case histories of horizontal wells have verified that production rate 
restriction can initially reduce sand production. When a long interval of 
formation is exposed, equivalent flow volumes can be produced with much 
lower fluid velocities in the formation. Thus, controlling production in 
horizontal wells has provided a viable sand-control technique that can be 
used in formations that are completed with vertical wells.  

However, in many instances, the reduced production rate that prevents 
formation sand is not profitable. In addition, the production rate is not 
always the only factor contributing to sand production. The degree of 
consolidation of the formation, the type and amount of cementitious material 
present, and the amount of water being produced are also significant 
contributing factors to sand production. These other factors may allow a well 
to produce sand even after the production rate has been severely restricted. 

Mechanical Methods 

Mechanical methods are the most common well treatments for excluding 
sand production. Mechanical sand-control methods are diverse, but they 
always include some type of device installed downhole that bridges or filters 
the sand out of the produced fluids or gases. These devices include a wide 
array of slotted liners, wire-wrapped screens, and prepacked screens, which 
are generally used with gravel-pack procedures.  

Screens and slotted liners encompass a broad range of downhole filtration 
devices. These devices (1) filter out the formation sand, (2) retain any 
particulate materials, graded sand, or other proppants placed against the 
formation to support it, and (3) strain out the naturally loose component 
grains. Variations in screen designs, which will be discussed later, are 
affected by cost, durability, and flow-through characteristics. 

Gravel-packing is a mechanical bridging technique that involves placing and 
tightly packing a large volume of carefully graded proppant between the 
formation face or perforation tunnels. A filter device is used that is fine 
enough to retain the proppant in direct contact with the formation sand, thus 
preventing its movement toward the wellbore. The packed proppant is 
supported in the wellbore by a slotted liner or screening device. Advanced 



 722 

gravel-pack designs serve the dual purpose of stopping sand movement and 
providing production enhancement.  

In-Situ Chemical Consolidation Methods 

Sand control by chemical consolidation involves the process of injecting 
plastics or plastic-forming chemicals into the naturally unconsolidated 
formation, which provides grain-to-grain cementation. The objective of 
formation sand consolidation is to cement sand grains together at the 
contact points, maintaining maximum permeability. Consolidation systems 
are covered in the Chemical Consolidation Techniques Section. 

Combination Methods 

Methods in this category combine technologies of both chemical 
consolidation and mechanical sand-control; a sand filter bed is one example. 
In these processes, a gravel-pack is performed with a resin-coated pack-
sand as the "gravel." Instead of being held in place with a screen or liner, 
the pack-sand is held in place by the cured resin, which provides a 
compressive strength of several hundred to several thousand pounds per 
square inch. Although procedures vary, the objective is to secure the pack in 
place while leaving the casing unobstructed. Combination methods include 
the use of products such as semicured, resin-coated proppants and liquid, 
resin-coated gravel-pack sands. 

Selecting the Appropriate Sand Exclusion 
Method 

Once a well is identified as requiring sand exclusion, the appropriate 
exclusion method must be determined based on the following criteria:  

• Economics—the initial cost of the treatment and its effect on 
production  

• Historical success  
• Applicability—degree of difficulty to perform treatment  
• Length of service—estimations of sand-free production and 

need/frequency rates for repetition of the treatment  

Choosing the appropriate technique for sand exclusion requires an in-depth 
understanding of each sand exclusion method and its many modifications 
and variations. Table 15- 1 shows the merits and limitations of the many 
types of mechanical and chemical consolidation methods covered in this 
chapter. 
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Table 15-1 Merits and Limitations of Sand Consolidation Methods 

Formation Characteristics Mechanical Methods, 
Gravel-Packs, and Screens 

Chemical and Combination 
Methods, Consolidation 
with Resins and Resin-
Coated Sands 

Formation Strength Will not change formation 
strength 

Adds considerable formation 
strength, with exception of the  

resin-coated sand 

Permeability Applicable. Certain techniques 
may reduce permeability 

Applicable. Certain techniques 
may reduce permeability 

Poorly Sorted Grain Sizing Applicable using special job 
designs 

Applicable with few restrictions 

< 10% Fines  

and Clays 

Very Applicable. Good 
anticipated job life 

Very Applicable. Good 
anticipated job life 

> 10% Fines  

and Clays 

Applicable using special job 
techniques 

Marginally applicable. Good 
resin injection and coverage is 
difficult 

> 10% Acid Solubility Applicable with restricted acid 
pretreatments 

Not applicable with acid-
hardened type resins.  

< 10% Acid Solubility Very Applicable. Good 
anticipated job life 

Very Applicable. Good 
anticipated job life 

< 50° Hole Angle Very Applicable. Good 
anticipated job life 

Very Applicable. Good 
anticipated job life 

> 50° Hole Angle Applicable using special tools, 
screens and techniques 

Not applicable. Poor job 
success history, uniform 
coverage problems 

Open Hole Applicable using special job 
techniques 

Not applicable. Poor job 
success history, uniform 
coverage problems 

Cased Hole Very Applicable. Good 
anticipated job life 

Usually very applicable. Good 
anticipated job life 
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Slim Casing Marginally applicable. Severe 
tool and screen restrictions 

Very Applicable. Good 
anticipated job life 

Single Zone Very Applicable. Good 
anticipated job life 

Very Applicable. Good 
anticipated job life 

Multiple Zones Applicable using special tools, 
screens and techniques, 
leaving screen in wellbore 

Very Applicable. Leaves clear 
wellbore, should be done as an 
initial measure  

< 30 ft Interval Length Very Applicable. Good 
anticipated job life 

In most instances. Very 
Applicable. Good anticipated 
job life 

> 30 ft Interval Length Very Applicable. May require 
special tools, screens, and 
designs 

Not applicable. High costs and 
uneven resin coverage 

High Water Producer Applicable. May require 
additional chemical fines 
control  

Very Applicable. Good 
anticipated job life 

Gas Producer Very Applicable. Good 
anticipated job life 

Applicable. Some resin 
systems clean up better with 
good anticipated job life 

Oil Producer Very Applicable. Job life 
depends on screen and 
proppant quality. 

Very Applicable. Anticipated 
job life of 3 to 8 years 

Low BHST, <120°F Very Applicable. Good 
anticipated job life 

Provisional. Difficult curing 
conditions for some resins.  

Medium BHST Very Applicable. Good 
anticipated job life 

Very Applicable. Good 
anticipated job life 

High BHST, >250°F Provisional. May require 
special proppant and screen 
alloys 

Provisional. Limited placement 
time for some resins; durability 
reduced  

Steam Injection Provisional. Likely will require 
special proppant and screen 
alloys 

Marginally applicable. Some 
resins are more resistant than 
others 
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Mechanical Methods 

Gravel-packing techniques were developed for the water well industry in the 
early 1900s (Coberly and Wagner, 1938; Decker and Carnes, 1977). The 
early gravel-pack techniques adopted by the petroleum industry consisted of 
running a slotted liner to depth, then pouring gravel down the annulus from 
the surface. This technique was sufficient on shallow, straight wells, but on 
deeper wells, the gravel would either not reach bottom or it would bridge in 
the wellbore. 

For improved gravel placement, specialized tools were developed. Tools such 
as set shoes, washdown shoes, clutch assemblies, and stuffing boxes 
allowed the downhole placement of gravel through such techniques as the 
washdown or reverse-circulation methods. 

As gravel placement problems persisted, tool systems were developed that 
allowed gravel to be pumped down the workstring at greater velocities, 
which helps prevent premature bridging (Suman et al., 1983). The new tool 
systems also helped minimize contamination of the gravel with debris from 
the annulus, the premature bridging of sand in the annulus, and stuck pipe. 
Tools developed for this system include the cup-packer crossover, circulating 
crossovers, and hookwall packer systems. 

During the 1960s and 1970s, systems were developed in which the gravel-
pack screen, (Suman et al., 1983; Decker and Carnes, 1977) production 
packer, and circulating service tools were run in the well in one trip. 
Workstring reciprocation was used to operate the mechanically set packer in 
the squeeze, circulating, and reverse positions. When the gravel-pack was 
complete, the crossover service tool assembly was retrieved and replaced by 
the production seal assembly. 

During the 1980s, tools were further developed, and major advancements in 
carrier fluids were made. Filtered gelled polymers, such as hydroxyethyl-
cellulose (HEC) were used for suspending the sand during pumping. Slurry 
sand concentrations could be increased to over 15 lb/gal, which both 
reduced pumping time and improved gravel placement into the formation 
tunnels for a more effective pack that did not contain commingled pack and 
formation sands.  

In the 1990s, industry experts introduced the concept of increasing the 
pack-sand volume placed outside the casing (High-Permeability Fracturing). 
These fracpacks required even more specialized tool designs to withstand 
the high rates and volumes that were being pumped at high pressure. 
Synthetic proppants became more frequently used since they were more 
resistant to crushing and had higher permeability under high confining 
stress. However, because synthetic proppants are significantly more erosive 
than sands, they pose additional design problems for tool designers. Sand 
control continues to evolve. New gravel-pack systems, fluids, and chemicals 
are continually being developed for improved sand placement and pack 
performance. 



 726 

Four main components of a gravel-pack must be considered: pack-sand, 
screen type, carrier fluid, and tools. Each of these components is discussed 
in the following paragraphs. 

Mechanical Components 

Pack-Sands 

For a successful gravel-pack, the pack proppant must be carefully selected. 
The American Petroleum Institute (API) has issued document RP-58 (1995), 
which presents recommended practices concerning the evaluation of pack-
sand. Accepted by most oil and service companies, this document sets 
quality standards regarding sand size gradations, shape (sphericity and 
roundness), strength, and allowable percentages of foreign material in sand 
that will be used for gravel-packing. 

Sand size should be quality-controlled by sieving so that a proper formation 
sand-to-pack gravel size ratio is maintained and absolute permeability is not 
reduced. Grain roundness is a measure of the relative sharpness of grain 
corners, or of grain curvature (how nearly the edges of the grains approach 
that of a circle). Roundness is critical because angular sand has a greater 
tendency to form premature bridges than rounded sands. Angular sand is 
also more likely to chip and fragment during placement, which reduces the 
permeability of the pack and can clog slots and screens. 

Liners and Screens 

Slotted liners and screens are downhole filters that provide differing 
mechanisms and levels of sand retention or pack-sand support. Before a 
liner or screen is chosen, the well must be carefully evaluated so that the 
most applicable product can be selected (Cole et al., 1992). Screen 
construction and shape can influence (1) how well sand becomes packed in 
the annulus, (2) the flow capacity of the covered zone, and (3) how long the 
composite pack might last. 

The simplest slotted liner is made of oilfield pipe that has been slotted with a 
precision saw or mill. These slots must be cut circumferentially, otherwise 
the tubing would become weak under tension. The individual slots can be as 
small as 0.020 in. or as large as required for the gravel size that will be 
used.  

Mill-slotted pipe provide strength and economical service; it is particularly 
well-suited for water wells. Generally, slotted liners are used for oilfield 
applications only when wire-wrapped screens cannot be used economically. 
For example, slotted liners are typically used in wells that have long 
completion intervals or low productivity. Although slotted liners are much 
less expensive than wire-wrapped screens, they do not have high-inlet-flow 
areas and thus are not as useful for high-rate wells. 

Wire-wrapped screens consist of keystone-shaped, stainless-steel or 
corrosion-resistant wire wrapped around a drilled or slotted mandrel made of 
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standard oilfield tubular goods or special alloys. Spacing or standoff between 
the mandrel and wire wrap allows for maximum flow through the screen. In 
some screens, this spacing is created by grooves cut into the pipe; in other 
screens, ribs are affixed to the pipe (Figure 15- 2).  

 

Figure 15-2 All-Welded, Pipe-Base Wire-Wrapped Oilwell Screen 

In a prepacked screen, the annulus between the outer jacket and the pipe 
base is packed with gravel-pack sand. This sand may or may not be resin-
coated. Three types of prepacked screens are available: a dual-wrapped 
prepack, a casing external prepack, and low-profile screen.  

The oldest screen type is a dual-wrapped pipe-based screen prepack. This 
screen provides built-in sand control when a gravel-pack fails or is not 
feasible (Figure 15- 3).  
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Figure 15-3 Casing-External Prepacked Gravel-Pack Screen 

The casing-external prepack screen has an inner wire-wrapped pipe base 
centered inside a large piece of perforated pipe. Primarily used for horizontal 
wells, this type of prepack screen is packed with a graded resin-coated pack-
sand that is sized to bridge formation sand. This resin-coated pack-sand, 
cured at 350° F, bonds the sand grains together to prevent the sand from 
coming out the perforations of the outer perforated pipe. 

The third type of prepack screen is the low-profile screen. This screen is 
similar to the dual-screen prepack, but it consists of an inner microscreen 
and a regular outer screen jacket (Figure 15- 4).  
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Figure 15-4 Use of Computer Software to Generate an Optimum Gravel-Pack Design 

The prepacked sand layer is very thin compared to regular prepacked 
screens. Low-profile screens are recommended for wells that will be gravel-
packed but in which casing sizes and tubing requirements restrict the 
outside diameter of the screen. The thin layer of gravel between the jacket 
and the pipe base helps ensure against possible voids in the gravel pack. 

Alternative screen designs are continually being developed that provide 
more durability, compensate for voids left in the gravel pack, or allow better 
sand-packing while preventing premature sandouts. Most of these screen 
products have limited use, and their performance in selected jobs is 
documented in the literature (Cole et al., 1992; Ali and Dearing, 1996). 

The sintered metal screen was designed as an improvement over low-profile 
prepacks. Instead of the prepacked sand layer around the center pipe, a 
jacket of seamless, porous, sintered stainless steel is used. The uniform 
porosity of the metal allows the use of any grade of gravel-pack sand (Ali 
and Dearing, 1996). 

The woven metal-wrapped screen was introduced to fill a similar need as the 
sintered metal screen, and it can also be used with any grade of gravel-pack 
sand. This screen consists of layers of various grades of woven metal that 
are wrapped around a perforated center pipe, which allows the packed zone 
to be post-acidized without damaging any prepacked sand layer in the 
screen.  

The auger-head screen design has been used as a conventional screen with 
a washdown shoe. The auger end allows the screen to be screwed into the 
sand-filled casing or hole. As the hole angle becomes more horizontal, this 
design becomes more effective than conventional washdown configurations.  
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Another alternative screen design, the shunt tool, reduces premature 
sandouts during the packing of very long intervals. This screen design 
provides an extra shunt path for gel-sand slurry, which reduces the 
possibility of slurry dehydration when high-permeability streaks are packed 
over the composite interval. 

Carrier Fluids 

A fluid used for gravel-packing has three primary functions. First, it must 
transport the sand or packing medium to the location in the well where the 
gravel pack will be established. During a horizontal gravel-pack treatment, 
the packing grains will change direction several times. The velocity or 
viscosity of the fluid must be able to influence the direction of the grains. 
Without a transport medium, the grains will always travel downward. If 
sufficient lift is not provided throughout placement, premature sandout could 
occur. Sandout is caused when an agglomeration of grains develops in 
critical pathways, blocking the progress of the remaining grains necessary to 
form the desired pack.  

The second function of carrier fluids is to separate themselves from the 
grains to allow the close contact desired. The degree to which this fluid loss 
occurs is critical to gravel-packing success: if the fluid separates too early or 
too much, a premature sandout may occur; if the fluid separates too late or 
incompletely, a void may be left when the pack grains settle out. As the 
grains arrive at the packing location in the well, they must be deposited 
compactly and sequentially against the formation. The fluid may either exit 
through the screen and washpipe and return to the surface or, more 
conventionally, exit to the adjacent formation. 

The important third function of a gravel-pack fluid is to return from the 
formation without reducing permeability within the zone treated. When the 
gravel pack is finally established, the operator will want to put the well on 
production. The gravel-pack fluid lost to the formation must now change 
direction and flow back into the wellbore. Often, a fluid property that is 
desirable for grain transport may prevent the fluid from rapidly returning 
from the formation. A high-viscosity fluid is such an example. To rid a fluid 
of its viscosity before recovery from the formation, a gel breaker must be 
used. Once in the formation, the fluids have the opportunity to react with 
the formation grains. These reactions can increase the difficulty of 
recovering the packing fluid as well as attaining suitable hydrocarbon flow 
from the packed zone (Almond and Bland, 1984). For example, clay swelling 
can be caused when clays are exposed to low-salinity water. If the fluid 
contains surfactants, their influence on the water and hydrocarbon flow from 
the formation must also be considered. Certain packing fluids that include 
polymers to create viscosity will leave a chemical residue in the formation 
when the gel is broken by chemical breakers. The amounts of gel residue 
associated with the different polymers varies greatly. Before a job is 
performed, the proposed polymer and mixing brine should be carefully 
analyzed. When the connate water in some oil-producing formations 
contacts the dense brines (zinc bromide) used in the gravel pack, a pH 
change could occur; specifically, zinc hydroxide could form, plugging the 
pores of the formation. 
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In addition to various brines that have been successfully used in gravel-
packing, several polymers have been added to these brines to enhance the 
degree of sand transport and packing efficiency in gravel-packing 
operations. Some of the common polymers and their properties are listed in 
Table 15- 2 (Scheuerman, 1986; Torrest, 1982; Sparlin, 1969). 

Table 15-2 Common Polymers Used in Gravel-Packing 

Gelling Agent Chemical Category Common Trade Names 

HEC Hydroxyethyl cellulose HEC-10, HYDROPAC, AQUAPAC 

SGC Succinoglycan, biopolymer ShellFlo S, FLO-PAC 

Xanthan Xanthan, clarified biopolymer Xanvis, Bi-O-PAC 

Surfactant Gel Ammonium quat PermPAC AV 

Gelled fluids made from the polymers in Table 15- 3 and ungelled brines 
each have their champions in the industry.  

Table 15-3 Gelled Fluids and Their Characteristics 

Polymer HEC  SGC Xanthan Surfactant Gel 

Usage Level 60 to 80 lbm/gal 20 to 50 gal/gal 15 to 35 lbm/gal 20 to 40 gal/gal 

Cost Factora 1.00 1.07 1.50 2.52 

Physical Form Dry powder Jelly-like liquidb Dry powder Pourable liquidc 

Preparation Steps Adjust to pH = 3 to 
4, add polymer 
and raise pH to 7 

Add over-the-top 
into high shear 
area; No pH 
adjustments. 

Use Fe 
sequestering 
agent; Add 
polymer; add salts 
last. 

Batch or 
continuous mix of 
surfactant with 
chloride brines 

Requirements for 
Optimum 
Performance 

Preshearing and 
filtration to 5 to 10 
µm 

Complete 
dispersion of the 
polymer 

Extensive and 
specific 
preshearing then 
filtration  

Complete 
dispersion of 
surfactant 

Restrictions Does not yield in 
three-salt brines, 
mostly 15 to 18 
lbm/gal 

Slow to yield in 
brines with limited 
free water 

Does not tolerate 
divalent brines, i.e. 
CaCl2 

Does not tolerate 
saturated brines or 
ones containing 
ZnBr2 

Maximum Viscosity 
at 75°F (cp) 

160 23 21 240 

Sand Settling Slight Almost none Almost none Almost none 

Minimum Viscosity 
at 75°F (cp) 

45 14 to 16  14 to 16  66 

Sand Settling Moderate Slight to Moderate Slight to Moderate Almost none 

Temperature Limit 190 to 230°F, 
depending on the 
mix brine 

160°F to 210°F, 
Very dependent on 
mix brine. 

190°F to 230°F, 
Depending on the 
mix brine 

200°F 

Common Classes 
of Breakers Used 

Acids Oxidizers 
Specific Enzymes 

Oxidizers Oxidizers 
with Enhancers 

Oxidizers Oxidizers 
with Enhancers 

No internal 
breakers. Broken 
upon dilution by 
formation fluids or 
flushes 
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Since good, long-lasting gravel-pack jobs have been reported with each of 
the contending fluids, it appears that technique is as important as fluid 
properties in the outcome of the gravel pack (Maly, 1979). Most research 
now shows that the best perforation packing can be achieved with a 
viscosified fluid (Schroeder, 1987). However, the same study shows that the 
best annulus packing is attained with ungelled brine. Staged gravel-pack 
treatments allow the use of both packing methods. First, a number of gelled 
brine-sand slurry stages are pumped to fill the perforations, then the 
treatment is completed with brine and low sand concentrations that pack the 
annulus.  

Tools and Accessories 

The tools and accessories for gravel-pack treatments either (1) remain in the 
well or (2) are run, placed, and retrieved before the production tubing is run.  

Completion Tools 

Gravel-Pack Packer—The gravel-pack packer is one of several packer 
types and designs. Generally, a sealbore-retrievable or permanent packer is 
used. If a retrievable packer contains slips above the element package, sand 
could settle on top of the packer, causing retrieval problems.  

Flow Sub—A flow sub can either be a ported sub or a sleeve-closure device 
combined with a sealbore and lower pup joint. The flow sub provides a 
location for the service-tool gravel exit ports and a path that directs flow to 
the outside of the screen. Closing sleeves are primarily used (1) if sufficient 
lengths of blank are not available to restrict flow up the annulus instead of 
through the screen, and (2) if production seals cannot be run below the 
ported sub to prevent sand production.  

Mechanical Fluid-Loss Device—A mechanical fluid-loss device stops 
uncontrolled fluid losses to the formation while the service tools are being 
tripped out of the well and production tubing is being run. These tools can be 
any one of a number of flapper, ball, or plug-type devices that can later be 
broken, dissolved, or expended. 

Safety Joint—A safety joint allows operators to detach the screen from the 
packer during retrieval operations. It also provides a safeguard against 
extreme loads being placed on the gravel-pack packer as formation 
compaction or gravel-pack settling occurs. This tool should maintain the 
integrity between the inner and outer mandrels until approximately 12 in. of 
movement occurs.  

Blank Pipe—Blank pipe above the screen provides a reservoir of proppant 
that can fill in from the top of the screen as settling occurs. Generally, at 
least 60 ft (two joints of pipe) should be used on high-rate water-packs 
(HRWPs) and fracpacks. Gravel packs using high-density slurry should 
include enough blank pipe above the screen to accommodate the entire 
slurry volume in the annular space below the crossover. If less than 60 ft of 
blank pipe is used, the following issues must be considered:  
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• Gravel-pack quality (compacted, void-free pack)  
• Screen damage from high sandout pressures or direct 

impingement from adjacent perforations  
• Carrier fluid viscosity (sandout can proceed up to and into the 

workstring)  

Production screens are installed next in the string and are described in 
Section 15- 6.2. 

Tell-Tale Screen—A tell-tale screen is a short, upper or lower section of 
screen that indicates when the proppant pack has achieved a certain height 
during pumping. It is separated from the rest of the screen assembly by a 
seal that opens or closes, circulating flow as the gravel-pack service tool is 
manipulated. In new applications, tell-tale screens have been virtually 
replaced by large-diameter washpipe.  

Seal Assembly—The seal assembly provides a seal between the bottom of 
the screen assembly and the sump packer. It is typically run with a slotted 
cylindrical collet, which has a raised diameter that interferes with the inside 
of the sump packer sealbore. This collet indicates the presence of drag when 
the seal assembly passes through the sealbore of the sump packer. 

Sump Packer—The sump packer is the lowermost packer in the sand-
control completion assembly. A variety of packer designs can function as a 
sump packer, which must provide a solid bottom that can contain the 
proppant at the lower end of the gravel-pack interval. Without this packer, 
any proppant settling in the rathole could result in voids in the proppant 
pack around the screen. Packers normally used in this application are 
permanent or retrievable sealbore packers (Completion Hardware) that are 
run on electric line or hydraulic setting tools, generally before perforating. 
This packer also provides a location where weight can be applied to position 
the gravel-pack assembly in the wellbore. 

Service Tools  

Crossover Service Tool—The crossover service tool provides channels for 
the circulation of proppant slurry to the outside of the screen and returns 
circulation of fluid through the screen and up the washpipe. Most tools also 
include the hydraulic setting tool that sets the gravel-pack packer.  

Reverse-Ball Check-Valve—A reverse-ball check-valve can be as simple as 
a ball sitting on a restricted-diameter crossover in the service tool or as 
complex as a multiple-actuating ball valve. Regardless of the valve design 
used, the valve should not create a hydraulic lock or result in excessive 
differentials to the formation.  

Swivel Joint—The swivel joint allows operators to assemble concentric 
tubing strings by freely rotating the joint as threads are made up on outer 
strings of pipe. 
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Washpipe—The washpipe is attached to the gravel-pack service tool and 
run inside the screen. The washpipe serves two functions. First, it provides a 
return fluid circulation path that can be spaced out at the very end of the 
screen interval. This path forces the proppant slurry to flow to the lowermost 
screen before bridging in the screen-casing annulus.  

The second function of the washpipe is to prevent the proppant carrier fluid 
from flowing to the outside of the screen. Loss of fluid from a proppant 
slurry can cause premature and rapid bridging to occur, especially in high-
density proppant concentrations. A number of studies have verified that the 
pipe diameter should be at least 80% of the inside diameter of the screen 
base pipe.  

Shifting Tools—Shifting tools position the closing sleeves or close the 
flapper valves as the service tool is pulled from the well. 

Tool Selection—Once the well objectives are understood, a completion 
technique and well completion tools can be selected. The service provider 
and the tool supplier must know the casing size and weight, zone depths, 
bottomhole pressure, expected pressure differential, and the well fluids 
(both completion fluids and produced fluids). Generally, a packer is selected 
first on the basis of the size, weight, and grade of the casing. The bore size 
of the packer is typically influenced by the tubing size used, which affects 
the size of many accessory items. Because well fluids are occasionally 
corrosive, the packer and completion tools must be corrosion-resistant. 

Mechanical Techniques and Procedures 

A complete, void-free gravel pack is one of the most effective sand-control 
measures available. The annular portion of the pack alone cannot sustain 
high-rate well productivity over a long period. The external gravel pack (the 
area either in a perforation tunnel or fracture that extends past any near-
wellbore damage) is a key to prolonged trouble-free production. Since the 
perforation tunnels are the only communication from the formation to the 
wellbore, they must remain unclogged by formation sand and fines. If 
gravel-packing is used for controlling sand production, the pack-sand should 
fill the perforation tunnels and void spaces behind the casing (Decker and 
Carnes, 1977; van Poolen et al., 1958; Penberthy, 1988). Sometimes, the 
formation can even be restressed, although restressing is seldom achieved 
except through pressure gravel-packing.  

Gravity Pack 

A gravity pack is one of the most primitive gravel-packing techniques. With 
water in the hole, a screening device is run into the hole on tubing with a 
backoff joint. Sand is then slowly poured down the annulus while fluid is 
running into the hole. This technique is one of the least expensive 
approaches, and it provides very little control of sand placement. In fact, it 
is unlikely that any sand is forced through the perforations; sand may bridge 
around the tubing collars during sand placement. Consequently, when this 
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method is used, flow into the wellbore may quickly become restricted by 
formation fines invading the pack. 

Washdown Method 

The washdown method consists of depositing gravel to a predetermined 
height above perforations, then running the screen and liner assembly with a 
washpipe and a circulating shoe. The screen is washed down through the 
gravel. When the shoe is on the bottom, gravel is allowed to settle back 
around the screen and liner. The most basic washdown tool system has 
minimal provisions for compacting the gravel in the screen-casing annulus, 
and no means of squeezing gravel through the perforations. However, 
perforations are often pressure-packed before the screen is washed down. In 
more complex tool systems, the tools can perform the washdown technique 
followed by a circulating, squeeze, or fracpack after the packer has been set. 
During the washdown procedure, the gravel sizes tend to segregate. In 
addition, the tools could stick or stop short of the bottom. If viscous fluids 
are used as a means of suspending the sand, they may damage the zone.  

Circulation Packs 

Circulation packing, sometimes called conventional gravel-packing, normally 
involves the placement of gravel that is suspended in a low-viscosity 
transport fluid pumped at low gravel concentrations. Circulation packing is 
usually conducted in an open hole or in a cased hole after the perforations 
have been prepacked with gravel. Typically, the transport fluid is filtered 
brine with gravel added at a concentration of 0.5 to 1.0 lb/gal. The gravel is 
commonly mixed into the fluid through a gravel injector while fluid is 
pumped at approximately 0.5 to 3.0 bbl/min. Gravel is transported into the 
annulus between the screen and casing (or the screen and the open hole), 
where it is packed into position from the bottom of the completion interval 
upward. The transport fluid then returns to the annulus through the 
washpipe inside the screen that is connected to the workstring. Circulation 
packing is compatible with essentially all the subsequent placement 
techniques discussed in this chapter. 

Reverse-Circulation Pack 

As the term implies, the reverse-circulation method involves the reverse 
circulation of water-sand slurry or gelled water-sand slurry. For the 
placement of some sand through the perforations, returns can be shut off 
and pumping can be continued until a pressure increase indicates that sand 
has covered the tell-tale screen. If no positive pressure is exerted, only 
sand-packing inside the wellbore is likely to be achieved. Two or three joints 
of unslotted tubing are generally run above the screen. These tubing joints 
provide a space for sand to fill the annulus above the screen, which normally 
prevents fluid and sand movement up the annulus and provides a reserve of 
pack-sand if the pack should settle.  
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Bullhead Pressure Packs 

This inexpensive procedure requires a packer and a releasing crossover tool; 
a tell-tale screen or washpipe is not required, since no returns are taken 
during the procedure. The water-gel sand slurry is pumped down the tubing 
behind a gel prepad. Slurry is then directed from the tubing into the casing-
screen annulus through the releasing crossover tool below the packer. 
Pumping pressure increases as more perforations are covered with pack-
sand. After final sandout, the packer is released from the screen and blank 
pipe at the crossover tool. 

Circulating-Pressure Packs 

A circulating pressure pack requires a packer and crossover tool as well as a 
screen with an internal washpipe. This technique allows slurry to be injected 
down the tubing, which prevents the scouring of drilling fluid, rust, pipe 
dope, and scale from the tubing-casing annulus and reduces the potential of 
pack permeability damage. The slurry crosses over into the annulus below 
the packer. The carrier fluid deposits the sand and enters the screen and 
washpipe. Fluid is then conveyed to the annulus above the packer by means 
of the crossover and then returned to the surface. 

For sand to be placed through the perforations, the surface returns should 
be stopped at some point, and slurry should be squeezed against the 
formation before the perforations are covered with slurry.  

Slurry Packs 

Slurry packing can be performed with a variety of tools and pumping 
techniques. The procedure consists of pumping gravel at high concentrations 
in a viscous transport fluid. The slurry is usually batch-mixed in a blender or 
paddle tank before it is pumped. Although the fluid can be either water- or 
oil-based, hydroxyethyl cellulose (HEC)-viscosified brine is the usual choice 
(Decker and Carnes, 1977; Penberthy, 1988; Rensvold, 1978). The typical 
polymer loading is 60 to 80 lb/Mgal. In some situations, the gelled fluid is 
crosslinked so that it creates very high viscosities. The concentrations of 
gravel usually pumped with slurry-pack fluids is about 10 lb/gal. In certain 
situations, however, concentrations have ranged from much less than 10 to 
more than 18 lb/gal. When these high-density fluids are pumped, the fluid 
and gravel tend to move as a mass. Compared with the low-density 
conventional gravel-pack fluid, these slurry systems have significantly 
greater gravel-suspending capabilities. Depending on well conditions, pump 
rates normally range from ½ to 4 or 5 bbl/min when gravel is placed around 
the screen. 

When high-viscosity fluids transport gravel into the completion interval, a 
reserve volume must be specified. To allow for subsequent resettling, this 
volume is usually higher than the reserve volume required for low-viscosity 
fluids. Well conditions affect the gravel reserve volume when viscous fluids 
are used. Before the gravel is pumped, the service provider should calculate 
the theoretical amount of gravel required to pack the annulus around the 
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screen and the amount of gravel reserve. Placement should be 
approximately 100% under ideal conditions. Depending on the additional 
gravel placed through the perforations, possible bridging in the tubulars, or 
pumping conditions, the amount of gravel placed could differ from the 
theoretical volume. If the amount of gravel is considerably less, premature 
bridging has probably occurred. Therefore, before the well is placed on 
production, gravel must be settled around the screen and additional gravel 
must be pumped.  

When high-viscosity fluids circulate gravel around the screen, the pump rate 
should be low enough that the viscous drag forces do not exceed the 
gravitational forces once the slurry has reached the completion interval. If 
the viscous forces become dominant, the gravel will be drawn into the 
screen rather than settling to the bottom of the well. As a result, the gravel 
will pack radially outward from the screen, possibly resulting in premature 
indications of a completed gravel pack. This type of packing geometry and 
sequence is not desirable; ideally, the gravel should dehydrate from the 
bottom of the completion interval upward. The potential for nonuniform 
packing is one of the disadvantages of slurry packs. Therefore, the actual 
volume of gravel pumped should be carefully compared to the theoretical 
volume. If the pumped-gravel volume is much less than the theoretical 
volume when high-viscosity fluids are used, the gravel should be allowed to 
settle before additional gravel is pumped for completing the pack. 

An upper tell-tale screen should be avoided when high-viscosity fluids are 
used for circulating gravel because gravel will probably screen off on the 
upper tell-tale. This screenoff could prevent gravel placement over the main 
completion interval. When no upper tell-tale is used, the screen or slotted 
liner should be extended above the completion interval before the blank 
tubing is added so that a gravel reserve is available. Because of gravel 
settling, part of the gravel reserve volume will be filled if well deviations do 
not exceed approximately 60°. Sometimes, a lower tell-tale screen is used 
with slurry packing. If a lower or upper tell-tale screen is not used with this 
system, the washpipe is attached to the bottom of the screen section. 

Staged Prepacks and Acid Prepacks 

Productivity can usually be increased when perforations are prepacked with 
gravel immediately before the major gravel pack is pumped. The prepack 
provides a more complete gravel fill of the perforation and as a result, it 
increases perforation permeability. The gravel pack prevents perforations 
from collapsing of filling with formation sand (Hall and Pace, 1990). 

Hall and Pace reported that the best results were achieved when alternating 
stages of acid treatment and gravel slurry were displaced in volumes 
sufficient to treat 20 to 30 ft of the well interval. Therefore, if the treatment 
interval is 100 ft, then four or five phases of acid and slurry will be needed 
to provide enough gravel-pack material for the entire interval. 
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Water-Packs and High-Rate Water-Packs 

As its name suggests, a water-pack uses water as a carrier fluid for gravel-
pack sand. Because the polymer residue from slurry packing could 
potentially damage formation permeability, water-packs have become a 
popular alternative to slurry packing in recent years. Water-packs can help 
form very tightly packed annular packs, but they have a high leakoff rate in 
high-permeability zones, which can result in bridging in the screen/casing 
annulus. This bridging can then cause premature screenout of the treatment.  

High-rate water-packs were developed to overcome the high leakoff 
problems encountered with standard water-packs in high-permeability 
formations (Rensvold, 1978; Ledlow and Johnson, 1993; Penberthy and 
Shaughnessy, 1992). High-rate water-packs are usually preceded by an acid 
prepack, and they place far more sand (up to 700 lb/ft of perforations) since 
they exceed the formation-parting pressure. Other successful high-rate 
water-pack treatments have been reported from geopressured reservoirs 
where very little differential has existed between static formation pressure 
and formation parting pressure (Penberthy and Shaughnessy, 1992). 

Although the term water-pack suggests that only water is used for proppant 
transport, a lightly gelled slurry (25 lb HEC/Mgal) is frequently pumped 
(Penberthy, 1988). The danger that zonal isolation may be compromised is 
possible with high-rate water-packs, just as it is with fracpack completion 
services. Tracer log data from some water-packed wells indicate that 
incomplete entry of the tracer over the entire interval height has occurred, 
leaving only the high-permeability area of the zone packed. Therefore, only 
wells with formations that can sufficiently resist fracture height growth are 
candidates for high-rate water-packing. Since the pumping rate, fluid 
volume, and pressure in this type of completion are large, the tools used 
must withstand the more severe well conditions. If tools are not properly 
selected, downhole equipment failures could be caused by collapse and flow 
erosion. Both the fines in the fluid stream and the return flow rate must be 
controlled so that the possibility of screen erosion during the packing 
operation is limited.  

Fracpacks 

Fracpack treatments are a special type of gravel-packing in which the 
volume of sand placed outside the perforations far exceeds the volume of 
the voids behind the pipe. The theory and methods used to optimize this 
type of gravel-pack treatment are discussed in High-Permeability Fracturing.  

Summary 

The given technique is chosen on the basis of economics. A number of 
factors have a relationship to completion cost. These factors include  

• Design simplicity  
• Minimal rig time through the elimination of trips  
• Minimal rig floor assembly time  
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• Well depth  
• Well control problems (fluid loss, high-pressure zones)  
• Zone spacing and the number of zones to be completed  
• Bottomhole pressure, temperature, and fluids  
• Availability of surface pumping and blending equipment  
• Required well completion life  
• Workover costs  
• Safety considerations  

Each of these items contributes to the system selection process. These 
decisions also vary geographically.  

Mechanical Job Designs 

Effective mechanical sand exclusion requires good job execution and a good 
gravel-pack design. The primary objective of the application should be to 
control the production of formation sand without excessively reducing well 
productivity. During the job design process, the parties involved must 
choose a pack-sand grade, a screening device, a carrier fluid, chemical 
pretreatments, and placement techniques. The first step of the job design is 
to evaluate the formation that requires the gravel pack.  

Formation Characteristics 

Formation permeability influences the type of carrier fluid that will optimize 
leakoff during pack placement. Sieve analysis can reveal the formation's 
average structural grain size, allowing job designers to determine the correct 
grain size of pack sand. Knowledge of the formation mineralogy, usually 
measured by X-ray diffraction instrumentation, helps job designers identify 
troublesome feldspars and clay minerals that are prone to swell and/or 
migrate as fluids are produced through the pack. 

The relationship between the particle size distribution of a given formation 
sand and the critical size required for gravel-pack sand is significant. 
Therefore, job designers must distinguish the size of the load-bearing solids 
from the size of formation fines. Fines are very small particles of loose solid 
materials in the pore spaces of nearly all sandstone reservoirs. Produced 
fines likely originate at the interface between the gravel pack and the near-
well formation, rather than from distant points in the reservoir. The higher 
flow velocities near the well probably contribute to increased fines mobility in 
this region. 

The integrity of the formation analysis depends on the quality of the sample 
used in the analysis (Himes, 1986; Maly and Krueger, 1971). The most 
accurate and preferred sample type is a full core obtained during drilling 
across the expected interval that will be completed. However, this type of 
sample is expensive to obtain, especially if the exact completion interval is 
unknown, and long intervals of formation must be cored.  

Bailed or produced samples are generally unacceptable because sample 
segregation can occur, resulting in produced samples that include finer 
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material and bailed samples composed of the coarser fractions. These 
samples tend to represent an average of the particle sizes across the 
interval, and the representative average is usually larger than the finest 
sands in the formation. 

Obtaining samples of the formation with a wireline sidewall coring tool or 
gun is the most popular method. The gun is run into the open hole before it 
is cased, and a hollow core barrel is fired through the filter cake into the 
formation of interest. Therefore, the formation material obtained is of the 
immediate wellbore region. This formation material is usually flushed with 
drilling fluid filtrate that penetrates the formation before filter-cake buildup; 
therefore, cores that are taken subsequently are usually contaminated with 
drilling fluid clays. Contamination with these fines can lead to erroneous 
results during sample analysis. The amount of artificially introduced fines 
can be as high as 30% by weight. Since most of this material is 20 m or 
smaller, a sieve analysis of these samples will be skewed toward a smaller 
size and result in a D50f value that is much smaller than the true value; 
consequently, a finer pack-sand is recommended, and lower productivity 
may result. 

Two acceptable methods are used for determining the particle size of 
formation sand. The first method is a sieve analysis, in which a sample is 
cleaned of oils and nonformation constituents, and then dried and passed 
through a specific set of sieves. For all comparative analyses, the industry 
has adopted the US mesh series, which consists of a standard series of 12 
sieves and a bottom pan. In this series, each sieve opening has twice the 
cross-sectional area as the sieve below it in the series. Table 15- 4 lists the 
sieve numbers and their opening sizes.  

Table 15-4 Standard Series of 12 Sieves for a Sample Analysis 

US Sieve Number Sieve Opening (in.) 

10 0.0787 

20 0.0331 

30 0.0232 

40 0.0165 

60 0.0098 

80 0.0070 

100 0.0059 

120 0.0049 

140 0.0041 

170 0.0035 

200 0.0029 

325 0.0017 

The sieve analysis is performed according to ASTM Procedure C135-84A, 
which requires that the portion of the sample retained on each sieve is 
weighed, and that a weight percentage is calculated. When graphically 
displayed, the sieve analysis data can reflect the sizes of the component 
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grains and their comparative contribution as a percentage of weight. Figure 
15- 5 shows how the D50f point of an analysis is determined graphically.  

 

Figure 15- 5 A Typical Sieve Analysis Plot Showing the Value of the D50f Point (in.), 
Found by Extending a Perpendicular Line Down from the D50f Point on the Curve 

This point represents the median grain diameter of the formation tested. 
Although other significant points along the sieve curve have been used for 
calculating a pack-sand size, especially where nonuniform sands are 
involved, the D50f point is nearly universally accepted for this purpose.  

A second method is to use an electronic particle-counter. Suitable 
instruments for this task use either the principle of light blockage or laser 
beam technology to sort the constituent grains of the sample according to 
size. Some of these instruments have variable size ranges that can be 
examined. Most instrumentation uses selected size channels (usually 
designated in m) that roughly correspond to the sizes of the US mesh 
series of sieves discussed earlier. These instruments can calculate the D50 
point and other points of the sample, and they can also produce the typical 
S-shaped curve shown in Figure 15- 5, from which the D50f point and grain 
size distribution of the sample can be observed. Instrumental sizing methods 
generally require smaller sample volumes, reduce the likelihood of human 
error, and allow for more complete particle separation than measurements 
taken through the use of dry sieving (Figure 15-5).  
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Pack-Sand Selection Criteria 

One of the most important parameters in a gravel-pack design is the ratio of 
the gravel grain size, D50p, to the formation sand grain size, D50f. When the 
D50p/D50f ratio is high, the oversized pack-sand will allow the invasion of 
formation sand, which reduces the overall permeability of the packed zone 
(often to less than the native reservoir's permeability). Conversely, if 
undersized gravel is used, it will provide excellent sand control, but it may 
jeopardize productivity in certain situations.  

Figure 15-6 shows that maximum permeability occurs when the D50p/D50f 
ratios are less than or greater than 10.  

 

Figure 15-6 Effect of D50p/D50f Ratios on Sand Control and Pack Permeability, after 
Saucier (1974) 

Specifically, a ratio of approximately 6 provides the maximum gravel-pack 
permeability with good sand control. At a ratio of 15, the pack permeability 
is good, but sand control is poor because the formation sand tends to move 
into the pack-sand. At a ratio of 10, the formation sand can move into the 
gravel pack, but it will have difficulty moving through it, causing a severe 
loss in overall productivity (Suman et al., 1983; Saucier, 1974; Hill, 1941). 

Many years of field-proven experience have shown that a D50p/D50f ratio of 5 
to 6 helps compensate for possible sampling errors or a lack of samples from 
the entire zone in question. A suggested procedure for properly determining 
a workable grade of pack-sand is as follows (Figure 15-7):  
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Figure 15-7 Relationship of Pack to Formation Grains at D50p/D50f = 5 

1. Determine the D50f value from a representative formation 
sample.  

2. Multiply that value by 5, which results in the D50p.  
3. Compare the calculated D50p required to the values in Table 

15-5 (for API grades of pack-sand).  
4. Select the grade of API-approved pack-sand from Table 15-5 

that is nearest to the calculated value.  

Table 15-5 Recommendations for Pack-Sands and Screen Devices 

D50f Times Factor 5 
to 5.5 (in.) 

Recommended Grade 
of Pack-Sand 

Recommended Slot 
Width (in.) 

Recommended 
Screen Wire Spacing 
(in.) 

0 to 0.0125 50 to 70-mesh NA 0.006 

0.0125 to 0.017 40 to 60-mesh NA 0.008 

0.017 to 0.023 30 to 50-mesh NA 0.01 

0.023 to 0.030 20 to 40-mesh NA 0.012 

0.030 to 0.0455 16 to 30-mesh 0.016 0.016 

0.0455 to 0.0595 12 to 20-mesh 0.025 0.025 

0.0595 to 0.0715 10 to 12-mesh 0.035 0.035 

0.0715 and Larger 8 to 12-mesh 0.05 0.05 
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Screen Selection Criteria 

The screen is not the primary source of sand stoppage in a gravel-pack 
completion. Instead, the gravel-pack sand is primarily responsible for 
stopping the formation sand from moving toward the wellbore. Therefore, 
the screen must be 100% effective in retaining the gravel-pack sand in 
place. 

Screen quality covers a variety of properties: flow capacity, tensile strength, 
collapse strength, and corrosion resistance (Figure 15-8).  

 

Figure 15-8 Cut-Away of a High Quality All-Welded Pipe-Base Wire-Wrapped Screen 

Most high-quality oilwell screens are constructed of alloys that have 
maximum strength and resistance to the fluids in the well. Suggested alloys 
include 304 stainless steel, 316D stainless steel, and Incoloy 825 for high-
temperature use. These screens include a densely perforated center pipe for 
support against collapse and gauge distortion. The keystone-shaped screen 
wire minimizes plugging from particles that are small enough to enter from 
the exterior. This keystone-shaped wire is wrapped with the smaller 
dimension toward the mandrel, which reduces clogging since only a minimal 
contact area exists between the wire and particle. The screen is joined by a 
high-strength weld with an external wrap wire to each vertical support rod. 
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The gauge of the screen should be consistent throughout the tool, ranging 
from ± 0.001/0.002 in. 

In addition to the above features, prepack screen quality can be assessed on 
the basis of the uniformity of its sand-pack bed; the bed should have no 
voids. Any movement of the prepack sand bed within the screen indicates a 
poorly packed product.  

The length of the production screen depends on the length of the perforated 
interval. The general rule in high-density slurry packs is to use a 5-ft overlap 
below the bottom of the perforated interval and a 5- to 12-ft overlap above 
the top of the perforated interval. This overlap maximizes productivity and 
possibly compensates for any depth measurement errors involving the 
location of the sump packer in relation to the perforations. If the well 
deviation is increased to more than 40° to 50° from vertical, the overlap 
above the top of the perforated interval should be increased. Experience in a 
particular field or formation will also influence the amount of top overlap 
required. 

For proper gravel-pack installation and operation, an annular clearance of ¾ 
in. to 1 in. between the OD of the screen and the ID of the casing is 
necessary. The greater the annular clearance, the greater the pack 
placement and function efficiency. Pack placement problems and premature 
sand bridging in the annulus most frequently occur when the annular 
clearance is less than ¾ in. Table 15-6 shows suggested screen OD 
measurements in relation to various casing sizes. 
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Table 15-6: Recommended Screen Diameters for Adequate Gravel-Pack 
Annulus 

  4 1/2 5 5 1/2 

Casing OD 
(in.) 

Max. ID Min. ID Max. ID Min. ID Max. ID Min. ID 

  4.09 3.826 4.56 4.00 5.044 4.548 

Base pipe 
OD (in.) 

1.66 1.315 1.9 1.66 2.375 1.90 

Screen Wire-
Wrap OD 
(in.)  

2.26 1.94 2.55 2.26 2.97 2.55 

Clearance 
(in.) 

0.92 0.94 1.01 0.87 1.04 1.00 

              

  6 6 5/8 7 

Casing OD 
(in.) 

Max. ID Min. ID Max. ID Min. ID Max. ID Min. ID 

  5.524 5.132 6.135 5.675 6.538 5.92 

Base pipe 
OD (in.) 

2.875 2.375 3.50 2.875 4.00 3.50 

Screen Wire-
Wrap OD 
(in.)  

3.48 2.97 4.13 3.48 4.5 4.13 

Clearance 
(in.) 

1.02 1.08 1.00 1.10 1.02 0.90 

              

  7 5/8 8 5/8 9 5/8 

Casing OD 
(in.) 

Max. ID Min. ID Max. ID Min. ID Max. ID Min. ID 

  7.125 6.435 8.097 7.511 9.063 8.125 

Base pipe 
OD (in.) 

4.50 4.00 5.50 5.00 6.625 5.50 

Screen Wire-
Wrap OD 
(in.)  

5.12 4.50 6.19 5.64 7.23 6.19 

Clearance 
(in.) 

1.00 0.97 0.96 0.95 0.92 0.97 

The annular clearance should allow the screen to be washed over easily 
during any subsequent workovers that might be required. Anything less than 
a ¾-in. clearance is not recommended because of the extreme difficulty in 
washing over the screen.  

Manufacturers of wire-wrapped screens express the space between the wires 
in units of 0.001 in., which is referred to as the gauge of the screen. The 
correct screen gauge is chosen according to the grade of pack-sand that the 
screen will have to retain. Since 100% retention of all of the pack-sand is 
essential during all phases of well life, the decision cannot be safely based 
on simple sand bridging. A method for determining the safest wire spacing is 
described in the following paragraphs.  
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The smallest pack-sand grains are represented by the highest mesh number 
in the grade designation. For example, 60-mesh (0.0097-in. diameter) is the 
smallest grain size in a 60/40 grade of pack-sand. To safely retain 60/40-
mesh pack-sand, the screen gauge should be 0.5 to 0.9 times 0.0097 in., or 
0.0049 in. to 0.0088 in. Therefore, a 6-gauge screen should be selected. The 
spacing between the wire should be 0.5 to 0.9 times the diameter of the 
smallest pack-sand grains (Figure 15-9). 

 

Figure 15-9 Detail of Well Screen Wires Relative to the Vertical Rods 

Gravel-Pack Job Calculations 

Pack-Sand Volume Required 

The next stage in the design of the gravel pack is determining the amount of 
pack-sand required for the treatment. Generally, a worksheet containing 
information about the geometry of the well is completed (Table 15-7).  

Table 15-7 Job Calculation Worksheet 

1) Depth of the top of the sump packer 5) Inside diameter of casing 

2) Length of O-ring sub 6) Outside diameter of screen 

3) Length of Tell-tale screen 7) Length of rathole 

4) Length of sump packer seal 8) Void volume outside of perforations 

This worksheet focuses specifically on the spaces that will be occupied by 
pack-sand. The standard supplier issue for gravel-pack sand is in 100-lb 
units (one sack), and the standard sack is considered to occupy 1 ft3. 
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Therefore, all of the worksheet information must be converted to cubic feet, 
as shown in the following equations. 

Step 1—Sand Volume Required to Fill Casing/Screen Annulus (Figure 
15-10) 

(15-1) 

where Vsa is the sand volume required to fill the annulus, Ls is the combined 
screen length, h is the height of sand above the screen (with a volume 
surplus of 40 to 60 ft), and Va is a volume factor (ft3/ft).  

 

Figure 15-10 Well Diagram Showing the Position of Sand Packed in the Annulus 

Step 2—Additional Sand Volume Required to Fill the Rathole (When 
no Sump Packer is Used) (Figure 15-11) 

(15-2) 

where Vsr is the sand volume required to fill the rathole, Lr is the rathole 
length, and Vc is the volume factor for the casing of hole.  
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Figure 15-11 Well Diagram Showing the Position of Sand Packed in the Rathole 

Step 3—Sand Volume Required for Outside the Wellbore, Perforation 
Tunnels and the Formation (Figure 15-12) 

(15-3) 

where Vsf is the sand volume for the formation, Lp is the length of the 
perforated interval, and F is the volume factor for sand outside the 
perforations (usually 1 ft3/ft). 
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Figure 15-12 Well Diagram Showing the Position of Sand Packed in the Perforation 
Tunnels 

Step 4—Total Sand Required (Figure 15-13) 

(15- 4) 

where Vst is total sand volume. For the calculation of total sand weight,  

(15-5) 

where Wst is total sand weight and is the density factor (100 lb/ft3). 
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Figure 15-13 Sand Placement for the Entire Gravel Pack 

Carrier-Fluid Volume 

The volume of carrier fluid required to place 10 ft3 (1000 lb) of sand has 
been calculated for various sand concentrations per gallon of fluid. Ten cubic 
feet of sand occupies a real volume of 6.5 ft3 (48.62 gal) based on a specific 
gravity of 2.63 (for true all-silica sand) and an absolute volume of 0.0456 
gal/lb. Table 15-8 shows the carrier-fluid requirements and slurry volumes 
for multiples and partial increments of 10 ft3 of sand.  
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Table 15-8 Carrier Fluid Requirement and Slurry Volume to Place 10 ft3 of 
Sand 

Sand per Gallon of Fluid (lb) Total Slurry Volume (gal)  Carrier Fluid Volume (gal) 

1.00 1122.91 1074.29 

2.00 585.77 537.14 

3.00 406.72 358.10 

4.00 317.20 268.57 

5.00 263.48 214.87 

6.00 227.67 179.05 

7.00 202.09 153.47 

8.00 182.91 134.29 

9.00 167.99 119.36 

10.00 156.05 107.43 

11.00 146.29 97.66 

12.00 138.15 89.52 

13.00 131.26 82.64 

14.00 125.36 76.74 

15.00 120.24 71.62 

When carrier-fluid volumes are determined for a job, additional fluid is 
usually set aside for use as a prepad ahead of the sand slurry and as push 
pad following the slurry. The recommended volume of additional fluid varies 
highly throughout the industry, but 6 to 10 bbl is common for most slurry-
packing operations.  

Predicting Job Outcome by Computer Modeling 

Sand-control engineers can use a variety of versatile computer programs to 
evaluate different gravel-pack designs. These programs allow engineers to 
simulate a gravel-pack treatment and track the treatment's progress from 
initial placement through screenout (Figure 15-14).  



 753 

 

Figure 15-14 Use of Computer Software to Generate an Optimum Gravel-Pack 
Design 

Most numerical simulators model the flow of slurry in the wellbore during a 
gravel pack. Each fluid stage, from the surface to downhole, is assigned its 
own fluid rheological properties and solids loading. The pumping can be in 
the upper circulation, lower circulation, or squeeze mode. 

Model input screens prompt the user to include detailed parameters from the 
reservoir, the fluids/slurry anticipated, the packer and tools, and well 
geometry. These research parameters must be thoroughly researched and 
properly entered before the model can perform accurate and realistic job 
predictions.  

Chemical Consolidation Techniques 

One of the most compelling reasons to consider chemical consolidation 
rather than other types of sand exclusion is that allows the wellbore to be 
free of tools, screens, and pack-sand. In certain instances, chemical 
consolidations can also be performed on the hole without a rig. 

Sand exclusion by chemical consolidation involves the process of injecting 
chemicals into naturally unconsolidated formations as a means of providing 
grain-to-grain cementation. For formation sand consolidation to occur with 
just the contact points of the grain cemented (which creates a continuous 
flow matrix), excess resin material must be displaced from pore spaces by 
an overflush fluid at some time in the sequential treatment process. 
Techniques for successfully accomplishing chemical consolidation are some 
of the most sophisticated in completion work. 
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Chemical sand consolidation treatments are formulated to coat individual 
particles of sand and lock them in place without significantly sacrificing 
permeability. With the sand consolidated into a hard, permeable mass 
around the perforations, sand production is minimized and hydrocarbon 
production is possible for many years (Figure 15-15). 

 

Figure 15-15 Sand Grains Locked Together by In-Situ Resin Consolidation, Leaving 
Pore Spaces Open to Flow 

Before a chemical consolidation can be seriously considered, the treatment 
zone must meet all necessary criteria that will allow the systems to function 
successfully (Table 15-1). Although exceptions exist, the following criteria 
must be met (Suman et al., 1983; Murphey et al., 1974):  

• Zone length must generally be no more than 25 ft so that 
resin and hardener chemicals can be accurately directed to the 
targeted area.  

• Zone temperature should not exceed 280°F so that chemicals 
can be properly placed.  

• Formation permeability should be equal to or greater than 100 
md or higher, with less than 15% presence of clays and 
feldspars.  

• The formation must contain less than 5% calcareous material.  
• The zone must be cased, correctly cemented, and perforated.  

The long-term durability of the resin treatment for a chemical consolidation 
varies. If the previously listed conditions are met to an optimum degree, 
sand-free service has been documented for as long as 10 years; in other 
situations, however, sand production may return in only a few months.  
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The treatment's degree of success depends on the ultimate well conditions 
imposed and the exact method of consolidation selected (Resvold, 1982). 
Because of the inherent difficulties associated with chemical consolidation 
methods, they have a lower success rate than gravel packs. Most failures 
(either short life, or incomplete sand stoppage) can be traced to conditions 
that exceed the limits of the chemical system used.  

Internally Activated Systems 

Internally activated systems consist of an epoxy resin that contains a 
hardener and accelerator. Most of these systems are very time-dependent 
and react rapidly at high temperatures, resulting in a limited amount of 
working time. Hardening of the resin begins at the surface. These systems 
have limited success in very hot wells or in zones that have high clay 
content. A major internally activated system ensures that all resin placed is 
mixed with hardener. Under most conditions, these systems demonstrate 
better-than-average durability.  

Externally Activated Systems 

Externally activated or overflush systems, as they are sometimes called, use 
a high-yield furan resin solution. Permeability is established when a specific 
volume of spacer is pumped into the formation. This spacer displaces all but 
a residual resin coating at the grain-to-grain contact points. Afterward, an 
overflush hardener solution containing an extremely reactive acid component 
is pumped. A surfactant, which helps the resin adhere to the sand while 
extracting the hardener solution's reactive component, also causes the resin 
to polymerize (Figure 15-16). 

 

Figure 15-16 Application of In-Situ Resin Consolidation Steps for Internally 
Hardened System 

Externally activated epoxy systems are also available. Overflushes can be 
either hydrocarbon or aqueous. Normally, overflushes contain a hardener or 
accelerator chemical, and some are viscous to improve sweep efficiency. In 
cases where a two-step overflush is used, one flush restores permeability 
and the second introduces a cure activator. 
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Application  

The amount of resin solution required for a given application is based on 
establishing a cylinder of consolidated formation that is 4 ft in diameter. 
Theoretically, formation inconsistencies nearly always interfere with uniform 
penetration of the resin solution. For a cylinder of consolidated formation in 
typical Miocene sands, 80 to 90 gal of consolidating fluid is required per foot 
of formation, based on 20% to 30% porosity. This cylindrical matrix provides 
some casing support and minimizes particle migration. The greater the 
cylinder's theoretical diameter, the lower the flow velocity at the extremity. 
Therefore, particles are less likely to be transported at lower velocities.  

If a consolidation technique is selected for use on an older well that has 
produced an appreciable quantity of sand, the well should be packed with 
clean sand before consolidation. When the liquid resin is pumped into the 
formation through a cavity or loose zone, uniform distribution of liquid resin 
is difficult if not impossible. Restressing the formation to some degree is also 
desirable. 

Even if a well or zone meets all the qualifying parameters, other possible 
objections to performing chemical consolidation include (1) environmental 
considerations, (2) logistic and storage problems, (3) lack of experience, and 
(4) the increased cost of resins and treating chemicals. 

Combination Methods 

Combination methods are sand exclusion methods that incorporate chemical 
technology, usually resins, to enhance conventional gravel-packing, with or 
without screens. Two types of resin applications are available for 
combination treatments: (1) semicured resin coatings can be used on 
seemingly dry sands with proven latent reactivity, and (2) highly reactive, 
liquid resins can be mixed with hardeners and applied to the pack grains just 
before the treatment is pumped into the well.  

Semicured Resin-Coated Pack Gravels 

Semicured, resin-coated gravel products are characteristically high-purity, 
round, crystalline silica sand or bauxite. The base mineral grains are coated 
with a heat-reactive phenolic resin formulation that contains additives that 
promote uniform behavior under temperature, fluid, and closure stress. The 
resin coating accounts for 2 to 4% of the products' weight. The resin is 
formulated to securely bond to the sand-grain surface. A typical 20/40-mesh 
round sand has a resin layer less than 0.001 in. thick. The product is dry to 
the touch and remains chemically active when sufficient heat is applied 
(Sinclair and Graham, 1977). This condition is referred to as a "B" stage 
cure. The ultimate and final cure occurs when temperatures above 130° F 
are applied for sustained periods. When bottomhole temperatures are low, 
heated oil or water can be circulated to further warm the resin-coated 
particles and help them bond together. If heated fluids are not used, 
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bonding chemicals should be used. These chemicals consist of alcohols and 
surfactants that soften the resin coating and promote self-adhesion. 

In the deliverable form, most curable resin-coated gravel products meet API 
RP58 specifications and are delivered to the wellsite in 100-lb bags. A 
variety of mesh sizes are offered. 

The resin coating is tough and slightly deformable, which helps prevent 
crushing, embedding, and flowback after treatments. These resin-coated 
particles can bond together behind screens or casing with heat or chemical 
aids. After placement, the bonded, resin-coated gravel is locked into place 
for long periods. The phenolic resin base used in semicured, resin-coated 
gravel materials provides excellent resistance to HCl and HF attack. Future 
acid cleanout treatments should have little effect on the coating's integrity or 
strength. The coating helps protect the sand from hot water dissolution to 
temperatures as high as 600° F. 

Curable, resin-coated gravel products are versatile and can be added as 
regular gravel to the water or gelled fluid; they can be placed with 
conventional equipment in a linerless gravel pack or behind a screen or 
slotted liner. However, since little closure stress is on the resin-coated gravel 
in these situations, maximum possible strength is seldom attained. Extended 
shut-in times must often be used so that bond strength can increase.  

When correctly placed behind a screen or liner, resin-coated gravel can form 
a permanent downhole filter, preventing the pack from shifting or mixing 
with formation fines when the well is opened or shut in. To a limited extent, 
resin-coated gravel is used outside cased gravel packs in high-rate wells 
and/or for long intervals.  

Under some conditions, RCS has successfully patched existing gravel-pack 
screens and liners. During a successful repair, resin-coated particles are 
injected into the holes of a failed screen or liner. After the particles bond, 
those remaining in the screen are removed, leaving the hole repaired. 

These semicured, resin-coated products are commonly used in the 
manufacture of prepacked screens and liners. Once tight grain-to-grain 
contact is attained in the tool, optimum heat curing is applied under 
controlled conditions. As a result, instead of being loose and mobile, the 
resin-coated particles within the screen lock together to provide extra 
protection against particle abrasion and/or erosion. 

Liquid Resin-Coated Pack Gravel 

Procedures to resin-coat pack-sands and pack gravels with liquid resins have 
been successfully applied and commercially available for several years. 
These processes differ significantly from ones that feature semicured resin 
coatings. The liquid resin solution is job-mixed and added to the sand-carrier 
fluid slurry. Variations of these processes use either an internal or an 
external resin hardener system. Through processes of chemical attraction, 
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liquid resin is preferentially drawn to the silica sand surfaces instead of well 
tubular goods.  

For the internally hardened variations, hardeners, adhesion promoters, and 
coating aids are added to the liquid resin at the surface. The base resin for 
these systems is predominantly an epoxy. If required, excess resin can be 
added to the process, which will permit consolidation of the pack-sand as 
well as some of the adjacent formation.  

Externally hardened systems also begin with liquid resin mixtures added to 
the sand-fluid slurries. Preferential sand coating with resin also occurs in 
these processes. When the well no longer accepts the resin-coated sand, the 
sand slurry remaining in the wellbore is circulated out, leaving the hole 
clean. This cleanout is followed by a spacer and catalyst solution that harden 
the resin-coated sand packed into the perforation and beyond.  

Performing these treatments is similar to performing a gravel pack, except 
the pack-sand ultimately becomes resin-consolidated, and, theoretically, 
eliminates the need for screening devices. Several variations of placement 
procedures are available; some can be continuously blended while others 
must be batch-mixed.  

A common procedure, used in perforated-cased holes requires the use of a 
viscosified carrier fluid and high concentrations of pack-sand. The sand 
concentration may be as high as 15 lb/gal. The internally hardened resin 
concentration is usually 1 gal of resin per sack of pack-sand used. During 
mixing, the resin coats the pack-sand in the slurry. No provision is made for 
excess resin to coat any of the formation face, except at the interface. The 
sand, which has a tacky resin coating, remains dispersed and suspended in 
the carrier fluid. The mixture is pumped to the sanding zone in the well 
(Figure 15-17).  
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Figure 15-17 Application of Resin-Coated Sand Slurry 

Because of the high sand concentration, little carrier fluid is lost to the 
formation. Since the system is internally catalyzed, flushing out the tacky 
sand remaining in the wellbore is difficult. Therefore, the entire mass is 
allowed to set up, and the sand remaining in the casing is drilled out before 
production (Figure 15-18). 
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Figure 15-18 After the sand grains are locked together, the sand in the casing is 
drilled out, leaving the wellbore clear 

A second procedure used in perforated-cased completions is to disperse 
resin with low concentrations of sand in a thin carrier fluid in a mixing tank. 
The sand-to-carrier fluids ratio is normally ½ lb/gal. The externally hardened 
resin-to-sand ratio is from 3 to 5 gal/sk. During mixing, some of the resin 
automatically coats the pack-sand, and the excess resin remains dispersed 
in the carrier fluid. As the mixture is pumped, the resin-coated sand screens 
off against the formation and in the perforation tunnels. As the carrier fluid 
moves into the formation, tight grain-to-grain contact is established in the 
pack-sand. The excess resin in the carrier fluid can coat some of the 
formation sand. When the well no longer takes any more coated sand, the 
solids left in the wellbore can be circulated out. The cleanout, in this 
situation, is followed by a spacer and catalyst solution. This treatment 
results in a consolidation of both the pack-sand and the formation sand. 

Horizontal Gravel-Packing 

Openhole horizontal completions may be extremely difficult to achieve in 
unconsolidated or weakly consolidated sandstone formations because the 
horizontal hole is more likely to collapse and fill. Unless certain safeguards 
are implemented during drilling, the hole will likely collapse before a gravel 
pack can be performed.  

Gravel-packing of high-angle cased wells with long perforated intervals can 
now be successfully completed sand-free with minimal production loss. Much 
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of the technology used for gravel-packing these highly deviated wells will 
also likely be used for the successful gravel-packing of true horizontal 
completions (Elson et al., 1984). 

Some carrier fluid technology used for vertical wells cannot be successfully 
used for gravel-packing in high-angle holes. For example, as a gelled carrier 
fluid breaks back in a vertical wellbore, excess sand in the annular reservoir 
above the production screen tends to settle and fill any voids in the pack. In 
a true horizontal gravel pack, the same gravity that corrects a poor gravel 
pack in a vertical wellbore actually leaves a void across the entire upper side 
of the annulus. In addition, gravity permits sand that has packed into the 
upper perforations to settle back into a loosely packed annulus (Schroeder, 
1987; Elson et al., 1984). 

Variables that Affect Sand Delivery 

According to test results, for a sand-pack without voids, optimum grain-to-
grain contact must occur the instant that fluid motion is stopped in a 
horizontal gravel-packing operation. Therefore, any fluid that does not 
provide for either complete leakoff or complete sand settling could 
potentially result in a poorly packed annulus. 

For gravel-packing horizontal wells, the wellbore deviation is not a variable, 
nor for all practical purposes are the sand size and density. Therefore, to 
achieve efficient sand-packing, we are restricted to the variables associated 
with (1) either the carrier fluid viscosity and density, (2) the sand 
concentration used, and (3) the fluid velocity. 

On the basis of field experience and model testing, the following conclusions 
can be made concerning fluid choice:  

• Gelled fluids with 100% sand suspension ability are available, 
such as xanthan gum gels. However, these gels are generally 
not good horizontal gravel-pack fluids because of their very 
low fluid-loss rate to the formation. To ensure a tight pack, 
the carrier fluid should have extremely high fluid loss.  

• Hydroxyethyl cellulose (HEC) carrier fluids have good sand 
suspension and better fluid-loss capabilities than xanthan, but 
they tend to leave voids in the pack because of slow gel-
breaking and the retarded development of a tight sand-pack in 
the annulus.  

Pump Rate and Fluid Velocity 

The term pump rate is often misused as related to gravel-pack operations. 
Actually, under these circumstances, pump rate is really referring to the fluid 
velocity in the annulus or through individual perforations.  

The design parameter of pump rate (fluid velocity) directly affects packing 
efficiency. Tests have shown that in highly deviated wells, a rate increase 
from 0.6 to 1.0 bbl/min increased the percentage of packed volume from 
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approximately 60% to approximately 93%. At 1.4 bbl/min, the packed 
volume increased to approximately 96%. An increase in placement rate 
virtually eliminates bridges formed in the annulus between the blank pipe 
and casing above the perforations (Peden et al., 1984). 

If we assume that the gel carrier fluid does not have 100% sand suspension 
capabilities because it was selected to maintain a good fluid loss and allow 
for quick sand settling, we must determine a compensating pump rate 
(velocity). The velocity of the carrier fluid through a perforation is affected 
by two limitations:  

• The maximum velocity through a perforation must not exceed 
a rate that would cause a jetting action on the formation, 
which would intermix the formation sand and pack-sand.  

• The minimum velocity through a perforation must be high 
enough to ensure that the pack-sand will flow into the 
perforation and not past it.  

Some studies have shown that viscous carrier fluids provide more efficient 
perforation packing than brine carrier fluids. This same study also showed 
that at lower flow rates, the viscous systems tended to pack irregularly, 
which indicates that higher rates will be beneficial in horizontal gravel packs.  

Alpha and Beta Wave Progression Through the Annulus 

The basic method for horizontal sand-packing with brine is a two-step 
procedure, which includes an alpha wave sand deposition in one direction 
and a beta wave sand deposition in the opposite direction (Dickerson and 
Anderson, 1987). Water-based sand slurry is pumped down the vertical 
workstring out the horizontal portion of the screen-casing annulus. The 
slurry flow rate is controlled so that the slurry velocity is above 7 ft/sec 
within that tubing. The 7-ft/sec velocity is generally required for the pack-
sand to become a slurry.  

At the crossover exit into the annulus, the velocity of the slurry rapidly drops 
to about 1/2 ft/sec (0.2 m/s) in a normal 4-in. (10-cm) borehole in the 
formation. The sand immediately falls out of slurry suspension, and a sand 
dune rapidly builds up in the borehole, both in the forward direction (away 
from the vertical wellbore) and in the reverse direction (back toward the 
vertical wellbore). The sand dune fills the horizontal borehole annulus to 
about 70 to over 90% fill. This deposition is known as the alpha wave sand 
deposition. 

The wedge-shaped form of the leading edge of the deposited dune of sand 
proceeds at about 1 ft/min (0.5 cm/s) back toward the vertical wellbore. The 
carrier water fluid splits into two paths within the horizontal borehole. After 
depositing its sand burden, the main portion of the water progresses through 
the washpipe and back to the wellbore. The other portion of the brine enters 
the formation, depending upon its permeability.  
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The brine velocity in the ullage flow space appears to stabilize automatically. 
If the water velocity is greater than 1 to 3 ft/sec (30 to 91 cm/s), the sand is 
washed ahead to open a larger ullage flow space. If the water velocity is less 
than 1 to 3 ft/sec (30 to 91 cm/s), the sand deposits more rapidly to fill in 
and reduce the cross section of the ullage flow space. Based upon many 
experiments with widely varying conditions of flow, sand concentration, and 
sand size and shape, this sand deposition process appears to be self-
regulating. 

The actual movement of sand in the ullage space is not caused by the 
development of slurry. Instead, the sand moves through the hopping 
(saltation) of individual sand grains along the top of the sand dune, much 
like the sedimentation process in a river bed. 

The leading edge of the sand dune progresses toward the toe of the wellbore 
until it reaches the end of the screen. At this point, the beta wave deposition 
of sand in the horizontal borehole is performed. In this beta wave, the sand 
flows out automatically and simultaneously from the toe of the wellbore back 
toward the heel end of the horizontal borehole along the ullage flow space.  

The sand movement in the beta deposition occurs in successive waves, 
during which the sand moves in a wedge-shaped front along the flat top of 
the sand dune, which had been placed in the alpha wave. After the water 
propels the sand along the dune top (by saltation), the water then either 
moves into the formation or is returned by the crossover tool to the surface. 
The final result is a fully packed horizontal borehole with a screen in place. 

Sand Concentration 

The design parameter of sand concentration affects the quality of the gravel 
pack. Gruesbeck et al. (1978) illustrated that "packing efficiency in deviated 
wellbores increases with (1) lower gravel concentration, (2) decreased 
particle diameter, (3) decreasing particle density, (4) higher fluid density, 
(5) higher flow rates, and (6) increasing resistance to fluid flow in the 
tailpipe annulus."  

In most horizontal completions, the leakoff rate should be relatively uniform, 
since the permeabilities should be relatively uniform. Compensation for 
some nonuniformity can be accomplished through the use of fluid-loss 
additives and larger pad volumes ahead of the gravel-pack slurry. These 
fluid-loss additives and larger pad volumes leaked off to the formation can 
temporarily modify the injection profile, allowing a more uniform slurry loss 
to the formation while reducing the potential for a premature sand bridge 
across a higher-permeability interval. Additional compensation can also be 
accomplished by small reductions in sand concentration and increased pump 
rates. 
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Placement Procedure and Tool Configuration 

A number of decisions must be made during the design of a horizontal 
completion system. These decisions affect both the tools that will be run and 
the operational aspects of running the completion and completing the well. 

The job design must be simple to improve reliability and should be 
integrated so that all components work together efficiently. If the job will be 
performed offshore, the service provider should preassemble as many tools 
as possible to accelerate rig floor assembly. If possible, the tools should be 
run in a lower-cost, less harsh environment so that compatibility can be 
ensured. Before anything is finalized, the completion tools that extend to the 
surface should be specified and checked for compatibility. A completion 
design that does not allow access to tools lower in the completion or a 
design that restricts flow should be corrected before the design of the 
horizontal tool system is completed.  

Service company personnel should carefully review and be able to complete 
all aspects of the completion procedures that are developed. These 
procedures should provide extensive details of all operations so that the job 
will be performed smoothly without the need for problem-solving and 
decision-making. Checkpoints, operational warnings, contingency plans for 
difficult operations, and setting depths should all be carefully considered. 
Fluid-loss control and well control considerations should also be included as 
part of both the primary procedure and contingency plans so if decisions 
must be made quickly, they will not severely impact cost or productivity. For 
offshore operations, rig-floor assembly should also be discussed as a means 
of ensuring thorough planning and efficient operation. Future access to the 
formation to remove fluid-loss devices, bring the well on line and perform 
service operations must also be considered. All of these preparations provide 
a means of measuring success and improving future well completions. 

More complex horizontal tool completion systems allow fluids to be circulated 
within the wellbore. The primary circulation path is down the workstring and 
out the shoe at the end of the string. Reverse-circulating is also possible if 
the system has a shoe that allows circulation in both directions. This shoe 
must be closed later to prevent the influx of sand. After the packer is set, 
the circulating paths are commonly alternated from the heel (the area below 
the packer) to the toe (the wash shoe at the very end of the completion 
string). This circulation pattern can be used for displacing fluid-loss materials 
and drilling solids, and/or for stimulating to remove filter cake. It can be 
followed by a discrete washing of the screen section with cup-packer 
washing tools. 

Once the well has been stimulated and the workstring is removed, a number 
of mechanical and chemical fluid-loss options exist that can control the well 
while the uphole completion is run and the wellhead is landed. These options 
include ceramic flappers, pressure-operated reverse flappers, and carbonate 
fluid-loss materials.  

Once the well is controlled, the workstring can be pulled and completion 
equipment can be run for the uphole completion. Often, the completion 
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equipment is operated just as it would be in a conventional vertical well 
completion. Equipment should be chosen based on the need for future 
access to the horizontal section and the possibility that coiled tubing may 
have to be run through flow-control devices.  

Liner/Tailpipe Ratio 

Numerous studies (Schroeder, 1987; Elson et al., 1984; Peden et al., 1984; 
Dickerson and Anderson, 1987) have concluded that the liner/tailpipe ratio is 
probably the most critical aspect of gravel-pack design. For horizontal well 
completions, this ratio is even more critical. These studies indicate that a 
ratio of 0.8 or greater is mandatory for the successful gravel-packing of 
horizontal well completions. The magnitude of the problem and limitations of 
this chapter do not allow for a more detailed discussion of this very 
important aspect. However, extensive studies reporting on this critical 
aspect of gravel-pack design are listed in the reference section. 

Screen/Casing Clearance 

Studies indicate that the screen/casing clearance directly affects pack 
efficiency. If the clearance is reduced, velocity will increase, which improves 
sand transport efficiency. Under these circumstances, however, a greater 
tendency for premature sand bridging in the screen/casing annulus will occur 
for two reasons:  

• A reduced screen/casing annulus will increase the resistance 
to flow, which increases flow in the screen-tailpipe annulus.  

• Reduced volume in the screen/casing annulus increases the 
effect of slurry dehydration as fluid leaks off to the formation.  

Therefore, in horizontal wells, the most desirable means of reducing the 
tendency for premature sandoff in the screen/casing annulus is to increase 
the size of the annulus and decrease the sand concentration. Based on the 
above conclusions, the radial screen/casing clearance for gravel-packing 
horizontal completions should range from 1.0 to 1.5 in.  

Perforation Phasing 

The industry has two seemingly conflicting views on perforation phasing in 
horizontally cased wells. Some experts recommend perforating only the 
lower half of the casing or some portion of the bottom half of casing. Others 
recommend perforating radially around the total casing circumference. 
Extensive literature is available regarding perforation size, shot density, and 
perforation penetration as they relate to gravel-packing and sand control, 
but very few references are available regarding perforation phasing as it 
relates to sand control or gravel-packing. Current practices indicate that 
horizontal wells should be perforated either 360° or the bottom 120° to 
180°. 
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Introduction 

Since it was first used to improve production from marginal wells in Kansas 
in 1946 and its rapid, widespread acceptance in the early 1950s, massive 
hydraulic fracturing (MHF) has become the dominant completion technique 
in the U.S.In 1993, 40% of new, completed oil wells and 70% of gas wells 
were fracture-treated (Fig. 16-1).  

 

Figure 16-1 The Importance of Hydraulic Fracturing 

With improved modern fracturing capabilities and the advent of high-
permeability fracturing (HPF), also referred to as a fracpack or other 
variants, the industry is increasingly recognizing the tremendous advantages 
of fracturing most wells. Even near water or gas contacts, prospects 
considered the bane of fracturing, HPF is being applied, because it offers 
controlled fracture extent and limits drawdown (Mullen et al., 1996; Martins 
et al., 1992).  
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The rapid ascent of high-permeability fracturing from a few isolated 
treatments before 1993 (Martins et al., 1992; Grubert, 1990; Ayoub et al., 
1992) to some 300 treatments per year in the U.S. by 1996 (Tiner et al., 
1996) suggests that HPF is becoming a dominating optimization tool for 
integrated well completion and production and one of the major recent 
developments in petroleum production (Table 16-1). 

Table 16-1. Fracturing Role Expanded 

Permeability Gas Oil 

Low k < 0.5 md k < 5 md 

Moderate 0.5< k < 5 md 5 < k < 50 md 

High k > 5 md k > 50 md 

As recently as 1993, hydraulic fracturing was considered simply a means of 
production enhancement, and was used almost exclusively for low-
permeability reservoirs. The large fluid leakoff and unconsolidated sands 
associated with high-permeability formations would ostensibly prevent the 
initiation and extension of a single, planar fracture with sufficient width to 
accept a meaningful proppant volume. Moreover, such fracture morphology, 
even if successfully created and propped, would be incompatible with the 
defined needs of moderate- to high-permeability reservoirs, which require 
large conductivity (width). 

The key feature in high-permeability fracturing is the tip-screenout (TSO) 
technique, which arrests lateral fracture growth and allows for subsequent 
fracture inflation and packing. The result is short but exceptionally wide 
fractures. While in traditional, unrestricted fracture growth an average 
fracture width of 0.25 in. would be considered normal, in TSO treatments, 
widths of 1 in. or even larger are commonly discussed.  

Fundamental modeling and field evidence have suggested that HPF 
treatments are primarily effective because they bypass near-well damage 
(DeBonis et al., 1994; Grubert, 1990; Hannah et al., 1993; Hunt et al., 
1994; Martins et al., 1992; Montagna et al., 1995; Monus et al., 1992; 
Mullen et al., 1994; Patel et al., 1994; Reimers and Clausen, 1991; Smith et 
al., 1987; Stewart et al., 1995a and 1995b; Wong et al., 1993). This benefit 
is both the controlling and the necessary mechanism for appreciable 
production enhancements from HPF jobs.  

Fundamentally, high-permeability fracturing would always result in a 
negative skin effect, although it would be of much smaller absolute value 
than the skins obtained in low-permeability reservoirs. However, post-
treatment positive skins have been measured in many wells and these must 
be attributed to the connectivity (choke) between the well and the fracture. 
This connectivity is related, for instance, to the number and condition of the 
perforations, and the fracture tortuosity from its initiation direction to its 
ultimate propagation direction. These issues are addressed in Section 16-6.3 
because, although they affect all fractures, they have a particularly serious 
effect on the low conductivity expected in high-permeability treatments. 
Thus, although from an "accounting" point of view, a pretreatment skin 
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effect of 10 compared to a post-treatment skin of 5 would imply a skin 
reduction equal to 5, in reality, the pretreatment skin of 10 is totally 
eliminated and supplanted by a new skin equal to 5. This issue is important 
because it suggests the direction of indicated improvements in these types 
of stimulation treatments. 

While production enhancement is of primary importance, there are actually a 
number of reasons to consider fracturing a high-permeability formation:  

• Bypassing formation damage  
• Controlling sand deconsolidation  
• Reducing fines migration and asphaltene production  
• Reducing bottom water coning  
• Improving communication between reservoir and wellbore  
• Stimulating wells  

In contrast to virtually all conventional hydraulic fracturing, positive post-
treatment skin effects are possible after HPF treatments. This effect is 
commonly attributed to fracture-face damage that results from excessive 
fluid leakoff, but non-Darcy flow in the formation and especially in the 
fracture may also be a reasonable hypothesis.  

It is interesting that HPF (fracpack) treatments did not necessarily originate 
as an extension of hydraulic fracturing—although they borrowed heavily 
from established techniques—but rather as a means of sand-production 
control. In controlling the amount of surface sand production, two distinctly 
different activities can be performed downhole: sand exclusion and sand 
deconsolidation control. Sand exclusion refers to all filtering devices such as 
screens and gravel packs. Gravel-packing, the historically preferred well 
completion method to remedy sand production, is one such technique. These 
techniques do not prevent sand migration in the reservoir, so fines migrate 
and lodge in the gravel pack and screen, causing large damage skin effects. 
Well performance progressively deteriorates and is often not reversible with 
matrix stimulation treatments. Attempts to stem the loss in well 
performance by increasing the pressure drawdown often aggravates the 
problem further and may potentially lead to wellbore collapse. 

A more robust approach is the control of sand deconsolidation, the 
prevention of fines migration at the source. It is widely perceived that the 
use of HPF accomplishes this by mating with the formation in its (relative) 
undisturbed state and reducing fluid velocities or "flux" at the formation 
face. 

Actually, three factors contribute to sand deconsolidation: (1) pressure 
drawdown and the resulting flux of the fluid, (2) the strength of the rock and 
integrity of the natural cementation, and (3) the state of stress. Of these 
three, the only factor that can be readily altered is the distribution of flow 
and pressure drawdown. With the introduction of formation fluids to the well 
along a more elongated path, such as a hydraulic fracture or horizontal well, 
it is entirely possible to reduce the fluid flux and, in turn, control sand 
production. 
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Of course, little can be done to affect the state of stress. The magnitude of 
earth stresses depends primarily on reservoir depth and to some extent, 
pressure, and the situation becomes more complicated at depths of 3000 ft 
or less. Pressure maintenance with gas or water flooding may be 
counterproductive unless maintenance of reservoir pressure allows economic 
production at a smaller drawdown. While various innovations have been 
suggested to remedy the incompetent formations or improve on natural 
cementation—for example, by introducing complex well configurations 
(Section 16-8.2) or various exotic chemical treatments—relatively little can 
be done to control this factor, either. Rock mechanics issues were discussed 
more broadly in Rock Mechanics in Wellbore Construction.  

In light of the discussion above, it should not be surprising that HPF is 
rapidly replacing gravel packs in many petroleum provinces that are 
susceptible to sand production. As with any stimulation technique that 
results in a productivity index improvement (defined as the production rate 
divided by the pressure drawdown), the operator is responsible for allocating 
this new productivity index either to a larger rate or a lower drawdown, or 
any combination of the two. 

The present trend in HPF indicates a marked departure from the heritage of 
gravel-packing, incorporating more and more from hydraulic-fracture 
technology. This trend can be seen, for instance, in the fluids and proppants 
applied. While the original fracpack treatments involved sand sizes and 
"clean" fluids common in gravel-packing, now the typical proppant size for 
hydraulic fracturing (20/40-mesh) seems to be dominant. The increasing 
application of crosslinked fracturing fluids also supports the trend. 

For this reason, the term high-permeability fracturing (HPF) seems more 
appropriate than fracpack, and this term will be used throughout the 
chapter. 

In the following section, HPF is compared in a semiquantitative way, to 
competing technologies. This comparison is followed by a discussion of the 
key issues in high-permeability fracturing including design, execution, and 
evaluation. 

HPF vs. Competing Technologies 

Gravel pack  

The term gravel pack refers to the placement of gravel (actually, carefully 
selected and sized sand) between the formation and the well as a means of 
filtering out (retaining) reservoir particles that migrate through the porous 
medium. A "screen" is used to hold the gravel pack itself in place. This 
manner of excluding reservoir fines from flowing into the well causes an 
accumulation of fines in the near-well zone and an attendant reduction in 
gravel-pack permeability (i.e. damage). 

The progressive deterioration of gravel-pack permeability (increased skin 
effect) leads, in turn, to a decline in well production. Increasing the pressure 
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drawdown to counteract production losses can result in accelerated pore-
level deconsolidation and additional sand production. 

Any productivity index relationship, e.g. the steady-state expression for oil, 
can be used to demonstrate this point: 

(16-1) 

If we assume that k = 50 md, h = 100 ft, B = 1.1 res bbl/STB, = 0.75 cp 
and ln re/rw = 8.5, the productivity indexes for an ideal (undamaged), a 
relatively damaged (s = 10), and a typical gravel-packed well (s = 30) 
would be 5, 2.3 and 1.1 STB/d/psi, respectively. For a drawdown of 1,000 
psi, these productivity indexes would result in production rates of 5000, 
2300 and 1100 STB/d, respectively. Clearly, the difference in production 
rates between the ideal and gravel-packed wells can be considerable and 
very undesirable. 

High-permeability fracturing under the same scenario would combine the 
advantages of propped fracturing to bypass the near-wellbore damage and 
gravel-packing to provide effective sand control. Figure 16-2 is the classic 
presentation of fracture-equivalent skin effect (Cinco and Samaniego, 1978) 
in terms of dimensionless fracture conductivity, CfD (= kfw/kxf), and the 
fracture half-length, xf. 

 

Figure 16-2 Pseudoskin Factor of a Vertical Well Intersected by a Finite-Conductivity 
Vertical Fracture (After Cinco-Ley et al., 1978) 

As shown in Fig. 16-2, even with a lackluster hydraulic fracture (CfD = 0.5) 
and short fracture length (xf = 50 ft), the skin effect, sf (using again rw = 
0.328 ft), would be equal to -3. 
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A negative skin effect equal to -3 applied to Eq. 16-1 yields a productivity 
index of 7.7 STB/d/psi, more than a 50% increase over the ideal PI, and 
seven times the magnitude of a damaged gravel-packed well. Even with a 
damaged fracture (leakoff-induced damage as described by Mathur et al., 
1995) and a skin equal to -1, the productivity index would be 5.6 STB/d/psi, 
a five-fold increase over a damaged gravel-packed well. 

This calculation brings forward a simple, yet frequently overlooked issue. 
Small negative skin values have a much greater impact on well performance 
than comparable magnitudes (absolute value) of positive skin. Furthermore, 
in the example calculation, a five-fold increase in the productivity index 
suggests that the production rate would increase by the same amount if the 
drawdown is held constant. Under an equally possible scenario, the 
production rate could be held constant and the drawdown reduced to 1/5 its 
original value. Any other combination between these two limits can be 
envisioned. The utility of high-permeability fracturing is, thus, compelling. 

High-Rate Water Packs 

As shown in Table 16-2, distilled from recent empirical data collected and 
reported by Tiner et al. (1996), high-rate water packs seem to have an 
advantage over gravel packs, but they do not provide the productivity 
improvement of HPF. 

Table 16-2. Skin Values Reported by Tiner et al. (1996) 

Gravel-pack High-Rate Water Pack HPF 

+5 to +10, excellent +2 to +5, reported 0 to +2, normally 

+40 and higher are 
reported 

    

This improvement over gravel packs is reasonable because of the additional 
proppant placed in the perforation tunnels. 

While not shown in the table, the performance of these completions over 
time is also of interest. It is commonly reported that production from high-
rate water packs (as in the case of gravel packs) deteriorates with time. By 
contrast, Stewart et al. (1995), Mathur et al. (1995), and Ning et al. (1995) 
all report that production may progressively improve (skin values may 
decrease) during the first several months after an HPF treatment. 

Performance of Fractured Horizontal Wells in High-Permeability 
Formations 

Two of the most important recent developments in petroleum production are 
horizontal wells and high-permeability fracturing. Considerable potential is 
possible when the two technologies are combined. Horizontal wells can be 
drilled either transversely or longitudinal to the fracture azimuth. The 
transverse configuration is appropriate for low-permeability formations and 
has been widely used and documented in the literature. The longitudinally 
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fractured horizontal well warrants further attention, specifically in the case of 
high-permeability formations. HPF often results in low dimensionless-
conductivity hydraulic fractures, yet such fractures installed longitudinally in 
horizontal wells in high-permeability formations can have the net effect of 
installing a (relative) high-conductivity streak in an otherwise limited-
conductivity flow conduit. Using a generic set of input data, Valkó and 
Economides (1996) showed discounted revenues for 15 cases that 
demonstrate this point.  

Table 16-3 shows that for a given permeability, the potential for the 
longitudinally fractured horizontal well is always higher than that of a vertical 
well, and that the horizontal well may approach the theoretical potential of 
an infinite-conductivity fracture when realistic fracture widths are 
considered. 

Table 16-3 Discounted Revenue in $ Millions US  

Configuration  k = 1 md k = 10 md k = 100 md 

Vertical well 0.73 6.4 57.7 

Horizontal well 3.48 14.2 78.8 

Fractured vertical well, 
CfD = 1.2 

2.59 13.4 89.6 

Fractured horizontal 
well, CfD = 1.2 

3.88 16.3 95.8 

Infinite-conductivity 
fracture (upper bound 
for both horizontal and 
vertical well cases) 

3.91 16.3 103.3 

Furthermore, Valkó and Economides showed that the horizontal well 
fractured with 10-fold less proppant (CfD = 0.12) still outperforms the 
fractured vertical well for k = 1 and 10 md, and that the horizontal well is 
competitive at 100 md. In fact, for the range of 1 to 10 md, even a 100-fold 
reduction in fracture width (CfD = 0.012) is more than enough. Thus, with 
the longitudinal configuration, orders-of-magnitude less fracture width (than 
that suggested for a fractured vertical well) might be sufficient to achieve a 
certain production goal.  

Key Issues in HPF 

Tip-Screenouts 

The critical elements of high-permeability fracturing treatment design, 
execution and interpretation are substantially different than for conventional 
fracturing treatments. In particular, HPF relies on a carefully timed tip-
screenout (TSO) to limit fracture growth and allow for fracture inflation and 
packing (Fig. 16-3).  
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Figure 16-3 Width Inflation with the Tip-Screenout Technique 

The TSO occurs when sufficient proppant has concentrated at the leading 
edge of the fracture to prevent further fracture extension. Once fracture 
growth has been arrested (and assuming the pump rate is larger than the 
rate of leakoff to the formation), continued pumping will inflate the fracture 
(increase fracture width). This TSO and fracture inflation should be 
accompanied by an increase in net fracture pressure. Thus, the treatment 
can be conceptualized in two distinct stages: fracture creation (equivalent to 
conventional designs) and fracture inflation/packing (after tip-screenout ).  

Figure 16-4 (after Roodhart et al., 1993) compares the two-stage HPF 
process with the conventional single-stage fracturing process.  
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Figure 16-4 Comparison of Conventional and HPF Design Concepts (After Wong et 
al., 1995) 

Creation of the fracture and the arrest of its growth (tip-screenout) is 
accomplished by injecting a relatively small pad and a 1 to 4-lb/galsand 
slurry. Once fracture growth has been arrested, further injection builds 
fracture width and allows injection of high-concentration (10 to 12-lb/gal) 
slurry. Final areal proppant concentrations of 20 lb/ft2 are not uncommon. 
The figure also illustrates the common practice of retarding injection rate 
near the end of the treatment (coincidental with opening the annulus to 
flow) to dehydrate/pack the near wellbore and screen. Rate reductions may 
also be used to force tip-screenout in cases where no TSO event is observed 
on the downhole pressure record. 

Industry experience suggests that the tip-screenout can be difficult to 
model, affect, or even detect. The many reasons for this difficulty include a 
tendency toward overly conservative design models (resulting in no TSO), 
partial or multiple tip-screenout events, and inadequate pressure monitoring 
practices.  

It is now well accepted that accurate bottomhole measurements are 
imperative for meaningful treatment evaluation. Calculated bottomhole 
pressures are unreliable because of the dramatic friction pressure effects 
associated with pumping high sand concentrations through reduced-ID 
tubulars and service-tool crossovers. Surface data may indicate that a TSO 
event has occurred when the bottomhole data shows no evidence, or the 
opposite may be true. Even in the case of downhole pressure data, there has 
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been some discussion regarding where measurements should be taken. 
Friction and turbulence concerns have caused at least one operator to 
conclude that bottomhole pressure data should be collected from below the 
crossover tool (washpipe gauges) in addition to the data collected from the 
service tool bundle (Mullen et al., 1994).  

The detection of tip-screenout is discussed further in Section 16-7 along with 
the introduction of a simple screening tool to evaluate bottomhole data.  

Net Pressure and Fluid Leakoff Considerations 

The entire HPF process is dominated by net pressure and fluid leakoff 
considerations, first because high-permeability formations are typically soft 
and exhibit low elastic modulus values, and second, because the fluid 
volumes are relatively small and leakoff rates are high (high permeability, 
compressible reservoir fluids, and non-wall-building fracturing fluids). As 
described previously, the tip-screenout design itself also affects net 
pressure. While traditional practices applicable to design, execution, and 
evaluation in MHF continue to be used in HPF, these are frequently not 
sufficient. 

Net Pressure, Closure Pressure, and Width in Soft Formations 

Net pressure is the difference between the pressure at any point in the 
fracture and the fracture closure pressure. This definition involves the 
existence of a unique closure pressure. Whether the closure pressure is a 
constant property of the formation, or it depends heavily on the pore 
pressure (or rather on the disturbance of the pore pressure relative to the 
long-term steady value) is an open question. 

In high-permeability, soft formations it is difficult (if not impossible) to 
suggest a simple recipe to determine the closure pressure as classically 
derived from shut-in pressure decline curves (Section 16-4.3.2). 
Furthermore, because of the low elastic modulus values, even small, induced 
uncertainties in the net pressure are amplified into large uncertainties in the 
calculated fracture width.  

Fracture Propagation 

Fracture propagation, the availability of sophisticated 3D models 
notwithstanding, is not yet a well-described phenomenon. Recent studies 
(Chudnovsky, 1996) emphasize the stochastic character of this propagation 
in competent hard-rock formations. No serious attempt has been made to 
describe the physics of fracture propagation in soft rock, but it is reasonably 
expected to involve incremental energy dissipation and more severe tip 
effects (with the effect of increasing net pressures). Again, because of the 
low modulus values, an inability to predict net-pressure behavior may lead 
to significant differences between predicted and actual treatment 
performance. Ultimately, the classic models may not reflect even the main 
features of the propagation process.  
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Currently, fracture propagation and net-pressure features are "predicted" 
through the use of a computer fracture-simulator. This trend of substituting 
clear models and physical assumptions with "knobs" such as (1) arbitrary 
stress barriers, (2) friction changes (attributed to erosion, if decreasing, and 
sand resistance, if increasing) and (3) poorly understood properties of the 
formation expressed as dimensionless "factors," does not help clarify the 
issue. 

Leakoff in the High-Permeability Environment 

Considerable effort has been expended on laboratory investigation of the 
fluid leakoff process for high-permeability cores. A comprehensive report can 
be found in both Vitthal and McGowen (1996) and McGowen and Vitthal 
(1996). The results raise some questions about how effectively fluid leakoff 
can be limited by filter-cake formation.  

In all cases, but especially in high-permeability formations, the quality of the 
fracturing fluid is only one of the factors that influence leakoff, and it is often 
not the determining one. Transient fluid flow in the formation might have an 
equal or even larger impact. Transient flow cannot be understood by simply 
fitting an empirical equation to laboratory data; the use of models based on 
solutions to the fluid flow in porous media is an unavoidable step.  

Fundamentals of Leakoff in HPF 

In the following, three models are considered that describe leakoff in the 
high-permeability environment. Use of the traditional Carter leakoff model 
requires some modification for use in HPF as shown. (Note: While this model 
continues to be used almost exclusively across the industry, it is not entirely 
sufficient for the HPF application.) An alternate, filter cake-based leakoff 
model has been developed based on the work by Mayerhofer et al. (1993). 
The most appropriate but not yet widespread leakoff model for high-
permeability formations may be that of Fan and Economides (1995), which 
considers the series resistance caused by (1) the filter cake, (2) the 
polymer-invaded zone, and (3) the reservoir. While the Carter model is the 
most common in current use, the models of Mayerhofer et al. and Fan and 
Economides represent important building blocks and provide a conceptual 
framework for understanding the critical issue of leakoff in HPF. 

Fluid Leakoff and Spurt Loss as Material Properties: The Carter 
Leakoff Model with Nolte's Power Law Assumption 

To make use of material balance, the term VL, the lost volume, must be 
described. For rigorous theoretical development, VL is the volume of liquid 
entering the formation through the two created fracture surfaces of one 
wing. There are two main philosophies concerning leakoff. The first considers 
the phenomenon as a material property of the fluid/rock system. The basic 
relation (called the integrated Carter equation, also provided in Well 
Stimulation) is given in consistent units as 
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(14-18) 

where AL is the area and VL is the total volume lost during the period from 
time zero to time t. The integration constant, Sp, is called the spurt-loss 
coefficient, which is measured in meters. It can be considered as the width 
of the fluid body passing through the surface instantaneously at the very 
beginning of the leakoff process, while is the width of the fluid body 
following the first slug. The two coefficients, CL and Sp, can be determined 
from laboratory tests.  

As discussed in more detail in Well Stimulation, Eq. 17-18 can be visualized 
assuming that the given surface element "remembers" when it has been 
opened to fluid loss and has its own "zero" time, which might be different 
from location to location on a fracture surface. Points of the fracture face 
near to the well are opened at the beginning of pumping while the points at 
the fracture tip are "younger." Application of Eq. 17-18 or of its differential 
form necessitates the tracking of the opening time of the different fracture-
face elements, as discussed in Well Stimulation.  

The second philosophy considers leakoff as a consequence of flow 
mechanisms into the porous medium and uses a corresponding 
mathematical description.  

Filter Cake Based Leakoff Model According to Mayerhofer et al. 

The method of Mayerhofer et al. (1993) describes the leakoff rate using two 
parameters that are physically more realistic than the leakoff coefficient: (1) 
filter-cake resistance at a reference time and (2) reservoir permeability. It is 
assumed that these parameters (R0, the reference resistance at a reference 
time t0, and kr, the reservoir permeability) have been identified from a 
minifrac diagnostic test. In addition, reservoir pressure, reservoir fluid 
viscosity, porosity, and total compressibility are assumed to be known. 

Total pressure gradient from inside a created fracture out into the reservoir, 
p, at any time during the injection, can be written as  

(14-26) 

where pface is the pressure drop across the fracture face dominated by the 
filter cake, ppiz is the pressure drop across a polymer-invaded zone, and 
pres is the pressure drop in the reservoir. This concept is shown in Fig. 16-5. 
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Figure 16-5 Filter Cake Plus Reservoir Pressure Drop in the Mayerhofer et al. (1993) 
Model 

In a series of experimental works using typical hydraulic fracturing fluids 
(e.g. borate and zirconate-crosslinked fluids) and cores of permeability less 
than 5 md, no appreciable polymer- invaded zone was detected. This 
simplifying assumption is not valid for linear gels such as HEC (which do not 
form a filter cake), and the assumption may break down for crosslinked 
fluids at higher permeabilities, (50+ md). Thus, at least for crosslinked 
fluids, the second term in the right side of Eq. 17-26 can reasonably be 
ignored, yielding 

(16-2) 

The filter-cake pressure term is proportional to R0, the characteristic 
resistance of the filter cake. The transient pressure drop in the reservoir can 
be re-expressed as a series expansion of pD, the dimensionless pressure 
function describing the behavior of the reservoir (unit response); tD is the 
dimensionless time calculated with the maximum fracture length reached at 
time tn, and rp is the ratio of permeable height to the total height (hp/hf). 
With rigorous introduction of these variables and considerable 
rearrangement (not shown), an expression for leakoff can be written that is 
useful for both hydraulic fracture propagation and fracture-closure modeling: 
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(16-3) 

This expression allows for determination of the leakoff rate at time instant tn, 
if the total pressure difference between the fracture and the reservoir is 
known, as well as the history of the leakoff process. The dimensionless 
pressure solution, pD(tDn – tDj-1), has to be determined with respect to a 
dimensionless time that considers the actual fracture length at tn.  

The model can be used to analyze the pressure fall-off subsequent to a 
fracture injection (minifrac) test, as described by Mayerhofer et al. (1995). 
The method needs more input data than the similar analysis based on the 
Carter leakoff approach, but it offers the distinct advantage of differentiating 
between the two major factors of the leakoff process, filter-cake resistance 
and reservoir permeability. 

Polymer-Invaded Zone-Based Leakoff Model of Fan and Economides 

The leakoff model of Fan and Economides (1995) concentrates on the 
additional resistance created by the polymer-invaded zone. The total driving 
force behind fluid leakoff is the pressure difference between the fracture face 
and the reservoir, pfrac - pi, which is equivalent to the sum of the following 
three separate pressure drops taken across the filter cake, in the polymer-
invaded zone, and in the reservoir: 

(16-4) 

The fracture treating pressure is equivalent to the net pressure plus fracture 
closure pressure (minimum horizontal stress). When a non-filter-cake fluid is 
used, the pressure drop across the filter cake is negligible, which is the case 
for many HPF treatments. The physical model of this situation, (i.e., fluid 
leakoff controlled by polymer invasion and transient reservoir flow), is 
depicted in Fig. 16-6.  
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Figure 16-6 Fluid Leakoff Model with Polymer Invasion and Transient Reservoir Flow  

The polymer invasion is labeled in the figure as Region 1, while the region of 
reservoir fluid compression (transient flow) is denoted as 2. 

By employing conservation of mass, a fluid-flow equation, and an 
appropriate equation of state, a mathematical description of this fluid leakoff 
scenario can be written. As a starting point, Eq. 16-5 describes power-law 
fluid behavior in the porous medium: 

(16-5) 

where  is the system compressibility, k is the formation permeability, u is 
the superficial flow rate, n is the power law fluid-flow behavior index, is the 
formation porosity, and  

is the fluid effective viscosity where K' is the 
power-law fluid consistency index. 

Combining the description of the polymer-invaded zone and the reservoir, 
the total pressure drop is given by Fan and Economides (1995) as  

(16-6) 

where  
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At given conditions, Eq. 16-6 can be solved iteratively for the variable . 
Once the value of is found for a specified total pressure drop, the leakoff 
rate is calculated from 

(16-7) 

In other words, the factor /(2 ) can be considered a pressure-dependent 
apparent leakoff coefficient. 

Treatment Design and Execution 

In contrast to the preceding section, which was quite theoretical 
(appropriately so) and dealt fundamentally with key issues involved in high-
permeability fracturing, especially leakoff, this section will provide practical 
detail as to the current best practice being applied in HPF design and 
execution. 

Most HPF treatments are done with mechanical sand control equipment in 
place. While this is not always the case, and while there are many potential 
variations, a generalized job sequence follows:  

1. Perforate the formation.  
2. Run the gravel-pack screen assembly.  
3. Spot/soak acid to clean up perforations.  
4. Perform and interpret pretreatment diagnostic tests.  
5. Design the TSO pumping schedule based on design 

variables from diagnostic tests.  
6. Pump the TSO treatment until screenout or until the 

volume needed to form an annulus pack remains in 
workstring.  

7. Slow the pump rate to 1 to 2 bbl/min and open the annulus 
valve to circulate in and dehydrate an annular pack.  

8. Shut down the pumps when tubing pressure reaches its 
safe upper limit.  

9. Prepare the well for production.  

Perforations 

It is widely agreed that establishing a conductive connection between the 
fracture and wellbore is critical to the success of HPF, but no consensus or 
study has emerged that gives definitive direction. In the context of high 
permeability and maximizing conductivity and fluid flow rate, a common 
response is to shoot the entire target interval with high shot-density and 
large holes (12 shots/ft with "big hole" charges). Concerns with clean 
formation breakdown (single-fracture initiation), near-well tortuosity, and 
perforations that are not packed with sand (especially in screenless HPFs) 
cause some operators to use just the opposite treatment: perforating the 
middle of the target zone only (possibly modifying the treatment up or down 
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based on stress contrast) with a limited number of 0º or 180º phased 
perforations. Arguments are made for and against underbalanced vs. 
overbalanced perforating: underbalanced perforating may cause formation 
failure and cause the guns to "stick," while overbalanced perforating 
eliminates a cleanup trip but may negatively impact the completion 
efficiency.  

Solvent or other scouring pills are commonly circulated to the bottom of the 
workstring and then reversed out to remove scale, pipe dope, or other 
contaminants before they are pumped into the formation. Several hundred 
gallons (10 to 25 gal/ft ) of 10 to 15% HCl acid will then typically be 
circulated or bullheaded down to the perforations and be allowed to soak, (to 
improve communication with the reservoir by cleaning up the perforations 
and dissolving debris in the perforation tunnel). Some operators are 
beginning to forego the solvent and acid cleanup (obviously to reduce rig 
time and associated costs) from the perspective that, in HPF, the damaging 
material is pumped deep into the formation and will not seriously impact well 
performance. 

Mechanical Considerations 

The vast majority of HPF treatments have been performed with the 
mechanical sand-control equipment in place. However, in some early jobs, 
the tip-screenout and gravel pack were done in two steps separated by a 
cleanout trip. Concerns with fluid loss/damage to the fracture and a desire to 
eliminate all unnecessary expense eventually discouraged this two-step 
approach. More recently, there is a trend toward screenless HPFs as 
described in Section 16-8.1. 

Early treatments were plagued by rate and erosion-resistance limitations of 
the gravel-pack tools. Enlarged crossover ports have now been incorporated 
in the gravel-pack tools of all the major service companies, which minimize 
friction and erosion problems and allow for very aggressive treatment 
designs. The aggressive pumping schedules, in turn, have given rise to 
another problem: Tiner et al.(1996) report several instances where the blank 
liner above the screen has been collapsed at screenout. They suggest that 
the pressure outside the blank rises quicker than the internal pressure, 
resulting in a collapse of this "weak link." The suggested remedy is the use 
of P-110 grade pipe for the blank.  

Limitations were also evident in the surface equipment used on early 
treatments. The tendency was to approach these treatments (especially 
offshore) as an oversized gravel-pack operation. While HPF volumes are 
relatively small for a fracture treatment, the high rates (20 bbl/min is 
common) and high proppant concentrations (up to 16 or 18 lb/gal) require 
high horsepower. Undersized gravel-pack units were often used in early 
jobs; otherwise, miscellaneous onshore fracturing units were hobbled 
together and placed on barges. This practice resulted in many failed 
treatments. Today, dedicated skid-mount units with fixed manifolds are 
widely available and provide adequate horsepower (including standby) within 
stringent space and weight limitations. Reliable mixing and blending 
equipment is now available to achieve the various fluid and additive 
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specifications of HPF, including very-low to very-high proppant 
concentrations and slurry rates. Other than these considerations, the surface 
equipment is common to that used in conventional MHF operations.  

Pretreatment Diagnostic Tests 

The objective of pretreatment diagnostic tests (referred to as fracture 
calibration tests, minifracs, datafracs, etc.) is to determine within 
engineering bounds, the value of various parameters that govern the 
fracturing process. Fracture closure pressure (considered in most cases as 
equivalent to the minimum horizontal in-situ stress) and the fluid leakoff 
coefficient (used to describe bulk leakoff behavior) are the most common 
targets and are especially important in HPF as discussed previously. 
However, other information may also be sought or inferred, such as (1). 
fracture extension or propagation pressure (often referred to as formation 
parting pressure or FPP), (2) potential perforation or near-wellbore friction, 
(3) evidence of fracture-height containment, and (4) reservoir permeability.  

Several features unique to high-permeability fracturing make well-specific 
design strategies highly desirable if not essential: (1) fracture design in soft 
formations is very sensitive to leakoff and net pressure, (2) the controlled 
nature of the sequential tip-screenout/fracture inflation and packing/gravel-
packing process demands relatively precise execution strategies, and (3) the 
treatments are very small and typically "one-shot" opportunities. 
Furthermore, methods used in hard-rock fracturing for determining critical 
fracture parameters a priori (geologic models, log and core data or Poisson's 
ratio computational models based on poroelasticity) are of limited value or 
not yet adapted to the unconsolidated, soft, high-permeability formations. 

The preceding discussion of advanced leakoff models and their applicability 
to pressure falloff analysis notwithstanding, three tests (with variations) 
form the current basis of pretreatment testing in high-permeability 
formations: step-rate tests, minifrac tests, and pressure falloff tests. 

Step-Rate Tests 

The step-rate test (SRT), as implied by its name, involves injecting clean gel 
at several stabilized rates, beginning at matrix rates and progressing to 
rates above fracture extension pressure. In a high-permeability 
environment, a test may be conducted at rate steps of 0.5, 1, 2, 4, 8, 10, 
and 12 bbl/min, and then at the maximum attainable rate. The injection is 
held steady at each rate step for a uniform time interval, typically 2 or 3 min 
at each step.  

In principle, SRTs are intended to identify the fracture extension pressure 
and rate. The stabilized pressure (ideally bottomhole pressure) at each step 
is classically plotted on a Cartesian graph vs. injection rate. The point at 
which a straight line drawn through those points that are obviously below 
the fracture extension pressure (dramatic increase in bottomhole pressure 
with increasing rate) intersects with the straight line drawn through those 
points above the fracture extension pressure (minimal increase in pressure 
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with increasing rate) is interpreted as the fracture extension pressure. The 
dashed lines on Fig. 16-7 illustrate this classic approach.  

 

Figure 16-7 Ideal SRT—Radial Flow with No Fracturing 

While the conventional SRT is operationally simple and inexpensive, it is not 
necessarily accurate. A Cartesian plot of bottomhole pressure versus 
injection rate, in fact, does not generally form a straight line for radial flow 
in an unfractured well. Simple pressure transient analysis of SRT data 
through the use of de-superposition techniques shows that with no 
fracturing, the pressure vs. rate curve should exhibit upward concavity. 
Thus, the departure of the real data from ideal behavior may occur at a 
pressure and rate well below that indicated by the classic intersection of the 
straight lines (Fig. 16-7).  

The two-SRT procedure of Singh and Agarwal (1988) is more fundamentally 
sound. However, given the relatively crude objectives of the SRT in high-
permeability fracturing, the conventional test procedure and analysis may be 
sufficient.  

The classic test does indicate several things:  

• Upper limit for fracture-closure pressure (useful in analysis of 
minifrac pressure falloff data)  

• Surface treating pressure that must be sustained during 
fracturing (or whether sustained fracturing is even possible 
with a given fluid)  

• Reduced rates that will ensure no additional fracture extension 
and (aided by fluid leakoff) packing of the fracture and near-
wellbore with proppant  

• Perforation and/or near-wellbore friction (indicated by 
bottomhole pressures that continuously increase with 



 787 

increasing rate, seldom a problem in soft formations with large 
perforations and high shot-densities)  

• Expected casing pressure if the treatment is pumped with the 
service tool in the circulating position  

A step-down option to the normal SRT is sometimes used specifically to 
identify near-wellbore restrictions (tortuosity or perforation friction). This 
test is usually done immediately following a minifrac pump-in stage. By 
observing how bottomhole pressure varies with decreasing rate, near-
wellbore restrictions can be immediately detected; for example, bottomhole 
pressures that change only gradually during steps down in injection rate 
would indicate no restriction. 

Minifrac Tests 

Following the SRT, which establishes the fracture extension pressure and 
places an upper bound on fracture closure pressure, a minifrac is typically 
performed to tailor or redesign the HPF treatment with well-specific 
information. This test is the critical pretreatment diagnostic test. The 
minifrac analysis and treatment redesign is now commonly done on site in 
less than an hour, or 2 to 3 hours at the most.  

Concurrent with the rise of HPF, minifrac tests and especially the use of 
bottomhole pressure information have become much more common. 
Otherwise, the classic minifrac procedure and primary outputs as described 
in Well Stimulation (fracture closure pressure and a single leakoff coefficient) 
are widely applied to HPF—this in spite of some rather obvious 
shortcomings. 

The first step in analyzing a minifrac is determining fracture closure 
pressure, which is typically done by plotting the pressure decline after shut-
in vs. some function of time. The main plots used to identify fracture closure 
are  

• pshut-in vs. t  
• pshut-in vs.  
• pshut-in vs. g-function (and variations)  
• log (pISIP - pshut-in)  

The selection of closure pressure using these plots, a difficult enough task in 
hard-rock fracturing, has proved to be arbitrary or nearly impossible in high-
permeability, high fluid-loss formations. In some cases, the duration of the 
closure period is so limited (1 minute or less) that the pressure signal is 
masked by transient phenomena. Deviated wellbores and laminated 
formations (common in offshore U.S. Gulf Coast completions), multiple 
fracture closures, and other complex features are often evident during the 
pressure falloff. The softness (low elastic modulus) of these formations 
results in very subtle fracture closure signatures on the pressure decline 
curve. Flowbacks are not used to accent closure features because of the high 
leakoff and concerns with production of unconsolidated formation sand.  
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New guidelines and diagnostic plots for determining closure pressure in high-
permeability formations are being pursued by various practitioners, and this 
information will eventually emerge to complement or replace the standard 
analysis and plots. 

The shortcomings of classic minifrac analysis are further exposed when they 
are used (commonly) to select a single effective fluid-loss coefficient for the 
treatment. As described in Well Stimulation, in low-permeability formations, 
this approach results in a slight overestimation of fluid loss and actually 
provides a factor of safety to prevent screenout. In high-permeability 
formations, the classic approach can dramatically underestimate spurt loss 
(zero spurt-loss assumption) and overestimate total fluid loss (Dusterhoft et 
al., 1995). This uncertainty in leakoff behavior makes the controlled timing 
of a tip-screenout very difficult. Dusterhoft et al. outlined various procedures 
to correct for spurt loss and leakoff behavior that is not proportional to the 
square root of time; however, entirely new procedures based on sound 
fundamentals of leakoff in HPF (as outlined previously in Section 16-3.3) are 
ultimately needed. The traditional practice of accounting for leakoff with a 
bulk leakoff coefficient is simply not sufficient for this application.  

Pressure Falloff Tests 

A third class of pretreatment diagnostics for HPF has emerged that is not 
common to MHF: pressure falloff tests. Because of the high formation 
permeability, common availability of high-quality bottomhole pressure data 
and multiple pumping and shut-in cycles, matrix formation properties 
including kh and skin can be determined from short-duration pressure falloff 
tests with the appropriate transient flow equation. Chapman et al. (1996) 
and Barree et al. (1996) propose prefrac or matrix injection/falloff tests that 
involve injecting completion fluid below fracturing rates for a given period, 
and then analyzing the pressure decline with a Horner plot. The test is 
performed with standard pumping equipment, and it poses little interruption 
to normal operations. A test can normally be completed within 1 hour or 
may even make use of data from unplanned injection/shut-in cycles. The 
resulting permeability certainly relates to fluid leakoff as described earlier in 
this chapter (Section 16-3.3.2), and it allows the engineer to better 
anticipate fluid requirements. An initial skin value is useful in 
"benchmarking" the HPF treatment and for comparison with post-treatment 
pressure transient analysis. 

Bottomhole Pressure Measurements 

A discussion of pretreatment diagnostic tests requires a discussion of the 
source of pressures used in the analysis. Implicit to the discussion is that the 
only meaningful pressures are those adjacent to the fracture face, whether 
measured directly or translated to that point. At least four different types of 
bottomhole pressure data are available, depending on the location at which 
the real data were taken:  

• Calculated bottomhole pressure (bottomhole pressure 
calculated from surface pumping pressure)  
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• Deadstring pressure (open annulus and bottomhole pressure 
determined based on the density of fluid in annulus; tubing 
may also be used as a deadstring when the treatment is 
pumped down the casing)  

• Bundle carriers in the workstring (measured downhole, but 
above the service tool crossover)  

• Washpipe data (from sensors attached to washpipe below the 
service-tool crossover)  

Washpipe pressure data is the most desirable for HPF design and analysis 
because of its location adjacent to the fracture and downstream of all 
significant flowing pressure drops. Workstring bundle carrier data can 
introduce serious error in many cases because of fluid friction generated 
both through the crossover tool and in the casing/screen annulus. Without 
detailed friction-pressure corrections that account for specific tool 
dimensions and annular clearance, significant differences may exist between 
washpipe and workstring bundle carrier pressures (Mullen et al., 1994). 
Deadstring pressures are widely used and considered acceptable by most 
practitioners; others suggest that redundant washpipe pressure data has 
shown that the deadstring can miss subtle features of the treatment. The 
use of bottomhole transducers with real-time surface readouts is suggested 
in cases where a deadstring is not feasible or when such well conditions as 
transients may obscure important information. The calculation of bottomhole 
pressures from surface pumping pressure is not recommended in HPF. The 
combination of heavy sand-laden fluids, constantly changing proppant 
concentrations, very high pump rates, and short pump times makes the 
estimation of friction pressures nearly impossible. 

Tip-Screenout Design 

The so-called tip-screenout or TSO design clearly differentiates high-
permeability fracturing (HPF) from conventional massive hydraulic fracturing 
(MHF). While HPF introduces other identifiable differences, such as higher 
permeability, softer rock, smaller proppant volumes, etc., it is the tip-
screenout which makes these fracturing treatments unique. Conventional 
treatments are designed to achieve TSO at the end of pumping. In high-
permeability fracturing, the fracture creation stage that precedes TSO is 
followed by a fracture inflation and packing stage; this two-stage treatment 
gives rise to the vernacular fracpack. These conventional and HPF design 
concepts are illustrated and compared in Fig. 16-4. 

Because of the rapid ascent of high-permeability fracturing, many engineers 
did not have (and still do not have) computer models that accommodate the 
TSO design. By definition (Nolte, 1986), conventional fracture design 
systems were formulated with TSO as the endpoint. A no-growth fracture 
inflation and packing stage had not been envisioned, never mind entering 
the necessary design algorithms into a computer model. Recently, however, 
several of the commercially available simulators have been modified to 
accept the TSO designs. The in-house simulators of many producing 
companies and oilfield service companies have also been modified. 



 790 

Given the near-crippling dependence of the modern petroleum engineer on 
"black-box" solutions, one is compelled to ask how engineers effected a TSO 
design before the modified computer programs were available. What is the 
key? An experienced engineer would recognize that after TSO (assuming 
complete arrest of fracture growth), the problem is reduced to a simple one 
of material balance. 

Wong et al. (1995) offer the following algorithm that can be used with any 
conventional 2D simulator to develop a fundamentally sound tip-screenout 
design: 

1. It is assumed that the following fracture parameters are known at the end 
of the TSO stage (from the simulator): 

A0 = fracture area at TSO 

t0 = total time to TSO 

Mts0 = total proppant mass 

p(t0)= net pressure at TSO 

VF(t0)= fracture volume at TSO 

2. For every ith stage of the fracture inflation and packing (FIP) pumping 
schedule, the clean fluid volume (Vci) and the pumping time for the ith stage 
(ti) are given in terms of known slurry volume (Vi), proppant concentration 
(ci), pump rate (qi) and proppant specific density (ρp): 

(16-8) 

(16-9) 

3. Cumulative time from TSO to the ith stage is simply 

(16-10) 

4. Assuming that the fracture area ceases to propagate after TSO, the fluid 
leakoff rate (ql) and leakoff volume (Vl) at any time Ti are given (for low-
efficiency conditions) as 

(16-11) 

and 

(16-12) 
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where 

(16-13) 

and CL is the fluid leakoff coefficient 

5. The following material balance relations can be easily implemented in a 
spreadsheet program and used to calculate fracture parameters at any time 
Ti: 

(16-14) 

(16-15) 

(16-16) 

(16-17) 

(16-18) 

and 

(16-9) 

where Vf is the total (two-wing) fluid volume, VF is the total fracture volume, 
Mfip is the total amount of proppant, cm is the average proppant 
concentration loading,, APC is the average areal proppant concentration, and 
∆p is the net pressure.  

Using the relations above, a TSO design is developed that specifies pump 
rate, slurry volume, and proppant loading during fracture inflation and 
packing in as many stages as deemed appropriate. Design objectives include 
(1) achieving a desired fracture width (from areal proppant concentration) 
and (2) ensuring that the proppant does not dehydrate prematurely (cm < 
28 lb/gal). 

Early TSO treatment designs commonly called for 50% pad (similar to 
conventional fracturing) and a fairly aggressive proppant ramping schedule; 
however, it is now increasingly common to reduce the pad to 10 to 15% of 
the treatment and extend the 0.5 to 2 lb/gal stages (which combined, may 
comprise 50% of total slurry volume, for example). This practice is intended 
to "create width" for the higher concentration proppant addition (12 to 14 
lb/gal). 



 792 

Pumping a TSO Treatment 

Anecdotal observations related to real-time HPF experiences are abundant in 
the literature and are not the focus of this text. However, some observations 
related to treatment execution are necessary:  

• Most treatments are pumped with a gravel-pack service tool in 
the "circulate" position with the annulus valve closed at the 
surface. This practice allows for live annulus monitoring of 
bottomhole pressure (annulus pressure + annulus hydrostatic 
head) and real-time monitoring of the progress of the 
treatment.  

• When no evidence exists of the planned TSO on the real-time 
pressure record, the late treatment stages can be pumped at 
a reduced rate to effect a tip-screenout. Obviously, this 
practice requires reliable bottomhole pressure data and direct 
communication with the frac unit operator.  

• Near the end of the treatment, the pump rate can be slowed 
to gravel-packing rates, and the annulus valve can be opened 
to begin circulating a gravel pack. The reduced pump rate is 
maintained until tubing pressure reaches a safe upper limit, 
signaling that the screen/casing annulus is packed.  

• Because very high proppant concentrations are used, the 
sand-laden slurry used to pack the screen/casing annulus 
must be displaced from the surface with clean gel well before 
the end of pumping. Thus, proppant addition and slurry 
volumes must be metered carefully to ensure that there is 
sufficient proppant left in the tubing to place the gravel pack 
(to avoid "overdisplacing" proppant into the fracture).  

• Conversely, if an HPF treatment sands out prematurely (with 
proppant in the tubing), the service tool can be moved into 
the "reverse" position and the excess proppant can be 
circulated out.  

• Movement of the service tool from the squeeze/circulating 
position to the reverse position can create a sharp 
instantaneous drawdown effect, and it should be done 
carefully to avoid swabbing unstabilized formation material 
into the perforation tunnels and annulus.  

Swab Effect Example 

The following simple equation, given by Mullen et al. (1994) can be used to 
convert swab volumes into oilfield-unit flow rates. 

(16-20) 

where qs is the instantaneous swab rate in bbl/d, Vs is the swabbed volume 
of fluid in gal, tm is the time of tool movement in seconds, 2057 is the 
conversion factor for gal/sec to bbl/d . 
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The volume of swabbed fluid is calculated from the service-tool diameter and 
the length of stroke during which the sealed service tool does not allow fluid 
bypass. The average swab volume of a 2.66-in. service tool is 2.8 gal when 
the service tool is moved from the squeeze position to the reverse-
circulation position. Assuming a rather normal movement time of 5 seconds, 
this represents an instantaneous production rate of 1103 bbl/d.  

Fracture Conductivity and Materials 
Selection 

Optimum Fracture Dimensions 

Much has been published recently concerning optimum fracture dimensions 
in HPF. While there are debates regarding the optimum dimensions, fracture 
conductivity is largely regarded as more important than fracture length. Of 
course, this intuitive statement only recognizes the first principle of fracture 
optimization: Higher permeability formations require higher fracture 
conductivity to maintain an acceptable value of the dimensionless fracture 
conductivity, CfD.  

So how long should the fracture be? A "rule of thumb" is that fracture length 
should be equal to half the perforation height (thickness of producing 
interval). Alternatively, Hunt et al. (1994) showed that cumulative recovery 
from a well in a 100-md reservoir with a 10-ft damage radius is optimized by 
extending a fixed 8000-md-ft conductivity fracture to any appreciable 
distance beyond the damaged zone. This result implies that there is little 
benefit to a 50-ft fracture length compared to a 10-ft fracture length. Two 
observations are in order: First, the Hunt et al. evaluation is based on 
cumulative recovery; second, their assumption of a fixed fracture 
conductivity implies a decreasing dimensionless fracture conductivity with 
increasing fracture length (less than optimal placement of the proppant).  

It is generally true that if an acceptable CfD is maintained, additional length 
will provide additional production. (An acceptable CfD may require an 
increase in areal proppant concentration from 1.5 lb/ft2, which is common in 
hard-rock fracturing, to 20 lb/ft2 or more.) Ultimately, the decision becomes 
one of economics and/or optimal placement of a finite proppant volume (as 
in offshore environments where total fluid and proppant volumes may be 
physically limited).  

These issues are discussed more rigorously in the following sections. 

Fracture Width as a Design Variable 

In practice, fracture extent and width have been difficult to influence 
separately. Once a fracturing fluid and injection rate are selected, the 
fracture width evolves with increasing length according to strict relations (at 
least in the well-known PKN and KGD design models). Therefore, the key 
decision variable has been the fracture extent. Once a fracture extent is 
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selected, the width is calculated as a consequence of technical limitations, 
(maximum realizable proppant concentration). Knowledge of the leakoff 
process helps to determine the necessary pumping time and pad volume. 

The tip-screenout (TSO) technique has brought a significant change to this 
design philosophy. Through TSO, fracture width can be increased without 
increasing the fracture extent. In this context, a strictly technical 
optimization problem can be formulated: How does one independently select 
the optimum fracture length and width under a given proppant volume 
constraint? The problem is one of maximizing the PI in the pseudosteady-
state flow regime. The answer is of primary importance in understanding 
HPF, but is also necessary for understanding hydraulic fracturing in general. 

The same propped volume can be used to create a narrow, elongated 
fracture or a wide, short fracture. It is convenient to select CfD as the 
decision variable, and then the fracture half-length can be expressed using 
the propped volume of one wing, Vf, as  

(14-9) 

The productivity index (Eq. 16-1) after the creation of a fracture of half-
length, xf, can be written in oilfield units as 

(16-21) 

where sf is the Cinco-Ley et al. pseudoskin appearing because of the 
fracture. The quantity ln(xf/rw) + sf can be obtained from the dimensionless 
fracture conductivity, CfD, (Eq. 17-8). The wellbore radius drops out and the 
fracture half-length is substituted from Eq. 17-9. The resulting productivity 
index is 

(16-22) 

where the only unknown is CfD. Since the drainage radius, formation 
thickness, two permeabilities, and the propped volume are fixed, the 
maximum PI occurs when the quantity  

(16-23) 
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becomes a minimum. The quantity y is also shown on Fig. 16-2. Since it 
depends only on CfD, the optimum CfD,opt = 1.6 is a given constant for any 
reservoir, well, and proppant. (Note: Depending on the accuracy of the 
calculations and the graphical representation, some authors have suggested 
the value 1.2.) As explained in Well Stimulation, the optimum dimensionless 
fracture conductivity corresponds to the best compromise between the 
capacity of the fracture to conduct and the capacity of the reservoir to 
deliver hydrocarbon.  

Technical Optimization 

Once the volume of proppant that can be placed into one wing of the 
fracture, Vf , is known, the optimum fracture half-length can be calculated as 

(16-24) 

and consequently the optimum propped average width should be 

(16-25) 

These results have several implications. Most important, there is no 
theoretical difference between low- and high-permeability fracturing. In both 
cases, a technically optimal fracture exists, and it should have a 
dimensionless fracture conductivity of order unity. In a low-permeability 
formation, this requirement results in a long and narrow fracture. In high-
permeability formations, a short and wide fracture may provide the same 
dimensionless conductivity. In practice, not all proppant will be placed into 
the permeable layer, so in the relation above, the effective volume should be 
used, subtracting the proppant placed in the nonproductive layers. It is also 
important to recognize that the indicated "optimal fracture" may not always 
be feasible. In high-permeability formations, departure from the optimum 
dimensionless fracture conductivity might be justified by several factors (e.g. 
the indicated large width may be impossible to create): a minimum length 
may be dictated by the damage radius, severe non-Darcy effects in the 
fracture may strongly reduce the apparent permeability of the proppant 
pack, and considerable fracture width can be lost because of proppant 
embedment into the soft formation.  

Economic Optimization 

Having settled the optimization of fracture length vs. width for a fixed 
proppant volume, the remaining task is to optimize proppant volume. 
Obviously, this is an economic optimization issue rather than a technical 
one. The more proppant that is placed in the formation (otherwise 
optimally), the better the performance of the well. At this point, economic 
considerations must dominate. The additional revenue at some point 
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becomes marginal compared to the linearly (or even more strongly) 
increasing costs. This situation is properly treated by applying net present 
value (NPV) analysis (Balen et al., 1988). Though a NPV analysis always 
provides an "optimum design," it should not replace the understanding of 
the underlying technical optimization issues.  

Proppant Selection 

The primary and unique issue relating to proppant selection for high-
permeability fracturing is proppant sizing. Proppant strength, shape, 
composition, and other factors are included in a more general discussion of 
proppant selection in Section 17-3.4. Resin-coated proppants are discussed 
briefly as an emerging HPF technology in Section 16-8.1. While specialty 
proppants(intermediate-strength and resin-coated proppants) have certainly 
been used in HPF, most treatments are pumped with standard graded-mesh 
sand. 

When selecting a proppant size for HPF, the engineer faces competing 
priorities: sizing the proppant to address concerns with sand exclusion, or 
using maximum proppant size to ensure adequate fracture conductivity. 

As with equipment choices and fluids selection, the gravel-packing roots of 
fracpack are also evident when proppant selection is considered. Engineers 
initially focused on sand exclusion and a gravel pack derived sizing criteria 
such as that proposed by Saucier (1974). Saucier recommends that the 
mean gravel size (Dg50) be five to six times the mean formation grain size 
(Df50). The so-called "4-by-8 rule" represents minimum and maximum grain-
size diameters that are distributed around Saucier's criteria, i.e. Dg,min = 
4Dg50 and Dg,max = 8Dg50, respectively. Thus, many early treatments were 
pumped with standard 40/60-mesh or even 50/70-mesh sand. The 
somewhat limited conductivity of these gravel-pack mesh sizes under in-situ 
formation stresses may not be adequate in many cases. Irrespective of sand 
mesh size, fracpacks tend to reduce concerns with fines migration by 
reducing fluid flux at the formation face. 

The current trend in proppant selection is to use fracturing-size sand. A 
typical HPF treatment now uses 20/40 proppant (sand). Maximizing the 
fracture conductivity can itself help prevent sand production by reducing 
drawdown. Results with the larger proppant have been encouraging, both in 
terms of productivity and limiting or eliminating sand production (Hannah et 
al., 1993). 

It is interesting to note that the topics of formation competence and sanding 
tendency, major issues in the realm of gravel-pack technology, have not 
been widely studied in the context of HPF. In many cases, HPF is providing a 
viable solution to completion failures despite the industry's limited 
understanding of (soft) rock mechanics. 

This move away from gravel-pack practices toward fracturing practices is 
common to many aspects of HPF with the exception (so far) of downhole 
tools, and it seems to justify changing our terminology from fracpack to 
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high-permeability fracturing. The following discussion of fluid selection is 
also consistent with this perspective. 

Fluid Selection 

Fluid selection for HPF has always been driven by concerns with damaging 
the high-permeability formation, either by filter-cake buildup or (especially) 
polymer invasion. Most early treatments were performed with HEC, the 
classic gravel-pack fluid, because it was perceived to be less damaging than 
guar-based fracturing fluids. While the debate continues and many operators 
continue to use HEC fluids, the fluid of choice is increasingly borate-
crosslinked HPG. 

Based on a synthesis of reported findings from several practitioners, Aggour 
and Economides (1996) provide a well-reasoned rationale to guide fluid 
selection in HPF. Their findings suggest that if the extent of fracturing fluid 
invasion is minimized, the degree of damage (permeability impairment 
caused by filter-cake or polymer invasion) is of secondary importance. They 
use the effective skin representation of Mathur et al. (1995) to show that if 
fluid leakoff penetration is small, even severe permeability impairments can 
be tolerated without exhibiting positive skin effects. In this case, the obvious 
recommendation in HPF is to use high-polymer concentration, crosslinked 
fracturing fluids with fluid-loss additives, and an aggressive breaker 
schedule. The polymer, crosslinker, and fluid-loss additives limit polymer 
invasion, and the breaker ensures maximum fracture conductivity, a critical 
factor which cannot be overlooked. Experimental work corroborates these 
contentions. 

Linear gels have been known to penetrate cores of very low permeability (1 
md or less) whereas crosslinked polymers are likely to build filter cakes at 
permeabilities two orders of magnitude higher (Roodhart, 1985; Mayerhofer 
et al., 1991). Filter cakes, while they may damage the fracture face, clearly 
reduce the extent of polymer penetration into the reservoir that is normal to 
the fracture face. At extremely high permeabilities, even crosslinked polymer 
solutions may invade the formation.  

Cinco-Ley and Samaniego (1981) and Cinco-Ley et al. (1978) described the 
performance of finite-conductivity fractures and delineated the following 
three major types of damage affecting this performance:  

• Reduction of proppant-pack permeability resulting from either 
proppant crushing or (especially) unbroken polymer chains, 
leads to fracture conductivity impairment. This condition can 
be particularly problematic in moderate- to high-permeability 
reservoirs. Extensive progress in breaker technology has 
dramatically reduced concerns with this type of damage.  

• Choke damage refers to the near-well zone of the fracture that 
can be accounted for by a skin effect. This damage can result 
from either overdisplacement at the end of a treatment or by 
fines migration (native or proppant) during production and the 
accumulation of fines near the well but within the fracture.  
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• Fracture-face damage implies permeability reduction normal 
to the fracture face and includes permeability impairments 
caused by the filter cake, polymer-invaded zone and filter 
cake-invaded zone.  

Composite Skin Effect 

Mathur et al. (1995) provide the following representation for effective skin 
resulting from radial wellbore damage and fracture-face damage: 

(16-26) 

Figure 16-8 depicts the two types of damage accounted for in sd, ( fracture-
face and radial wellbore damage).  

 

Figure 16-8 Fracture-Face Damage 

The b- and k- terms are defined graphically in Fig. 16-9 and represent the 
dimensions and permeabilities of various zones included in the finite-
conductivity fracture model of Mathur et al.  
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Figure 16-9 Fluid-Invaded Zones 

The equivalent damage skin from Eq. 16-47 can be added directly to the 
undamaged fracture skin effect to obtain the total skin 

(16-27) 

Parametric Studies 

Aggour and Economides (1996) used the Mathur et al. model (with no radial 
wellbore damage) to evaluate total skin and investigate the relative effects 
of different variables. Their results related the total skin in a number of 
discrete cases to (1) the depth of fluid invasion normal to the fracture face 
and (2) the degree of permeability reduction in the fluid-invaded zone. A 
sample of their results (for xf = 25 ft, CfD = 0.1 and kf = 10 md), expressed 
initially in terms of damage penetration ratios, b2/xf, and permeability 
impairment ratios, k2/kr, are re-expressed in real units on Table 16-4.  

Table 16-4 Total Skin 

Depth of Fluid Invasion Permeability Reduction 

2.5 ft 90% 

1.25 ft 95% 

0.25 ft 99% 

After Aggour and Economides (1996) 

Under each of these conditions, the total skin is equal to zero. 
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These results suggest that for a (nearly impossible) 2.5-ft penetration of 
damage, a positive skin is obtained only if the permeability impairment in 
the invaded zone is more than 90%. For 1.25-ft damage penetration, the 
permeability impairment would have to be over 95% to achieve positive 
skins. If the penetration of damage can be limited to 0.25 ft, even a 99% 
permeability reduction in the invaded zone would not result in positive skins. 
At a higher dimensionless conductivity equal to unity, even higher 
permeability impairments can be tolerated without suffering positive skins.  

At least one obvious critical conclusion can be made from this work: The 
extent of damage normal to the fracture face is more important than the 
degree of damage. If fluid invasion can be minimized, even 99% damage 
can be tolerated. The importance of maximizing CfD is also illustrated; 
certainly, a good proppant-pack should not be sacrificed in an attempt to 
minimize the fracture-face damage. 

This conclusion emphasizes the selection of appropriate fracturing fluids:  

• Linear gels because of their considerable leakoff penetration, 
are not recommended.  

• Crosslinked polymer fluids with high gel loadings appear to be 
much more appropriate.  

• Aggressive breaker schedules are imperative.  
• Filter-cake building additives may also be considered to 

minimize the spurt loss and total leakoff.  

Predicted Well Performance With Cleanup 

Fracture-face damage should not significantly alter long-term HPF 
performance. Previous work has confirmed this conclusion. Mathur et al. 
(1995) used a case study from the Gulf Coast and Ning et al. (1995) studied 
gas wells in Alberta, Canada. The Mathur et al. study assumed a linear 
cleanup of the fracture and observed an early-time improvement of the 
production rate. The Ning et al. study showed that the effect of fracture 
conductivity on the long-term production rate was the significant factor, 
whereas the effects of fracture-fluid invasion damage were minimal. 

Experiments in Fracturing Fluid Penetration 

McGowen et al. (1993) presented a series of experiments showing the 
extent of fracturing fluid penetration in cores of various permeabilities. 
Fracturing fluids used were 70-lb/Mgal HEC and 30- or 40-lb/Mgal borate-
crosslinked HPG. Filtrate volumes were measured in mL/cm2 of leakoff area 
(centimeters of penetration) for a 10-md limestone and 200- and 1,000-md 
sandstones at 120°F and 180°F.  

Several conclusions are drawn from this work:  

• Crosslinked fracturing fluids are far superior to linear gels in 
controlling fluid leakoff. For example, 40-lb/Mgal borate-
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crosslinked HPG greatly outperforms 70-lb/Mgal HEC in a 200-
md core at 180°F.  

• Linear gel performs satisfactorily in 10-md rock but fails 
dramatically at 200 md. Even aggressive use of fluid-loss 
additives (40-lb/Mgal silica flour) does not appreciably alter 
the leakoff performance of HEC in a 200-md core.  

• Increasing crosslinked gel concentrations from 30- to 40-
lb/Mgal has a major impact on reducing leakoff in 200-md 
core. Crosslinked borate maintains excellent fluid-loss control 
in 200-md sandstone and performs satisfactorily even at 1000 
md.  

This experimental work strongly corroborates the modeling results of Aggour 
and Economides (1996) and suggests the use of higher-concentration 
crosslinked polymer fluids with, of course, an appropriately designed breaker 
system. 

Viscoelastic Carrier Fluids  

HEC and borate-crosslinked HPG fluids are the dominant fluids currently 
used in HPF; however, a third class of fluid deserves to be mentioned, so-
called viscoelastic surfactant (VES) fluids. There is little debate that these 
fluids exhibit excellent rheological properties and are nondamaging , even in 
high-permeability formations. The advantage of VES fluids is that they do 
not require the use of chemical breaker additives; the viscosity of this fluid 
conveniently breaks (leaving considerably less residue than polymer-based 
fluids) either when it contacts formation oil or condensate, or when its salt 
concentration is reduced. Brown et al. (1996) present typical VES fluid 
performance data and case histories.  

The vulnerability of VES fluids is in their temperature limitations. The 
maximum application temperature for VES fluids has only recently been 
extended from 130°F to 200°F.  

Quality Control 

Many early HPF treatments failed because of equipment problems and a lack 
of quality control on fluids and proppants. In general, the intense quality 
control that is standard for onshore massive hydraulic fracture treatments 
was not immediately adopted on small offshore fracpack treatments. This 
invited skepticism of the merits of the process and somewhat slowed the 
introduction of HPF technology. In addition to quality-control procedures that 
have been instituted by all major service companies, it is now common for 
producing companies to supply a consultant or in-house specialist to oversee 
the quality control on most HPF treatments. 

A number of control checks should be performed before each HPF treatment 
to verify the performance of all fluids and proppants. The treatment itself 
should also be closely monitored so that (1) to the extent possible, real-time 
modifications can be made that will improve the outcome of the treatment 
and (2) unavoidable deficiencies in the treatment execution can be 
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appropriately evaluated post-mortem. The reader is referred to the 
Stimulation Engineering Handbook (Ely, 1994) for a detailed explanation of 
fracturing quality-control procedures. 

Evaluation of HPF Treatments: Unified 
Approach 

Production Results 

The evaluation of HPF treatments can be viewed on several different levels. 
Economic justification (production results) is the first level on which HPF 
technology was (and continues to be) evaluated. Simply put, HPF has gained 
widespread acceptance because it allows operators to produce more oil at 
less cost. 

McLarty and DeBonis (1995) report that fracpack treatments typically result 
in production increases 200 to 250% times that of comparable gravel packs, 
and offer the example cases in Table 16-5. 

Table 16-5. Example Production Results 

Job Type Before After 

New Well Comparison 460 bopd 1216 bopd 

Recompletion (oil) 1300 bopd 2200 bopd 

Recompletion (gas) 3.8 MMcf/d 13.2 MMcf/d 

Sand Failure 200 bopd 800 bopd 

After McLarty and DeBonis (1995) 

Similar reports of production increase are scattered throughout the body of 
HPF literature. Stewart et al. (1995) present a relatively comprehensive 
economic justification for HPF that considers (in addition to productivity 
improvements) the incremental cost of HPF treatments and the associated 
payouts, operating expenses, relative decline rates, and reserve recovery 
acceleration issues.  

Evaluation of Real-Time Treatment Data 

There is increasing recognition of the value of real-time HPF treatment data. 
Complete treatment records and digital treatment datasets are now routinely 
collected and evaluated as part of post-treatment analysis. In fact, a 
fracpack cooperative has been established at Texas A&M University to 
facilitate databanking of these real-time engineering datasets.  

Treatment reconstruction and post-mortem diagnosis hold tremendous 
potential to improve HPF design and execution, but the usefulness of many 
ongoing efforts in this regard is limited. With the proliferation of user-
friendly, "black box software," many engineers embrace and increasingly 
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confuse technology with computer software and simulations. A popular 
approach to evaluation of real-time datasets (pretreatment and main 
treatment) is net-pressure history-matching, although this approach is not 
advocated. 

The incorporation of multiple leakoff, stress, friction, and other variables in a 
3D simulator, while it may (and invariably does) lead to an excellent 
"match," unfortunately sacrifices the uniqueness (usefulness) of the 
evaluation by introducing multiple degrees of freedom. These activities may 
provide operators with qualitative direction on a case-by-case basis, but they 
also conceal the real issues and retard fundamental development of the 
technology.  

In contrast to this approach, consider the step-wise approach for the 
evaluation of bottomhole treating pressures outlined by Valkó et al. (1996):  

• A leakoff coefficient is determined from an evaluation of 
minifrac data using a minimum number of assumptions, 
minimum input data, and minimum user interaction. Radial 
fracture geometry and a combined Nolte-Shlyapobersky 
method are suggested.  

• When the obtained leakoff coefficient is used, an almost 
automatic procedure is suggested to estimate the created 
fracture dimensions and the areal proppant concentration from 
the bottomhole-pressure curve monitored during the 
execution of the HPF treatment. This procedure (termed 
"slopes analysis") is further developed and expanded in 
Section 16-7 as a fundamental and potentially important 
building block for the evaluation of real-time HPF data.  

• The obtained fracture dimensions and areal proppant 
concentration can be converted into an equivalent fracture 
extent and conductivity. The actual performance of the well is 
analyzed on the basis of well-test procedures, and these 
results are compared to the results of the slopes analysis.  

Conducting the procedure above for a large number of treatments 
originating from various operators will result in a data bank that ultimately 
improves the predictability and outcome of HPF treatments. 

At present, there seems to be a trend in the industry to support joint efforts 
and assist mutual exchange of information. The procedure above provides a 
coherent (though not exclusive) framework to compare HPF data from 
various sources through the use of a common, cost-effective evaluation 
methodology. 

Post-Treatment Pressure-Transient Analysis 

For post-treatment evaluation, temperature logs and various fracture-
mapping techniques, such as triaxial borehole seismics and radioactive 
tracer mapping, have gained increasing importance. However, from the basis 
of future production, by far the most important evaluation is pressure 
transient analysis. While avoiding an exhaustive treatment of the subject, it 
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is appropriate at this juncture to discuss several issues related to pressure-
transient analysis in HPF wells, especially positive skin factors, which pose 
the largest challenge to treatment evaluation.  

The performance of a vertically fractured well under pseudosteady-state flow 
conditions was investigated by McGuire and Sikora (1960) through the use 
of a physical analog (electric current). A similar study for gas wells was 
conducted by van Poolen et al. (1958). For the "unsteady-state" case, a 
whole series of works was initiated by Gringarten and Ramey (1974), and 
continued by Cinco-Ley et al. (1978) They clarified concepts of the infinite-
conductivity fracture, uniform-flux fracture, and finite-conductivity fracture. 
From the formation perspective, double-porosity reservoirs, multilayered 
reservoirs, and several different boundary geometries have been considered. 
The typical flow regimes (fracture linear, bilinear, pseudoradial) have been 
well documented in the literature. Deviations from ideality (non-Darcy 
effects) have also been considered. 

Post-treatment pressure transient analysis for HPF wells starts with a log-log 
diagnostic plot that includes the pressure derivative. Once the different flow 
regimes are identified, specialized plots can be used to obtain the 
characteristics of the created fracture. In principle, fracture length and/or 
conductivity can be determined using the prior knowledge of permeability. 
For HPF, however, the relatively large arsenal of pressure-transient 
diagnostics and analysis for fractured wells has proven somewhat ineffective. 
Often, it is difficult to reveal the marked characteristics of an existing 
fracture on the diagnostic plot. In fact, the well often behaves similar to a 
slightly damaged, unstimulated well. An HPF treatment is often considered 
successful if a large positive skin of order +10 or more is decreased to the 
range of +1 to +4. These (still) positive skin factors create the largest 
challenge of treatment evaluation. 

The obvious discrepancy between theory and practice has been attributed to 
several factors, some of which are well documented and understood and 
some others of which are still in the form of hypotheses:  

• Factors causing a decrease of apparent permeability in 
the fracture. The most familiar factor that decreases the 
apparent permeability of the proppant pack, and therefore 
fracture conductivity, is proppant-pack damage. The reduction 
of permeability because of the presence of residue from the 
gelled fluid and failure of proppant because of closure stress 
are well understood. Since those phenomena exist in any 
fracture, they cannot be the general cause of the discrepancy 
in high-permeability fracturing. Non-Darcy flow in the fracture 
is also reasonably well understood. Separation of rate-
independent skin from the variable-rate component by 
multiple-rate well testing is a standard practice. The effect of 
phase change in the fracture is less straightforward to 
quantify.  

• Factors decreasing the apparent width. Embedment of the 
proppant in a soft formation is now well documented in the 
literature (e.g. Lacy et al., 1996).  
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• Fracture-face skin effect. The two sources of this 
phenomenon are filter-cake residue and the polymer-invaded 
zone. Sometimes the long-term cleanup (decrease of the skin 
effect) of a stimulated well is considered as indirect proof of 
such damage. It is assumed that linear polymer fluids invade 
more deeply into the formation and therefore, cause more 
fracture-face damage, as discussed by Mathur et al. (1995).  

• Permeability anisotropy. While the anisotropy of 
permeability has only a limited effect on pseudoradial flow, the 
early-time transient flow regime of a stimulated well is very 
sensitive to anisotropy. This fact is often neglected when the 
well is characterized with one single skin effect.  

• Concept of skin. It has to be emphasized that the concept of 
negative skin as the only measure of the "quality" of a well 
might be a source of the discrepancy itself.  

Validity of the Skin Concept in HPF 

There is, in fact, no clear theoretical base for obtaining negative skin from 
short-time well-test data distorted by wellbore storage if the well has been 
stimulated. The use of infinite-acting reservoir + wellbore storage + skin 
type-curves in this case is not based on sound physical principles and might 
cause unrealistic conclusions.  

In addition, the validity of the pseudoskin concept during the transient 
production period is an important issue. In general, the pseudoskin concept 
is valid only at late times. Thus, a fracture designed for optimal late-time 
performance may be not optimal at shorter times. One may ask how much 
performance is lost in selecting fracture dimensions that are optimal for a 
late time. This question has not been investigated, but it is reasonable to 
assume that the loss in performance is negligible for high-permeability 
reservoirs where the dimensionless times corresponding to a month or year 
are much higher than for low-permeability reservoirs.  

Effect of Non-Darcy Flow in the Fracture 

Non-Darcy flow is another important issue that deserves specific 
consideration in the context of HPF. Non-Darcy flow in gas reservoirs causes 
a reduction of the productivity index by at least two mechanisms. First, the 
apparent permeability of the formation may be reduced (Wattenbarger and 
Ramey, 1969) and second, the non-Darcy flow may decrease the 
conductivity of the fracture (Guppy et al., 1982). 

Consider a closed gas reservoir producing under pseudosteady-state 
conditions, and apply the concept of pseudoskin effect determined by 
dimensionless fracture conductivity. 

Definitions and Assumptions 

Gas production is calculated from the pseudosteady-state deliverability 
equation: 
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(16-28) 

where m(p) is the pseudopressure function, kf,app is the apparent 
permeability of the proppant in the fracture, and kr,app is the apparent 
permeability of the formation. (All the equations in this subsection are given 
for a consistent system of units, such as SI.) The function f1 was introduced 
by Cinco-Ley and Samaniego (1981); it was presented in Well Stimulation as  

(14-8) 

The apparent dimensionless fracture conductivity is defined by 

(16-29) 

The apparent permeabilities are flow-rate dependent; therefore, the 
deliverability equation becomes implicit in the production rate.  

Proceeding further requires a model of non-Darcy flow. Almost exclusively, 
the Forcheimer equation is used in the industry: 

(16-30) 

where v = qa/A is the Darcy velocity and β is a property of the porous 
medium.  

A popular correlation was presented by Firoozabadi and Katz (1979) as 

(16-31) 

where c = 8.4 × 10-8 m1.4 (= 2.6 × 1010 ft-1 md1.2). 

To apply the Firoozabadi and Katz correlation, we write 
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(16-32) 

showing that 

(16-33) 

The equation above can be used both for the reservoir and for the fracture if 
correct representative linear velocity is substituted. In the following, it is 
assumed that h = hf. 

A representative linear velocity for the reservoir can be given in terms of the 
gas-production rate as 

(16-34) 

where qa is the in-situ (actual) volumetric flow rate; therefore, for the 
reservoir non-Darcy effect 

(16-35) 

A representative linear velocity in the fracture can be given in terms of the 
gas-production rate as 

. (16-36) 

Thus, for the non-Darcy effect in the fracture, one can use 

(16-37) 

The term ρqa is the mass flow rate, and it is the same in the reservoir and in 
the fracture; cρqa is expressed in terms of the gas-production rate as 

(16-38) 
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where q is the gas-production rate in standard volume per time, γg is the 
specific gravity of gas with respect to air, and ρa is the density of air at 
standard conditions. The factor c0 is constant for a given reservoir-fracture 
system.  

The final form of the apparent permeability dependence on production rate is 

(16-39) 

for the reservoir and  

(16-40) 

for the fracture. As a consequence, the deliverability equation becomes  

(16-41) 

where 

(16-42) 

The additional skin effect, sND, appearing because of non-Darcy flow, can be 
expressed as 

(16-43) 

The additional non-Darcy skin effect is always positive and depends on the 
production rate in a nonlinear manner. 
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Equations 16-29 and 16-31 are of primary importance for interpreting post-
fracture well-testing data and to forecast production. If the mechanism 
responsible for the post-treatment skin effect is not understood clearly, the 
evaluation of the treatment and the production forecast might be severely 
erroneous. 

Case Study in Effect of Non-Darcy Flow 

As discussed above, non-Darcy flow in a gas reservoir reduces the 
productivity index by at least two mechanisms. First, the apparent 
permeability of the formation may be reduced, and second, the non-Darcy 
flow may decrease the fracture conductivity. In this case study, the effect of 
non-Darcy flow on production rates and observed skin effects is investigated. 
Reservoir and fracture properties are given in Table 16-6.  

Table 16-6 Data for Fractured Well in Gas Reservoir 

re ft 1 500 

 cp 0.02 

Z N/A 0.95 

T 0R 640 

kr md 10 

h ft 80 

hf ft 80 

kf md 10,000 

xf ft 30 

w inch 0.5 

g N/A 0.65 

 psi 4 000 

rw ft 0.328 

A simplified form of Eq. 16-41 in field units is 

(16-44) 

where has to be expressed in ft-md0.2MMscf/d. In the given 
example, c0 = 73 ft-md0.2MMscf/d 

and 
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(16-45) 

where 

c0r = 2.34×10-3 m3/s = 7.67 ×10-2 (Mscf/d)-1 

c0f = 6.14×10-1 m3/s = 2.78 × 102(Mscf/d)-1 

Therefore, in field units 

(16-46) 

and 

(16-47) 

The non-Darcy component of the skin effect can be calculated as 

(16-48) 

The results are shown graphically in Figs. 16-10 through 16-12.  
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Figure 16-10 Inflow Performance of the Fractured Gas Reservoir, Non-Darcy Effect 
from the Firoozabadi - Katz Correlation 

 

Figure 16-11 Additional Skin Effect from Non-Darcy Flow in the Fracture 

 

Figure 16-12 Observable Pseudoskin, the Resulting Effect of the Fracture with Non-
Darcy Flow Effect 
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It is apparent that the effect of the fracture (negative skin on the order of -
3) is hidden by the positive skin effect induced by non-Darcy flow. The zero 
or positive observable skin effect, while directly attributable to the inevitable 
effect of non-Darcy flow, might be interpreted as an unsuccessful HPF job. 

Slopes Analysis 

Complete tip-screenout is expected to produce a distinct behavior in the 
treating pressure; that is, the treating pressure should markedly increase 
with time. However, HPF treatments often exhibit numerous increasing-
pressure intervals that are interrupted by anomalous pressure decreases, 
most probably because fracture extension can still occasionally occur (in 
many cases, a single complete tip-screenout is not achieved).  

This work (Valkó et al., 1996) provides a simple tool for examining such 
behavior. Treating- pressure curves are analyzed to gain insight to the 
evolution of fracture extent and a plausible end-of-job proppant distribution.  

In developing the tool, several design parameters were intentionally 
imposed: the method should require minimum user input beyond the real 
treatment data, it should be relatively independent of the fracture 
propagation model used, and it should not be a history-matching procedure. 
In accordance with the basic requirement of model independence, the slopes 
analysis method is a screening tool based on simple equations and a well-
defined (reconstructible) algorithm. Based on its simplicity, the tool lends 
itself to real-time use as well. 

Assumptions 

During tip-screenout, the fracture width is inflated while the area of the 
fracture faces remains theoretically constant. This phenomenon should 
appear as a marked increase in the treating pressure. In practice, the 
increasing pressure intervals may be interrupted by an anomalous pressure 
decrease because fracture extension can still occur occasionally. Based on 
this rationale, the HPF treatment is considered a series of (regular) arrested 
extension/width growth intervals interrupted by (irregular) fracture-area 
extension intervals.  

In this case, the treatment can be decomposed into sequential periods of 
constant fracture area separated by periods (possibly several) of fracture 
extension. The time periods are located by a simple processing of the 
treatment-pressure curve.  

If this vision of the treatment is accepted, then the slope of the increasing-
pressure curve during a width-inflation period may be interpreted to obtain 
the "packing radius" of the fracture at that point during the treatment, which 
is characteristic for the given period. Putting together a sequence of 
packing-radii estimates gives a scenario which—combined with additional 
information on the proppant injection history—yields the final proppant 
distribution. 
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In transforming the idea to a working algorithm, several assumptions must 
be made, both regarding fracture geometry and the character of the leakoff 
process. The following assumptions are made:  

• The created fracture is vertical with a radial geometry.  
• Fluid leakoff can be described by the Carter leakoff model 

(Howard and Fast, 1957) in conjunction with the power-law 
type area growth used by Nolte (1979), or by one of the 
detailed leakoff models discussed in Section 16-3.3.  

• Fracture-packing radius may increase or decrease with time.  
• Hydraulic-fracture radius (which defines leakoff area) cannot 

decrease; it is the maximum of the packing radii that have 
occurred up to the given time.  

• During regular width-inflation periods, the pressure slope is 
defined by linear, elastic rock behavior and fluid-material 
balance with friction effects being negligible.  

• Injected proppant is distributed evenly along the actual 
packing area during each incremental period of arrested 
extension/width growth.  

The suggested method consists of several steps. First, those portions of the 
bottomhole pressure curve are selected that show positive slope. The slope 
is then interpreted assuming that the pressure increase is caused by width 
inflation. The interpretation results in a packing radius that corresponds to a 
given time point. A step-by-step processing of the entire curve gives a 
history of the packing radius, though it still does not provide information 
regarding those intervals when the slope is negative. The history is made 
complete by interpolating between the known values.  

Based on this history of packing-radius evolution, the final proppant 
distribution is easily determined by superimposing real-time proppant 
injection data. Final proppant distribution (which implies fracture length and 
width) is the practical result of the proposed slopes analysis.  

Restricted Growth Theory 

Tip-screenout can be considered to be inflating the fracture width while the 
area of the fracture face does not increase. If the average width is denoted 
by w and the fracture-face area (one wing, one face) is denoted by A, then 

(16-49) 

where i is the injection rate (per one wing) and qL is the fluid-loss rate (from 
one wing). 

The basic notation is shown in Fig. 16-13.  
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Figure 16-13 Schematic of Fracpack, Radial-Fracture Geometry 

Assuming that the fracture is radial with radius R, then  

(16-50) 

As a first approximation, assume that the pressure in the inflating fracture 
does not depend on location (it is homogeneous). The net pressure (the 
excess pressure above the minimum principal stress) is directly proportional 
to the average width: 

(16-51) 

where E' is the plane-strain modulus (Well Stimulation). 

Substituting Eqs. 16-50 and 16-51 into Eq. 16-49, the time derivative of net 
pressure is obtained as 
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(16-52) 

where the subscript for net pressure is dropped because the derivative of 
bottomhole pressure and that of net pressure are equal. 

Recording the bottomhole pressure and injection rate provides the possibility 
of using Eq. 16-52 to determine R. For this purpose, an estimate of qL is 
needed.  

Details of the Carter leakoff model are given in Well Stimulation. Assuming 
that the fracture has extended up to the given time t according to Nolte's 
power-law assumption, and that it is arrested at the given time instant t, the 
leakoff rate qL,t immediately after the arrest is given by 

(16-53) 

where A is the current fracture area and is the power-law exponent of the 
areal growth. The two-variable g-function was discussed in Well Stimulation.  

For a radial fracture created by injection of a Newtonian fluid, the exponent 
is taken as = 8/9, and the derivative of the g-function is  

(16-54) 

Therefore, the estimate of leakoff rate is obtained as 

(16-55) 

Equations 16-52 and 16-55 were developed explicitly in the text, and they 
form the core basis for the slopes analysis method. The use of these 
relations is demonstrated in the following section. 

Slopes Analysis Algorithms  

The restricted-growth theory is combined with simple material-balance 
computations to form the slopes analysis method as demonstrated below 
using a sample set of HPF data provided by Shell E&P Technology Co. 
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Selecting Intervals of Width Inflation 

Figure 16-14 is the bottomhole pressure recorded during a HPF treatment.  

 

Figure 16-14 Bottomhole Treating Pressure From Fracpack Treatment. 

While it may look "not typical," most of the data sets available (without the 
natural self-censoring of publishing authors) are "not typical" in one or more 
respects. The recommended approach of avoiding premature assumptions 
about the form of the pressure curve is based exactly on this fact. The 
slopes analysis approach can be better described as a signal processing 
operation than one of fitting a given model to the data.  

The suggested method consists of selecting those portions of the bottomhole 
pressure curve that show positive slope. Straight lines are fitted to the 
points corresponding to each such interval. 

Using a simple algorithm, one can select points satisfying the criterion of 
restricted fracture growth. Straight lines are fitted to the individual series to 
arrive at the plot shown in Fig. 16-15. 
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Figure 16-15 Bottomhole Pressure Points Corresponding to Width Inflation Intervals 
and Corresponding "Straight Lines" 

The slope of the straight line gives an average pressure derivative 
corresponding to the given time interval of restricted growth. In view of the 
stated assumptions, these slopes contain information that defines the actual 
packing radius corresponding to discrete moments during the HPF 
treatment.  

Determining the Packing Radius Corresponding to a Width-Inflation 
Period  

Substituting the obtained expression for the leakoff rate, Eq. 16-52 can be 
rewritten as 

(16-56) 

Rearranging Eq. 16-56 we obtain 

(16-57) 

Once a restricted-growth interval is selected, knowing the slope, m, and the 
injection rate, i at a given time, t, Eq. 16-57 can be solved for R. Since the 
equation is cubic, an explicit solution can be given, which (in consistent 
units) is given by 



 818 

(16-58) 

where  

(16-59) 

Equations 16-58 and 16-59 can be used with the actual one-wing slurry 
injection rate, i, recorded at time t. The obtained solution is the packing 
radius. Figure 16-16 shows the packing radius obtained from recorded data 
of the example HPF treatment.  

 

Figure 16-16 Estimated Packing Radius with Interpolation To Fill-In the "Gaps" 

As seen from the figure, after a certain pumping time (approximately 25 
min), the packing radius begins to decrease. In other words, near the end of 
the treatment, only the near-wellbore part of the fracture was "packed." This 
condition is consistent with the treatment objectives, and it was achieved by 
gradually decreasing the injection rate at the final stages of the treatment. 

Interpolation Between Known Values of the Packing Radius 

Since the packing radius is obtained only in those selected intervals where 
width inflation can be assumed, a simple tool is needed to fill in the "gaps." 
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A simple logarithmic interpolation is used to estimate the packing radius in 
between the known values. 

In addition, one can estimate the "hydraulic" fracture radius at time t as the 
maximum of the packing radii up to that point (dashed line in Fig. 16-16). 
While proppant is placed within the actual packing radius, leakoff occurs 
along the area determined by the hydraulic- fracture extent. Knowledge of 
the hydraulic-fracture extent is useful for further material balance 
considerations. 

Determining the Final Areal Proppant Concentration 

Final proppant concentration (proppant distribution) in the fracture can be 
derived in a relatively straightforward fashion from the packing radius curve 
and knowledge of the bottomhole proppant concentration as a function of 
time. (The standard job record typically includes this information.) 

Calculation of the final areal proppant concentration in the fracture follows 
the simple scheme:  

1. For every time interval, t, determine the mass of 
proppant entering the fracture.  

2. Assume this mass to be uniformly distributed inside the 
packing radius corresponding to the given time step.  

3. Obtain the mass of proppant in a "ring" between radius R1 
and R2 by summing up (accumulating) the mass of 
proppant placed during the whole treatment.  

4. Repeat Step 3 for all rings to obtain the areal proppant 
concentration as a function of radial location R.  

Application of the scheme above to the example data results in the areal 
proppant concentration as a function of the radial distance from the center 
of the perforations, R. The areal proppant concentration distribution for the 
example dataset is shown in Fig. 16-17. 
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Figure 16-17 Final Areal Proppant Concentration as a Function of Radial Distance 
from the Center of the Perforations 

The proposed method for evaluating pressure behavior of HPF treatments is 
not based on specific fracture mechanics and/or proppant transport models. 
Rather, it takes the pressure curve "as is" and processes it using minimum 
additional data. The usual data records of a job (slurry injection rate, 
bottomhole proppant concentration, and bottomhole pressure) can be used 
for estimating fracture extent and the distribution of proppant in the 
fracture. The only other additional input parameters necessary for the 
analysis are plane-strain modulus and leakoff coefficient.  

Success of the procedure depends on the validity of the key assumption that 
positive slopes observed in the bottomhole pressure curve are caused by 
restricted fracture extension/width growth. If there is no time interval 
satisfying the criterion of restricted extension or if no other phenomena 
involved mask the effect, such as (1) pressure transients caused by sharp 
changes of the injection rate or (2) dramatic changes in friction pressure 
resulting from proppant concentration changes, the estimated packing radius 
might be in considerable error. Nevertheless, the suggested procedure is 
considered a substantive first step in the analysis of HPF treatment pressure 
data. 

Emerging HPF Technologies 

Screenless and Rigless HPF Completions 

On the basis of a recent industry survey, Tiner et al. (1996) reports that the 
most common HPF technology advance being sought by producing 
companies is one that will allow removal or simplification of gravel-pack 
screens and tools, which are still used in most HPF completions. The most 
likely alternative is to eliminate the screen completely and use conventional 
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fracturing methods, with a "twist": the final proppant stage should be tailed-
in with resin-coated sand to control proppant flowback. A number of these 
screenless HPF treatments have been completed, apparently with 
considerable success (Kirby et al., 1995).  

Screenless HPFs have the potential of dramatically reducing treatment costs 
and simplifying treatment execution; however, some questions remain: Can 
the resin-coated proppant in fact be placed as needed to prevent proppant 
flowback and ensure a high-conductivity connection between the fracture 
and the wellbore? What about formation sand production from those 
perforations that are not connected to the fracture? If successful, screenless 
HPFs would also allow the development of multiple-zone HPF completions 
and through-tubing HPF recompletions. The major benefit of through-tubing 
completions, of course, is that they can often be done without a rig on 
location. 

New HPF operations and equipment are also emerging to allow rigless coiled 
tubing completions in wells that are completed with gravel-pack screens 
(Ebinger, 1996). Depending on the particular configuration, the treatment is 
pumped through a fracturing port/sleeve located below the production 
packer and above the screen. The port is opened and closed with a shifting 
tool on the coiled tubing. Because a gravel pack cannot be circulated into 
place, prepacked screens are required. This requirement seems to be the 
largest drawback to the technique. While the rigless HPFs may be uniquely 
suited to dual-zone completions, the primary influence behind this trend is 
cost reduction by eliminating rig costs and inefficiencies associated with rig 
timing.  

Complex Well-Fracture Configurations 

Vertical wells are not the only candidates for hydraulic fracturing. Figure 16-
18 shows some basic configurations for single-fractured wells.  

 

Figure 16-18 Single-Fracture Configurations for Vertical and Horizontal Wells 

Horizontal wells using HPF with the well drilled in the expected fracture 
azimuth (thereby ensuring a longitudinal fracture) appear to be (at least 
conceptually) a very promising prospect as discussed in Section 16-2.3. 
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However, a horizontal well intended for a longitudinal fracture configuration 
would have to be drilled along the maximum horizontal stress. This 
requirement, in addition to well-understood drilling problems, may 
contribute to long-term stability problems. 

Figure 16-19 illustrates two multiple-fracture configurations.  

 

Figure 16-19 Multibranched, Multiple-Fracture Configurations for Horizontal Wells 

A rather sophisticated conceptual configuration would involve the 
combination of HPF with multiple-fractured vertical branches emanating from 
a horizontal parent well drilled above the producing formation. Of course, 
horizontal wells, being normal to the vertical stress, are generally more 
prone to wellbore stability problems. Such a configuration would allow for 
placement of the horizontal borehole in a competent, nonproducing interval. 
Besides, there are advantages to fracture-treating a vertical section over a 
highly deviated or horizontal section: (1) multiple starter fractures, fracture 
turning, and tortuosity problems are avoided, (2) convergence-flow skins 
("choke" effects) are much less of a concern, and (3) the perforating 
strategy is simplified.  

Technology Demands: Where Do We Go From Here? 

Candidate Selection 

Wellbore stability is viewed in a holistic approach with horizontal wells and 
hydraulic fracture treatments. Proactive well completion strategies are 
critical in wellbore stability and sand-production control to reduce drawdown 
while obtaining economically attractive rates. Reservoir candidate 
recognition for the correct well configurations is the critical element. 
Necessary steps in candidate selection include (1) appropriate reservoir 
engineering, (2) formation characterization using modern techniques, (3) 
wellbore-stability calculations, and (4) the substantive combination of 
production forecast with an assessment of sand-production potential. The 
mixed origin of the HPF (fracpack) community (gravel-packing and 
fracturing) still exists. For gravel-packers, it is still difficult to consider 
correctly the whole reservoir and not merely the near-wellbore region. On 
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the other hand, for practitioners of fracturing, it is still difficult to understand 
the mechanisms involved in sanding and its control.  

Completion Hardware 

Completion hardware should be improved. As discussed above, there is a 
need to simplify, eliminate, or otherwise advance beyond the modified 
gravel-pack hardware currently being used in HPF. There is also a need for 
improved zonal isolation hardware, (for the execution of hydraulic fracturing 
in complex well-fracture configurations). In fact, lack of appropriate drilling, 
completion, and stimulation hardware is often the limiting factor in the 
indicated new completion configurations. Clearly, all fracture treatments 
must be conducted separately, in stages. Thus, inexpensive and robust zonal 
isolation schemes are necessary. Certain zonal-isolation hardware is 
available, but it is expensive and often logistically difficult to use. Other 
currently available techniques such as polymer or sand plugs, are prone to 
failure. 

The Fracture-Well Connection  

New fracture-and-well interfaces should be developed, which could include 
the next generation of screens and replacement technologies. Hydraulic 
fractures are prone to sand production, both from the reservoir and the 
proppant-pack itself. This situation is particularly important in high-rate 
wells where, although the reservoir problem may be resolved, the near-well 
fracture portion may be susceptible to sand production. The current solution 
(gravel-pack screens) should be abandoned. Although they are reasonably 
effective, these screens can cause a serious choke effect at the fracture-well 
interface. New consolidation techniques or perhaps, oriented long 
perforations and alternative "sieves" can be envisioned.  

Next-Generation Completion Fluids 

The next generation of drilling and well completion fluids should also be 
developed. The envisioned "smart" fluids would consider application and 
formation-specific issues affecting wellbore stability and damage. New gels, 
polymers, and leakoff-control additives are urgently needed for the drilling of 
complicated wellpaths through difficult formations. Nondamaging fluids will 
be critical to the future of production engineering. Stimulation is often 
expensive, cumbersome, and at times, unsuccessful. Production-induced 
problems such as paraffin and asphaltene deposition, and especially sand 
production, can be avoided if the well is undamaged, and no large drawdown 
is necessary for appropriate production. 

Treatment-Pressure Analysis 

Treatment-pressure analysis is based on understanding the leakoff process 
and on the concept of net pressure. Soft formations and their rock 
mechanics are still not well understood, and an understanding of which 
mechanisms control fracture length and width is more evasive than ever. 
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Many of the debates could be settled by determining the closure pressure 
(and hence the net pressure) with more confidence. While there is a lot of 
activity in this area, new results are very limited. Reiterating old ideas is 
common—(flowback or not, two minifracs or three, crosslinked fluid or not, 
step-rate or not, where to draw the straight line, etc.)—but these ideas are 
revealing little new information. There is definitely a need for innovative 
thinking here. For example, an independent and possibly direct instrumental 
determination of closure pressure would be a significant step ahead in the 
engineering of hydraulic fracturing in general, and especially for the 
hydraulic fracturing of soft formations. 

Improved Well Test Interpretation for HPF 

From the point of view of evaluating high-permeability fracture treatments, 
it is imperative to improve the well-test interpretation procedure and 
understand the phenomenon of positive apparent skins. The lack of desired 
(negative) post-treatment skins is still haunting the industry. Well 
productivity is obviously being improved by HPF, but it is not clear whether 
the treatments are optimum or whether they could be significantly improved 
through the use of more aggressive treatment parameters. Would more 
aggressive schedules provide additional benefit, or are the possibilities 
limited by choke effect at the perforations? These issues are not clearly 
distinguished by current pressure-transient methods. 

Global Databases 

There is an emerging consensus as to the importance of global databases of 
formation and other properties, at least for a specific geographic area and 
specific activity. The main difficulty is not to find funding for such databases, 
but to provide incentive and methods to encourage continuous input of data 
and the tailoring of data formats toward common standards. Once a 
database is established, simple evaluation tools (such as the slopes-analysis 
method presented) can be used to evaluate a large number of treatments 
efficiently. Estimated fracture dimensions and conductivities could then be 
compared with results from pressure-transient analysis and production 
results. Discrepancies should be resolved using a large number of data sets 
from various independent sources. 
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Chapter 17 - Water Control
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Is Water Production a Problem? 

In petroleum production, a certain amount of water production is expected 
and sometimes even necessary in the initial phases of the life of the 
reservoir or well. A petroleum engineer will have to be able to decide when 
water control solutions should be applied. If the costs associated with a 
water production rate still allow for an acceptable operating profit from 
produced oil or gas, that water production rate is considered acceptable. If 
the costs associated with a water production rate are too high to allow for an 
acceptable operating profit margin, the water rate is considered excessive. 

Excessive water production can be caused by the natural depletion of a 
reservoir where an active water drive (either natural or artificial) has simply 
swept away most of the oil that the reservoir can produce, and there is little 
left to produce but water. The best completions and production practices can 
delay, but not stop this water production. Most cases where water-
production rates have become a problem could have been avoided or 
delayed. Understanding reservoir behavior provides a basis for determining 
whether excessive water production is a concern and to determine if current 
water production is excessive. The following issues should be considered 
when estimating optimum water production rates:  

• Current and projected oil prices  
• Relative cost of high-capacity water handling facilities  
• Cost per volume to dispose of produced water (treatment, 

transporting,  
reinjecting, etc.)  

• Relative expense of completing wells to maintain low water 
production rates  

• Water production needed to produce sufficient oil rates  
• Surface or downhole facilities limited by fluids rate  
• Water production rate effect on bypassed oil  
• Reservoir maturity  
• Water production rate effect on corrosion rates  
• Water production rate effect on sand production  
• Water production rate effect on scale formation  

This chapter describes some of the currently available methods to predict, 
prevent, delay, and reduce excessive water production. These methods 
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include methods for calculating potential water rates, options for redesigning 
well completions, and mechanical and chemical methods for minimizing 
water production.  

Oil and Water Production Rates and Ratios 

Operators who own a small percentage of the wells in a field often want to 
produce the wells as fast as possible, without regard to total reservoir 
drainage effects. However, fluid production rates need to be controlled 
because excessive production rates can result in lower ultimate recoveries 
on a reservoir scale, or in a shorter economic lifespan of an individual well.  

If a water source exists in the reservoir, oil production rates influence 
current water production rates and the rate of water production increase. 
Material mass balance equations, Darcy's law, or simulators are commonly 
used tools to predict fluid production ratios and rates for reservoirs and 
individual wells. 

Material Mass Balance 

Material mass balance calculations will help estimate total production of the 
reservoir fluids (first published by Schilthuis, 1936). These calculations 
combine the classic concepts of Newton's conservation of mass, the ideal gas 
law, liquid compression, and material solubilities. The derivation and 
application of this type of technique is described in many reservoir 
engineering textbooks (a good example can be found in Dake, 1994, and 
references therein). The Material Balance Equation was once described (van 
Everdingen, 1953) as 

"(Cumulative oil produced and its original dissolved gas + Cumulative free 
gas produced + Cumulative water produced) - (Cumulative expansion of oil 
and dissolved gas originally in reservoir - Cumulative expansion of free gas 
originally in reservoir) = (Cumulative water entering original oil and water 
reservoir)." 

The mass balance equation can also be used to predict fluid flow from a well. 
The cumulative produced fluids would be redefined as well production 
history, and the stock-tank oil initially in place would change to well-
drainage radius. 

Darcy's Law 

Darcy's law relates permeability and pressure drop to fluid flow rate. Flow 
into the wellbore is often considered radial for wells completed in non-
fractured zones. Petroleum engineers often perform flooding experiments 
with reservoir core samples and produced fluids to illustrate the relationship 
between fluid saturation and the relative permeability of oil and water. This 
relationship is illustrated in Figure 17-1.  



 830 

 

Figure 17-1 Relative Permeability Curves For Water And Oil, after Lake (1989). 

Initial fluid saturations measured after drilling and water-oil rock relative 
permeability curves (like those in Figure 17-1) can be used to estimate kro 
and krw. Then Equations 17-1 and 17-2 can be used to predict relative flow 
rates of oil and water from a zone. 

(17-1) 

(17-2) 

In these equations, conditions that have a significant effect on flow rates, 
well completion type, tubing size, and skin damage have been effectively 
accumulated into the pw term, rather than considered separately.  

The calculations can only provide predictions of relative fluid flow rates and 
are only useful for the assumed conditions. Saturations, pressures, fluid 
viscosities, relative permeabilities, and skin factors can vary significantly 
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over the lifespan of a well or reservoir; therefore, the relative flow rates 
calculated with the equations above will also vary over time. 

Productivity Index 

The productivity index (PI) is the ratio of liquid production rate to the 
pressure drop at the center of the completed interval. PI is a measure of a 
well's potential and can be extrapolated to estimate field potentials. 
Conditions such as relative permeabilities, skin factors, reservoir pressure, 
and oil viscosity can change throughout the well or reservoir life and can 
change the PI (Beggs, 1991). 

Simulators 

Reservoir simulators are tools that use the ability of computers to 
incorporate concepts such as material mass balance and Darcy's law to 
predict total reservoir performance. The engineer must be aware of the 
abilities and limitations of the various types of simulators. Many simulators 
take into account the varying conditions in a reservoir; however, not all take 
into account the same variables or assume the same change profiles for 
these variables. Simulators offer a more convenient way to incorporate 
reservoir changes when predicting fluid production. Simulator predictions are 
history-matched with reality to update predictions (Coats, 1987). 

Simulators have characterized the production of several reservoirs. 
Simulations of the Gullfaks and Forties fields in the North Sea have been 
used to plan future well locations, water production, secondary recovery 
programs, and future production volumes (Tollefsen et al., 1994; Maldal et 
al., 1996; Brand et al., 1996). The South Tano Field in Ghana was simulated 
to estimate reserves and the risk of field development (Hassall et al., 1995). 
Since the simulation results were marginal, development of this field has 
been suspended. 

Rate-Limited Facilities 

Downhole equipment and surface facilities have a maximum rate at which 
they can handle fluids. For the downhole equipment, maximum rates 
generally depend on tubing and orifice sizes, pressure drawdowns (also a 
function of fluid density), and fluid viscosities.  

Factors such as imposed regulations, surface equipment, and transport rates 
can also limit the maximum production rate of a well or group of wells to 
less than their potential. In the following cases, water production can 
seriously reduce the oil production rate. 

Total water production rates must not exceed the maximum disposal rate. 
Maximum disposal rates are defined by allowable water discharge volumes, 
limited separator rates (Georgie et al., 1992), amount of water that can be 
transported efficiently from the facility, total water that a pipeline operator 
allows to flow through an available pipeline, and rate at which water may be 
reinjected. 
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An increased water cut can significantly increase the hydrostatic head in the 
wellbore. This phenomenon will decrease the drawdown pressure at the 
wellbore and consequently decrease the maximum fluid production rate or 
stop production entirely. 

If the well produces at the maximum rate and water rates increase, oil rates 
will suffer. In these cases, the oil production decline can be as simple as a 
one-to-one exchange (one fewer barrel of oil produced for one more barrel 
of water). However, the change in oil production will be a function of friction 
pressure and viscosity variations with different water-oil ratios. Bourgoyne 
(1986) presents a good discussion of these effects. 

Water Production Effect on Bypassed Oil 

When water influx is the result of deeper, reservoir-related water production 
mechanisms, unchecked water production can result in a significant decrease 
in the total volumes of accessible, mobile oil (Kortekaas, 1985). Higher 
water production rates from a zone implies that both the relative 
permeability to water and the water saturation in that zone is increasing. 
The higher these parameters are allowed to climb, the more difficult it will be 
to produce oil from that zone again. For example, where excessive water 
coning has been allowed to occur, pockets of unswept oil can be left. 

Reservoir Maturity 

When an operator initiates production in a field, that reservoir may be a 
recent find or one that has been produced for several years. Conditions in 
the reservoir change while it is being produced. These changes include the 
following:  

• The remaining movable oil in place declines.  
• Principle recovery mechanisms often shift from primary to 

secondary.  
• Reservoir pressures can drop.  
• Oil viscosities may increase if pressures decline below the 

bubblepoint.  
• Connecting aquifer depths change.  

Water Production Rate Effect on Corrosion Rates 

Water production rates can significantly affect corrosion rates of downhole 
and surface equipment. Corrosion rates can be connected to kinetic and 
erosive/corrosive effects. The rate at which corrosion will occur depends on 
the concentration of corrosive materials (oxygen, H2S, CO2, salts, etc.). The 
sooner fresh volumes of water containing these corrosive materials come 
into contact with the metal surfaces of either the downhole or surface 
equipment, the sooner corrosion can take place (this is not necessarily to 
imply a linear relationship). Some corrosion products can act as a protective 
coating against further corrosion (such as low-solubility iron oxides). 
However, if the flow rate becomes high enough, it can erode the coating 
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from the tubing surface and expose the fresh metal surface to the corrosive 
materials. 

Water Production Rate Effect on Scale Deposition Rates 

Water production affects scale deposition rates in a number of ways. Just as 
water rates can affect corrosion, if the produced water tends to cause 
scaling, the faster the water is produced, the faster the scaling deposition. 
Erosion again affects this process. Extreme friction can help erode scale 
deposits from the tubing. When a waterflooding program is in place, another 
consideration is the injection water composition (Patton, 1974). If scaling is 
increased when the injection and formation water mix, scaling can be 
dramatically increased when injection water breaks through (Thomas, 1987).  

Several of the North Sea fields inject seawater in their waterflooding 
programs. The formation water in many of these fields contains barium and 
strontium, and the seawater contains sulfate. The intermixing of these 
chemicals will increase the probability of scaling. The water cuts for the 
fields may be as low as 2% to 3%. However, there are cases when 
additional seawater is produced. Wells that begin to produce the seawater in 
conjunction with the bottom water are often plugged with scale in a matter 
of weeks. It is therefore important to know not only how much water can be 
handled economically, but what the potential water source and water 
production mechanisms will be. 

Water Production Rate Effect on Sand Production 

Water can weaken cementitious materials that hold the formation in place, 
allowing sand production (Coulter et al., 1987; Muecke 1979). Zones that 
produce water may therefore have a lower maximum pressure drop at which 
sand-free production exists. A broad discussion of sand control concepts is 
found in Sand Stabilization and Exclusion of this textbook. 

Water Production Mechanisms 

Predicting, preparing for, and treating for water production involves knowing 
how that water may be produced. Factors that help determine water 
production mechanisms include the reservoir drive mechanism, production 
rates (reservoir and well), connate water and irreducible oil saturations, 
permeabilities (vertical and horizontal), porosity, permeability anisotropy 
and heterogeneity, relative permeability/mobility to water and oil, location 
and continuity of impermeable barriers, reservoir dip, original water-oil 
contact, portion of productive interval completed, completion (e.g. 
perforated, open hole, etc.) location, and quality of primary cement job. The 
commonly observed water production mechanisms and expected water 
production rates are described below. Figure 17-2 illustrates water-
production histories often associated with these mechanisms. 
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Figure 17-2 Example Water Production History Curves. 

Completions-Related Mechanisms 

Casing Leaks. Casing leaks can occur in tubing and collars and are often 
caused by poor completions practices: improper tightening of joints (too 
loose causing no seal, or too tight causing excess strain), tubing 
incompatibilities with downhole conditions (temperature, corrosive materials, 
pressure, etc.). Casing leaks are often observed by a sudden, rapid increase 
in the water cut (Curve 2 in Figure 17-2). 

Channel Behind Casing. Poor cement/casing or cement/formation bonds 
often lead to channels in the casing-formation annulus. These channels can 
occur at any time in the life of the well, but are usually observed by a rapid 
increase in water production immediately after a stimulation treatment, or 
an unexpectedly high water cut immediately after completion, as in Curves 1 
and 2 in Figure 17-2. Channels behind the casing are much more common 
than casing leaks. 

Completion into Water. This phenomenon generally occurs when the 
available data (core data, driller's reports, and openhole logs) is either 
misinterpreted, of poor quality, or unavailable. As in some casing leaks, a 
symptom of completion into water is an unexpectedly high water-cut 
immediately after production begins, as in Curve 1 in Figure 17-2. 
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Reservoir-Related Mechanisms 

Bottomwater. This mechanism is the only commonly occurring water 
production mechanism that is unavoidable. When a reservoir has an active 
aquifer driving oil production, as the reservoir depletes water slowly 
displaces the oil, the wells in the field slowly begin to produce water. The 
water production history of wells producing water caused by this mechanism 
even rise if the water table is similar to Curve 3 in Figure 17-2. 

Barrier Breakdown. Natural low-permeability barriers, such as dense shale 
layers, sometimes separate the oil zone from an aquifer. This barrier can 
break down for various reasons. If drawdown pressure during production 
exceeds what the barrier can withstand, it will fail, allowing water to break 
through and produce. The barrier can also either fracture or dissolve as a 
result of hydraulic fracturing or matrix acidizing treatments, respectively. A 
rapid increase in the water production rate can also be an indication of this 
mechanism. If the barrier is broken during completion (either while drilling 
or stimulating), a water production history similar to that depicted in Curve 1 
of Figure 17-2 would be more representative. If it is caused by pressure 
depletion or stimulation treatments later in the well life, water production 
may look more like Curve 2. 

Coning and Cresting. In a waterdrive reservoir, the drawdown pressure at 
the wellbore will tend to pull water up into the wellbore. When extreme 
drawdowns exist in a vertical well, the resulting shape of the near-wellbore 
water-oil contact is conical; in a horizontal well (Figure 17-3a), the shape is 
more like a crest of a wave (Figure 17-3b). 

 

Figure 17-3 (a) Water Coning (b) Water cresting 

Coning and cresting can be avoided if the well is produced below its critical 
rate, which is the maximum water-free production rate. Critical rates have 
been studied extensively. Probably the earliest documentation of critical rate 
studies was presented in Muskat and Wyckoff (1935). Studies since then 
have invoked a wide variety of considerations (or conditions) into evaluating 
critical rates: unsteady states, pseudo-steady states, permeability 
heterogeneities, horizontal wells, and three-phase flow. Most critical rate 
calculations assume that the rate and cone or crest shape are affected by 
the ratio of vertical to horizontal permeability, oil zone thickness, ratio of 
gravity and viscous forces, well penetration, and mobility ratios. 

The primary differences in the calculation methods are in the assumptions 
made to implement simplifications. Muskat and Wyckoff assumed linear flow, 
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whereas Meyer and Garder (1954) invoked radial flow. Chierici, et al. (1964) 
assumed no influence in cone shape, whereas Wheatly (1985) applied cone-
shape calculations. The best method for determining critical rates (or many 
other values) is the method which most accurately assumes the well 
conditions at hand. For further review of coning and cresting, see Yang and 
Wattenbarger (1991), Chaperone (1986), Guo and Lee (1993), and the 
references previously mentioned in this section. The water production 
history of a well with a coning problem may look something like Curve 3 in 
Figure 17-2. 

Channeling Through High Permeability. In an ideal, homogeneous, 
waterdrive reservoir, the oil is uniformly displaced by the water. However, 
"ideal" and "homogeneous" are rarely applicable to reservoirs; there are 
often layers of varying permeability within a producing interval. As 
quantified by Darcy's law, the flow rate is faster through higher-permeability 
layers. The result is a high water production rate through these layers before 
water has swept oil from the surrounding layers. In fields where a 
waterflooding program is in place, this can result in injection and immediate 
production of injected water with no significant displacement of additional 
oil. A side view of a 2-D simulation of water flowing from an injector to a 
producer is shown in Figure 17-4 (simulator described and developed in van 
Batenburg, 1991).  

 

Figure 17-4 FLow pattern of a waterflood through (a) homogeneous permeability 
and (b) a zone with a high-permeability streak 

In these simulations, 50% of the total pore volume between the injector and 
the producer was swept with water. Portions (grid blocks) of the rock that 
were not swept are represented as outlined blocks ( ); those that were 
swept with water have no outline. The bold lines are streamlines 
representing isoflow.  

In the cases where a permeability contrast exists (Figure 17-4b), a 
significant amount of oil is by-passed by the injection water, compared to 
the case where no permeability contrast exists (Figure 17-4a). A high-
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permeability layer can result in a rapid rise in the water cut after break-
through, as shown by Curve 4 in Figure 17-2. 

Fracture Communication Between Injector and Producer. Natural 
fractures can provide a direct link between an injector and a producer, 
allowing the water to flow primarily through these high-permeability 
channels, and bypass oil within the adjacent rock matrix. For highly 
communicating fracture networks, the water production history may look 
more like Curve 2 in Figure 17-2, where the abrupt onset of water occurs 
within a couple of days (or even hours) after injection begins. If the fracture 
network does not give as direct a path between the injector and producer, 
the water production history may look more like Curve 4 in Figure 17-2. 

Stimulation Out of Zone. In a production well, this occurs when an aquifer 
is stimulated during a fracturing or matrix acid treatment. In an injection 
well, this would encompass stimulation treatments that result in decreased 
sweep efficiency. The effect that this type of problem would have on the 
water production history is illustrated by Curve 2 in Figure 17-2, where the 
onset of water would coincide closely with the stimulation treatment. 

Preventing Excessive Water Production 

Excessive water production can be treated either in the completion stage or 
after it becomes a problem. Historically, water production was ignored until 
it was a real problem—wells often producing in excess of 90% water. 
Postponing treatments can seriously jeopardize the total well/reservoir 
productivity, particularly if the water production mechanism is reservoir-
related. Medical doctors often promote prevention as the best cure; the 
same can be said for excessive water production. Simulators can be 
extremely helpful in deciding which prevention option will be the most 
successful, both from an incremental oil and from an initial investment point 
of view. Simulators can also help determine if it is worth preventing 
excessive water production or treating for it later. The methods below focus 
on prevention. Some of the options use chemical treatments. Treatment 
selection and design are discussed in Section 17-4. 

Preventing Casing Leaks 

Casing leaks can be prevented if tubing is selected that will withstand long-
term exposure to the projected pressure, temperature, and chemical 
environments that may exist downhole. Temperature, pressure, and 
chemical resistivities of tubing materials and tubing selection considerations 
are found in Gutzeit et al. (1987) and Craig et al. (1992). The literature 
describes several field cases where tubing selection has prevented casing 
leaks (Turki, 1985; Cox and Babitzke, 1989; Chitwood and Coyle, 1994). 

Preventing Channels Behind Casing 

A good primary cement job will usually prevent channels behind the casing. 
Methods to achieve a good bond between the reservoir and the casing have 
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been established; however, poor primary cement jobs are relatively 
common. Chapters 8, 10, and 11 discuss techniques to achieve this. 

Preventing Coning and Cresting 

Because coning and cresting result from a low pressure at the wellbore 
pulling up the water-oil contact (WOC), techniques to prevent coning and 
cresting involve ways to minimize the drawdown on the WOC. As described 
in Section 17-2.2, holding production rates under the critical rate was the 
original technique implemented in coning prevention. However, limiting 
production rates to minimize coning also limits revenue. Other methods to 
prevent coning involve maximizing the critical rate. 

Perforating 

In the completion stage, the location of perforations has been used to help 
prevent coning. Muskat and Wyckoff (1935) recognized that the farther 
away the perforations are from the WOC, the lower the tendency for coning 
will be. The effect of perforation location on the critical rate calculations is 
illustrated in Equation 17-3 (Chaperone, 1986). 

(17-3) 

Pirson (1977) and Meyer and Garder (1954) calculated the height of the 
bottom of the optimum well completion using Equation 17-4. Guo and Lee 
(1993) presented work that indicates that the completion interval "... should 
be less than one-third of the total thickness of the oil zone, depending on 
oil-zone thickness, wellbore radius, and drainage area radius." 

(17-4) 

The concept of maximizing the distance between the WOC and the 
perforations applies to both vertical and horizontal wells. The equations 
above are designed for application in vertical wells. Calculations for 
horizontal wells are presented in Chaperone (1986) and Yang and 
Wattenbarger (1991). This technique is limited to the height of the oil zone. 
If the zone is thin, the distance between the WOC and the perforations will 
be small, limiting the completion interval. Another drawback is that the 
upper interval of an oil zone may have a very low permeability. 

In completing horizontal wells in the Troll field, Norway, shot density was 
also optimized (Brekk and Lien, 1994). The primary objective was to 
minimize the pressure loss in the wellbore by minimizing the shot densities 
to reduce the friction factor across the perforated interval. 
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Fracturing 

Fracturing a perforated interval to prevent coning has not been very 
successful. If designed properly, a hydraulic fracture in a vertical well can 
help dissipate the wellbore drawdown in a way similar to that of a horizontal 
well (the water is pulled by a "line" of pressure, rather than a "point" of 
pressure). Generally, vertical permeabilities in hydraulic fractures are very 
high compared to the matrix horizontal permeability, so extreme care must 
be taken to ensure that fracture growth does not propagate too close to the 
WOC. For specifics on design parameters for hydraulic fracturing, see Well 
Stimulation and Gidley et al. (1989). 

Fracturing horizontal wells has been shown to maximize well PI's. There are 
several horizontal wells in the Dan field, Denmark. A feasibility study 
indicated that horizontal wells would produce the same amount as fractured 
vertical wells, but would be more expensive to complete. The study also 
indicated that horizontal wells would not significantly affect the coning 
breakthrough time (Andersen et al., 1988). The success of this field has 
been attributed to horizontal wells with multiple fractures. Initial results 
showed that of the 41 wells in the field, 25% of the total oil production from 
the Dan field came from the three wells completed in this manner. 

Artificial Barriers  

Placing an artificial impermeable barrier between the WOC and the 
completed interval will greatly reduce coning tendencies and increase a 
well's maximum water-free production rate (Richardson et al., 1987). 
Artificial gel barriers have often been used to decrease coning, but the vast 
majority have not been placed until after water breakthrough has occurred. 
Problems in waiting come from many sources. In the end, it is very difficult 
to treat a well for coning and not to plug the entire completed interval. The 
problem is aggravated by short completion intervals due to thin zones, high 

v/ h, or both. 

Success rates have been very high in cases where artificial barriers were 
placed between the WOC and the completion interval before the wells were 
placed on production. The general procedure is to (1) drill to the water zone 
and perforate, (2) place an artificial barrier of a radius sufficient to prevent 
(or significantly delay) coning, and (3) move up the wellbore and perforate 
into the oil zone. [Equations that can help determine the required barrier 
radius can be found in Meyer and Garder (1954)]. 

A successful example of this procedure is in the Miocene sands in central 
Louisiana, where severe coning problems plagued operators. Water 
breakthrough from coning can occur within weeks (or even days) of well 
completion. Water breakthrough was delayed for several months in wells 
that were completed with artificial barriers separating the water from the oil. 
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Dual Completions 

Wells can be produced from the water zone and the oil zone to prevent 
coning. When producing both zones, two production strings are used to keep 
the oil and water separated (Othman, 1987)—hence "dual completions." 
Dual completions are successful at reducing water coning potentials by 
decreasing the pressure in the water zone in the wellbore area. Dual 
completions also reduce the surface handling costs of the produced water by 
reducing the need for separating the water from the oil. 

Horizontal Wells to Prevent Coning 

Horizontal wells have been shown to be quite useful in minimizing coning 
effects. However, cresting still can occur in horizontal wells. Horizontal wells 
offer the flexibility to disperse the drawdown pressure at the wellbore. In a 
vertical well, the water is pulled into the wellbore by pressure concentrated 
in one spot (the radius of the wellbore), whereas in a horizontal well the 
pressure is spread out along the length of the wellbore. This is not meant to 
imply that the pressure is uniformly dispersed down the wellbore; generally 
it is found that the drawdown at the heel of a horizontal section is higher 
than at the toe. In thin oil zones, vertical completion lengths are short, 
which minimizes the well drainage radius and the amount of oil that can be 
pulled into that wellbore. 

Despite these advantages of horizontal wells, the cost of drilling them is still 
significantly higher than for a conventional well. (This disparity is declining 
as the industry improves horizontal well drilling technology). The popularity 
of horizontal wells has increased over the years because of their increasing 
capability to prove their worth. Ahmed (1991) summarizes the experiences 
with horizontal wells drilled to minimize coning in fields in the U.S., Canada, 
and Asia. Shell has implemented horizontal well completions to reduce 
coning of both water and gas in the Rabi field, Gabon (Pelgrom et al., 1994), 
and horizontal wells drilled in the Bombay Offshore basin have also been 
very productive (Srinivasam et al., 1996). Mukherjee and Economides 
(1991) presented a study that helps engineers evaluate the horizontal-vs.-
vertical option. Gilman et al. (1994) describe the application of short-radius 
horizontal wells in the Yates field unit in west Texas. This work also shows 
an example of how production was maximized by orienting the wellbores 
optimally, as was predicted from a dual-permeability simulator. 

The fundamental concept applied to preventing coning in vertical wells will 
also apply in preventing cresting in horizontal wells: the drawdown the WOC 
"sees" should be minimized. Chaperone (1986) calculated cresting critical 
rates, and Yand and Wattenbarger (1991) predicted breakthrough times. As 
in a vertical well, water breakthrough times and critical rates are maximized 
when the lateral portion of the well is placed at the top of the oil zone. 

In general, frictional pressure losses cause the pressure drop between the 
wellbore and the reservoir to be higher at the heel of a lateral than at the 
toe. This condition is exaggerated in wells that are highly productive, are 
completed with small tubing, or are extended reach, and becomes significant 
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if the flowing pressure gradient in the lateral is similar to the producing 
drawdown pressure (Dikken, 1990). Because of this, water breakthrough 
from cresting most often occurs at the heel of a lateral. If the drawdown 
pressure can be better dispersed down the lateral, many cresting problems 
can be either minimized or delayed. Keeping this in mind, some general 
statements can be made about completing horizontal wells with significant 
pressure drop along the lateral: (1) Shot densities should be higher at the 
toe than at the heel (Landman and Goldthorp, 1991), (2) Stimulation 
treatments should concentrate more at the toe than at the heel, (3) 
Impermeable barriers can be placed at the heel of the lateral to decrease 
cresting tendencies. 

Preventing Channeling Through High Permeability 

High-permeability streaks can connect a producer either to an underlying 
aquifer or to an injection well. Minimizing flow through a high-permeability 
channel is often referred to as profile modification. Preventing flow through 
high-permeability streaks can involve partial perforating, stimulating, or 
partial blocking. In general, this mechanism can best be prevented if the 
water flowing through the high-permeability layer is somewhat confined 
(crossflow minimal) so that water does not flow around blocking treatments 
or flow into stimulation treatments. Crossflow (illustrated in Figure 17-5) is 
usually minimized by either a very low-permeability layer adjacent to the 
high-permeability streak, or a low vertical-to-horizontal permeability ratio. 

 

Figure 17-5 Crossflow Bypassing a Block in a High Permeability Streak 

Preventative measures are also successful when the water source and the 
producer are relatively close: For best results, maximize dt / ds (dt = 
treatment radius, ds = distance from well to water source). The most 
effective way to prevent channeling through a high-permeability streak is to 
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reduce the permeability of the entire streak. However, this usually requires 
such large treatments that it is economically unjustifiable. 

Perforating 

This option is relatively straightforward: Perforating into the high-
permeability streak is minimized (either by density and/or depth) or 
avoided. This option is particularly successful when crossflow is minimal. 

Stimulation Techniques 

Stimulation treatments can help improve the PI of a well and disperse the 
drawdown over the entire perforated interval, thereby decreasing the 
pressure drop across the high-permeability layer. Because the effect of 
stimulation techniques on preventing channeling through high permeability 
will be more confined to the near wellbore area, they would be best suited 
when the water source is relatively close. Possible options include  

• Stimulating past drilling/completions fluids damage by near 
wellbore fracturing (High-Permeability Fracturing) or selective 
HF acidizing : This would be most applicable when the fluids 
flowing through the high-permeability layer are confined by a 
low kv/kh and when the skin factors in the low-permeability 
intervals are high enough so that near wellbore stimulation 
treatments will have a significant effect. (This means the low-
permeability layers have sufficient permeability to allow leak-
off during drilling and completion.)  

• Large-scale hydraulic fracturing treatments (Well Stimulation) 
to increase the effective drainage area of the low-permeability 
layers: This will be most applicable in cases where the high-
permeability layer is sufficiently separated from the interval 
targeted for fracturing to prevent the fracture growth from 
entering the high-permeability layer. Statoil has reported 
success in using this technique in the North Sea (Bale et al., 
1994).  

Permeability Reduction 

These treatments are injected into the higher-permeability layer(s) to reduce 
their permeability so that it will be roughly equivalent to the lower-
permeability intervals. Treatments of this sort should be only partially, 
rather than completely, plugging so that the oil in the high-permeability 
layer is not lost. 

If the high-permeability streak can potentially connect an injector to a 
producer, an engineer must decide which well to treat, if both should be 
treated, or if treatment should be delayed until breakthrough occurs. If the 
water flow through the high-permeability layer is confined, options such as a 
near wellbore stimulation in the producer and avoiding perforating into the 
high-permeability streak at the injector may be suitable. When there is little 
chance of preventing the water from finding the high-permeability channel, 
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treating both the injector and the producer may be necessary. The following 
example illustrates how a simulator (van Batenburg, 1992) might help 
determine which option would be the most beneficial. In these simulations, 
50% of the total pore volume between the injector and the producer was 
swept with water. Portions (grid blocks) of the rock that were not swept are 
represented as outlined blocks ( ); those that have been swept with water 
have no outline. The bold lines are streamlines representing isoflow. 

This simulation compares the difference in sweep patterns if the injection 
profile is allowed to go unchecked (Figure 17-6a), the injector is treated with 
a partial blocking treatment before injection is started (Figure 17-6b), or the 
producer is treated with the same treatment before injection begins (Figure 
17-6c).  

 

Figure 17-6a Flow Pattern of a Waterflood Through a Zone With a High-Permeability 
Streak. 

Figure 17-6b High-Permeability Streak Treated Before Watering Out: Injector 
Treated. 

Figure 17-6c High-Permeability Streak Treated Before Watering Out: Producer 
Treated. 

Preventing breakthrough by treating the injector will leave the least amount 
of unswept oil, according to these calculations. 

Preventing Fracture Communication Between Injector and Producer 

Again, this water production mechanism is most often treated after water 
breaks through a fracture network by plugging the fracture at either the 
injector or the producer with a chemical gellant. This technique can also be 
used before breakthrough. Problems with this technique arise when the 
permeability of the surrounding rock matrix is too low to maintain acceptable 
production or injection rates after treatment. Other problems associated with 
this technique have involved poor treatment design. If the agent used to 
plug the fracture is not strong enough to withstand the drawdown at the 
wellbore, it may be produced back (further discussion in Section 17-4.2.3). 

Another technique focuses on well placement. If an operator acquires an 
older field or a series of wells where it is not economically feasible to drill 
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new wells, this option will be limited. Choosing the location of the injectors 
relative to the producers is the prime factor, whether in drilling new wells or 
converting existing wells from producers to injectors. An aerial view of an 
example well pattern in a reservoir with the indicated fracture orientation is 
illustrated in Figure 17-7.  

 

Figure 17-7 Example Well Pattern: Choosing Injectors 

In this case, the only well that could be considered as an injector is well A-
01. A location of a future injector might be where F-01 is indicated. 

If waterflooding programs already exist, reorienting the direction of the 
waterflood front is also possible. The McElroy field in the Permian Basin is an 
example where this was successful (Nolen-Hoeksema et al., 1994). In this 
case, the reservoir was naturally and hydraulically fractured. New injection 
wells were drilled to maximize the injection efficiency, the placements of 
which were determined by considering the existing wells and the relative 
fracture orientation. 

Completing to Accommodate Future Water Production Rates 

Future Zonal Isolation 

Completing wells with the capabilities to selectively shut off production in a 
zone (or zones) is a relatively common way to prepare for increased water 
rates. There are three general ways to achieve this. One method is to build 
mechanical isolation equipment into the well when it is completed. This 
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procedure is primarily done when the excessive water production is expected 
to enter the wellbore at an interval upstream from the end of the well. 
Sliding sleeves in combination with packers are commonly used to achieve 
this effect. As illustrated in Figure 17-8, the sleeves are built into the tubing 
and packers are placed between the sleeves.  

 

Figure 17-8 Sliding Sleeves Added To Completion To Allow Future Zonal Isolation 

If a higher permeability layer begins to produce water at high rates, the 
sleeve through which that water is produced can be closed. Case histories 
are presented in Harrison et al. (1994) and Moradi (1988). 

Mechanical zonal isolation is also used to shut off water production from the 
end of a well. Settable packers such as bridge plugs or slickline settable 
plugs are tools of choice for this. This procedure is applicable when excessive 
water rates caused by bottomwater are expected. Water would enter the 
wellbore first at the bottom set of perforations. A slickline settable packer 
can be placed to shut off the bottom set of perforations and incrementally 
moved up the hole as the coning progresses. Placing plugs such as these is 
often difficult if the nipple and/or tubing restrictions are small. In the Everest 
and Lomond fields in the North Sea, a slick monobore completion was 
developed that helped maximize these constrictions so that rigless 
mechanical zonal isolation was achievable (Laing et al., 1993). 

Planning for selectively injecting chemical plugging agents also involves 
consideration of the tools required to isolate the target zone (e.g. single 
packers and straddle packers). Sliding sleeves can also be used when in-
depth blocking or wellbore blocking is necessary. Before treatment, all 
sleeves are closed except that in which a treatment will be injected. After 
the treatment, the closed sleeves are reopened to production and the sleeve 
that was opened for treatment is closed. 

Creative Water Management 

Even when the best engineering techniques for prevention have been 
implemented, there are cases where excessive water production will be 
imminent. In other cases, the definition of excessive water production is 
based on the costs associated with lifting and handling of the water. These 
include costs to replace corroded production strings, mill out upstream 
carbonate scale (deposition of which is aggravated by release of CO2), to run 
an ESP (electrical submersible pump) to offset increased hydrostatic head 
from an increased height of the water column, to separate oil from water to 
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environmentally safe levels (< 40 ppm for the North Sea), and to store and 
transport produced water.  

An option to reduce storage costs, to separate for disposal, and to transport 
produced water is to reinject the water either as a part of a waterflooding 
program or into a non-communicating reservoir. The cost of drilling enough 
injection wells and/or converting producers to injectors will at least partially 
offset the benefits of a reinjection program. Careful planning must be done 
to accurately anticipate how much water can be reinjected and to avoid 
typical injection well problems such as scaling and corrosion. Several 
reinjection programs have been very effective. Examples are found in the 
Forties field, North Sea (Brand et al., 1995) and in Yemen's Masila block 
(Wilkie et al., 1996).  

Another option that is currently under investigation is to reinject produced 
water without bringing it to the surface. This option potentially avoids all the 
costs associated with lifting and handling water. A well completed to handle 
this might look similar to the one illustrated in Figure 17-9, where 
multilateral technology is used.  

 

Figure 17-9 Multilateral Well Completed To Accommodate Reinjection Rather Than 
Lifting of Produced Water 

This hypothetical well is located in a reservoir that has a thin oil zone with an 
active aquifer; therefore, water cresting potentials are high. Lateral L1 is 
drilled into the pay zone and L2 is drilled into the water zone. Oil and water 
will be produced from L1 and will be fed into a downhole separator (a device 
that works like a centrifuge). The oil is then directed to the surface from the 
separator, and the water is directed down to L2 for subsequent reinjection. 
The two laterals are directed away from each other to avoid aggravating 
cresting problems with locally high water pressures caused by injection. 
Advantages to a design such as this are:  

• Upstream corrosion and scaling are avoided.  
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• Oil does not have to be separated as completely from the 
water as it would if the water were to be disposed of.  

• There will be no pressure reduction due to increased 
hydrostatic pressure because no water column is formed in 
the production string.  

• Because the water will be pushed down, rather than up, the 
strain on the downhole pump will be minimized and its life 
span lengthened.  

Treatments Used to Reduce Excessive 
Water Production 

Excessive water production is most often treated rather than prevented. The 
budget available to treat the problem reduces as the water cut increases. 
This means that little money is available to determine where the water is 
coming from and why, to pay for the most technically viable solution, or to 
employ proper placement techniques. The keys to success of shutting off or 
preventing excessive water are proper problem characterization, appropriate 
treatment design, and effective treatment placement. 

Characterizing the Problem 

There is no set method for characterizing water-production problems; each 
case presents a different set of available data for making design decisions. 
However, the following is a very effective generic procedure.  

• Using all available data on a candidate, assign/calculate values 
to as many of the factors that help determine water-
production mechanisms (listed in Section 17-2) as possible.  

• List the unknowns and how they can be determined. For 
example, PLT or downhole video can help pinpoint where 
water is entering the wellbore (case histories wherein this 
technique helped prevent squeezing the wrong set of 
perforations is presented in Maddox et al., 1995).  

• Compare the risk associated with designing a treatment with 
the given knowns vs. the cost of collecting more data. For 
instance, if an engineer cannot distinguish between a channel 
behind the casing or a high-permeability streak without a 
cement bond log, the engineer must determine if it is worth 
the risk of treating for the wrong mechanism, rather than 
spending the money to run the log. Often treatment volumes 
for high-permeability streaks are higher (and therefore more 
expensive) than for channels behind the casing. If the 
engineer chooses to squeeze cement to fill a channel behind 
the casing when the problem was really a high-permeability 
streak, he or she may stop water production for a short time, 
but an additional treatment may be necessary shortly after the 
squeeze treatment. On the other hand, if the engineer 
chooses to treat for a high-permeability streak when it was 
really a channel behind the casing, he or she risks spending 
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more for a larger treatment when it may not have been 
necessary. The cost to run the log must also be considered. If 
the candidate well is an off-shore sub-sea completion well, the 
cost to run the log may be several times more than the cost of 
either treatment.  

• Estimate post-treatment production potential.  

Treatment Design  

Whether preventing or shutting off excessive water, there are two primary 
questions that must be answered for proper solution designs: (1) What is 
the treatment expected to do? (2) What conditions must the treatment 
withstand? This section will focus on shutting off excessive water; however, 
many of the concepts are transferable to preventing excessive water 
production. 

Expected Treatment Effect on Water Production 

Success must be realistically defined for any operation to be successful. This 
sounds simplistic; however, there are many cases where an operator does 
not fully communicate what results are expected of a treatment, or 
recognize expectations that are unrealistic. It may not be possible to 
decrease the water cut to 0% and to increase oil production by a factor of 
10. The same information used for identifying the water production 
mechanisms and to determine the maximum amount of water is also used to 
realistically define what a treatment is expected to do.  

As an example, enough information was available to determine that Well A-
01 is producing excessive water through the high-permeability interval, Z1, 
from an underlying aquifer and no water production from zones Z2 or Z3 
(Figure 17-10).  
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Figure 17-10 Treatment Effect on Example Well A-01 

The potential for vertical communication between Z1 and the adjacent zones 
is known to be minimal, but the water saturation of Z3 was 35% when the 
well was new (and at least that currently). If production from Z1 is 
completely shut off, water will likely begin to produce from Z3. Although this 
zone was not contributing to the water production prior to treatment, the 
producing pressure that Z3 sees would increase due to fewer perforations 
open and possibly a shorter water column. Assuming Z1 is shut off, an 
operator can predict what the new production index and water rate will be. 
The operator can also calculate the new critical rate for the well to determine 
if it is worth keeping the production rate low enough to prevent additional 
water production due to coning. 

In this example, the treatment was expected to completely shut off 
production in the target interval; however, complete seals are not always 
advantageous. Whenever water permeability is decreased, the waterdrive 
mechanism displacing oil is decreased. Generally, treatments can only be 
effectively placed a short distance from the wellbore—rarely more than 50 ft, 
a very small area on a reservoir scale. Although water shut-off treatments 
may not significantly affect the waterdrive mechanism on a reservoir scale, 
cutting off a well from the water source completely can have serious 
detrimental effects on the well's productivity. Also, the target interval may 
still contain a significant volume of mobile oil. 
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Treatment Types 

Zone Sealants  

Definition: When a zone sealant is properly applied, all production of the 
treated zone is shut off. There are two classes of zone sealants: wellbore 
and matrix sealants. Wellbore sealants can be either chemical or mechanical. 
The chemical sealants can either be strong gellants or cements and are 
designed not to appreciably penetrate the rock matrix. Mechanical sealants 
are generally packers or sliding sleeves that are either built into the 
completion or run into the well after excessive water production occurs. 
Matrix sealants are chemical treatments that are injected into the rock 
matrix of the target zone and subsequently reduce the absolute permeability 
of the treated rock to zero. The size of any wellbore sealant must be 
sufficient to cover the entire interval. 

Mechanism: A zone sealant must be capable of completely plugging all flow 
channels that connect the reservoir to the wellbore. Mechanical and chemical 
wellbore sealants rely on the strength of the bulk material and the bond 
between the material and the tubing; weakening of either can cause the seal 
to fail. Matrix sealants must also be resistant to downhole environments. 
Because the materials are injected farther into the rock matrix, if some 
degradation or syneresis of the treatments occurs, the seal can still remain 
intact (Bryant, 1996). The paths through which fluids flow through matrices 
comprise pore spaces connected by pore throats, rather than bundled 
capillary paths. Because of this, matrix zone sealants do not need to plug 
every pore space and throat, just enough of them so that there are no open 
flow channels connecting the reservoir to the wellbore. 

Lifetime: Generally, sealants are expected to last indefinitely, or at least 
until the economic benefit or the treatment sufficiently offsets its cost. 

Permeability-Reducing Agents (PRA)  

Definition: A PRA must be able to reduce the water production from the 
target interval. Most PRAs are matrix treatments, but sand plugs placed in 
the wellbore can also be designed to reduce, rather than plug, permeability. 
A PRA can also reduce the oil permeability of the target zone. 

Mechanism: A PRA that decreases the permeability 50% can work either by 
completely plugging half of the flow channels in a rock matrix, by partially 
blocking all the flow channels, or by completely plugging less than half of the 
flow channels and partially blocking others. Materials that are used for zone 
sealants may also be designed to partially reduce permeability by adjusting 
formulation, placement, volume, or a combination thereof (see Section 17-
4.2.3). 

Lifetime: Generally, sealants are expected to last indefinitely, but the ability 
of a matrix sealant to maintain its ability to reduce water rates can be a 
function of the zone water saturation (see Section 17-4.2.2). 



 851 

Relative Permeability Modifiers (RPM)  

Definition: The true definition of an RPM has been the subject of a great deal 
of debate. In the purest sense, a material that reduces the relative 
permeability to water more than to oil is considered to be an RPM. Some 
argue that if a treatment will decrease the water-oil ratio (WOR) that is 
produced from the target zone, it should also be considered an RPM. Both 
definitions imply that when an RPM is applied, the relative water-oil 
producing rate will decrease. The first definition also requires an RPM to shift 
the relative permeability vs. saturation curves (Figure 17-11) so that when 
residual oil saturation is reached in the rock matrix (at maximum water 
saturation), the kw/ko is lower. 

 

Figure 17-11 How a Relative Permeability Modifier Might Adjust Relative 
Permeability Curves 

Lifetime: The issue of RPM lifetime has also been debated. Chemically, RPM 
lifetimes are defined by how long it takes for the treatment to produce back. 
Engineering studies indicate that when a material reduces the WOR of an 
interval, eventually the water driving production will build up on the other 
side of the treated area. When the water saturation of the outside area rises 
to match the original matrix maximum water saturation, the oil permeability 
will go to zero: no more oil will be produced from that interval. Simulations 
can predict how long a scenario of this type will take. When an RPM loses 
effectiveness in field applications, a retreatment can help determine if the 



 852 

original treatment failed because it was producing back slowly throughout its 
lifetime, if it was allowing water saturation buildup outside of the treatment 
area, or if another reason caused it to fail (e.g. water breakthrough from a 
new water-producing mechanism). If the second treatment is successful, it is 
likely that the first treatment failed to remain in the rock matrix. 

Mechanism: A third issue that still has to be resolved is the mechanism or 
mechanisms by which RPMs reduce water permeability more than oil 
permeability. Selective pore throat plugging and selective rock surface 
effects are among the most postulated mechanisms (Liang et al., 1994). 

Selective pore-throat plugging implies that the disproportionate permeability 
effects rely on the ability of an hydrophilic RPM to selectively invade and 
subsequently plug more water-saturated pore spaces. Laboratory data 
indicate that some RPMs do, at least partially, rely on this mechanism. RPM 
formulations that are designed to form a weak gelatinous material after they 
are placed in the rock matrix will likely rely the most on this mechanism. 

It is also postulated that some RPMs adsorb to the surface of the rock and 
selectively interact with the water. This selective interaction may include a 
lubrication or hydrophilic film effect (Zaitoun and Kohler, 1988, or Sparlin 
and Hagen, 1984) where the RPM increases the relative oil mobility, or a gel 
shrinking and swelling effect (Sparlin and Hagen, 1984) where the polymers 
tend to shrink more in oil than in water, causing the pore sizes to be smaller 
when more water is present. An RPM system that is designed to be 
adsorbing, but will not necessarily thicken in the rock matrix, will probably 
rely on this mechanism. 

Description of Previously Applied Treatments 

The applications of currently available systems to either promote an effect or 
to treat a specific water production mechanism are listed in Table 17-1. Brief 
descriptions of these systems are provided below. 
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Table 17-1 Systems Used to Affect Permeability and to Treat Specific 
Water-Production Problems 

 

Mechanical Plugs: These include mechanical tubing packers and sliding 
sleeve devices. These can be built into the tubing and inflated or closed by 
wireline or slickline devices. Mechanical packers can also be run into the well 
and set after the well is completed. Mechanical water shut-off devices have 
been used successfully throughout the world, and are most useful when the 
there is little potential for the water to flow to another open section of the 
well (Brand et al., 1995). Mechanical plugs can be used to seal any section 
of the completed interval. 

Sand Plugs: Sand can be placed in the wellbore to reduce or shut off 
production of the lower interval of a well. Sand sieve size and plug size can 
be adjusted to cause either a total seal or a partial plug. Often when a total 
seal is required, the last portion of the plug can be mixed with cement (or 
another chemical sealant) to reinforce the seal. 

Water-Based Cement: These include either standard or ultrafine cements 
slurried in water. The small particle size of the ultrafine cements can allow 
more complete penetration into micro-channels.  

Hydrocarbon-Based Cements: These also include both standard and ultrafine 
cements, but are slurried in oils (usually diesel). The slurries contain 
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surface-active materials that allow them to absorb water from an external 
source. Oil-based cements are designed to be placed anywhere in a well, but 
only set if they come into contact with water, allowing a certain amount of 
selectivity (Crook et al., 1994). 

Externally Activated Silicates: These systems generally comprise two stages. 
The first stage contains a material that will gel a silicate instantaneously 
upon contact (usually a water-thin CaCl2 brine). The second stage contains 
the silicate source (viscosity varies from one similar to honey to that of 
water, depending on the concentration of silicate). These silicates are 
pumped with inert spacers between the stages to keep them separate until 
they reach the target area. Resulting gels are stiff, brittle solids. Case 
histories where these silicates have been used are found in Vidick et al. 
(1988) and Murphey et al. (1982).  

Internally Activated Silicates (IAS): These systems are generally placed as 
water-thin freshwater based solutions: a silicate source and an activator 
designed to trigger gelation of the silicate at a predesignated time. The gel 
times of silicates depend on the system pH and temperature. Gel times of 
most currently applied IAS systems are controlled by pH, taking the 
downhole temperatures into account. The target pH is either achieved on the 
surface by strong or weak acids or in situ by materials that slowly degrade 
(either thermally or with time) to form acids. Resulting gels are stiff, brittle 
solids. Although their effective permeability reduction in a rock matrix can 
decrease with silicate concentration, they tend to reduce oil and water 
permeability equivalently. IAS systems have been very effective in field 
applications (Vinot et al., 1989; Herring et al. 1984). 

Monomer Systems: These systems are placed as water-thin solutions 
containing a low molecular weight material (monomers or oligomers) and an 
activator. After placement, the activator initiates the polymerization of the 
monomeric or oligomeric material and results in a solution with a much 
higher viscosity. Polymerizations are usually activated by adjusting the 
system to a pH that will allow polymerization at the required time at 
downhole temperatures (similar to the IAS systems), or by the slow 
decomposition (either thermal or with time) of the activator to form free 
radicals capable of initiating polymerization. Monomer systems that have 
been used commercially include (1) phenol and formaldehyde controlled with 
pH, solid gels; (2) resorcinol and formaldehyde controlled by pH, stiff fragile 
gels; (3) acrylamide and an optional bisacrylamide-crosslinker activated by 
the decomposition of a time-delayed oxidizer, molasses-like to rigid ringing 
gels; and (4) bifunctional aminoacrylate initiated by thermal decomposition 
of an oxidizer, lipping to rigid ringing gels. The ability of these systems to 
reduce permeability is relative to monomer concentration. They also seem to 
have some relative-permeability effects at low concentrations. 

Crosslinked Polymer Systems: These are polymer- and crosslinker-
containing systems that are placed in the rock matrix at viscosities low 
enough to allow injectability (generally, 10 to 200 cp: injectability will 
depend upon formation permeability). After placement, the systems 
crosslink to form thick viscoelastic gels (from lipping gels to rigid gels, while 
the concentration and crosslinking is increased). At high concentrations, 
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these systems are used for zone isolation. At lower concentrations, they 
have been used for either permeability reduction or relative permeability 
modification. 

The polymers used are normally water soluble: partially hydrolyzed 
polyacrylamides (PHPA), thermally stabilized copolymers of PHPA, non-
hydrolyzed polyacrylamide (NHPA), cationic polyacrylamide, polyvinyl 
alcohol, guar, guar derivatives, xanthan, and scleroglucan. PHPA and its 
copolymers are most commonly used; biopolymers have rarely positive 
results. Most of the polymers start out crosslinkable, so they need to rely on 
the crosslinker chemistry for delay. NHPA has no place for the crosslinkers to 
attach, so its crosslinking is delayed by the slow hydrolysis of the polymer to 
form crosslink sites (Sydansk, 1993).  

Metallic and organic crosslinkers have been used, both of which are 
generally pumped as "masked" materials that are unable to interact with the 
polymer until their masks are removed. Metallic "masks" are called ligands 
which are strongly attracted to the metal ion by ionic forces. The stronger 
this attraction and larger the ligand, the longer it takes for the metal to 
release to crosslink the polymer. The rate at which the metal is released can 
be controlled by pH or by the ligand concentration in the system. Excess 
ligand can be added to the crosslinker or the polymer/crosslinker solution to 
delay metal release (Lockhart and Albonico, 1992), but this often results in 
weaker crosslinking interactions of the metal with the polymer. Metallic 
crosslinkers used commercially include chromium acetate (Sydansk, 1992), 
chromium propionate (Mumallah, 1988), zirconium lactate (Moffit et al., 
1996), and aluminum citrate (Stavland and Jonsbraten, 1996).  

Organic crosslinkers work in one of two ways: (1) a weakly-attached organic 
group that is connected to the part of the crosslinker molecule that would 
crosslink slowly hydrolyzes off, leaving the crosslinker molecule free to react 
with the polymer (glyoxal: Zaiton et al., 1991; glutaraldehyde: Matre, 
1994); (2) components that can slowly form the crosslinker are added to the 
polymer solution, rather than a crosslinker (phenol/formaldehyde: Moradi-
Araghi, 1994). 

Surface-Active RPMs: These systems are generally pumped as low-viscosity 
solutions containing materials (generally polymers) that adsorb to the 
surface of the rock matrix. When in place, these materials primarily interact 
with the rock surface; no significant crosslinking or polymerization is 
expected (further explanation is given above in the RPM section). Materials 
that have been used for this include PHPA (Lake, 1989), aminoacrylate 
copolymers (Pace and Weaver, 1983), and surfactant-alcohol blends (Llave 
and Dobson, 1994). 

Foams: Foams have been used to reduce water production, but not often. 
Generally, these materials are placed as solutions with either dissolved gas 
that expands after placement, or with no gas so that it subsequently foams 
with contact with gas downhole. Foams are more commonly used for more 
in-depth mobility control but can be used as blocking agents as well. A 
description of the use of foams is found in Seright and Liang (1995) and 
references therein. 
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Treatment Lifetime 

In general, treatments are expected to remain effective at reducing or 
shutting off water production under downhole conditions indefinitely, 
depending on the stability of the treatment and the predicted water-
production rates in the months and years following the treatment. For 
treatments that completely shut off production of the target interval, the 
treatment should prevent further production from that interval indefinitely. 
For treatments that are designed only to reduce permeability of a zone 
(reducing either the absolute permeability, the ratio of oil and water 
permeabilities, or both), the ability of the treatment to maintain low water 
rates after placement will change as the relative saturation of water 
changes. In some cases, the relative water saturation will remain constant, 
but more often, water saturations of a given producing interval increase with 
the age of that interval. As the relative permeability curves in Figure 17-1 
indicate, the relative water permeability of that interval will also rise if the 
treatment will allow it. Studies have predicted that if treatments force the 
relative water permeability of an interval to remain constant even as water 
saturations rise, a water block may result that shuts off all production from 
that interval. 

For many treatments that are to be injected into the rock matrix, the ability 
of the treatment to reduce permeability relies on the material's resistance to 
degradation at downhole conditions. This is often tested in the laboratory by 
exposing bulk treatment samples to reservoir fluids and temperatures. 
Stability is then judged by a treatment's ability to maintain its initial bulk 
properties. Most chemical gellants are often only considered stable if the gel 
viscosity remains constant and if it does not synerese (shrink; leaving 
partially dehydrated gel balls in water that was originally a part of the bulk 
gel).  

If a gel is exposed to reservoir fluids and temperatures and maintains its 
bulk viscosity with no apparent syneresis, it will probably survive in the rock 
matrix. The opposite cannot be assumed: if a bulk gel sample degrades or 
synereses when exposed to reservoir fluids or temperatures, it may still 
maintain all of its ability to reduce/stop water flow in the rock matrix (Bryant 
et al., 1996). The reason for this behavior has not yet been defined. 
Although bulk testing is relatively convenient, more accurate stability 
determinations are performed by flooding core material with candidate 
treatments and monitoring the treatments' long-term effectiveness. It is not 
completely understood why there is this disparity. However, if the bulk 
treatment degrades but maintains effectiveness in a core, it is possible that 
gel in the rock matrix did not degrade because it was exposed to less 
oxygen (oxygen can be very effective at enhancing polymer degradation). If 
the bulk gel synereses when exposed to reservoir fluids and temperatures 
but maintains effectiveness in the rock matrix, it is possible that the gel does 
not synerese in the rock matrix, or that after syneresis, the remaining 
concentrated gel particles block pore throats in such a way that no open 
channels through which fluids can flow exist. 



 857 

Selecting Treatment Composition and Volume 

Choosing which treatment to use to either reduce or prevent excessive water 
production is an exercise in balancing technical aspects (strength, depth, 
and stability requirements) with economic aspects (volumes, concentrations, 
and treatment types). The best technical solution may also be twice the cost 
of the next best option, but may potentially result in three times the 
economic benefits. On the other hand, an inexpensive, technically inferior 
treatment may not reduce water production enough to offset even its 
minimal cost. Some general relationships can be drawn: strength is 
proportional to concentration, and depth and volume requirements decrease 
with increasing gel strength. Another important factor is environmental 
regulations. When a system is chosen, it must also meet the environmental 
and toxicity requirements of the area of application. Currently, these 
requirements are most stringent in the Norwegian sector of the North Sea.  

When the expectations of a treatment are defined and the placement and 
long-term downhole conditions are determined, available treatments are 
screened for their capability to fulfill these needs. This screening, along with 
matching environmental legislation, may result in one choice or several. It 
may be determined that there are a few candidate systems either based on 
different chemicals, or based on the same chemicals but varying in 
concentration or penetration requirements. For instance, a crosslinked 
polymer treatment made of the same chemical components will seal the 
target zone if Formulation A is used, and will only reduce the target zone's 
permeability if Formulations B or C are used (Table 17-2).  

Table 17-2 Comparison of Treatments 

Formulation A: Zone Sealant Formulation B: PRA Formulation C: PRA 

1.5% Polymer A  

1000 ppm Crosslinker X 

Mixed in 2% KCl brine 

Treatment Volume: 100 m3 

0.7% Polymer A  

500 ppm Crosslinker X 

Mixed in 2% KCl brine 

Treatment Volume: 100 
m3 

1.5% Polymer A  

1000 ppm Crosslinker X 

Mixed in 2% KCl brine 

Treatment Volume: 40 m3 

Formulation B is an example of a lower concentration system that will 
produce a gel that causes less damage to a given volume of rock than 
Formulation A; Formulation B will result in a weaker gel. Formulation C can 
be just as damaging to the rock in which it is injected, but there is less of it 
to create the effect. This example can only apply if Formulations A and C are 
of low enough concentration that their ability to create damage is relative to 
their penetration depth (some systems are so concentrated that they need 
no penetration to form a seal).  
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Placement 

Bullheading. This is a single injection method (one fluid pumped at a time) 
where the treatment is pumped down the existing tubing with no mechanical 
zone isolation to divert it into the target zone. This can be an effective 
method if the only open zone is the target zone, or if the treatment will not 
significantly damage zones adjacent to the target zone. Bullheading is often 
the least expensive and most simple placement technique. 

Mechanical Packer Placement. This is also a single injection technique 
that uses a packer to isolate the target zone. This includes isolating with 
straddle packers, single packers, sand plugs, or a combination. 

Dual Injection. This technique is a hybrid of the mechanical packer 
technique. Mechanical isolation of the target zone is first achieved. To 
prevent invasion of the treatment into an adjacent zone, a second non-
damaging fluid is pumped simultaneously. If the target zone is above the 
zone that needs protection, the treatment is placed down the tubing annulus 
and the second fluid down the tubing; if the target zone is below the zone to 
be protected, the treatment is placed down the tubing and the second fluid 
is placed down the annulus. The injection pressure of both fluids is kept 
equivalent.  

Isoflow. This placement technique provides a method of directing the 
treatment to the target zone without using mechanical zone isolation. The 
end of a tubing string is placed at the top of the target interval. Two fluids 
are pumped simultaneously, one down the tubing and the other down the 
annulus, depending on the relative location of the target zone. A logging tool 
is hung at the end of the tubing. The fluid that is pumped down the annulus 
is doped with a material that can be detected by the logging tool. During 
placement, the location of the interface between the two fluids is monitored, 
and the pump rates are adjusted throughout the job so that the level of this 
interface remains at the end of the tubing. When the logging tool detects the 
material going down the annulus, the relative pump rate of the fluid going 
down the tubing is increased. 

Viscosity Considerations 

When zone sealing or absolute permeability reduction fluids are needed, 
zonal isolation to prevent damage of non-target intervals (or to prevent 
unnecessary waste of treatment) is recommended. In some cases, however, 
the target zone cannot be completely isolated or is internally laminated with 
varying permeability lenses so that it is not easy (or possible) to isolate the 
fraction of water producing perforations. 

Systems that do not completely seal the zone are often chosen for this type 
of application. In this case, it might be most effective to treat with a sealing 
formulation that will preferentially penetrate in the higher-permeability, 
watered-out lens. Studies have indicated that materials that are placed as 
water-thin (or very low viscosity) tend to preferentially inject into the higher 
permeability layers; higher viscosity fluids tend to self-divert (Sorbie and 
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Seright, 1992). The risk of damaging adjacent lower-permeability lenses can 
also be reduced by careful job monitoring and/or variations in treatment 
formulation throughout the job. 

Temperature Considerations 

For systems that react after placement, treatment compositions also often 
determine set times. When treating with systems that gel in the rock matrix, 
wells are shut in after placement until the treatment thickens to prevent 
placed treatments from either being produced back, flowing into a non-
target zone by crossflow, or being pushed away from the wellbore by 
injection water. Historically, treatment gel times were designed based on the 
placement time required (pump-rate dependent) and the bottomhole static 
temperature (BHST). This assumes the treatment will be at BHST while it is 
setting, an appropriate assumption for low-volume treatments. However, 
when fluids are injected into a zone, the temperature of that zone cools 
down significantly: Cooldowns are more dramatic at higher injection rates 
and volumes.  

Surprisingly, simulations indicate that when wells are shut in after 
treatment, the time required for a zone to reheat to reservoir temperature 
can be days or even weeks (Figure 17-12).  

 

Figure 17-12 Predicted Heat-Up Profile of a Treated Well: Treatment Injection Time 
= 12 Hr, BHT = 91°C, Treatment Radius = 7 M 

If a large treatment is required, cooldown simulations should be performed 
and treatments should be designed to react in a reasonable time frame. This 
can mean either adjusting the pumping rate, the treatment formulation, or 
both. The decision can also depend on the system chosen; there may be 
temperature/time limitations, or time/strength dependency. For instance, if 
an IAS system is to be placed, it might be better to inject the treatment at 
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as high a rate as possible and adjust the activator concentration or 
composition so that the material placed last will set within a couple of hours 
at the predicted low temperature, rather than to place a slow-setting IAS 
formulation slowly to avoid cooldown. The former will result in a stronger gel 
at the wellbore, where needed, and a shorter placement time (shorter down-
time of the well, less loss of revenue, and faster treatment pay out). 
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Chapter 18 - Designing Well Completions for the Life 
of the Field

 

The Petroleum Well Construction Book was published by John 
Wiley and Sons. Content provided has been authored or co-

authored by Halliburton employees to be used for educational 
purposes. 

Shari Dunn-Norman, University of Missouri-Rolla 
Clark Robison, Halliburton Energy Services 

 

Introduction 

Background 

Ideally, every well completion design should optimize production vs. costs 
and, therefore, provide the most profitable operation of the well over its 
producing life. The incremental net present value (NPV) criterion and the 
comparative cost-to-benefit ratio are two means of quantifying the 
optimization exercise.  

The completion design should also ensure certain aspects of the well's 
operation, such as safety, availability, and efficient use of equipment 
inventory. Unfortunately, not all well completions achieve this objective. In 
part, their failure to do so is a function of the manner in which they have 
been designed. 

Most frequently, well completion designs have some historical basis. 
Specifically, they are based on previous designs that were proven acceptable 
in a different field or well, and they appear to satisfy requirements similar to 
the current design problem. The engineer uses this historical design and 
adapts it to meet specific criteria and accommodate local operating 
experience. 

This approach to well completion design is problematic for several reasons. 
First, the conditions and rationale used to develop a design are not readily 
discernible by inspecting its completion schematic. When using this 
approach, engineers must have a high level of experience and operations 
knowledge to apply designs correctly.  

When historical designs are adapted, a coherent and consistent design 
philosophy may or may not be applied. Rather, the design philosophies used 
for formulation of the historical design, regardless of whether they are 
evident or not, are simply translated into the current design. With multiple 
engineers specifying completions in many different areas, this approach can 
lead to inexplicable geographical completion design practices. 
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The third, and perhaps most significant limitation is that the use of historical 
designs does not stimulate consideration of a wide range of design 
alternatives. If all design options are not explored, the selected design 
cannot be verified as being optimum. Although the design selected could be 
the best, no basis will be available for demonstrating it.  

An alternative methodology for designing wellbore compilations is to 
formulate designs anew, by structuring and applying their design reasoning. 
Several possible mechanisms for this method include the use of checklists or 
design manuals. Ideally, such approaches should be formulated into design 
models.  

Historical Modeling Attempts in Well Completion 
Design 

Patton and Abbot (1985) introduced the first formalized well completion 
design, in which they depicted it as a closed system consisting of 
components that interact with one another. Components within the 
completion system include any object described by attributes. Components 
outside the system are considered to be part of the environment, but these 
components may influence the system. Both types of components can act as 
constraints (limitations placed on the operation of the system) or as 
resources on which the system depends. 

Patton and Abbot (1985) used the system description as the basis for the 
systems approach to well completion design. This approach is an integrated 
design procedure in which each component of the design is configured with 
respect to the other system elements. To formalize the systems approach, 
Patton and Abbott used flow diagrams that demonstrated the information 
required for design decisions.  

Peden and Leadbetter (1986) extended Patton and Abbott's diagrammatic 
representation of well completion design. In their work, each component was 
treated individually (Figures 18-1 and 18-2).  
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Figure 18-1 Production Packer Selection Procedure (Peden and Leadbetter, 1986) 
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Figure 18-2 Surface-Controlled Subsurface Safety Valve (SCSSV) Selection 
Procedure (Peden and Leadbetter, 1986) 

The design links between components were noted, although their exact 
means of interaction was not shown. This work is significant because it 
recognizes the decomposable nature of the completion design problem. 

Dunn-Norman (1990) developed a prototype knowledge-based system in 
well completion design. This model included a representation of the design 
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process applied to a North Sea completion. This work demonstrates the 
relationship between heuristic knowledge and engineering computations in 
well completion design. 

None of the attempts to formalize the completion design process have 
resulted in an agreed methodology for completion design. However, the 
historical work has value because it identifies many of the elements 
(functional requirements, time-related changes, etc.) that must be 
considered when new completion designs are formulated.  

The Process of Well Completion Design 

The process of well completion design includes the reasoning and functions 
that must be performed to specify the components required to complete a 
well. This process encompasses production engineering, detailed in previous 
chapters of this book, as well as operational considerations.  

Figure 18-3 depicts the process of completion design.  

 

Figure 18-3 Process of Well-Completion Design 

As shown, no deterministic procedure exists for a well completion design. 
Rather, key topics such as perforating or tubular selection are considered 



 869 

after the gross objectives and functional requirements of the completion 
have been identified. 

At the outset of the design process, some initial knowledge of the reservoir 
is known in addition to wellbore, fluid, and well test data. Based on an 
understanding of the reservoir and other parameters, general types of well 
completions (cased hole, gravel-pack, subsea) can be considered. These 
general types of completions act as a guide in formulating the final design. 
Identifying relevant types of completions could also aid in formulating 
functional requirements for the design. This initial design process is 
highlighted in Figure 18-4 and detailed in Figure 18-5.  

 

Figure 18-4 Highlight of Initial Process of Well-Completion Design 
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Figure 18-5 Specifying Functional Requirements and Types of Completions 

Functional and Well Service Requirements 

Functional requirements are the operational or functional specifications that 
a well completion must satisfy. These requirements act as a framework for 
the developing design. Table 18-1 lists example functional requirements for 
a subsea well completion.  
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Table 18-1 Example Functional Requirements - Subsea Completions 
(IHRDC, 1987) 
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These requirements can be either implicit or explicit. Implicit requirements 
are functions generally expected of all well completions in a certain 
geographical area, while explicit requirements are those functions that the 
designer uniquely specifies. In practice, experienced engineers may satisfy 
implicit functional requirements without consciously noting these in a list.  

Some functional requirements may not exist at the outset of the design 
process; instead, they evolve as certain design decisions are made. For 
example, if a decision is made to run a permanent packer with a stab-in seal 
assembly, then this decision would generate a requirement to set the 
permanent packer (either with wireline or a workstring) before the main 
completion is run.  

Functional requirements can also evolve in conjunction with time-dependent 
design parameters. For example, if reservoir pressure declines, then artificial 
lift may be required at some time.  

By specifying the functional and well servicing requirements at the outset of 
the completion design process, engineers can simplify the selection of 
preliminary completion concepts (Figure 18-5), and can highlight the key 
tradeoffs between completion design alternatives. 

Ideally, a complete and comprehensive list of functional requirements should 
be specified at the outset of the design process. Even highly experienced 
and skilled engineers may have difficulty foreseeing all the operational 
consequences of a particular design, or the design provisions that must be 
made for decreases in reservoir pressure, changes in fluid saturation, and 
other time-dependent design criteria. Nevertheless, specifying functional 
requirements is a fundamental step in the completion design process.  

The following example illustrates how two different types of completions can 
be considered at the outset of the completion design process, and how the 
completion alternatives can be compared on the basis of NPV. 

Example Application for Well Completion Selection: A Production 
Engineering Approach 

Background 

Suppose that a 2000-ft horizontal well is drilled in a sandstone reservoir. 
The principal functional requirements of the completion for this reservoir 
(Figure 18-4) are to (1) provide an acceptable productivity index 
improvement over a vertical well and (2) control sand production at the 
surface.  

Both cementing/perforating and a gravel pack with screen could potentially 
fulfill the second requirement. While the first requirement is met by both 
completions initially, the gravel-pack completions appear to deteriorate with 
time. Because sand particles are retained by the gravel pack, skin effects 
equal to 3, 5, and 10 respectively have been measured in the first three 
successive years. In contrast, cementing and perforating is more expensive 
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and far more cumbersome to install. Which of the two completion styles 
should be selected? 

Other pertinent variables are pe = 4000 psi, B = 1.1 resbbl/STB, = 1 cp, re 
= 1500 ft, kH = 3 md, kV = 0.5 md, rw = 0.328 ft. 

Assume that the reservoir is under strong edgewater drive, and thus the 
production mechanism is essentially steady-state for the first few years. 

Solution 

Equation 12-27 and ancillary expressions for the index of anisotropy and the 
half-axis of the drainage ellipse a are sufficient for the solution to this 
problem. The damage skin is added to the second logarithmic term in the 
denominator of Equation 12-27, and it is multiplied by the scaled aspect 

ratio, h/L. Thus, the index of anisotropy is = 2.4, and the half-axis of 
the drainage ellipse is a = 1675 ft. 

The production rates for s = 0, 3, 5, and 10 are 885, 795, 745 and 644 
STB/d, respectively. If the price of oil is $20/bbl and the discount rate is 
20%, then the 3-year NPVs of the production from the two wells are $13.6 
million and $11.3 million, respectively. This results in an incremental 
discounted revenue of $2.3 million, which should readily cover the 
incremental cost of cementing and perforating the well. The remaining 
revenue would be incremental benefit. 

(For the 3-year NPVs, the daily production was multiplied by 365 days and 
$20; then, the figure was divided by (1 + i)n, where is the discount rate 
and n is the number of years. For the damaged well, the calculated rates for 
Years 1 through 3 were used. For the undamaged well, a constant rate equal 
to 885 STB/d was used.) 

Once the cemented and perforated completion design is selected, other 
requirements of the completion are identified and a detailed design is 
formalized. 

Detailing the Completion Design 

Tubing specification is one of the earliest decisions made in a completion 
design, provided that the well has already been drilled and cased, or that the 
drilling/casing program has been established. Tubing specification includes 
the size, grade, and weight of the tubing, as well as the length of the string 
to be run. 

The tubing is sized based on the reservoir's inflow capacity (Inflow 
Performance/Tubing Performance), which will have been measured in well 
tests. Because this capacity is time-dependent, flow-rate changes must be 
predicted so that the selected tubing size can produce the expected range of 
rates.  
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The tubing grade and weight are based on the corrosivity of the produced 
fluids and the strength that the tubulars must provide . The corrosivity of the 
environment will be known, although it might become more severe with time 
(Completion Hardware). The required strength of the tubulars might not be 
known at this point, and a tubing weight might need to be assumed on a 
tentative basis. 

The reason that tubing design is one of the earliest decisions in the design 
process is that all other components in the string are sized with respect to 
the tubing. Unfortunately, this design process falsely suggests that the 
tubing should always be the first item specified for the design. Subsea wells 
can be an exception, since long lead times for subsea trees and wellheads 
may mean that these components are considered first, and then designated 
as constraints for the remaining design. 

A perforating program (Perforating) might also need to be specified before 
the tubing size is determined, since the perforation density and length of 
interval must be known before the well's inflow capacity can be calculated. 
The perforating program will include the type of gun to be run, the charge 
type and size, the shot density, and phasing. Mechanical aspects of the 
perforating program, (how the guns will be conveyed to depth) might 
depend on the specifications of other components in the completion, 
particularly if tubing-conveyed perforating is used.  

The packer ( Completion Hardware) is another component that is specified 
early in the design process, because it must coordinate with a number of 
other devices, such as the tubing-to-packer connection, the seal assembly, 
and any components that compensate for tubing movement. The packer and 
its design links to other components determine a significant part of the 
completion design. 

Once the packer has been selected, there is less natural sequential ordering 
to the completion design problem, and only the interactions between 
completion components, fluids, and operations must be considered (Figure 
18-6).  
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Figure 18-6 Design Interactions (Detailed Design Phase) 

For example, a subsurface safety valve (SSV) can be selected based on the 
considerations discussed in Completion Hardware. Valve metallurgy will be 
determined based on the reservoir fluids to be produced and any anticipated 
future well treatments. Valve type and retrievability will depend on whether 
full tubing workovers can be justified, or whether wireline servicing is 
needed. 

These points illustrate a few of the critical design considerations undertaken 
after the general completion type has been decided. Specific functional 
requirements such as an SSV without tubing removal, tubing strength great 
enough to withstand 8000 psi pressure for future stimulation, or a provision 
for 12 ft of tubing shortening serve as drivers for the detailed design. 

Specifying the Life of a Well Completion 

The life of a well completion is the time that a particular design will be in 
service without major modification. Engineers designing well completions 
must specify this life, or at least have a period of service in mind, when 
designing a well completion. Ideally, the completion should remain in the 
ground until the reservoir is abandoned. However, in many cases, this goal 
might not be feasible with current completion technology. In such cases, 
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shorter periods of service life are specified, and these periods are 
determined in various ways. 

In flowing wells, a common method of determining design life is to match 
the tubular performance for a particular tubing size to the inflow 
performance of the reservoir over a period. If the tubing size must be 
reduced as reservoir pressure declines, then the design life would be from 
the initial time until the time when the tubing must be changed. Other 
downhole equipment, fluids, and procedures would be specified in 
accordance with this period. 

Well servicing can be another consideration in determining well life. For 
flowing wells, servicing may not be a major concern, unless tubing leaks or 
productivity declines are significant issues. However, in wells produced with 
artificial lift, or wells equipped with safety valves that must be periodically 
tested, the time lost to downhole/equipment failures will certainly affect the 
duration of a completion's design life. In practice, engineers apply their 
operating experience to make this determination. 

Recompletion to another reservoir, or stimulation requirements may also 
determine the life of a completion. Unless the initial design provides a 
wireline or coiled tubing method of recompletion or stimulation, then the 
initial completion must be modified or removed to perform these tasks. 

In general, any change in the reservoir or produced fluids that dictates a 
change in the completion that cannot be provided for at the outset of the 
completion design, or that cannot be achieved through surface or remote 
control, will require completion modification. The time of this modification is 
the design life for the completion.  

Predicting and Accommodating Completion 
Design Changes 

To design completions that can operate for the life of the field or for some 
shorter period of service, engineers must determine the design parameters 
that will change as a function of time. The following discussions detail some 
typical reservoir and fluid parameters that may change with time. 

Reservoir Parameters 

Pressure Depletion and Material Balance 

During primary recovery, a reservoir produces fluids without additional 
pressure maintenance. If the reservoir is initially above bubble point, then 
the wells may be choked so that reservoir pressure can be maintained at the 
bubble point, which prevents premature gas production. Eventually, 
however, the reservoir pressure will decline as a function of reservoir 
voidage (pseudosteady state), or an increased drawdown will be required to 
produce the well at a constant rate (steady state). 
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Material balance equations predict reservoir pressure decreases as a function 
of time. Dake (1978) presented the general material balance equation 
(ignoring water influx and production): 

(18-1) 

Equation 18-1 can be simplified further if the reservoir is assumed to have 
no initial gas cap but rapidly passes below the bubble-point pressure after 
production begins. These assumptions encompass a large number of 
reservoirs. This mode of recovery is known as solution gas drive, and the 
calculation method outlined below is referred to as Tarner's (1944) method. 
It was described further by Craft and Hawkins (1991). 

(18-2) 

Since Gp (gas produced) = NpRp, then 

(18-3) 

and therefore 

(18-4) 

Equation 18-4 has two distinct components: the oil cumulative production, 
Np, and the gas cumulative production, Gp. These components are multiplied 
by groups of thermodynamic variables with the following definitions 

(18-5) 

and 

(18-6) 

Equation 18-4 becomes 

(18-7) 
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Let R = GOR, the instantaneous, producing gas-oil ratio. Then 

(18-8) 

If N = 1 STB, Equation 18-7 in terms of increments of production becomes 

(18-9) 

The instantaneous value of R is the GOR within a production interval with 
incremental cumulative production Np. Therefore, in a stepwise fashion 
between intervals i and i + 1 

(18-10) 

and solving for  

(18-11) 

This finding is important. It can predict incremental production for a decline 
in the reservoir pressure. The following steps are needed:  

1. Define p for calculation.  
2. Calculate n and g for the two different pressure values. 

Obtain averages for the interval.  
3. Assume a value of Rav in the interval.  
4. Calculate Npi i+l from Equation 18-11.  
5. Calculate Npi i+l.  
6. Calculate Gpi+1 ( Gpi I+1 = Npi i+lRav  
7. Calculate the oil saturation from  

(18-12)  
8. Obtain the relative permeability ratio kg/ko from a plot vs. 

So. Relative permeability curves are usually available.  
9. Calculate Rav from 

(18-13)  
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10. Compare calculated Rav in the interval with the assumed 
value.  

With the average pressure within the interval, the Vogel correlation can be 
used for calculating the well's inflow performance relationship (IPR). The IPR 
is combined with the vertical lift performance (VLP) to provide the well 
production rate. Finally, with the material balance outlined above, rate and 
cumulative production vs. time can be established. 

Example: Forecast of Well Performance in a Two-Phase Reservoir 

Background 

A well is 8000 ft deep, completed with a 3-in. ID tubing and with 100 psi 
flowing wellhead pressure. If the drainage area is 40 acres with h = 115 ft, 
= 0.21, and Sw = 0.3, develop a forecast of oil rate and oil and gas 
cumulative production vs. time until the average reservoir pressure declines 
to 3350 psi ( =1000 psi). 

Solution 

Since Pi = Pb = 4350 psi, the solution gas drive material balance and 
Tarner's method outlined in Section 18-4.1.1 are appropriate. With the 
properties in Table 18-2, the variables n and g can be calculated for a 
range of reservoir pressures. 

Table 18- 2 Physical Properties for Tarner's Calculation 

(psi) Bo (res 
bbl/STB) 

Bg (res 
bbl/scf) 

Rs 
(scf/STB) 

n g 

4350 1.43  

1.42 

6.9 x 10-4  

7.1 x 10-4 

840  
820 

199 0.17 

4150          

  1.395 7.4 x 10-4 770 49 0.044 

3950          

  1.38 7.8 x 10-4 730 22.6 0.022 

3750          

  1.36 8.1 x 10-4 680 13.6 0.014 

3550          

  1.345 8.5 x 10-4 640 9.42 0.010 

3350          

For the following sample calculation, assume a pressure interval between 
4350 and 4150 ft. The average Bo, Bg, and Rs are 1.42 res bbl/STB, 7.1 ×10-

4 res bbl/SCF and 820 SCF/STB, respectively. Noting that Boi and Rsi (at pi) 
are 1.43 res bbl/STB and 840 SCF/STB, Equation 18-5 yields  
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(18-14) 

From Equation 18-6 

(18-15) 

Similarly, these variables are calculated for four additional 200-psi intervals 
and are shown in Table 18-2. For the first interval, assume that the 
producing Rav = 845 SCF/STB. Then, from Equation 18-11 

(18-16) 

which for the first interval, is the same as Npi i+1. The incremental gas 
cumulative production is (845)(2.92 × 10-3) = 2.48 SCF, which, for the first 
interval, also coincides with Gp. 

From Equation 18-12 

(18-17) 

and from the relative permeability curves (not shown here), kg/ko = 1.7 × 
10-4. From Equation 18-13, using mo = 1.7 cp and mg = 0.023 cp  

(18-18) 

which agrees with the assumed value. 

The calculation is repeated for all intervals and appears in summary from 
Table 18-3.  
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Table 18-3 Cumulative Production with Depleting Pressure for Well in 
Example 18-4.1.2 (N = 1 STB) 

(psi) Np(STB) Np(STB) Rav(scf/STB) Gp(scf) Gp(scf) 

4350           

  2.92 x 10-3   845 2.48   

4150   2.92 x 
10-3 

    2.48 

  8.41 x 10-3   880 7.23   

3950   1.1 x 10-

2 
    9.71 

  1.2 x 10-2   1000 12   

3750   2.3 x 10-

2 
    21.71 

  1.2 x 10-2   1280 16.1   

3550   3.56 x 
10-2 

    37.81 

  1.1 x 10-2   1650 18.2   

3350   4.66 x 
10-2 

    56.01 

For A = 40 acres, the initial oil-in-place is 

(18-19) 

The IPR expression for this two-phase reservoir can be obtained from the 
Vogel correlation. With ko = 13 md, h = 115 ft, re = 1490 ft, rw = 0.328 ft, 
mo = 1.7 cp, s = 0, and allowing Bo to vary with the pressure, the IPR 
becomes 

(18-20) 

The IPR curves for six average reservoir pressures (from 4350 to 3350 in 
increments of 200 psi) are shown in expanded form in Figure 18-7. At qo = 
0, each curve would intersect the pwf axis at the corresponding . 



 882 

 

Figure 18-7 IPR and VLP Curves for a Solution-Gas Drive Reservoir (Section 18-
4.1.2) 

Five VLP curves are also plotted for this well, each for the average producing 
gas-liquid ratio within the pressure interval. These values are listed in Table 
18-3. The expected oil flow rates within each interval can be obtained from 
Figure 18-7. 

All necessary variables are now available for calculating the duration of each 
interval. For example, the recovery ratio ( = ∆Np with N = 1 STB) in the 
interval between 4350 and 4150 psi is 2.92 × 10-3, and since N = 3.7 × 106 
STB 

(18-21) 

Also 

(18-22) 

The average production rate within the interval is 1346 STB/d (from Figure 
18-7), and therefore 

(18-23) 

The results for all intervals are shown in Table 18-4. 
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Table 18- 4 Production Rate and Oil and Gas Cumulative Recovery Forecast 
for Well in Example 18-4.1.2 

(psi) qo(STB/d) Np (104 STB) Np (104STB) Gp (106 scf) Gp(106 

scf) 

t (d) t (d) 

4350               

  1346 1.08   9.1   8   

4150     1.08   9.1   8 

  1288 3.11   27.4   24   

3950     4.19   36.5   32 

  1234 4.44   44.4   36   

3750     8.63   80.9   68 

  1176 4.66   59.6   40   

3550     13.29   140.5   108 

  1120 4.07   67.2   36   

3350     17.36   207.7   144 

This example illustrates how material balance methods can be used to 
determine pressure decline as a function of time. Reservoir pressure decline 
reduces the fluid flow to the surface and, ultimately, will cause a well to stop 
flowing naturally. When natural flow stops, the well must be produced by 
artificial lift. Preplanning an artificial lift system at the time of initial 
completion is critical in wells where significant reservoir pressure decline will 
occur. 

Changes in reservoir pressure can also lead to sand influx. Sand production 
models can be used to predict when this could occur (Chapters 18 and 19), 
and in such cases, provisions for sand stabilization may be included at the 
time of initial completion. 

Waterflooding and other enhanced production techniques typically arrest 
reservoir pressure declines. However, these techniques limit the injection 
pressure the formation fracture gradient. In many cases, this pressure will 
be less than the initial reservoir pressure. 

Fluid Saturation and Composition 

Water coning, or water influx from a bottom-drive aquifer will increase the 
producing water-oil ratio over the life of many reservoirs. As a result, the 
fluid density increases as a function of time, which may accelerate the need 
for artificial lift. In more extreme cases, fluid composition may change as a 
function of time.  

Sour gases, such as H2S or CO2, evolve during the life of many fields. The 
occurrence of sour gas production is believed to result from bacteria that is 
introduced into the reservoir through brine injection. At present, no models 
are available that can predict the occurrence of sour gas production. 
Nevertheless, the evolution of sour gases in a field will increase the need for 
corrosion protection of tubulars and surface equipment. Unless the casing, 
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tubing, and other downhole equipment have been adequately protected 
during preplanning, a workover might be required at the time of initial 
completion.  

Increased brine saturation might also lead to the production of barium 
sulfate and naturally occurring radioactive materials (NORM). NORM is 
believed to stem from naturally occurring radionuclides in produced water 
(Snavely, 1989). At present, no verified models are available that can 
predict the occurrence of NORM. If NORM is expected to occur during the life 
of the field then, during a workover, there must be a means of handling and 
disposing the material according to local or national regulations. 

Well and System Performance 

Inflow Performance Changes with Time 

In steady-state well performance, a constant pressure boundary (natural 
aquifer or injector pressure maintenance) exists at the areal limit of the 
reservoir, and most of the pressure drop occurs near the wellbore. Changes 
in steady-state inflow performance as a function of time are shown in Figure 
18-8. 

 

Figure 18-8 Steady-State IPR Changes with Time 
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In pseudosteady-state well performance, the pressure at the outer boundary 
is not constant; it declines at a constant rate with time, as a function of 
drawdown and production. Typical time-related inflow performance changes 
for this producing regime are shown in Figure 18-9.  

 

Figure 18-9 Pseudosteady-State IPR Changes with Time 

Inflow Performance/Tubing Performance discusses system performance 
curves. With time, a tubing intake curve will be shifted upward until it no 
longer intersects the IPR. (Figure 18-10) At this point, the well requires 
artificial lift. 
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Figure 18-10 Change in Tubing Intake Curve Relative to IPR with Time 

At the time of initial completion, engineers must either estimate when 
artificial lift is required, or they must make arbitrary provisions for some 
form of artificial lift. In offshore completions where other wells are already 
on gas lift, operators will commonly include one or more side-pocket 
mandrels equipped with dummy valves in a new completion. This 
arrangement allows for gas lift to be added to the new completion in the 
future with only wireline service. 

Other methods of artificial lift, such as beam pumping and electrical 
submersible pumps (ESPs), require full tubing workovers for their 
installation. Hence, these artificial lift methods are not typically included at 
the time of initial completion in a flowing well.  

Example: Gas-Lift Installation and Management  

Backgrond 

For it to be economical, a well in an offshore reservoir producing at a WOR = 
1 needs a minimum of 500 STB/d of production. The reservoir depth is at 
8000 ft. Figure 18-11 describes the gradient curves for this well for q = 500 
bbl/d and 50% oil, 50% water.  
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Figure 18-11 Gradient Curves for q1 = 500 STB/d 

The natural GLR is 300 SCF/STB, and the IPR is given by 

(18-24) 

Calculate the following:  

1. At what average reservoir pressure should gas lift begin?  
2. At which depth in the completion string should a gas-lift 

valve be initiated when the average reservoir pressure 
drops by 500 psi to maintain a production rate of 500 
STB/d?  

Solution 

From Figure 18-11, at H = 8000 ft and GLR = 300 scf/STB (the fourth curve 
from the right), the required flowing bottomhole pressure to lift the fluid to 
the top should be 1750 psi. 

From the IPR expression and rearrangement 
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(18-25) 

As long as the reservoir pressure is 3050 psi or greater, the well can 
produce at least 500 STB/d with natural lift. Once the pressure drops below 
this value, then gas lift may be required. 

From the IPR expression and another rearrangement, the flowing 
bottomhole pressure must be (with new = 2550 psi) 

(18-26) 

The flowing bottomhole pressure is related to the wellhead pressure ptf (here 
it is equal to 100 psi) by  

(18-27) 

where Hinj is the injection depth, H is the well depth, (dp/dz)a is the flowing 
gradient above (at the artificial GLR), and (dp/dz)b is the flowing gradient 
below (at the natural GLR. above (at the artificial GLR).  

The pressure gradient at the natural GLR at a depth between 5000 and 8000 
ft is 0.33 psi/ft. (This result can be obtained graphically from Figure 18-11, 
but it can be obtained more accurately from any pressure-drop-in-pipes 
computer code). The search is by trial and error for finding the GLR curve 
with the gradient (dp/dz)a, and a depth of Hinj would balance Equation 18-
27. 

A unique solution to the problem is available. For Hinj = 7120 ft and (dp/dz)a 
= 0.123, corresponding to GLR = 750 Sscf/STB, Equation 18-27 and Figure 
18-11 are satisfied. This solution also suggests the amount of gas that must 
be injected. 

(18-28) 

From Figure 18-11, the pressure at the injection point (Hinj = 7120 ft and 
GLR = 750 scf/STB) must be 980 psi.  

From the classic approximate relationship 
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(18-29) 

and using pvalve = 100 psi, the surface injection pressure should be 

(18-30) 

The calculation shows the position of the gas-lift valve, the type of valve 
needed, the volume of gas injected (the required handling capacity), and the 
expected compressor specifications. 

This calculation, repeated for reservoir pressures between 3050 and 2550 
psi, can allow gas-lift design for the life of the well within this interval. 

Sources of Low Productivity (Scale, Perforation Plugging, etc.) 

As water production increases, fines may migrate in the reservoir and scales 
may form (Water Control). The perforations can become fully plugged, or 
partially obstructed by such debris. Obstructions increase near-wellbore 
pressure loss or pressure loss across the completion, and reduce flow 
capacity. As a result, the well's IPR may quickly decline, and the reduced 
productivity might require some form of reservoir stimulation. 

A prudent approach in designing completions is to provide some means for 
stimulating the well without removing the completion. This approach is 
generally feasible for acidizing or acid fracturing without proppant. Hydraulic 
fracturing with proppant may or may not be possible through completion 
equipment with profiles and reduced internal diameters. If the completion 
includes an ESP or a beam pump, operators will not be able to stimulate the 
well without pulling the pump.  

Water Coning 

Water coning may occur as a result of poor perforation practices or 
excessive drawdown. Water coning can be predicted (Water Control). In 
reservoirs with bottom aquifers, or in wells located near an oil-water contact, 
such calculations should be made in conjunction with the perforating and 
production scheme. If water coning is indicated, then the perforated interval 
or drawdown may be reduced at the time of initial completion. 

In some situations, it may be advantageous to use specialized completion 
schemes that limit downhole water production (Swisher and Wojtanowicz, 
1995). 
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Recompletion Requirements 

Many fields have multiple reservoirs, and not all reservoirs may be 
perforated and produced at the time of initial completion. If some zones 
cannot be commingled or produced separately at the time of initial 
completion, then they must be prepared for future production. Such 
preparations include cement squeezing, plugback, wireline operations, and 
reperforation.  

If the reservoir for future production is located above the lowest producing 
zone, operators must perforate the upper zone at the time of initial 
completion and shut off production from this zone either with a sleeve or 
packers and tubing (assuming the completion will not be pulled). If the zone 
for future production is located below the lowest producing zone, operators 
may be able to perforate the zone using through-tubing guns without 
removing the existing completion.  

Another consideration is whether it is necessary to recomplete in the uphole 
direction, or whether deeper zones can be completed effectively after 
shallower zones are depleted. Typically, shallow and depleted zones must be 
isolated from wellbore fluids during recompletion operations. 

If a zone must be squeeze cemented in the recompletion process, then the 
existing completion will most likely be removed to accommodate the 
workover. Plugback and wireline operations may not require full tubing 
workovers.  

Stimulation Requirements 

With time, the IPRs may decline in wells that had no initial stimulation or 
wells that were initially acidized or hydraulically fractured. Stimulation during 
the initial completion is easier because the completion string typically has 
not been run in the wellbore. Stimulation can proceed through a workstring 
designed to tolerate the effects of proppant, acid, elevated pressures, and 
other aspects of the stimulation treatment. 

Although many wells may be candidates for restimulation at some time, 
predicting that time is difficult. Nevertheless, planning for future stimulation 
treatments at the time of initial completion is prudent. 

Mechanical Considerations 

In addition to fluids and procedures, well completions also include 
equipment. Such equipment is subject to failure with time. 

Equipment Failures 

Typical failures include the inability to shift a sliding side-door, surface-
controlled subsurface safety valve (SCSSV) failure (particularly following a 
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required test), tubular collapse, tubular leaks, failure of a packer to hold 
pressure, and a myriad of failures associated with artificial lift equipment. 

During initial completion, engineers should assume that each equipment 
item in the completion will fail, and they should formulate service plans for 
these events. Current completion technology requires full-tubing workovers 
for (1) tubing leaks or collapses, (2) failures of tubing-retrievable SCSSVs 
that do not have backup wireline valves included in the completion, and (3) 
most packer failures. Advances in technology may enable in-situ tubing and 
casing patches. This technology is being tested in the North Sea. 

Equipment Redundancy and Risk Analysis 

SINTEF (Molnes et al., 1986) studied the reliability of SCSSVs and 
determined the typical service life for flapper and ball-type valves. This work 
eventually led to the development of dual SCSSVs and their application in 
subsea wells. Dual SCSSVs allow operators to lock open one valve and use a 
second valve, should the primary SCSSV fail. Providing such redundancy is 
important in extending the life of a subsea completion. 

Risk analysis is another technique for predicting the frequency of expected 
equipment or system failures, and system safety. This type of analysis 
generally requires detailed examination of the producing system and a 
quantification of all the failures than can occur throughout the system. Such 
studies, while useful, are generally beyond the resource limitations of 
practicing engineers. 

Workover Frequency 

Well access, means of re-entry, and the number of trips to recover the 
completion (Johnson et al., 1994) are all considerations in planning long-
term well completions. For example, permanent packers with seal 
assemblies facilitate completion removal, but will require at least two trips: 
one trip to set the packer and one trip to run the completion. Retrievable 
packers must be unset before the completion is pulled.  

Typical workover frequency should be identified at the time of initial 
completion. Design alternatives that could potentially reduce the workover 
frequency should also be considered. For example, if wells in a field are 
experiencing frequent tubing leaks, then a heavier-weight tubing, coated 
tubing, or special metallurgy should be considered in a new completion. 

Design Optimization  

The previous discussion detailed a few of the many considerations in 
designing well completions that can remain in service for an extended 
period.  

If a single method of completion design were available, and if all possible 
design interactions between components and operations were known and 
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could be quantified (Figure 18-6), a method might be designed for 
optimizing completion design. However, no such methodology currently 
exists.  

Engineers have attempted to optimize completion designs. These "optimized 
designs" actually represent an evolution in the engineer's understanding of 
the functional requirements for the field and the reservoir. Alterations in the 
initial designs reflect the engineer's need to improve some limitation or 
enhance some aspect of the initial design (Kostol and Rasmussen, 1993; 
Mansour and Khalaf, 1989). The following example from the Statfjord Field 
illustrates this point. 

Case Study—Statfjord Field  

Kostol and Rasmussen (1993) presented a paper entitled "Optimized Well 
Completion Design in the Statfjord Field, North Sea." In this paper, the 
authors briefly describe the Statfjord Field reservoirs, discuss the geology 
and drainage strategy, and give an overview of the initial and optimized 
completion designs for the field. 

The Statfjord wells were initially completed with 32-lb/ft, 7-in. L80 carbon 
steel production tubing (Figure 18-12). 

 

Figure 18-12 Statfjord Field—Initial Completion 



 893 

The stepdown nipple configurations and the limited internal diameters of the 
packer and expansion joints resulted in a 4.31-in. restriction in the tailpipe. 
For wells with 7-in. liner, a 5 ½-in. tailpipe was run into the liner and a 9 
5/6-in. production packer was set above the liner. In wells without liners, 
the packer was set about 50 m above the top of the reservoir (Kostol and 
Rasmussen, 1993). 

A hydraulic packer was used with a 10-ft stroke expansion joint set above 
the packer. A landing nipple was included at 270 m for a wireline-retrievable 
downhole safety valve. The wireline-retrievable safety valve nipple had a 
minimum ID of 5.75 in., and the valve provided a 3.3-in. restriction (Kostol 
and Rasmussen, 1993). 

The initial Statfjord completion was designed based on the assumption that 
the tubing would be retrieved for any workover or recompletion work. Since 
the CO2 content of the produced fluids was low, corrosion problems were not 
anticipated. The large production rate dictated 7-in. tubing. Landing nipples 
were included to allow for temporary plugging of tubing. A 7-in. wireline-
retrievable SCSSV was preferred over 5 ½-in. tubing-retrievable SCSSV, so 
that restrictions could be avoided high up in the wellbore. The design was 
installed with a single trip in the hole. After the completion was installed, the 
wells were perforated with 2 7/8 or 3 3/6-in. wireline-conveyed through-
tubing guns. 

Operating experience with the Statfjord completions demonstrated the 
limitations of the initial design. Corrosion problems and elastomer leaks were 
experienced. The completion string design also limited the through-tubing 
perforating guns to a 3 3/6-in. size with 6 shots/ft. To perforate 12 shots/ft, 
two runs were required, and the shot distribution was constrained. These 
perforating limitations influenced both well productivity and sand production. 

After a high number of workovers was performed, an optimized monobore 
completion was designed for the Statfjord Field (Figure 18-13).  
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Figure 18-13 Statfjord Field—Optimized Monobore Completion 

This completion optimized zone isolation requirements, the production 
strategy, well profiles, casing program, reservoir conditions, fluids, material 
selection, sand production and control, perforating techniques, logging and 
testing, safety, well control, and environmental considerations. Table 18-5 
details some of the optimized parameters. 
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Table 18-5 Sample Optimized Parameters of the Statfjord Completions 

Optimized Parameter Limitation of Initial 
Completion 

Optimized Monobore Design 

Zone Isolation and Production 
Strategy 

No selectivity; recompletion 
required pulling tubing for 
workovers 

Wells designed to allow for 
recompletions using wireline for 
running straddle packers and 
bridge plugs. Selectivity requires 
properly cemented casing and 
liners. 

Well Profile   Well profile optimized for 
minimum torque and drag in high 
angle wells. If possible, wells 
designed to stay within 65 
degree limit for wireline service. 

Casing Program 9 5/8" casing, 7" liner Use of 7" liner through the 
reservoir provides a flexible long 
term completion. Wells with 9 
5/8" casing through part of the 
reservoir require heavy workover 
if recompleting downward from 
the upper zone. 

Reservoir Conditions, Fluids, 
Material Selection 

No corrosion provision Most wells completed with 13% 
Cr tubing and liners. Carbon steel 
used for wells with short (2-3 
year) periods of water 
production. 

  No scale predicted Scale inhibitor squeeze 
treatments planned and 
performed at first sign of water 
breakthrough. 

Sand Production Wells were produced with 
limited drawdown. Four initial 
wells gravel packed. 

Perforation techniques improved 
to allow use of larger size guns. 
Wells selectively perforated in 
the assumed strongest parts of 
the formation. Can gravel pack 
through tubing. 

Perforation Technique 2 7/8" or 3 3/8" through tubing 
guns 6 spf in single run 

4 ½" through tubing wireline 
guns. Use coiled tubing in 
deviation prevents wireline guns. 
Perforate underbalanced 30-45 
bar. Gravel packed wells 
perforated 12 spf. 

SSV Wireline valve with 3.3" ID 7" nipples with valve restriction 
of 5.75". Dual control lines for 
redundancy in case of leaks. 

In most cases, the optimized monobore completion eliminated the need for 
recompletions that required tubing retrieval. The optimized steel selection 
and the elastomers are expected to minimize corrosion leaks and failures. 
The completion allows for upward and downward recompletions, high shot-
density, through-tubing perforating with 4 ½-in. guns, and through-tubing 
gravel-packing for sand control. The large ID of the monobore completion 
enables maximum production. 

The redesign of well completions in the Statfjord field is one example of the 
process that occurs when current completion technology is used to optimize 
well completions. Many other completion designs are described in the 
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literature. Examples include the Ekofisk Field, North Sea (Luppens, 1980), 
Everest and Lomond Field, North Sea (Laing et al., 1993); Beta Field, 
offshore California (Bruist et al., 1983), Kepiting Field, Indonesia (Coates 
and Kadi, 1987), Mobile Bay, Louisiana (Gordon et al., 1994); Tuscaloosa 
trend (Huntoon, 1984); Thistle Field, North Sea (Moore and Adair, 1988), 
and Arun, Indonesia (McKenna et al.,1993). 

The concept of "smart wells" is a burgeoning area in completion technology 
that may eventually allow engineers to design completions that can be 
completely manipulated, monitored, and serviced without tubing removal.  

Future Considerations—Smart Wells 

During the 1980s, many operators installed pressure and temperature 
instruments downhole to gather real-time production data. These data 
provided valuable information concerning how to produce the target zones 
more effectively. More recently, the industry has favored installations that 
have remotely operated controls placed in the well. Sensor requirements 
have now extended beyond just pressure and temperature to include flow 
rates, fluid composition, reservoir characteristics, etc. A well that has a 
system of downhole sensors and controls, and that includes a surface 
system to collect and transmit the production data to a remote facility for 
analysis, has been dubbed a "smart" well.  

The most significant benefit that a "smart" well will provide is improved 
economics. The ability to sense the production processes and react to 
changing conditions to continuously optimize production will result in 
improved production and recoverable reserves. In addition, properly 
designed systems should reduce the operating expenses in a typical 
installation. Reduced capital expenses may also be realized when, for 
instance, a system is fielded that separates and reinjects the produced water 
downhole.  

Imaginative solutions to commonplace production situations are being 
contemplated, and the technology to address these issues is under 
development. Some basic system designs will be necessary before any 
systems are used. 

System Components 

The subsystems that comprise a "smart" well include a telemetry system for 
conveying data to and from the surface, downhole sensors for collecting the 
desired parameters in the well, controls to reconfigure the downhole tools, 
and a surface subsystem. The surface subsystem includes a data collection 
terminal, software to analyze the data and make decisions based on the 
output, and some means of transmitting this data to a remote facility, if 
required. These systems are shown in Figure 18-14. 
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Figure 18-14 Typical "Smart" Well 

Telemetry 

Most operators equate telemetry with a wireless system, but such systems 
may not be used in the earliest of "smart" wells. The technologies that are 
currently available are limited in various installations for specific reasons 
such as conductivity of the formation, variation in fluid properties, and noise 
either from surface facilities or from the flow in the well. Therefore, the 
proven hard-wired telemetry system will most probably be the first 
technology deployed in a "smart" well.  

The telemetry system may need to transmit some considerable data streams 
depending on the needs of a particular well. For instance, if a well is 
equipped with 3D reservoir sensors that visualize the movement of oil, 
water, and gas near the wellbore, some significant data rates will be needed 
in the telemetry system. In the event of a multilateral or multizonal 
completion with multiple flow controls installed, the need for operational 
process data may exceed all other data. Since the well-control signals will be 
transmitted from the surface downhole, the telemetry system plays a very 
important role in the "smart" well. 
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Downhole Sensors 

A "smart" well must control production processes. Therefore, sensors that 
provide information about the flowing conditions downhole will be important. 
Although the pressure and temperature instruments that were previously 
used are now more accurate and reliable, sensors will also be needed to 
determine multiphase flowing conditions and the rates and volumes of the 
flowstream constituent.  

A major change in data retrieval has recently been introduced with the use 
of fiber-optic sensors in wells. These sensors use changes in the properties 
of the fiber to provide temperature and pressure profiles downhole. Optical 
energy is reflected from the point in the fiber where a temperature or 
pressure change has altered the optical properties of the fiber, giving the 
desired profile information (Phillips, 1997). 

Microelectronic technology from the medical and defense industries now 
allows the oil industry to assess fluid viscosity, composition, and density 
reliably and continuously both inside the wellbore and in the reservoir 
adjacent to the wellbore (Phillips, 1997). 

The "smart" well of the future will contain numerous sensors that will relay 
information about the reservoir, the fluids around the wellbore, and the 
produced fluids in the wellbore. Sensors will combine with well controls to 
mitigate or prevent adverse producing situations. For example, downhole 
sensors may detect the formation of scale; there may be controls built into 
the completion that will remove the scale and change the flowing conditions 
that caused it to form intially.  

Current geophysical research is determining the interpretation problems 
associated with gathering between-well seismic data to provide a real-time 
3D seismic within the reservoir. With such a capability, a reservoir 
management team could image reservoir features such as channels, faults, 
and fractures; they could also "listen" to flood front movement within the 
reservoir (Phillips, 1997).  

Controls 

Before the data from wellbore sensors can be used to alter the producing 
scheme, remotely controlled downhole flow devices must be developed. A 
number of flow control devices exist that are now manipulated by wireline or 
hydraulic systems. The simplest of these is the downhole choke, which can 
be used between packers to regulate flow from a particular reservoir. 

Used in the industry for more than 30 years, downhole chokes are the most 
direct means of controlling flow downhole. However, the existing chokes 
require intervention to extract and/or insert the flow control. The "smart" 
choke will be remotely operable, which represents a major improvement 
over existing completion methods. 
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Remote actuation of the controls is an entirely new subject (Botto, 1996). 
Hydraulics have dominated this industry because of the high force 
capabilities and the robustness of the tools. However, recent advances in the 
areas of electromechanical actuation may change the technology used 
downhole. 

More sophisticated downhole systems may also be necessary. For example, 
downhole separation is already being evaluated in field trials. When used 
with ESPs, this technology offers the prospect of avoiding the production of 
unwanted water or gas to surface with some method whereby the water or 
gas is injected either for reservoir pressure maintenance or into a disposal 
reservoir (Phillips, 1997). Electronically operated gas-lift valves are another 
example of developments being undertaken in this area. 

Surface Systems 

The surface system will typically include a computer that can collect and 
store production data, a software package that analyzes this data and helps 
users decide how the controls should be configured, and a telemetry system 
for transmitting this data to a remote terminal should it be required. 
Currently, a number of software packages are used for this task. In some 
cases, this software will function adequately; however it is currently 
considered a growth technology.  

Reservoir Management with Smart Wells 

Smart well technologies will provide changes in reservoir management. The 
variety and type of information available continuously throughout field life 
will be greatly enhanced. Both in-well data (pressure, temperature, 
viscosity, and compositional profiles) and between-well data (seismic, 
passive listening) will provide greater reservoir characterization. These 
enhancements will combine to advance reservoir management toward 
precise mapping of fluid fronts and reservoir properties throughout the 
reservoir (Phillips, 1997). 

Most likely, reservoirs will be divided into discrete management intervals in 
the future. Systems and technologies will be developed to control that part 
of the reservoir with which they are in contact. Therefore, if more reservoir 
is contacted, greater control can be achieved, and potentially greater 
reserves can be accessed (Phillips, 1997).  

Horizontal wells will benefit from smart well technology that can penetrate 
multiple fractures and isolate reservoir compartments. Reduced drawdown in 
horizontal wells may help eliminate unwanted water or gas influx. The 
capability to control production from such wells in a series of management 
intervals further increases their utility. 

Multilaterals also offer significant reservoir management potential with smart 
well technology. Multilaterals enable a single wellbore to be used (1) for 
concurrently producing reserves from low-permeability areas of a 
heterogeneous reservoir, (2) to access multiple high-productivity fractures, 
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(3) to access different reservoirs from the same wellbore, or (4) to better 
manage injection for pressure maintenance (Phillips, 1997). Flow control in 
multilateral wells is critical to their success. Smart well technology will 
maximize production from such completions (Robison, 1997).  

Current projections for increased production and recoverable reserves that 
are directly attributable to "smart" systems is approximately 10 to 15%, but 
increases could be greater. In addition, this technology may make marginal 
field developments viable. 

The facility to receive continuous in-well and between-well data, interpret 
these data, and remotely control or reconfigure the completion accordingly, 
is a fundamental change in current completion technology. These advances 
will enable new reservoir management schemes that can allow engineers to 
continuously characterize and monitor reservoir behavior, improve recovery, 
and enhance field economics. 

Case Histories 

Case History 1 - Adriatic Sea 

In 1996, a "smart" well was planned for completion in the southern Adriatic 
Sea (Botto, et al., 1997). It was applied as a means of eliminating the need 
for workovers, thereby overcoming problems associated with deep-water 
(850m), a remote field location, and limited recoverable reserves. 

Two satellite subsea gas-lift wells (Aquila 2 and Aquila 3) are planned for 
"smart" completion. The proposed Aquila 3 completion is described in the 
following paragraphs; the proposed Aquila 2 completion is identical to the 
Aquila 3 above the upper packer, but the lower portion of the well is 
completed openhole.  

The Aquila 3 is a medium-radius drainhole with a 3000-m vertical section 
and a 650-m horizontal section. The 650-m horizontal section intersects 
three zones with different permeabilities. From heel to toe, the permeability 
range of Zone A is 30 to 50 md; Zone B is 5 to 15 md; Zone C is 2 to 5 md. 
The completion will be designed to isolate Zone B, which is expected to 
conduct water (Botto, et al., 1997).  

In Aquila 3, a 4 1/2-in. tubing string will be run through the 3000-m vertical 
section. This string will be equipped with a conventional SCSSV and an 
annular safety valve. Then, a 2 7/8-in. tubing will be run inside a slotted 5-in. 
liner through the 650-m horizontal section. The liner will be sectioned by two 
external casing packers (ECPs) and blanked to isolate Zone B. A seal 
receptacle in the blanked liner section and a seal assembly on the lower end 
of the inner tubing will direct fluid from Zones A and C to the liner-tubing 
annulus and to the inside of the inner string respectively (Botto et al., 
1997).  

The first "smart" tool for the planned completion is a gas-lift interval control 
valve (ICV), which will be located immediately below the SCSSV. This four-
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position, remotely controlled sleeve has calibrated gas-lift orifices of 
different diameters (Botto et al., 1997). This design will allow gas-lift 
performance to be fine-tuned throughout the life of the well.  

The second proposed "smart" tool is a flow diverter, located below the 
chemical injection subassembly. The diverter is a three-position sleeve 
designed to control production from, or injection into, either Zone A alone, 
Zone C alone, or both zones commingled.  

The planned control system for the well, referred to as the surface-controlled 
reservoir-analysis and management system (SCRAMS), was the result of a 
2-year joint industry research and development project (Botto al., 1997). 
The system uses permanently installed electric cables (I-wires) and hydraulic 
lines that are protected within a reinforced "flat pack." Each flat pack 
contains one electric line and one hydraulic line. Multiple, redundant flat 
packs will be run in the well to ensure reliability. The lines will also be 
segmented so that signals can be diverted or steered into another viable 
line, should any failure occur in either the electric or hydraulic line.  

The I-wires will power and communicate with each downhole sensor or tool. 
Each "smart" downhole tool will have actuator electronics modules (AEMs) 
containing solenoids. Electric signals passing through the AEMs will activate 
and control the hydraulic lines, which selectively manipulate each downhole 
tool (Botto et al., 1997).  

An independent hydraulic line will be provided for operating the SCSSV, and 
a single hydraulic line will connect the smart tools to the ESPs. This line will 
be isolated from the hydraulic lines in the flat pack(s), which will allow the 
system to control, actuate, and set the production packer remotely through 
the SCRAMS network, without applying tubing pressure (Botto et al., 1997).  

The SCRAMS control system establishes a standard for multidrop downhole 
power distribution and communication referred to as Segnet (Botto et al., 
1997). This system uses an I-wire bus, which allows each downhole sensor 
or well tool to operate without interfering with other systems. The system 
also allows two-way digital communications for commands and data transfer.  

Horizontal christmas trees with vertical access are another proposed feature 
of the Aquila completions. Normally, horizontal trees do not include vertical 
access. However, such access was believed necessary for quick detection of 
system damage or failure during installation. Botto et al., (1997) describes 
the proposed design of these trees in detail. 

Case History-Norway 

Unlike the proposed Aquila well system, whose economic viability will 
depend on how effectively the system's gas-lift ICV and flow diverter can 
control production processes, a recently completed Norway well consists of a 
"smart" system (Fig. 18-15) that may be used for future subsea wells in the 
same area. 
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The Norway well is a single-zone producer that may cone water or gas. The 
"smart" well system used can restrict the influx of unwanted fluids by 
choking the flowstream. This completion included the following equipment: 
(1) a hard-wired telemetry system for transmitting data from the sensors to 
the surface and to pass control signals downhole, (2) sensors to 
continuously monitor the flowing pressure, temperature, gross flow rate, and 
fluid density, (3) flow controls to allow the fluid streams from the 
perforations to be commingled for optimum production, and (4) software to 
analyze the data and provide automatic control. 

During installation, the control system set the production packer, which 
saved rig time. Additionally, the entire control system was monitored for 
faults, which would serve as a "blueprint" for future installations. The 
reliability and redundancy of the system is perhaps the most significant 
advancement this system provides over existing completions. 

The control system uses proven solenoid technology from the aerospace 
industry to isolate the various hydraulic components. These solenoids are 
very reliable and are individually addressable through the communication 
system. Operating a particular device is simple; the operator sends a coded 
message down the communication system, and the desired solenoid 
responds. 

Redundant solenoids are provided at various positions in the completion so 
that the control signal can be diverted if a fault is detected in one section of 
the well. In this particular case, the operating current of one solenoid was 
gradually increasing. Although the solenoid never stopped operating, the 
decision was made to divert the signal path to bypass the troublesome 
component. 

Because this system is the first of its kind to be used in this area, it is being 
carefully monitored. Since the well was completed, the inflow control valve 
has effectively controlled production from the producing interval. Depending 
on the long-term reliability of the system, it may be used in other subsea 
well completions in the same area.  
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